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H21
North of
England
The H21 North of England ambition is
to enable the transition to a 100%
sustainable and global hydrogen economy
by 2100. This would be established
through the utilisation of the
appropriate technologies and practical
delivery timescales, initially focusing
on the period up to 2050.
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Core Team

Martin Sperrink

H21 Project Manager (NGN)
Martin is able to draw on 40 years of
experience in gas pipeline design and
construction in the UK from the terminal to
the domestic meter across all pressure tiers.
He has held various posts in the pipeline
industry during his career starting as a
graduate engineer through to Director level
in a major pipeline construction company.
In particular, he has extensive knowledge
and experience in project management and
engineering. His formative years were spent
with British Gas culminating in a senior
management role with Laing Engineering
(Laing O’Rourke). For the last 10 years
he has been engaged as a consultant by
various clients, designers, consultants and
constructors in the pipeline industry.

Al Cargill
Dan Sadler

Henrik Solgaard Anderson

A Chartered Engineer with 20 years industry
experience. Dan started his career on the
British Gas Graduate Training Program and
progressed to Project Manager for high
pressure gas pipelines and pressure reduction
stations. In 2008 he joined Rhead Group, a
professional services consultancy, in the
role of Divisional Director for Energy (UK).

Henrik obtained an MSc in Chemical Engineering
from the Danish Technical University (DTU).
He has 25 years of experience in hydrogen,
ammonia, CCS technology, R&D and project /
business development working for Haldor
Topsøe, Norsk Hydro and Equinor.

H21 Programme Director (NGN),
Project Originator and Lead-Author

Dan supported Northern Gas Networks (NGN)
in their RIIO-GD1 regulatory submission
following which he joined NGN in 2012 as Head
of Investment Planning and Major Projects.
After undertaking several highly strategic
roles within NGN, Dan was seconded throughout
2016 to the UK Government’s Department for
Business, Energy and Industrial Strategy
(BEIS) as Technical Advisor, Future of the
Gas Networks. This involved advising across
policy teams on all gas industry and wider
energy related topics. This secondment
also included the design of the governments
Hy4Heat programme.
Dan was the progenitor and Project Manager
of the original H21 Leeds City Gate project.
Since returning to NGN in 2017 he took up
the role of H21 Programme Director developing
projects which are designed to deliver
critical and strategic evidence for a
hydrogen gas grid conversion. These include
the collaborative UK Gas Industry £10.3  m
Hydrogen Safety (H21 NIC) project and the
‘H21 North of England’ project. The ambition
of these projects is to support and influence
UK government and global energy policy.

Project Director H21 Equinor,
Equinor Senior Project Lead/Co-Author

Between 1993-99 Henrik was a Process
Engineer at Haldor Topsøe and was involved
in development, design and commissioning of
world scale hydrogen and ammonia plants.
He moved into R&D as Project Manager in Norsk
Hydro for hydrogen projects. This included
electrolyser technology, filling station
development and the design of Europe’s
first public hydrogen refuelling station
at Reykjavik Iceland in 2003 followed by
Porsgrunn hydrogen fuelling station in 2005.
After the merger between Norsk Hydro and
Statoil Henrik was put in charge of leading
the R&D activities in CO2 Capture, Transport
and Storage. This involved development of
tools and technology related to Sleipner,
Snøhvit and the In-Salah CO2 storage projects.
In addition, he was leader of the technology
committee and Equinor company representative
on the steering board for the Technology
Center Mongstad – a test facility for
CO2 capture.

The last three years Henrik has worked on
Equinor’s hydrogen activities including
Project Director for the Equinor element of
H21 North of England.

H21 Network Modeller (NGN)
A senior network analyst on the H21 North
of England project with responsibility for
modelling of the hydrogen transmission system
and the integrity of and conversion strategy
for the West Yorkshire distribution network.
In addition he has supported the UK GDNs in
developing the hydrogen conversion modelling
in their businesses. He has been on the
H21 team since commencement with the
Leeds City Gate project. Prior to this he
had worked for NGN for 15 years as a network
analyst designing reinforcement and REPEX
projects for large diameter mains.

Merethe Sjøvoll
PhD in Theoretical Chemistry from University
of Tromsø (UiT). (MsC and PhD work focused
on modelling the catalytic splitting of
hydrogen by use of a platinum catalyst).
22 years of experience with R&D, project
development and technical services mainly
within petrochemicals, carbon capture and flow
assurance from working in Norsk Hydro and
Equinor.

Knut Ingvar Åsen
MSc in Chemical Engineering from Norwegian
Technical University (NTH). 30 years of
experience from hydrogen, ammonia and CCS
technology R&D from working in Norsk Hydro
and Equinor.

Jan Egil Finnesand
More than 30 years of experience on oil and
gas projects. Mainly within project control,
procurement and management. The last 10 years
with projects related to CO2 handling for
Gassco and Equinor.

Torgeir Melien
MSc in Economics from University of Oslo
(UiO). More than 30 years of experience
within Oil and Energy business in
Norsk Hydro and Statoil/Equinor. Technology
and project development and evaluations
within upstream oil and gas, power
generation, CCS and renewables.
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Rune Thorsen

Bamshad Nazarian

MSc in Petroleum Geophysics from University
of Bergen. 14 years of experience within
subsurface exploration in Schlumberger and
Statoil/Equinor. The last 10 years working
with projects related to new CO2 storage
developments in Norway and EU.

Dr.Ing. in Petroleum Engineering from NTNU.
More than 18 years of experience in petroleum
engineering from both operation and R&D. The
last 10 years working with modelling and
simulation of CO2 storage and CO2 Enhanced Oil
Recovery (EOR) methods.

Lars Hagesæther

Håvard Hellvik Kvadsheim

PhD in Chemical Engineering from Norwegian
University of Science and Technology (NTNU).
15 years of experience within Flow Assurance
in Statoil/Equinor. Mostly working with
multiphase flow, gas quality, pipeline leak
detection and pipeline projects.

MSc in Management of Technology and BSc in
Mechanical Engineering from NTNU, with focus
on the intersection between business and
technology. Part of the graduate programme in
Equinor, working with energy system modelling
and hydrogen projects in Europe.
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Project Support

General Support

Philip Ringrose
PhD Geology (University of Strathclyde)
and BSc Geology (University of Edinburgh).
Specialist in reservoir geoscience at Equinor
with over 30 years’ experience in industry
and academia. He is also Adjunct Professor
in CO2 Storage at the Norwegian University of
Science and Technology (NTNU).
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Executive
Summary
H21 North of England (H21 NoE) has
been developed in partnership
between Cadent, Equinor and
Northern Gas Networks. Equinor
was considered a perfect
partner for the onshore UK
gas distribution industry to
develop the H21 concept.

Revolutionary
thinking.
Real world
infrastructure.

The UK, like most other countries
around the world, recognises the
challenge of climate change. The UK
has committed to reduce greenhouse
gas emissions by 80% of their level
in 1990 by 2050; this is a legal
obligation defined under the terms
of the UK Climate Change Act 2008.
In 2018 the UK still needS to reduce
greenhouse gas emissions by more
than 300 million tonnes per year
(Mtpa) before 2050. This is a big
challenge that requires big and
realistic solutions – H21 NoE is such
a solution. Climate change is one
of the most significant technical,
economic, social and business
challenges facing the world today.
H21 NoE presents a detailed
engineering solution for converting
the gas networks across the North
of England to hydrogen between
2028 and 2034. This would provide
deep decarbonising of 14% of UK
heat and become the world’s largest
CO2 emissions reduction project
achieving 12.5 Mtpa of CO2 avoided
to the atmosphere. The project
also sets out how to decarbonise
70% of all UK meter points by 2050
using a six-phase regional hydrogen
rollout strategy. Based on credible,
proven at scale technology and a
strong industry supply chain, H21
has the potential to replace all UK
natural gas with hydrogen for deep
decarbonisation of residential,
commercial and industrial heat, power
generation and transport by 2050.
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The H21 NoE ambition is to enable
the transition to a 100% sustainable
and global hydrogen economy by 2100.
This would be established through
the utilisation of the appropriate
technologies and practical delivery
timescales to begin this transition
focusing initally up to 2050.
Currently the UK requires 2,200 to 2,500 terawatt
hours (TWh) per year of primary energy to support
heat (including industry), transport and electricity
generation1. This is broadly made up of:
USE

UK TOTAL
PRIMARY
ENERGY (TWH)

Gas consumption

900

Oil – Road

470

Oil – Aviation and shipping

200

The H21 NoE project has been designed as
a potential foundation upon which the UK
Government could set its long-term approach
to deep decarbonisation of heat. H21 NoE is
over 13 times larger than H21 LCG (by energy).
This allows full advantage to be taken of the
economies of scale as well as being large enough
to make a tangible impact on UK climate change
obligations. Additionally, the project is designed
to be of comparable cost with other recent major
infrastructure decisions made by UK governments.
H21 NoE will, by default, also decarbonise industrial
clusters connected to the distribution gas network,
initiate the CO2 transport and storage infrastructure
needed for industry where CCS is the only solution
and form the backbone of an energy system needed
to provide flexible power to back-up renewables.

The project comes at a critical time with growing
global interest in the potential of large scale hydrogen
conversion to significantly reduce carbon emissions,
create and sustain many high-quality jobs and unlock
technological innovation in other industries. H21 NoE
places the UK at the forefront of this international
debate with a growing consensus that the world would
need hydrogen to transition to a low carbon economy.
H21 NoE has been developed in partnership between
Cadent, Equinor and Northern Gas Networks. Equinor
was considered a perfect partner for the onshore UK
gas distribution industry to develop the H21 concept.
The scope of the project and areas of responsibility
are set out diagrammatically in Figure ES.1.

Oil – Energy + non-energy use 250
Coal (75% power)

140

Renewable (all sources)

240

TOTAL

2,200

Table ES.1:

EQUINOR

NORTHERN GAS NETWORKS (NGN)

CO2 TRANSPORT
AND STORAGE

APPLIANCE
CONVERSION

UK primary energy

In 2017, the UK’s primary energy consumption was
between 2,200 and 2,500 TWh. Of this, only 1,734 TWh
was utilised by end users, the rest is ‘lost’, e.g. the
consumption is via power generation processes. Of
the 1,734 TWh, over 540 TWh was used for heat in
domestic, commercial and industrial settings.
In order for the UK to meet Climate Change Act targets,
the net greenhouse gas emissions for all energy needs
to be 160 MtCO2eq2. This is equal to a 65% reduction in
greenhouse gas emissions from the 2017 levels. This
requires a substantial change in the way we use energy.
The original H21 Leeds City Gate (LCG) project, published
in 2016, proved that the UK gas networks were the
correct capacity to convert to 100% hydrogen. The
conversion could be undertaken incrementally, and low
carbon hydrogen could be sourced at credible scale
using technology available today. Since publication of
the H21 LCG report there have been numerous reports
supporting the proposition of a 100% hydrogen gas
grid conversion with the two most notable being the
UK Government’s October 2017, ‘The Clean Growth
Strategy’ and the The Committee on Climate Change
(CCC) October 2016, ‘Next Steps for UK heat policy’.
1 	

Digest of UK Energy Statistics 2016

2 	

Committee on Climate Change, building a low carbon economy, December 2008

HYDROGEN
TRANSMISSION SYSTEM

GAS DISTRIBUTION
NETWORK

INDUSTRIAL
HEAT

HYDROGEN
PRODUCTION

DOMESTIC
APPLIANCES

INTER-SEASONAL
HYDROGEN STORAGE

Funded by Equinor

Figure ES.1: H21 NoE scope of work

INTRADAY
HYDROGEN STORAGE

COMMERCIAL
APPLIANCES

Funded via the Network Innovation Allowance
50/50 between NGN and Cadent
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Key technical aspects of H21 NoE

H21 NoE will be a major investment for UK society
and private investors and it has been important for
the project to develop a concept based on proven
and referenced technologies and design, not to
propose a concept based on future expectation of
technology breakthroughs, immature supply chains
and unrealistic future price scenarios of energy.
The basic principles are that both technologies
and performance (energy efficiency, lifetime,
emissions, etc.) can be found at similar scale and
operational conditions as required by H21 NoE.

→→ Conversion of 3.7 million meter points equivalent to
85 TWh of annual demand (14% of all UK heat) and
circa 17% of total UK domestic meter connections

→→ A 125 GW capacity hydrogen transmission system
→→ CO2 transport and storage infrastructure with the
capacity to sequester up to 20 Mtpa of CO2 by 2035

→→ A 12.15 GW natural gas-based hydrogen production
facility (this is 1,215 times larger than 10 MW,
i.e. 12,150 MW), delivering low carbon heat for
Tyneside (Newcastle, Gateshead), Teesside, York,
Hull, West Yorkshire (Leeds, Bradford, Halifax,
Huddersfield, Wakefield), Manchester and Liverpool

The scheme is summarised in Figure ES.2 which
is an isometric map of the North of England.

→→ 8 TWh of inter-seasonal hydrogen storage,
equivalent to 62,000 Australian mega batteries
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and referenced technologies and design, not to
propose a concept based on future expectation of
technology breakthroughs, immature supply chains
and unrealistic future price scenarios of energy.
The basic principles are that both technologies
and performance (energy efficiency, lifetime,
emissions, etc.) can be found at similar scale and
operational conditions as required by H21 NoE.

→→ Conversion of 3.7 million meter points equivalent to
85 TWh of annual demand (14% of all UK heat) and
circa 17% of total UK domestic meter connections

→→ A 125 GW capacity hydrogen transmission system
→→ CO2 transport and storage infrastructure with the
capacity to sequester up to 20 Mtpa of CO2 by 2035

→→ A 12.15 GW natural gas-based hydrogen production
facility (this is 1,215 times larger than 10 MW,
i.e. 12,150 MW), delivering low carbon heat for
Tyneside (Newcastle, Gateshead), Teesside, York,
Hull, West Yorkshire (Leeds, Bradford, Halifax,
Huddersfield, Wakefield), Manchester and Liverpool

The scheme is summarised in Figure ES.2 which
is an isometric map of the North of England.

→→ 8 TWh of inter-seasonal hydrogen storage,
equivalent to 62,000 Australian mega batteries
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Section 2.0
Demand
When considering the 2050/2100 targets, all options
and technologies need to play a part including energy
efficiency improvements, increasing renewables,
some nuclear, some district heating, ‘bio’-energy,
etc. A 100% hydrogen conversion can make a very
significant contribution to the overall challenge.
There is a common ‘no silver bullet’ consensus,
however, there is a need to be collectively realistic
and recognise different ‘bullets’ having very different
contribution capabilities to meet the 2050/2100
targets. Furthermore, 2050 is only 32 years away and
large energy infrastructure construction takes time.
Deployment timescales of these different ‘bullets’ are
often not realistically considered because economic
analysis is preferred over credible deliverable actions.

In the journey to zero-carbon energy,
hydrogen should be considered the
world’s destination fuel. The carbon
capture and storage part of this
journey is the essential transitional
step to facilitate a longer term,
sustainable, global hydrogen economy.
A brief overview of the key points within the
eleven sections of the H21 NoE report is included
in the remainder of the executive summary.

From detailed analysis, using network
modelling and actual gas consumption
data, the demand profile for H21 NoE
project—Tyneside (Newcastle, Gateshead),
Teesside, York, Hull, West Yorkshire (Leeds,
Bradford, Halifax, Huddersfield, Wakefield),
Manchester and Liverpool—was established.

This is critical to enable the design of a robust
energy supply system and is based on a best practice
industrial approach with security of supply for the
customer as the key driver. From this information the
hydrogen production and inter-seasonal hydrogen
storage requirements could be determined. The
demand parameters are summarised as follows.

DESCRIPTION

H21 NOE DEMAND

Peak year annual demand

85,120 GWh

Peak year average hourly demand

9.7 GW

Peak hour demand (validated across the UK by
‘the beast from the East’, see Figure ES.3)

42.2 GW

Peak day demand

659 GWh

Peak month demand

14,400 GWh

→→ Maintains all the benefits of gas
and the gas networks

Peak month average hourly demand

20 GW

→→ Ensures continuation of customer
choice (gas or electric)

Peak day linepack requirement

25 GWh

Average year hourly demand

8.5 GW

Average year demand

74,450 GWh

Converting gas distribution networks to
100% hydrogen has many benefits:
→→ Re-uses existing assets already
paid for by UK customers

→→ Creates thousands of jobs
→→ Rapidly helps improve air quality, and therefore
the nation’s health, with hydrogen fuel cell
vehicles alongside battery electric vehicles

Table ES.2: H21 NoE energy demand summary

→→ Meets 2050 climate change obligations
with a deliverable strategy using the
most cost-effective solution
→→ Develops a market for a low carbon energy vector
to enable the longer term transition to sustainable
hydrogen in line with Paris agreements
→→ Gives the UK a unique opportunity to lead the
world in large-scale decarbonisation strategies

‘THE BEAST FROM THE EAST’
A 1 IN 20 WINTER CONDITION
IN THE UK

HEAT

TRANSPORT

(PREDOMINATELY OIL BASED)

(NATURAL GAS)

ELECTRIC

(PREDOMINATELY NATURAL GAS)

Figure ES.3: UK Energy 2015-18 including the ‘Beast From the East’ weather period
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Section 3.0
Hydrogen production and hydrogen storage

Section 4.0
H21 design concept

Current global hydrogen production is 6 Mtpa
(2,400 TWh), i.e. comparable to total UK energy
consumption (see Figure ES.4). The demand
per industry segment is shown in Figure ES.5.
The biggest proportion (65-70%) of this is
used directly for synthesis of new products,
e.g. ammonia and methanol (Figure ES.5).

To design the hydrogen production and
storage system, optioneering was undertaking
to determine the balance between Hydrogen
Production Facility capacity and interseasonal hydrogen storage. Less capacity
means more storage and vice versa. A
hydrogen production capacity at 125%
the peak year average hourly demand was
selected. This results in the following hydrogen
production and storage design parameters:

Global production
60 Mt

Global hydrogen
demand 60 Mt

4%

30%

30%
25%

48%

48%

Inter-seasonal hydrogen storage
requirement: 8,052 GWh (equivalent to
62,000 Australian ‘mega’ batteries)

The Hydrogen Production Facility for H21 NoE is set
out schematically below. It is based on nine Auto
Thermal Reformer (ATR) units operating in parallel
each with a production design capacity of 1.35 GW
(9 x 1.35 GW = 12.15 GW). All necessary utilities and
power are produced within the facility. The production
facility layout is planned to allow a phased construction
to align with the conversion strategy presented in
Section 6.0. Further the multi-unit facility gives high
operational flexibility and security of supply which is
the most critical factors in domestic energy supply.
The UK gas system is based on a
high degree of flexibility which
is the key premise to design an
ATR multi-unit Hydrogen Production
Facility. This reduces investment
cost, operational expenses and
allows significant gas trading

53%

Natural Gas

Ammonia

Oil
Coal

Hydrogen Production Facility: 12.15 GW
(1,215 x 10 MW, i.e. 12,150 MW

4%
8%

011

18%

Electrolysis

Methanol
Refineries

1,500 METRE

14%
18%
ASU 2900
t/d
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t/d
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t/d
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ASU 2900
t/d

Most hydrogen production capacity has been installed
over the last 40-50 years and equates to 5.5–7 GW
installed capacity per year which is well within the
suggested 2 GW per year needed for H21 NoE.

CO2 HEADER

H2 PLANT - 1.35 GW

A full analysis of current hydrogen production and
hydrogen storage technologies, which are commonly
referred to as ‘large’ scale, was undertaken. Production
technologies assessed included water electrolysis,
natural gas reforming, coal gasification, ammonia
production and cracking. Storage technologies
considered included salt caverns, depleted
hydrocarbon fields, ammonia and liquid hydrogen.

Based on the energy requirements, need
for guaranteed deep decarbonisation,
CAPEX and OPEX cost, status of supply
chains, evidence of proven (and
referenced) technology, ability to
construct within the required timescales
and security of supply to customers,
natural gas reforming via Auto Thermal
Reforming (ATR) technology coupled
with carbon capture and storage was
proved to be the most attractive
option. From an inter-seasonal hydrogen
storage perspective, salt caverns were
selected. This was based on technical
grounds and the location of salt strata
in the Yorkshire area (Aldbrough)
and wider North East of England.

600 METRE

The current hydrogen industry is a part of the oil and gas
and power industries. It shares the same supply chains.

Figure ES.5: Global hydrogen demand

CONSTRUCTION AND LAYDOWN AREA

Figure ES.4: G
lobal hydrogen production
based on feedstock type

ASU 2900
t/d

Other

OFFSITE AND
UTILITIES INCL.d
SUBSTATION FOR
400 kV IMPORT

H2 COMPRESSOR
STATION

HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL

H2 HEADER

Figure ES.6: H
21 NoE Hydrogen Production Facility layout
(total design capacity 12.15 GW)
Key performance parameters are:
→→ Plant efficiency: 74.4%(HHV)
→→ CO2 capture: 94.2%
→→ CO2 footprint: 14.14 g/kWh
→→ Hydrogen purity: 98.3%
→→ Location: Easington with a split location
option provided at Teesside

Inter-seasonal hydrogen storage will be established
using the deep salt strata in the Yorkshire area
at Aldbrough. This avoids the requirement for recompression when exiting the caverns whilst
meeting the 8,052 GWh storage requirement. The
storage system would be based on 56 caverns
operating between 275 and 85 bar and 8 surface
facilities. The salt caverns would require 54.4 GWh
of power for operation per annum which is
approximately 0.073% of total hydrogen produced.
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Inter-seasonal hydrogen storage will be established
using the deep salt strata in the Yorkshire area
at Aldbrough. This avoids the requirement for recompression when exiting the caverns whilst
meeting the 8,052 GWh storage requirement. The
storage system would be based on 56 caverns
operating between 275 and 85 bar and 8 surface
facilities. The salt caverns would require 54.4 GWh
of power for operation per annum which is
approximately 0.073% of total hydrogen produced.
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Section 5.0
Hydrogen Transportation System (HTrS)

Section 6.0
Commissioning and Conversion

The HTrS required to connect the Hydrogen
Production Facility and inter-seasonal
hydrogen storage to the existing below 7 bar
gas distribution networks across the North
of England has been conceptually designed.

To undertake a conversion at the scale of
H21 NoE detailed consideration needs
to be given to how increasing hydrogen
supply and hydrogen storage coincides
with increasing demand which is dictated
by the number of gas customers converted
per annum. This section presents analysis
showing how annual demand increases
compared directly to scaling hydrogen
production and hydrogen storage.

The HTrS comprises three elements. Firstly, and most
significantly, a Hydrogen Transmission System (HTS)
of 125 GW capacity (3 times more than the capacity to
provide heat for the H21 NoE concept) with a capability
to provide a minimum of 25 GWh of intraday hydrogen
storage. Secondly, a Local Hydrogen Transmission
System (LHTS) to distribute hydrogen to strategic points
across individual urban centres. Thirdly, a Hydrogen
Intermediate Pressure System (HIPS) required to
allow strategic connections to the existing below 7 bar
gas distribution networks to facilitate conversion.

There are:
→→ The HTS 80 bar pipeline is 520 km long including
23 offtakes, 13 block valves and 50 connection
tees. The HTS requires no additional compression
→→ The LHTS operates at 40 bar maximum pressure.
In total, the pipelines are 334 km long (including
61 km and 130 km required for Yorkshire and
Manchester respectively) with 46 injections
points into the HIPS/existing gas networks.
→→ The HIPS comprises 605 km of
below 7 bar network mains
This new pipeline infrastructure requirement is very
small when put into a UK existing gas infrastructure
context. In terms of high pressure pipelines, (i.e. above
7 bar), it represents 4% of the existing NTS and LTS
system whilst the below 7 bar gas mains required
(605 km) is 0.2% of the existing distribution network.

Demand: Within the NoE area there over 3.7 million
meter points. To convert these gas customers within
a 7 year timescale (2028-35) three district workforces
based in Yorkshire, the North East and the North
West would be required. These workforces would be
working in parallel over a 7-year conversion period.
On average 3,000 plumbers are required per summer
conversion period and 1,500 per winter period. An
average of 240 management/administrative staff are
required throughout. To put the size of this workforce
into context, the UK currently has 128,000 gas safe
registered engineers and over 250,000 plumbers.

The towns gas to natural gas conversion between 1966
and 1977 at peak (1971/72) was converting 2.3 million
customers (meter points) per year, effectively four
times the North of England peak. Achieving this
conversion strategy is well within the UK’s capabilities.
Supply: The Hydrogen Production Facility has been
designed to be modular build adding one ATR of
1.35 GW module unit per annum from 2026 up to
2035. This ensures there is always enough hydrogen
supply to match the increasing annual demand
profile whilst maintaining constructability and
efficient operation of the facility. Using this strategy,
excess hydrogen production in the early years can be
managed via inter-seasonal hydrogen storage, turndown of individual units, or the preferred solution
of exporting as power to the UK electric grid.
Inter-seasonal hydrogen storage can be built
incrementally in line with the conversion and
commissioning strategy. However, the first set
of salt caverns (four surface facilities) would
be in place by 2026 with the remainder phased
in through the early years of conversion.

H21 NoE XL – a wider energy strategy
There is a very significant opportunity to use the surplus
hydrogen in summer (when heat demand is low) to
generate 30-50% of the NoE electrical requirements
via hydrogen fired CCGT power stations. This strategy
could be adopted in conjunction with scaling renewables
in the form of off-shore wind. This would require a
larger Hydrogen Production Facility (16.99 GW as
opposed to 12.15 GW) but also significantly smaller
inter-seasonal storage (2,164 GWh versus 8,052 GWh).
This would reduce CAPEX and OPEX by
approximately 20% and 15% respectively
and improve constructability. The
H21 XL strategy would also provide
an overall reduction of circa 10% in
the wholesale hydrogen unit cost.
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commissioning strategy. However, the first set
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There is a very significant opportunity to use the surplus
hydrogen in summer (when heat demand is low) to
generate 30-50% of the NoE electrical requirements
via hydrogen fired CCGT power stations. This strategy
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Section 7.0
CO2 transport and storage
Storing carbon dioxide (CO2) emissions produced by
human activity underground helps address climate
change by keeping this greenhouse gas out of the
atmosphere. This is not a new or emerging technology,
it is happening now. In fact, the current CO2 capture
capacity is nearly 40 million tonnes per year (Mtpa).
There are many geological systems throughout the world
that are capable of injecting centuries’ worth of
CO2 captured from industrial processes and retaining
it for millennia. The United Nations Intergovernmental
Panel on Climate Change (IPCC) estimates the
world’s potential capacity at two trillion tonnes,
although it may possess ‘much larger potential’3.
CCS technology involves three major
steps illustrated below.

CO2 COMPRESSION
AND EXPORT

The UK Continental Shelf (UKCS) has one of the largest
potentials for CO2 storage in Europe. The majority
of the storage units are in three major regions; the
Central and Northern North Sea (C-NNS), the Southern
North Sea (SNS) and in the East Irish Sea (EIS). The
UK has a total theoretical storage capacity of 78 Gt
(78 thousand million tonnes). The SNS is a natural
place to start the first UK CCS infrastructure project
due to the potential storage structures’ proximity to
the shore and large emission sources in the UK.
The SNS also has large potential to serve as
a storage hub for other European projects,
with a strategic position close to countries
like the Netherlands and Germany.

CO2 TRANSPORT
SHIPPING OPTIONS
LCO2

HYDROGEN PLANT

CO2 CAPTURE

A detailed assessment has been undertaken by
Equinor’s experts into the viability of CCS associated
with the H21 NoE CCS requirements in the SNS.
This would require scaling up of CO2 transport and
storage facilities to 2,827 t/h CO2 (up to 20 Mtpa) by
2035 with a total CO2 storage capacity of 516 Mt.
Whilst H21 NoE would represent the world’s
largest CCS scheme, it is only a factor of 10 larger
than existing schemes which is within the realms
of technical confidence. This is possible on both
UK and Norwegian continental shelves.

CO2 transport and storage,
economies of scale
As with all large projects there are
significant financial benefits which
can be realised with scale.
For CO2 transport and storage, the most significant
savings are achieved between the original H21
LCG (one Leeds) volumes of circa 1.5 Mtpa and the
H21 NoE (13 Leeds) volumes of up to 20 Mtpa with
an average of circa 17 Mtpa. This suggests that:

In the Clean Growth Strategy, the Government has
stated its ambition is to have “the option to deploy
CCUS at scale during the 2030s”. The Committee on
Climate Change (CCC) state in their 2018 Progress
Report to Parliament4 that the UK will need to store
at least 60, and potentially well over 100 Mt CO2
each year by 2050, if it is to meet the 2050 Climate
Change Act target. The CCC recommends at least
20 Mt CO2 should be stored per year by 2035.

A CO2 transport and storage scheme
for the UK should be based around
a project the scale of H21 NoE.
This takes maximum advantage of
economies of scale to ensure the
unit costs are as low as possible.

The H21 NoE project has the
potential to single handedly deliver
a CCUS solution in line with the
recommendations from the CCC.
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Section 7.0
CO2 transport and storage
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AND EXPORT
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Section 8.0
Project costs
For all aspects of the project a detailed
and transparent assessment of costs
has been given which draws on the
expertise of the supply chain. It is
recommended that comparisons with
H21 NoE should be undertaken on a
similar scale, timeline for constructability
and guaranteed carbon savings basis.
£1,340 M

CAPEX

£24 M

OPEX

CARBON TRANSPORT
AND STORAGE
(2,830 t/h)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT

DOMESTIC
APPLIANCES

INTER-SEASONAL
STORAGE
(8,052 GWh)

INTRADAY
STORAGE
(25 GWh)

COMMERCIAL
HEAT

CAPEX

£0

£8,520 M

£1,991 M

£3,427 M

£0

£143 M

£7,500 M

OPEX

£0

£285 M

£63 M

£3.0 M

£0

£0

£0

£580 M

ADDITIONAL ENERGY COST FOR HYDROGEN PRODUCTION FACILITY

Figure ES.9: H21 NoE project costs (CAPEX and OPEX)

CAPEX (£M)

OPEX (£MPA) POST 2035
(ONCE CONVERSION AND
COMMISSIONING IS COMPLETE)

Natural gas connection

0 (included in HPF)

0

Hydrogen Production Facility (HPF)

8,520

285

Inter-seasonal hydrogen storage

1,991

63

CO2 transport and storage

1,340

24

Hydrogen transportation system

3,427

3

Appliance conversion

7,500

0

SUB TOTAL

22,778

375

Additional energy cost for
Hydrogen Production Facility

N/A

580 (total annual gas cost is £2,292 m
based on gas price of £23/MWh)

TOTAL

22,778

955

Table ES.3: H21 NoE project costs table

APPLIANCE
CONVERSION

NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

ITEM

The H21 NoE project is 13.3 and 14.2 times larger
than the original H21 LCG project on an energy and
meter point basis respectively. The H21 NoE project
provides a CAPEX and OPEX saving of 25% and circa
50% respectively when compared on an energy
basis against the original H21 LCG project costs.
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Section 9.0
Finance and carbon footprint

Section 9.8.4
Carbon footprint

H21 NoE is a fully aligned major infrastructure
development with a long asset life time
and a potential monopoly position.
Therefore, a finance model for the H21 NoE
project has been established based on
the principles of regulatory financing.

The overriding imperative for any natural
gas to hydrogen conversion programme
must be a net reduction in emissions of CO2
and other greenhouse gases. This must be
expressed as their CO2 equivalent in line with
Kyoto Protocol. Carbon emissions associated
with H21 NoE have been analysed against
Scope 1; direct emissions at the system
boundary, Scope 2; emissions associated
with additional energy inputs and Scope 3;
emissions outside the system boundary.

A finance model has been developed and benchmarked
against NGNs fully detailed regulatory finance model
to confirm it is directionally accurate. This finance
model assumes all the new hydrogen infrastructure
including the Hydrogen Production Facility, interseasonal hydrogen storage, hydrogen transportation
system, carbon transport and storage and appliances
are part of a new national ‘hydrogen regulated asset’.
This is based on the factual and ethical assumptions
established in Section 9.0 with the key statement being:
It is important not to think in terms of
different types of gas having different
costs. The individual customers’ gas
bills are not based on gas type,
they are based on energy. As such,
it is the mechanisms to distribute
the cost that are important not the
type of gas the customer is using.

The model uses Net Present Value (NPV) where the
NPV is set to zero, depreciation is set to 45 years
(appliances 10 years) and the WACC is seen as the
internal rate of return of the project. The output from
this model is used to calculate the new unit price
and new annual gas bill for UK gas customers.
For the hydrogen regulated asset
the additional unit cost for UK
gas customers is £3.8/MWh
Based on a standard gas bill with current consumption
at 14,200 kWh per year this translates to an
additional £53 pa and total overall gas bill increase
in 2035 (peak) from £780 pa (using 2035 gas prices
£23/MWh) to £837 pa, i.e. a circa 7% increase.
Other scenarios, presented in Section
11.0, have the potential to significantly
reduce this impact further still.

£1,000

019

Scope 1: Emissions associated with the production
of hydrogen and burning of the hydrogen
fuel will be 14.4 g/kWhH2HHV at the ATR.
Scope 2: These emissions include the electrical
consumption for inter-seasonal hydrogen storage with
all power for the ATR generated internally. In the analysis
of Scope 2 emissions it is assumed that the UK will
meet the target set by BEIS of 100 g/kWh in 2030 and
50 g/kWh in 2050. This results in a Scope 2 emission of
0.073 g/kWh in 2030 dropping to 0.036 g/kWh in 2050.
The Scope 1+2 emissions directly
impact the UK carbon budget and
these are summarised in Table ES.4.
Scope 3 emission are outside the UK
carbon budget and are subject to more
debate and conjecture than Scope 1+2
emissions but considerations for
these emissions are provided below.

SCOPE OF
EMISSIONS

H21 NoE SYSTEM
NATURAL GAS
BASED ON 2018 UK MIX (G/KWH)
(G/KWH)

% REDUCTION
IN EMISSIONS

Scope 1

14.40

183.6

92.2%

Scope 1+2

14.47 (14.4 + 0.073)

183.6

92.1%

Table ES.4: Summary of H21 NoE emissions levels, Scope 1+2

£800
£600
£400
£200
£0
Current gas bill

Current gas bill
2035 prices

H21 NoE

Wholesale natural gas cost (39%)

Networks cost (22.5%)

Environmental and social obligation cost (1.2%)

Other direct cost (1.1%)

Operating cost (17.2%)

Supplier pre-tax margin (7.6%)

VAT (4.8%)

Hydrogen regulated asset (6.6%)

Figure ES.10: Impact of H21 on total annual gas bills (peak in 2035)

Future UK gas supply will include continental European
gas and LNG imports. Therefore, it is important to
understand the supply chain emissions and potential
for reduction. As the world continues to decarbonise
it seems reasonable to assume that the upstream gas
industry will also look to decarbonise. This will be partly
by default as electrical power across the world becomes
decarbonised and partly by deliberate actions (similar
to those being adopted in Norway) to lower carbon
footprints in response to domestic and international
market demands. As with future electrical emission
projections, the UK should look to target and promote
upstream gas emissions comparable with those of the
Norwegian Troll field in 2026, i.e. 2.4 g/kWhH2HHV . This
is well within the gas industry’s technical ability.
The H21 NoE project will provide an estimated
374 Mt of CO2 avoided by 2060. This is a significant
contribution to the carbon budget.
The H21 NoE project provides
carbon capture and storage at a
price of £5.54 per tonne based on
a regulated asset finance model.
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Section 10.0
Next Steps and FEED
The H21 NoE project can be executed
within the timescales recommended
by the Committee on Climate Change
subject to development of the
FEED. The programme below gives an
overview of FEED activities:

To deliver the H21 NoE project within the 2028–34
timelines the FEED study should commence
without delay. Any delay will have a direct impact on
H21 NoE delivery timescales which will therefore
have a subsequent impact on the UK government’s
ability to meet its climate change obligations.
2019
Hydrogen
Production
Facilty
Development

2020

2021

2022

HSE, EIA AND PERMITTING

SCREENING LOCATION
FOR HPF

Budget costs for the FEED study can
be summarised as follows:

FEASIBILITY STUDY
HPF CONCEPT STUDY

ITEM

COST (£M)

CIVIL AND CONSTRUCTION CONCEPT STUDY

Hydrogen Production Facility (including CO2 capture)

95

Inter-seasonal hydrogen storage

43

CO2 transport and storage

78

3D CAD MODELLING

FEASIBILITY STUDY

SCREENING LOCATION

Hydrogen transmission system

29

CONCEPT STUDY

Gas network conversion strategy (fuel switching)

4

HSE, PERMITTING AND EIA

Demand characteristics measurement validation 2019/20

1

TOTAL COST FEED H21 NoE

250

NEGOTITATE AGREEMENT FOR RENTAL OF SALT CAVERNS OR PURCHASE

CO2 Transport &
Storage Development

CO2 STORAGE
SCREENING

Table ES.5: FEED cost breakdown

CO2 STORAGE FEASIBILITY

CO2 STORAGE SITES CONCEPTUAL ANALYSIS

METOCEAN, GEOTECHNICAL AND MAPPING

DRILLING AND WELL CONCEPT STUDY

SUBSEA FACILITY CONCEPT STUDY

PIPELINE CONCEPT STUDY

Hydrogen
Transportation
System Development
Gas Network
Conversion
Strategy Developments

PRELIMINARY WORKS

PRELIMINARY WORKS

SECTOR DEFINITION

SECTORISATION PLAN

CONVERSION STRATEGY
EXISTING NETWORK MODIFICATIONS

Demand
Characteristics
Measurement
Validation

The FEED study requires government leadership to
provide capital stimulus, confidence across the supply
chain and galvanise industry. There is confidence that
a firm commitment from UK government based around
a 50/50 split with the private sector could provide
the funding required to progress the FEED. Without
significant government support a FEED study will not
be developed. There is a high level of confidence that at
least £100 m of private sector funding would be available
should the UK government match funding and ensure
critical enabling policies are in place or progressing.

PROCUREMENT
DESIGN BASIS

Inter-seasonal
Hydrogen Storage
Development

2023

The FEED will deliver the critical next step in delivery
of a UK hydrogen conversion strategy. At a total cost
of £250m this is only 1% of the total project value.
Progression to FEED is a no regrets position for the UK
as it allows a large scale (GW) hydrogen and CCS system
to be developed which can still support decarbonisation
of industrial clusters, centralised power generation
(hydrogen CCGTs) and transport, irrespective of a final
policy decision on heat.

METER INSTALLATION PLANNING

METER INSTALLATION

Figure ES.11: FEED delivery programme

METERING
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Section 11.0
Vision
The Vision section has been provided to show how
hydrogen conversion could be rolled out across the UK.
The rollout is based on hydrogen conversion of below
7 bar gas networks utilising the appropriate technology
in the required timescales. The UK 2050 rollout position
based on these six phases is shown in Figure ES.12.

The six phases are:
→→ Phase 1: H21 NoE (conversion 2028-34)
→→ Phase 2: H21 South Yorkshire and East/
West Midlands (conversion 2033-38)
→→ Phase 3: H21 Scotland (conversion 2030-32)
→→ Phase 4: H21 South Wales and South
West (conversion 2036-37)

In addition to decarbonisation of UK heat (the H21’s
primary strategy), two other scenarios were also
modelled based on the same regional rollout.
H21 XL (decarbonising heat and power);
a summary is provided below:
→→ As H21 for heat plus
→→ 31% of UK power

→→ Phase 5: H21 East Anglia and Home
Counties (conversion 2040-45)

→→ 61% of UK heat and power including
‘high pressure industrial clusters’

→→ Phase 6: H21 London (conversion 2045-50)

→→ A total CO2 reduction by 2050 of 88 Mtpa or
28.5% of the required reduction needed to
meet the target of Climate Change Act 2008

By 2050 the recommended rollout of H21 can
provide deep decarbonisation (14.47 gms/kWh)
of UK heat. Key points are summarised below:
→→ 62% by energy and 70% by meter points of domestic
heat. (194,000 GWh of hydrogen per annum)
→→ 48% of non-domestic heat across the below
7 bar gas distribution networks including all
industrial clusters and commercial users.
(109,000 GWh of hydrogen per annum)
→→ 56% of all UK heat ((109,000 + 194,000) ÷ 540,000)
→→ A total CO2 reduction by 2050 of 50 Mtpa or
17% of the required reduction needed to meet
the target of the Climate Change Act 2008

H21 Max (decarbonising all energy);
a summary is provided below:
In the H21 Max scenario 1,087,063 GWh of hydrogen
is available. It is assumed this will replace all
current (2016) natural gas, i.e. 850,000 GWh leaving
237,063 GWh for transport. In 2016 consumption
of diesel and petrol in UK road transport amounted
to 36.7 Mt or 466 TWh (12.7 kWhHHV/kg) and a total
CO2 emission of 117.4 Mt (3.2 kg CO2/kg).
Assuming a hydrogen fuel cell vehicle is twice as
efficient compared to a diesel/petrol vehicle about
233 TWh of hydrogen will be needed for the entire UK
road transport. Therefore, H21 Max would also enable
a complete decarbonisation of UK road transport.
Total UK CO2 reduction would be 258 Mt or 83.5% of the
requirement to meet the Climate Change Act 2008.
These two rollout scenarios add an average of
2.3 GW and 5.4 GW hydrogen capacity per annum
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Section 11.0
Vision
The Vision section has been provided to show how
hydrogen conversion could be rolled out across the UK.
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Scaling CO2 transport and storage
CO2 transport and storage for a 50 times H21 LCG
scenario, i.e. 50-75 Mtpa has been considered in both
the UK and Norwegian continental shelves. This has
shown that the capacity for such a scheme exists.
Importantly, a carbon transport and storage scheme for
the UK should be based around a project the scale of
H21 NoE. This takes maximum advantage of economies
of scale to ensure the unit costs are as low as possible.
By combining the UK and Norwegian storage described in
this section shows that it is technically possible to meet
the CO2 storage requirement for H21 Max of 147 Mtpa.
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H21 NoE has been developed in
partnership between Cadent, Equinor
and Northern Gas Networks. Equinor
was considered a perfect partner
for the onshore UK gas distribution
industry to develop the H21 concept.

This project could represent the
foundations of a deliverable, largescale, deep decarbonisation of
heat policy for the UK government
commensurate with Climate Change
Act obligations and timescales.

It has been funded in part by NGN and
Cadent using the Network Innovation
Allowance and Equinor using their own
funding. The aim of the project was
to build on the original H21 Leeds
City Gate work (2016) by developing
a credible strategy to convert the
North of England’s gas distribution
networks to 100% hydrogen.
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1.1

H21 North of England
1.1.1 UK energy and carbon footprint

H21 NoE has been developed in partnership
between Cadent, Equinor and Northern Gas
Networks. Equinor was considered a perfect
partner for the onshore UK gas distribution
industry to develop the H21 concept.

The UK, along with most other countries
around the world, recognises the
challenge of climate change. The UK has
committed to reduce carbon emissions
by 80% of their 1990 level by 2050.

It has been funded in part by NGN and Cadent using
the Network Innovation Allowance and Equinor using
their own funding. The aim of the project was to build
on the original H21 Leeds City Gate work (2016) by
developing a credible strategy to convert the North of
England’s gas distribution networks to 100% hydrogen.
This project could represent the foundations of a
deliverable, large-scale, deep decarbonisation of heat
policy for the UK government commensurate with
Climate Change Act obligations and timescales.
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In the UK, this is a legal obligation defined under
the terms of the UK Climate Change Act 2008.
Climate change is one of the most significant
technical, economic, social and business challenges
facing the world today. Prior to the H21 Leeds
City Gate Project (H21 LCG) there had been little
investigation into the opportunity to decarbonise
the UK gas distribution networks at a scale
commensurate with climate change targets.

le

st

a
wc

Hu

r

te

s
he

nc

Ma

The graph below, produced by Dr Grant Wilson
at Sheffield University, demonstrates the
size of the decarbonisation challenge when
considered in a net UK energy context.
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Figure 1.1: North of England

H21 – ‘if the 19th century was dominated
by towns gas, and the 20th century by
natural gas, could the 21st century
be dominated by hydrogen?’

Figure 1.2: UK Energy consumption
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Currently the UK requires circa 2,300-2,500 terawatt
hours (TWh) per year of energy to support heat
(including industry), transport and electricity
generation. Around 200-240 TWh of this energy
comes from renewable and waste sources1. This
is circa 9% of net energy demand (Figure 1.2).
Almost half of the energy consumed in the UK is to
provide heat. That is more than is used to produce
electricity or for transport. Around 57% of this heat
(434 TWh) goes towards meeting the space and
water heating requirements of our homes2. The
United Kingdom has a world class gas grid which
heats over 80% of its buildings as well as providing
almost all commercial and industrial heat.
In 2017, the UK final energy consumption was
1,734 TWh, this is the amount of the 2,200-2,500 TWh
of primary energy that was used by the end users.
Taking into account all energy sources, this had a
greenhouse gas emissions value of 456 MtCO2eq,
of this 367 MtCO2eq was carbon dioxide (CO2). This
corresponds to an energy ‘end use’ CO2 footprint
of 212 gCO2/kWh (367 MtCO2eq/1,734 TWh).
For the UK to meet its obligations as defined in
the Climate Change Act the net greenhouse gas
emissions for all energy needs to be no more than
159 MtCO2eq. This is equal to a 65% reduction in
greenhouse gas emissions from the 2017 levels3.
This requires a substantial change
in the way we use energy.

030

The existing gas grid is well proven in provision of
energy through a secure network which has been
developed to be robust and secure in all weather
conditions. The network has been designed to meet
the energy demand for an extreme weather event
which could statistically occur once every 20 years.
This means an exceptionally cold event which
occurs when all appliances are on. During February
and March 2018, the ‘beast from the East’ met this
characteristic validating the UK gas network design.
If the gas network can be repurposed to transport a
low/zero carbon gas it will allow the UK to capitalise
on this existing national asset whilst ensuring that
customers do not require disruptive and expensive
changes in their homes. Such changes would be
required as part of an all-electric conversion.
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1.1.2 The Original H21 Leeds City Gate project
The original H21 Leeds City Gate (H21
LCG) project and short film were released
on 11th July 2016 and are available via the
Northern Gas Networks (NGN) website.
H21 LCG considered if there was a gas which could
be used to decarbonise the gas networks in the
context of the 2050 climate change obligations.
The current UK gas distribution network transports
natural gas which is predominantly methane (CH4).

Furthermore, providing a long-term solution to climate
change which utilises both the existing gas networks
and electricity networks provides future customers
with the same level of choice and energy security that
is currently offered by gas and electricity today.

This is burnt in customer’s properties across the country
producing carbon dioxide, water and heat. Burning
hydrogen (H2) only produces water and heat. A conversion
of the UK gas distribution networks to hydrogen would
provide customers with all the benefits of gas and the
existing gas networks without the carbon footprint.

Gas rig - source
of methane
Carbon capture
and storage

Collectively, the UK needs to fully appreciate the
size of the challenge to replace the energy provided
by natural gas with a compatible low carbon gas
alternative, or by electric. Bio gases, i.e. gases
developed from a biological feedstock (such as
bio-methane), can support decarbonisation of the
gas grid to meet short term carbon budgets.

Steam
methane
reformer

However, these important contributors will always be
limited by feedstock availability and competition for the
‘bio’ feedstock from the transport and electric generation
sectors. It is commonly recognised that even in the
most optimistic scenario bio feedstock may only be able
to supply up to 150 TWh or 10% of net UK energy. This
contribution to decarbonisation has minimal net impact
on the amount of energy required to decarbonise the
entire UK gas network to meet the 2050 commitment.
For the reasons stated above, coupled with international
energy trading conditions, referred to in the body
of this report, a conversion of UK gas networks to
100% hydrogen should be considered a credible and
favourable option to meet the climate change challenge.
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Hydrogen
transmission

Salt cavern

Leeds

Figure 1.3: Original H21 Leeds City Gate schematic
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Digest of UK Energy Statistics, 2016

2

Ofgem Future Insights series: The Decarbonisation of Heat, 2016
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Committee on Climate Change, Building a Low Carbon Economy, 2008
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1.1.3 H21 – What’s happening now

The 2016 project confirmed that the conversion of the
UK gas network to 100% hydrogen was both technically
possible and economically viable. The report provided
evidence that the UK gas networks are suitable for
hydrogen conversion for the following reasons:

A conversion of the UK gas networks to
hydrogen is technically achievable.

→→ They are correctly sized to be converted to
100% hydrogen, i.e. the pipes are big enough

Prior to a policy decision there are two
areas which need further evidence.

→→ Low carbon hydrogen can be credibly
sourced at gigawatt scale

These are:

→→ Conversion of UK cities can be
achieved incrementally

Critical evidence: the quantified safetybased evidence that a 100% hydrogen gas grid
represents an acceptable risk compared to the
current natural gas grid or a towns gas grid.

→→ Appliances can be converted to
operate on 100% hydrogen
→→ Hydrogen can be stored to manage intraday
and inter-seasonal swings in demand

2019

Additionally, the project provided a financing model
which would keep the impact on UK customers’
bills to a minimum by taking advantage of the
natural expenditure profile of the UK gas industry
and its established financing methodology. The
headline data for one city (Leeds) were:

2020

Strategic evidence: on completion of the critical
evidence what will an early 2020s government policy
look like? This requires development of a range of
‘strategic evidence’, developed in parallel to the critical
evidence to ensure there are no delays in executing
policy. The H21 NoE project presents a ‘conceptual
design’ for converting the North of England heat
supply to hydrogen from 2028. The basis of this
project could represent a credible first policy option
for UK government. The H21 NoE project is key in a
range of highly strategic evidence-based projects.
These two areas are illustrated in Figure 1.5.

2021

2022

2023

BEIS led: £25 m ‘Hy4Heat’

CRITICAL
SAFETY
EVIDENCE

→→ An average hydrogen supply of 732 MW provided by
4, 256 MW (1,025 MW total capacity) Steam Methane
Reformers (SMRs) located at Teesside due to its
access to CO2 storage opportunities in the North
Sea. Total annual demand (in a peak year) of 6.4 TWh

GDN led: £10.3 m H21 NIC

GDN led: £5 m Field trial

LIVE
TRIAL

Live Trial (one winter)
(NOT YET FUNDED)

→→ Peak hour demand of 3.18 GW
→→ Intraday storage of circa 4,000 MWh provided
via salt caverns in the Teesside region

H21 NoE

→→ Inter-seasonal hydrogen storage of 700,000 MWh
provided via salt caverns in the Humber region
→→ 1.5 Mt of CO2 sequestered per annum
→→ A total costs to convert Leeds, including hydrogen
production and storage, all associated infrastructure
and appliance conversions of circa £2 bn
Since publication of the H21 LCG report there have
been numerous publications supporting the potential
of a 100% hydrogen gas grid conversion. All express
the need for urgent action to provide the outstanding
pieces of critical evidence to allow strategic policy
decisions to be made. Two of the most notable were
firstly, the October 2016 publication by The Committee
on Climate Change (CCC), ‘Next steps for UK heat
policy’. Secondly, the October 2017 publication by the
UK Government, ‘The Clean Growth Strategy’. This
publication credits a 100% hydrogen conversion as one
of the most credible options for deep decarbonisation.

STRATEGIC
EVIDENCE
Figure 1.4: The Committee on Climate
Change ‘Next steps for UK heat policy’ and
the UK Governments ‘Clean Growth Strategy’

H21 Strategic
modelling

H21 NoE: £250 m FEED Study (NOT YET FUNDED)

H21 Domestic and
commerical metering

Figure 1.5: Critical and strategic
evidence – a realistic timeline to policy
Once the critical evidence is complete (2021) a live trial
involving the conversion of a discreet representative
area of the gas network needs to be undertaken. This will
confirm the logistics and economics of conversion as
well as providing customer confidence. Following/during
this live trial, a policy decision can be made. Please note
at time of publication, the FEED study, field trials and
live trials shown on the diagram still require funding.

Earliest
policy
decision
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involving the conversion of a discreet representative
area of the gas network needs to be undertaken. This will
confirm the logistics and economics of conversion as
well as providing customer confidence. Following/during
this live trial, a policy decision can be made. Please note
at time of publication, the FEED study, field trials and
live trials shown on the diagram still require funding.

Earliest
policy
decision

H21 North of England

SECTION 01

034

Critical evidence

SECTION 01

Strategic evidence

The UK Governments Hy4Heat programme
(£25m) and the UK gas industries H21
NIC project (£10.3m), are now underway
and due to complete in 2020/21. These
programmes will provide the critical safetybased evidence for hydrogen conversion.
A brief overview of each programme is provided below.
→→ £25m ‘Hy4Heat’ Programme led by the UK
Government’s department of Business Energy
and Industrial Strategy (BEIS). This project will
provide the quantified safety based evidence
within domestic, commercial and industrial
buildings. It will also provide capital stimulus to
the appliance sector to produce a range of 100%
hydrogen compatible appliances and burners.

→→ £10.3m ‘H21 – NIC’ Programme led by Northern
Gas Networks in conjunction with all the gas
distribution networks of the UK (Cadent, Scottish
and Southern Gas Networks, Wales and West
Utilities) was awarded funding by Ofgem in
November 2017. The H21 NIC project is designed
to complement the BEIS programme and focuses
on providing the safety-based evidence for 100%
hydrogen conversion of the UK GDNs network
of pipes supplying gas to the customers.
These complementary, but fundamentally different
programmes, will collectively provide the critical
safety-based evidence required to progress
towards a policy decision and live trial. The two
programmes are shown diagrammatically below:

Government programme £25 m (Hy4Heat)
Downstream of the meter

Government programme £25 m (Hy4Heat)
Downstream of the meter
→ Safety evidence
→ Capital stimulus to the
Appliance market

H21 NIC £10.3 m
plus field trials
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The Hy4Heat and H21 NIC programmes

There are a range of highly strategic
H21 based hydrogen projects funded
by the UK gas networks via the
Network Innovation Allowance (NIA)
and wider industry contributions.
As with the H21 NIC project, all projects are being
managed by the H21 team. A brief overview of
three key projects has been provided below, further
details can be found via the H21 website.
→→ H21 North of England (this project)
The project presents a ‘conceptual design’
for hydrogen conversion for the North of
England. This project could present a credible
‘first policy’ option for UK government.
→→ H21 – Strategic Modelling Major Urban Centres The
H21 team have expanded the network modelling
of the original H21 LCG project to include three
more very large NGN networks (Teesside, West
Yorkshire, Hull). Additionally, the H21 team has
provided training and support to all other UK GDNs
to enable them to model their own networks on
hydrogen. When completed this project will include
14 networks owned by other GDNs in addition to the
NGN network models. The modelling undertaken
by NGN on West Yorkshire, Hull, and Teesside and
Cadent on Manchester and Liverpool has provided
information directly into this H21 NoE report.
→→ H21 – Domestic and Commercial Metering
This project is evaluating the performance of
commonly used meters and ancillary equipment
outside of their design duty (i.e. operation on
hydrogen). A testing programme is being carried
out to ensure that a representative cross section
of UK meters and regulators are tested. This will
provide sufficient safety and performance data to
ascertain the suitability of the existing UK meter
stock for operation on a hydrogen network.
Moreover, the H21 project has captured the imagination
of the energy sector with a significant increase in
hydrogen-based projects across the supply chain.
A notable example is Worcester Bosch who, in
December 2017, commissioned their 100% hydrogen
boiler prototype and to quote ‘it ran very well’.
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1.1.4 International momentum and the H21 Vision
The global community have the same
climate change commitments and a
growing recognition of the difficulty in
meeting this enormous challenge. Big
problems need big solutions and the
H21 concept has the potential to provide
large CO2 emission reductions to meet
global climate change obligations.
The credibility of the project has led to an international
momentum with H21 based studies and interest
being developed in Australia, Canada, China,
Europe, Japan, Hong Kong and New Zealand.
In the UK there is strong and growing local
support across many of the Northern local
government authorities (West Yorkshire,
Liverpool, Manchester, Teesside, Newcastle).

They are enthused by the prospect of being a world
leader for implementation of hydrogen conversion whilst
recognising the benefits to air quality, job creation
and meeting climate change targets. The H21 project
team believe that a conversion to 100% hydrogen in
the UK gas grid would allow the UK to meet its 2050
carbon reduction targets by facilitating a realistic
and long-term transition to entirely green energy.
This longer-term vision would utilise hydrogen to
balance global renewable energy requirements.
Countries with excess renewable energy supplies
could trade green energy, via hydrogen, with countries
with shortages and in distant markets. For example,
Australia with a population of 24 million could
trade energy with countries such as the UK, whose
population stands at 66 million. The graph below (see
Section 11.2 for detailed breakdown) demonstrates
how this transition may occur up to 2100 and, whilst
illustrative, is based on credible timescales and delivery
of a truly large-scale global hydrogen economy.

H21 North of England
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The H21 concept is to convert the UK gas distribution
network to 100% hydrogen. This will decarbonise heat
and support decarbonisation of electric generation, for
large industrial users and transport with bulk availability
of hydrogen at point of use. This can be achieved using
existing technology available across the world today and
would maintain the benefits of gas and the gas networks
in the energy mix for the long-term future. If undertaken
such a conversion would represent an enormous
contribution to meeting climate change obligations.
100% hydrogen conversion does not negate the need for
other decarbonisation initiatives, e.g. energy efficiency
measures, renewables, nuclear, district heating, ‘bio’energy, etc. However, whilst there is a common ‘no silver
bullet’ consensus, we need to be collectively realistic
and recognise different ‘bullets’ have very different
contribution capabilities when considered against the
2050 targets. Furthermore, we also need to remember
that 2050 is only 32 years away and large energy
infrastructure construction takes a significant amount
of time. Deployment timescales of different ‘bullets’ (i.e.
decarbonisation strategies) are often not realistically
considered instead preferring economic analysis over
credible deliverable actions. Hydrogen conversion
represents a credible and deliverable strategy.
The H21 project gives the UK a
unique opportunity to lead the
world in large scale decarbonisation
strategies. With continued local,
national and international support,
the outstanding evidence can be
gathered to make this a reality.

Figure 1.7: H21-2100 Vision; the onset of the UK/Global hydrogen economy
(illustration only)
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1.2

H21 North of England, Project Development
1.2.1 The H21 and
Equinor relationship
Following the launch of the H21 LCG report
several meetings were held throughout
2016 between NGN and Equinor. The
purpose of these meetings was to explore
the opportunity to share expertise to
further develop the H21 concept.
NGN, as a UK onshore gas transporter, has the
expertise for onshore gas transmission and
distribution. However, the network recognises it
does not have the detailed expertise of Carbon
Capture and Storage (CCS) and alternative hydrogen
production and storage methodologies to develop
the H21 concept into a regional hydrogen economy
policy. A collaboration between NGN and Equinor
would cover the entire value chain including gas
extraction, hydrogen production, carbon capture and
storage, renewable energy, hydrogen transmission,
gas network distribution and end user consumption.
Equinor is a perfect partner for the H21 NoE Project. As
a company, Equinor have extensive energy production
credentials in both traditional oil and gas as well as
the growing renewable sector. It is considered one of
the world’s front runners within CCS, with more than
20 years’ experience from capturing and storing CO2 in
both offshore and onshore locations. Finally, Equinor
have extensive expertise across the hydrogen supply
chain through their acquisition of Norsk Hydro in 2007.

1.2.2 Equinor in brief
Energy production expertise

Equinor was established in 1972 to be
the Norwegian government’s commercial
instrument in the development of the
Norwegian oil and gas industry.
Today the company is among the ten largest oil and gas
producers in the world. In addition to Equinor’s historic
oil and gas foundations, they are also currently delivering
wind power to 650,000 British households. Equinor’s UK
offshore wind business has the long-term potential to
provide low carbon electricity equivalent to 20-25% of
current UK electrical consumption (5% of UK net energy).
Equinor is listed on the New York and Oslo stock
exchanges and employs circa 21,600 people worldwide.
Since 1972, Equinor has grown to be the leading oil and
gas operator on the Norwegian continental shelf. Today
Norway is one of the world’s most productive petroleum
provinces. Equinor has become the world’s largest
offshore operator and the second biggest gas supplier
to Europe. In 2016 around two thirds of gas imports to
the UK was supplied through Norwegian pipelines.

Figure 1.8: Equinor’s natural gas pipeline
network in the North Sea

A collaboration agreement was signed between NGN
and Equinor in early 2017 with the purpose of developing
a large scale (TWh) hydrogen conversion/hydrogen
energy project(s) to support heat, power and industrial
decarbonisation. The H21 NoE project was the first
one carried out under this collaboration framework.

Figure 1.9: Sheringham Shoal offshore
windpark of 316.8 MW capacity
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Carbon Capture and Storage (CCS) expertise

Hydrogen expertise

Importantly, and in addition to its energy production
credentials, Equinor is a pioneer in the reduction
of CO2 emissions from production and use of
fossil energy by applying cutting edge technology
for energy efficiency, electrification and carbon
capture and storage. Having worked on this
technology since the 1990s, they have played an
important role in getting CCS to where it is today.

Equinor has experience with the production of
hydrogen from natural gas through the Equinoroperated methanol plant at Tjeldbergodden. Being the
largest in Europe of its kind the plant incorporates
both a Steam Methane Reformer (SMR) and an Auto
Thermal Reformer (ATR), both being key technologies
in the production of hydrogen from natural gas.

041

Equinor has more than 20 years of experience
with CO2 storage on the Norwegian continental
shelf. It has integrated CCS technology into two
operational fields where now more than 23 Mt of
CO2 have been permanently stored to date. Equinor
is currently storing up to 1.8 Mt of CO2 per year,
equivalent to the emissions from 850,000 cars.

SLEIPNER WEST
Operational since 1996

SNØHVIT LNG
First CO2 injected in 2008

IN SALAH
Start-up in 2004

TECHNOLOGY CENTRE MONGSTAD
Operational since 2012

Figure 1.10: Equinor CCS projects
Equinor is one of the partners at the Technology Centre
Mongstad (TCM)4, a joint venture between the Norwegian
state, Equinor, Shell and Total. TCM is the world’s largest
facility for testing and improving CO2 capture technology.
This provides an excellent opportunity for wider
industrial reach through the H21/Equinor relationship.

Figure 1.11: Tjeldbergodden Methanol Plant

Equinor are also engaged in feasibility studies
together with Vattenfall and Gasunie to evaluate
the conversion of a combined cycle power
station from natural gas to hydrogen fuel, as
well as design of a large-scale value chain where
production of hydrogen is combined with CCS.

4

Combat climate change through technology, accessed 19 October 2018,<http://www.tcmda.com/en/>.

The project will showcase hydrogen power as a
flexible power source and can be duplicated in other
countries. This is seen as an important step to support
growth in offshore wind production and bridging the
heat and power segment in a clean affordable way.
The project will deliver significant CO2 reductions in
the order of 2-2.5 million tonnes per year and will
be based on the world largest clean hydrogen plant
producing in the range of 1.2-1.5 GW of hydrogen.
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H21 North of England

≥ Energy: 8-12 TWh
≥ Utilise existing gas
power plants
≥ Switch fuel from natural
gas to clean H2
≥ Clean electricity
≥ Clean back-up for solar
and wind
≥ Launch large-scale
H2 economy
≥ Partners: Nuon and Gasunie

H21 NORTH OF ENGLAND

≥ Energy: 75-85 TWh
≥ Domestic heating in UK
≥ Utilise existing gas
network
≥ Synergies with
industry/power generation
≥ Enables H2 to
transport later
≥ Partners: Northern Gas
Network and Cadent

The H21 NoE project was originally
designed to consider three stages based
on a scaled-up version of the original H21
LCG project, i.e. a minimum of 10 times the
H21 LCG equivalent and then 50 times.
NEW PROJECTS
≥ Maritime Transport –
Norway
≥ Power and Industry –
France
≥ Heat and power –
Germany with OGE
≥ Hydrogen CCU – UK
(80-90 TWh)
≥ Power and Industry – NL
(12-20 TWh)
≥ Power – Japan

Specifically, ‘10 times H21 LCG’ relates
to converting an area approximately ten
times the area of the H21 LCG study.
The stages were defined as follows.
→→ Stage 1 (validation): 1 times Leeds approximately
1 GW hydrogen (average annual production
678 MW) and 1.5 Mtpa of CO2 developed by 2025
→→ Stage 2 (base case – detailed study): a minimum
of 10 times H21 LCG conversion area. This is circa
10 GW hydrogen capacity and 15 Mtpa of CO2
developed between 2025-35 at 1 GW additional
hydrogen production generation per annum and
1.5 Mtpa additional CO2 sequestration requirements.
→→ Stage 3 (UK wide rollout options – the Vision):
50 times Leeds approximately 50 GW hydrogen
capacity and 75 Mtpa of CO2 developed
between 2025-50 @ 2.5 GW additional
hydrogen production generation per annum and
3.75 Mtpa of additional CO2 sequestration.

Figure 1.12: Equinor hydrogen development
Equinor’s know-how and aspirations resonate
strongly with the foreseen transformation of the
energy systems to meet the UK’s climate change
targets through the H21 initiative. Teaming up
with the H21 team to mature the opportunities
through the H21 NoE project was a natural move.

043

1.2.3 H21 North of England, project parameters

Finally, Equinor are involved in a project with Viking
Cruise looking into developing a new low emission cruise
concept. The idea will be based on liquid hydrogen and a
fuel cell drive train. It will provide NOx free and low noise
cruise ship operation. Equinor has interest and expertise
in hydrogen production and technology development
across multiple sectors demonstrated pictorially below.
H2M MAGNUM

SECTION 01

The project was split into defined scopes of work
to allow the respective organisations to work
within their area of expertise. Sections 1.2.4 to
1.2.6 explains the split in responsibilities.
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1.2.4 Scope definition boundaries infographic (Equinor/NGN)

1.2.5 Equinor scope of works

The info graphic below provides a simplistic
representation of the project scope and areas
of responsibility between NGN and Equinor.

a.

These are elaborated upon in Sections 1.2.5 and 1.2.6.

EQUINOR

NORTHERN GAS NETWORKS (NGN)

CO2 TRANSPORT
AND STORAGE

APPLIANCE
CONVERSION

A review of credible hydrogen production technologies
for their applicability to the H21 NoE concept. This
review will consider credible scale, guaranteed
carbon savings and timescales for deployment. It
will include hydrogen produced via electrolysis,
natural gas (Autothermal (ATR) or Steam Methane
Reforming (SMR) processes), gasification and
ammonia. Following a technical review, detailed
development of the preferred technology in the context
of conceptual design H21 NoE (see Section 4.0).

b.

HYDROGEN
TRANSMISSION SYSTEM

GAS DISTRIBUTION
NETWORK

INDUSTRIAL
HEAT

DOMESTIC
APPLIANCES

Detailed considerations into technically possible
CO2 transport and storage solutions to serve a
H21 NoE conversion strategy. The CO2 capture
and storage will be detailed in two areas:

→→ Storage of captured CO2 in the UK and/or
Norwegian continental shelf. A CO2 transport
and storage solution will be developed for the
base case, i.e. a minimum of 10 times Leeds.
Indicative analysis will be provided for a 50
times Leeds scenario (see Section 11.0).

c.

Funded by Equinor

Figure 1.13: Scope definition boundaries

INTRADAY
HYDROGEN STORAGE

CO2 transport and storage
(Section 7.0)

→→ Viable scale of carbon capture from natural gas
hydrogen production-based technologies (ATR/SMR).

HYDROGEN
PRODUCTION

INTER-SEASONAL
HYDROGEN STORAGE

 lean hydrogen production technologies
C
(Section 3.0)

COMMERCIAL
APPLIANCES

Funded via the Network Innovation Allowance
50/50 between NGN and Cadent

System design
(Section 4.0, 6.0 and 7.0)

Based on the North of England area of conversion,
an optimised system design is presented with
assessment on design variations. The system
design will consider the required capacities of the
hydrogen production facility, inter-seasonal hydrogen
storage, CO2 transport and storage system.
These details will be developed with the onshore
hydrogen transmission system requirements
and end demand profiles (See NGN scope).
This will ensure a credible H21 NoE system
design for all elements of the supply chain.
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d.

Power sector
(Section 6.0)

In recent years almost all coal power production in the
UK has been phased out and today approximately 50% of
UK power production is based on natural gas. This is the
major contributor to the UK’s CO2 emission reduction.
Converting gas power plants from natural gas to
hydrogen would make UK power production close
to emission free and form a secure back-up for
intermittent renewable power. Equinor is currently
working together with the major gas turbine
manufactures to explore the potential for retrofitting
existing CCGT power stations for use on hydrogen.
The study will cover the potential for production of
centralised power using hydrogen powered CCGT.
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1.2.4 Scope definition boundaries infographic (Equinor/NGN)

1.2.5 Equinor scope of works

The info graphic below provides a simplistic
representation of the project scope and areas
of responsibility between NGN and Equinor.

a.

These are elaborated upon in Sections 1.2.5 and 1.2.6.

EQUINOR

NORTHERN GAS NETWORKS (NGN)

CO2 TRANSPORT
AND STORAGE

APPLIANCE
CONVERSION

A review of credible hydrogen production technologies
for their applicability to the H21 NoE concept. This
review will consider credible scale, guaranteed
carbon savings and timescales for deployment. It
will include hydrogen produced via electrolysis,
natural gas (Autothermal (ATR) or Steam Methane
Reforming (SMR) processes), gasification and
ammonia. Following a technical review, detailed
development of the preferred technology in the context
of conceptual design H21 NoE (see Section 4.0).

b.

HYDROGEN
TRANSMISSION SYSTEM

GAS DISTRIBUTION
NETWORK

INDUSTRIAL
HEAT

DOMESTIC
APPLIANCES

Detailed considerations into technically possible
CO2 transport and storage solutions to serve a
H21 NoE conversion strategy. The CO2 capture
and storage will be detailed in two areas:

→→ Storage of captured CO2 in the UK and/or
Norwegian continental shelf. A CO2 transport
and storage solution will be developed for the
base case, i.e. a minimum of 10 times Leeds.
Indicative analysis will be provided for a 50
times Leeds scenario (see Section 11.0).

c.

Funded by Equinor

Figure 1.13: Scope definition boundaries

INTRADAY
HYDROGEN STORAGE

CO2 transport and storage
(Section 7.0)

→→ Viable scale of carbon capture from natural gas
hydrogen production-based technologies (ATR/SMR).

HYDROGEN
PRODUCTION

INTER-SEASONAL
HYDROGEN STORAGE

 lean hydrogen production technologies
C
(Section 3.0)

COMMERCIAL
APPLIANCES

Funded via the Network Innovation Allowance
50/50 between NGN and Cadent

System design
(Section 4.0, 6.0 and 7.0)

Based on the North of England area of conversion,
an optimised system design is presented with
assessment on design variations. The system
design will consider the required capacities of the
hydrogen production facility, inter-seasonal hydrogen
storage, CO2 transport and storage system.
These details will be developed with the onshore
hydrogen transmission system requirements
and end demand profiles (See NGN scope).
This will ensure a credible H21 NoE system
design for all elements of the supply chain.

045

d.

Power sector
(Section 6.0)

In recent years almost all coal power production in the
UK has been phased out and today approximately 50% of
UK power production is based on natural gas. This is the
major contributor to the UK’s CO2 emission reduction.
Converting gas power plants from natural gas to
hydrogen would make UK power production close
to emission free and form a secure back-up for
intermittent renewable power. Equinor is currently
working together with the major gas turbine
manufactures to explore the potential for retrofitting
existing CCGT power stations for use on hydrogen.
The study will cover the potential for production of
centralised power using hydrogen powered CCGT.

H21 North of England

SECTION 01

046

1.2.6 Northern Gas Networks scope of works
a.

 efining the minimum ’10 times H21 LCG’
D
area of conversion (Section 2.0)

When considering an appropriate ‘scale up’
from the original H21 LCG project an area
relating to approximately 10 times H21 LCG was
considered a sensible area for assessment.
This was for the following reasons:

The north of England was selected as an
appropriate area to consider under a ’10
times H21 LCG’ strategy because:
→→ It has an access to suitable British geology
(access to CCS and salt cavern storage)
→→ A high population density

→→ Leeds would never be converted as a test
project. The live trials shown in Section 1.1.3
would be carried out on several hundred
properties, not one of the UK’s largest cities.

→→ Large industrial heritage

→→ A Leeds only conversion policy would not
provide the economies of scale for the
appliance market to minimise costs

→→ The area includes Tyneside (Newcastle,
Gateshead), Teesside, York, Hull, West Yorkshire
(Leeds, Bradford, Halifax, Huddersfield,
Wakefield), Manchester and Liverpool, circa 3
million meter points and is approximately 13
times the size of the original H21 LCG study

→→ A Leeds only conversion policy would not provide
the required economies of scale to de-risk the
CCS infrastructure investment for potential
CCS providers (e.g. Equinor/Shell/BP)
→→ A minimum 10 times H21 LCG project is considered
large enough to resolve economics of scale
issues but small enough to be considered a
practical first policy for a future government
→→ A 10 times H21 LCG policy would make
a material difference to meeting climate
change obligations covering over 12.5% of the
population and similar share of heat demand
→→ It is big enough to be considered a regional policy

→→ Significant support for the H21 concept
across north of England local authorities

→→ This area, dictated by practical urban settlements
in the north of England, meant the base case
evolved into a 13 times H21 LCG conversion area

H21 North of England

b.

SECTION 01

Hydrogen Transportation System
(Section 5.0)

The hydrogen production and storage methods (designed
by Equinor) need to be linked to the gas distribution
networks via a new Hydrogen Transportation System
(HTrS). The design of an appropriate HTrS will allow
incremental conversion of the North of England. NGN will
consider different pipeline sizes, pressures, compression
requirements, whole life cost considerations and
identification of an indicative pipeline route corridor.
The HTrS will be modelled for different hydrogen
production and storage combinations with a clear
identification of the preferred option in terms
of cost and security to energy customers.

c.

 onversion strategy – North of England
C
(Section 6.0)

As part of the project an appropriate conversion
strategy will be developed considering feasible
conversion work force size and location,
commissioning rates of hydrogen production/storage
and appliance manufacture/general logistics.

047

d.

The Vision section
(Section 11.0)

This project’s primary focus is on a detailed strategy
at conceptual design level for conversion of the
North of England, i.e. the minimum 10 times H21
LCG scenario. As with the original H21 LCG study a
vision section will be presented as the final section.
This vision section will focus on two areas:
→→ The design of the hydrogen production, storage
and HTrS based on decarbonising North of England
gas networks and, by default, heat. An additional
assessment will be undertaken into the future
proofing capability of the proposed design to
accommodate future additional load from infill
(other towns and villages within the North of
England currently on natural gas), transport
and electric generation (decentralised off the
gas network and centralised off the HTrS).
→→ A range of scenarios will be presented for
a 50 times Leeds conversion strategy, i.e.
most of the UK. Whilst this assessment will
be qualitative it will have clear engineering
principles set out and sensible extrapolations
and comparisons drawn between the north of
England and the UK wide hydrogen conversion.

e.

Report co-ordination and film development

Primary responsibility for compiling the final report and
production of the H21 NoE film will sit with NGN based
on their experience gained on the original H21 LCG.
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1.3

The area of conversion – North of England
To undertake the project, the team had to
define the specific area to be converted
from natural gas to hydrogen.
Following detailed appraisal (more detail is provided
in Section 2.0) the finalised area for conversion
contained circa 3.7 million meter points representing
around 15 times H21 LCG Study by meter point
population but 13 times H21 LCG (see Section 2.0)
based on annual energy demand. The area includes
Tyneside (Newcastle, Gateshead), Teesside, York,
Hull, West Yorkshire (Leeds, Bradford, Halifax,
Huddersfield, Wakefield), Manchester and Liverpool.
To demonstrate the scale of this conversion area
compared with the original H21 LCG see Figure
1.14. This shows firstly the West Yorkshire network
shaded area compared to the original H21 LCG
study. Secondly, the full H21 NoE area when
compared against the original H21 LCG study.
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Figure 1.14: Original H21 LCG study
compared against West Yorkshire and NoE
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2.0

Demand
The first step for H21 NoE was to
establish the energy (heat) demand
parameters for this area. When
considering heat demand there are
several design parameters that need to
be identified to allow an appropriate
hydrogen supply and storage system
(Section 4.0) and hydrogen transmission
system (Section 5.0) to be determined.
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2.1

Introduction
The next step of the H21 NoE project was to establish
the heat energy demand parameters for this area.
When considering heat demand there are several
design parameters that need to be identified to
allow an appropriate hydrogen production (Section
3.0), storage system (Section 4.0) and hydrogen
transmission system (Section 5.0) to be determined.

Demand scaling (seasonal and temporal combined)
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Figure 2.2: UK heat demand annual scaling
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The area studied for the North of England
(NoE) project was proposed to be a minimimu
of 10 times that of the LCG project. This area
comprised of Tyneside (Newcastle, Gateshead),
Teesside, York, Hull, West Yorkshire (Leeds,
Bradford, Halifax, Huddersfield, Wakefield),
Manchester and Liverpool) see Figure 2.1.

Figure 2.1: The H21 NoE area of conversion
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Demand parameters indicate how much energy is
required for heat in this area and how does that demand
profile varies over a yearly cycle. These parameters
can be determined from various data sources and gas
distribution networks operational and design data. The
key parameters are peak energy demand and total annual
demand, i.e. the area under the 3D graph Figure 2.2.In
addition to peak and annual demand other parameters
are important when designing a hydrogen supply, storage
and transmission system. All the key parameters are
set out in Section 4.0, and the specifics for the NoE
demand are explained in the remainder of this section.
Daily and 1 in 20 peak hour demand
The UK gas industry design, build and maintain the
distribution network to supply a theoretical maximum
1 in 20-year peak 6 minute (Low Pressure) and peak
hour (Medium Pressure) demand. This means a peak
in demand that lasts for 6 minutes/1 hour and could
occur once every 20 years (for the remainder of this
document this will be referred to as the 1 in 20 peak
demand). This peak is most likely to occur at around
6pm between December and February, and the value
is determined directly by the gas distribution networks
modelling system and validated by data from the field.
Total annual gas demand
This is the total volume of gas required by the
NoE over the entire year. This value is important
to enable the capacity of the hydrogen production
facility to be determined, (i.e. the supply), and the
carbon capture and storage annual quantities.
Two values are required for this assessment:

→→

Peak year annual demand
The amount of energy required for heat in
a ‘peak year’, i.e. primarily a very cold winter.
This figure is determined through a variety of
data analysis techniques including historic
data, meter point data and extrapolation of the
original H21 Leeds City Gate (LCG) figures.

→→

Average year annual demand
This is the average amount of energy required
for heat in a typical year, i.e. a year where the
temperatures over winter are not extreme.

•

Peak month demand:
This is a theoretical energy requirement
based on an exceptionally cold month, i.e.
a ‘peak month’, occurring through a winter
period. This is used to determine additional
capacity for the inter-seasonal storage
requirements to ensure energy security.

Intraday storage requirements.
This is the amount of gas required to
manage the difference in average demand
over the day and hour-by-hour demand
requirements as shown in Figure 2.2 above.
These demand parameters are summarised in
Table 2.2. When considering energy demand and supply
it is important to distinguish between the given energy
required over a period of time which is measured in
watt hours, and capacity which is the rate by which
this energy is supplied which is measured in watts. By
way of analogy, in a car journey watt hours would be
the distance travelled and watts would be the speed
the car was driving or watts is the rate at which you use
the fuel, i.e. miles per gallon, and the watt hours is the
amount of fuel that you use over a prescribed distance.
•
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2.2

One in 20 Peak Demand

2

3

4

5

6

7

8

DEFINITION

MEASUREMENT

Peak Year Annual
Demand (PYAD)

The maximum total annual energy demand
that could be required (for heat)
over an exceptionally cold year

watt hours

Peak year
average
hourly demand

The average supply capacity required to meet
the peak year annual demand, i.e. PYAD/365/24

watts

Average Year
Demand (AYD)

The total annual energy demand that
would be required in a typical year

Average year
hourly demand

Peak hour
demand

Peak Day
Demand (PDD)

Peak day average
hourly demand

Peak Month
Demand (PMD)

The average supply capacity required to meet the
average year annual demand, i.e. AYD/365/24

The maximum hourly demand that the gas network
is mandated to supply in a 20 years period

The maximum amount of energy demand that
could be required (for heat) in a given day

The average supply capacity required to
meet the peak day demand, i.e. PDD/24

The maximum amount of energy demand that could
be required (for heat) in a given month

watt hours

watts

watts

watt hours

watts

watt hours

All UK gas distribution networks
manage the existing below seven bar
natural gas network using a Network
Analysis (NA) software packages.
The software is configured currently to model demand
and flow data for natural gas, predominantly methane,
as this is the current gas flowing in the network’s pipes.
It is also used for five-year forecasting projection
simulations by utilising demand and planning forecast
data. All data used is validated as part of a regular cycle
by cross referencing the information used (pressures/
flows) with data obtained from network loggers,
source pressures and demand data from the field.
The software models the network to meet a 1 in 20 year
peak demand requirement. This ensures gas customers
have an incredible level of energy security as it means
that the gas network, which is unaffected by weather
(storms etc.), can supply all gas customers energy
needs for a one in twenty years cold weather event.
Outside the gas industry the 1 in 20 peak is often misunderstood or even trivialised. This tends to come from
a lack of knowledge and/or experience in the large-scale
heat energy sector coupled with complacency if the
UK has had a series of mild winters. In March 2018, the
year of this report’s publication, the UK did experience
a 1 in 20 peak weather event, publicly known as ‘the
beast from the east’. During this event gas supplies were
maintained to customers and the Network’s 1 in 20 peak
hour design was tested against real data. This can be
seen on the demand data graph for Yorkshire Figure 2.3.

Yorkshire LDZ % of peak hour demand
Jan 2013 to Sept 2018
Demand % of 1 in 20 peak hour demand

1

KEY DESIGN
PARAMETERS
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Jan 13
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9

Peak month
average
hourly demand

The average supply capacity required to meet
the peak month demand, i.e. PMD/30/24

watts

10

Peak day
intraday storage
requirement

The amount of intraday storage required
to supplement any shortfall between
Peak day average demand and the actual
hour by hour demand profile

watt hours

11

Inter-seasonal
storage

The total storage required to supplement
winder shortfalls in supply capacity and
summer surplus in supply capacity

watts

Table 2.1: Heat demand definitions
It is important to note that all figures
presented in this section for demand
across the NoE are based on demand
profiles for heat today. They take no
account for external influencers such
as population growth, energy efficiency
measures in homes, potential increased
use of electricity for heating or cooking.

The adopted approach therefore
represents a conservative estimate to
these future demand variables for heat.
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Figure 2.3: Yorkshire daily and seasonal
demand levels 2013 to 2018
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When considering the peak demand for the NoE there
is a need to consider if it was realistic for a 1 in 20 peak
hour to occur across all urban centres at the same point
in time. For example, could Liverpool experience a 1
in 20 peak hour event at the same time as Newcastle
or Hull. To determine if a 1 in 20 peak demand for
the entire NoE was possible data from the National
Transmission System (NTS) offtakes was evaluated
and plotted by regional location in Figure 2.4. This
showed that there was an overlap in peak demand
profiles across the UK. The UK is a small island and
this analysis confirmed the assumption that a 1 in
20 peak hour demand for the NoE should be based
on the cumulative individual urban centres values.
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Figure 2.4: Demand profile by UK region
2017/18
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2.2

One in 20 Peak Demand

2

3

4

5

6

7

8

DEFINITION

MEASUREMENT

Peak Year Annual
Demand (PYAD)

The maximum total annual energy demand
that could be required (for heat)
over an exceptionally cold year

watt hours

Peak year
average
hourly demand

The average supply capacity required to meet
the peak year annual demand, i.e. PYAD/365/24

watts

Average Year
Demand (AYD)

The total annual energy demand that
would be required in a typical year

Average year
hourly demand

Peak hour
demand

Peak Day
Demand (PDD)

Peak day average
hourly demand

Peak Month
Demand (PMD)

The average supply capacity required to meet the
average year annual demand, i.e. AYD/365/24

The maximum hourly demand that the gas network
is mandated to supply in a 20 years period

The maximum amount of energy demand that
could be required (for heat) in a given day

The average supply capacity required to
meet the peak day demand, i.e. PDD/24

The maximum amount of energy demand that could
be required (for heat) in a given month

watt hours

watts

watts

watt hours

watts

watt hours

All UK gas distribution networks
manage the existing below seven bar
natural gas network using a Network
Analysis (NA) software packages.
The software is configured currently to model demand
and flow data for natural gas, predominantly methane,
as this is the current gas flowing in the network’s pipes.
It is also used for five-year forecasting projection
simulations by utilising demand and planning forecast
data. All data used is validated as part of a regular cycle
by cross referencing the information used (pressures/
flows) with data obtained from network loggers,
source pressures and demand data from the field.
The software models the network to meet a 1 in 20 year
peak demand requirement. This ensures gas customers
have an incredible level of energy security as it means
that the gas network, which is unaffected by weather
(storms etc.), can supply all gas customers energy
needs for a one in twenty years cold weather event.
Outside the gas industry the 1 in 20 peak is often misunderstood or even trivialised. This tends to come from
a lack of knowledge and/or experience in the large-scale
heat energy sector coupled with complacency if the
UK has had a series of mild winters. In March 2018, the
year of this report’s publication, the UK did experience
a 1 in 20 peak weather event, publicly known as ‘the
beast from the east’. During this event gas supplies were
maintained to customers and the Network’s 1 in 20 peak
hour design was tested against real data. This can be
seen on the demand data graph for Yorkshire Figure 2.3.

Yorkshire LDZ % of peak hour demand
Jan 2013 to Sept 2018
Demand % of 1 in 20 peak hour demand

1

KEY DESIGN
PARAMETERS
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9

Peak month
average
hourly demand

The average supply capacity required to meet
the peak month demand, i.e. PMD/30/24

watts

10

Peak day
intraday storage
requirement

The amount of intraday storage required
to supplement any shortfall between
Peak day average demand and the actual
hour by hour demand profile

watt hours

11

Inter-seasonal
storage

The total storage required to supplement
winder shortfalls in supply capacity and
summer surplus in supply capacity

watts

Table 2.1: Heat demand definitions
It is important to note that all figures
presented in this section for demand
across the NoE are based on demand
profiles for heat today. They take no
account for external influencers such
as population growth, energy efficiency
measures in homes, potential increased
use of electricity for heating or cooking.

The adopted approach therefore
represents a conservative estimate to
these future demand variables for heat.
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or Hull. To determine if a 1 in 20 peak demand for
the entire NoE was possible data from the National
Transmission System (NTS) offtakes was evaluated
and plotted by regional location in Figure 2.4. This
showed that there was an overlap in peak demand
profiles across the UK. The UK is a small island and
this analysis confirmed the assumption that a 1 in
20 peak hour demand for the NoE should be based
on the cumulative individual urban centres values.
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Using both NGN and Cadent’s 1 in 20 peak demand data
for each urban centre the peak demand for
th eNoE could be determined. These are
set out in Table 2.2 and Figure 2.5.
NGN NETWORK AREA

Peak hour/
MW

CADENT NETWORK AREA

H21
LEEDS
CITY
GATE

WEST
TYNESIDE
YORKSHIRE

TEESSIDE

HULL

3,180

10,618

5,517

2,412

1,837 874

13,492

7,478

42,227

3.3

1.7

0.8

0.6

4.2

2.4

13.3

1.0
No. of
H21 LCG
Equivalents

YORK MANCHESTER

TOTAL NOE
AREA OF
CONVERSION
LIVERPOOL (MW)

0.3

Table 2.2: 1 in 20 peak demand
The 1 in 20 peak hour demand:
42,227 MW 11,270,000 scmh (hydrogen),
1,071 t/h (hydorgen). In Table
2.1 the difference in energy.

H21 NoE is 13.3x H21 Leeds City
Gate on an energy basis.

This shows that the peak hour demand for the H21
NoE area is 13.3x the size of the peak demand from
the H21 LCG project on a peak energy basis, i.e.
42,227 MW (NoE)/3,180 MW (Leeds City Gate).

UK gas distribution networks calculate daily demand
data based on a proportionate decrease in the
peak demand level determined by industry defined
scaling factors. These factors are based on empirical
data and were derived by British Gas Research.
The curve Figure 2.6 illustrates the daily demand
profile used by the industry. Note the ratio for both
daily and annual demand need to be re-evaluated
as part of the next steps (Front End Engineering
Design, FEED study) detailed in Section 10.0.

Demand scaling

Hourly demand scaling factor
1.0

Peak day demand

0.8
0.6

Peak day average demand

0.4
0.2
0.0

Time of day

Figure 2.6: NoE peak day demand profile
Figure 2.5: 1 in 20 peak demand by urban area map

The UK gas industry uses a scaling factor of 0.65 of
peak demand to calculate average hourly demand.
This means for the NoE the average
peak day hourly demand is:
Average peak day hourly demand = 27.45 GW
(42.23 x 0.65)
Peak day demand = 659 GWh
(27,448 x 24, i.e. the area
under the curve)
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Using both NGN and Cadent’s 1 in 20 peak demand data
for each urban centre the peak demand for
th eNoE could be determined. These are
set out in Table 2.2 and Figure 2.5.
NGN NETWORK AREA

Peak hour/
MW

CADENT NETWORK AREA

H21
LEEDS
CITY
GATE
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3,180
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5,517
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1,837 874

13,492

7,478
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3.3

1.7

0.8

0.6

4.2

2.4

13.3

1.0
No. of
H21 LCG
Equivalents

YORK MANCHESTER

TOTAL NOE
AREA OF
CONVERSION
LIVERPOOL (MW)

0.3

Table 2.2: 1 in 20 peak demand
The 1 in 20 peak hour demand:
42,227 MW 11,270,000 scmh (hydrogen),
1,071 t/h (hydorgen). In Table
2.1 the difference in energy.

H21 NoE is 13.3x H21 Leeds City
Gate on an energy basis.

This shows that the peak hour demand for the H21
NoE area is 13.3x the size of the peak demand from
the H21 LCG project on a peak energy basis, i.e.
42,227 MW (NoE)/3,180 MW (Leeds City Gate).

UK gas distribution networks calculate daily demand
data based on a proportionate decrease in the
peak demand level determined by industry defined
scaling factors. These factors are based on empirical
data and were derived by British Gas Research.
The curve Figure 2.6 illustrates the daily demand
profile used by the industry. Note the ratio for both
daily and annual demand need to be re-evaluated
as part of the next steps (Front End Engineering
Design, FEED study) detailed in Section 10.0.
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Figure 2.6: NoE peak day demand profile
Figure 2.5: 1 in 20 peak demand by urban area map

The UK gas industry uses a scaling factor of 0.65 of
peak demand to calculate average hourly demand.
This means for the NoE the average
peak day hourly demand is:
Average peak day hourly demand = 27.45 GW
(42.23 x 0.65)
Peak day demand = 659 GWh
(27,448 x 24, i.e. the area
under the curve)

H21 North of England

SECTION 02

058

H21 North of England

SECTION 02

059

2.3

Total annual demand
2.3.1 Peak year annual demand:
Scaling annual demand from H21 LCG
Using the GDN’s peak demand data and
the appropriate turn down ratios it is
possible to derive a peak annual network
demand for the conversion area.

The only data, which requires no interpretation, for
the NoE is the 1 in 20 peak demand. This is a figure
validated by the networks each year from data in the
field. The 1 in 20 peak demand is 42,227 MW and is
13.3x the 1 in 20 peak hour demand determined in the
original H21 LCG report. Using this factor, it is possible
to extrapolate a peak annual demand. This is considered
the most accurate way of calculating peak year demand.

However, it was discovered during the H21 Leeds
City Gate analysis (see Section 2.1.3 H21 LCG report)
that the derived figure was vastly overestimated.
This is because using the peak hourly demand and
turn down ratios assumes that every hour of every
day in a year is a peak for that specific time/day.

Using this scaling factor, it is also possible to work out a
peak annual demand for each urban area within the NoE
area. This is shown in Table 2.3.

The network analysis models used are designed
primarily to provide accurate results under 1 in 20
peak demand conditions. As the bulk of the year has
a demand level significantly less than this, the model
will diverge from the actual. This is accentuated by the
variability of off peak industrial and commercial loads.
NGN NETWORK AREA

The annual demand is the total volume
of gas required by the NoE over the
entire year. This is critical in sizing the
inter-seasonal storage and the hydrogen
production and assessing the volume of
carbon dioxide likely to be dispatched to
long-term storage under the North Sea.
The most important figure is the peak year annual
demand, i.e. the amount required in a very cold year
which can be estimated by scaling the original H21 LCG
peak annual demand figure by 13.3, the ratio established
in Section 2.2. This estimate will be validated by the
MSOA/BEIS analysis described in this section.
Additionally, it is important to determine the average
annual demand, i.e. the amount of energy required in
a typical year. This ensures that the hydrogen supply
facility is sized accurately for average conditions
with the ability to meet peak when required.

This will not only be required for annual demand
confirmation but also validation of peak month
and weekday detailed profiling. As importantly the
validation will also be required for off peak demand
profiling which the gas industry has never carried
out in any detail. This will allow optimisation of the
hydrogen supply facility and storage design.

TOTAL
NORTH OF
ENGLAND
AREA OF
CONVERSION

H21
LCG

WEST
YORKSHIRE

TYNESIDE

TEESSIDE

HULL

YORK

MANCHESTER LIVERPOOL

Peak hour/
MW

3,180

10,618

5,517

2,412

1,837

874

13,492

7,478

42,227

Peak year
TWh/yr

6.4

21.4

11.1

4.9

3.7

1.8

27.2

15

85.12

3.3

1.7

0.8

0.6

0.3

4.2

2.4

13.3

Number of
1.0
H21 LCG
equivalents

Determining the peak year annual demand and average
year annual demand for the NoE are explained in the
following section. It should be noted that there will be
a requirement to validate all demand figures which
will be done by installation of strategic metering
during a subsequent FEED study (Section 10.0).

CADENT NETWORK AREA

Table 2.3: Peak annual demand by urban area scaled by H21 LCG
Peak year annual demand = 85.12 TWh
Peak year average hourly demand
9.74 GW (85,120 GWh/8,760 hours)
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2.3

Total annual demand
2.3.1 Peak year annual demand:
Scaling annual demand from H21 LCG
Using the GDN’s peak demand data and
the appropriate turn down ratios it is
possible to derive a peak annual network
demand for the conversion area.

The only data, which requires no interpretation, for
the NoE is the 1 in 20 peak demand. This is a figure
validated by the networks each year from data in the
field. The 1 in 20 peak demand is 42,227 MW and is
13.3x the 1 in 20 peak hour demand determined in the
original H21 LCG report. Using this factor, it is possible
to extrapolate a peak annual demand. This is considered
the most accurate way of calculating peak year demand.

However, it was discovered during the H21 Leeds
City Gate analysis (see Section 2.1.3 H21 LCG report)
that the derived figure was vastly overestimated.
This is because using the peak hourly demand and
turn down ratios assumes that every hour of every
day in a year is a peak for that specific time/day.

Using this scaling factor, it is also possible to work out a
peak annual demand for each urban area within the NoE
area. This is shown in Table 2.3.

The network analysis models used are designed
primarily to provide accurate results under 1 in 20
peak demand conditions. As the bulk of the year has
a demand level significantly less than this, the model
will diverge from the actual. This is accentuated by the
variability of off peak industrial and commercial loads.
NGN NETWORK AREA

The annual demand is the total volume
of gas required by the NoE over the
entire year. This is critical in sizing the
inter-seasonal storage and the hydrogen
production and assessing the volume of
carbon dioxide likely to be dispatched to
long-term storage under the North Sea.
The most important figure is the peak year annual
demand, i.e. the amount required in a very cold year
which can be estimated by scaling the original H21 LCG
peak annual demand figure by 13.3, the ratio established
in Section 2.2. This estimate will be validated by the
MSOA/BEIS analysis described in this section.
Additionally, it is important to determine the average
annual demand, i.e. the amount of energy required in
a typical year. This ensures that the hydrogen supply
facility is sized accurately for average conditions
with the ability to meet peak when required.

This will not only be required for annual demand
confirmation but also validation of peak month
and weekday detailed profiling. As importantly the
validation will also be required for off peak demand
profiling which the gas industry has never carried
out in any detail. This will allow optimisation of the
hydrogen supply facility and storage design.

TOTAL
NORTH OF
ENGLAND
AREA OF
CONVERSION

H21
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WEST
YORKSHIRE

TYNESIDE
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HULL
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MANCHESTER LIVERPOOL

Peak hour/
MW

3,180
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5,517
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1,837

874

13,492

7,478

42,227

Peak year
TWh/yr
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21.4

11.1
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H21 LCG
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Determining the peak year annual demand and average
year annual demand for the NoE are explained in the
following section. It should be noted that there will be
a requirement to validate all demand figures which
will be done by installation of strategic metering
during a subsequent FEED study (Section 10.0).

CADENT NETWORK AREA

Table 2.3: Peak annual demand by urban area scaled by H21 LCG
Peak year annual demand = 85.12 TWh
Peak year average hourly demand
9.74 GW (85,120 GWh/8,760 hours)
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Average annual demand

To calculate the average annual demand the project
team considered two methodologies including:
→→

ONE: Interrogation of 2016 energy consumption
data available from Department of Business
Energy and Industrial Strategy (BEIS)

→→

TWO: Interrogation of the last 2013-17 annual
demand data from the National Grid database

The NoE analysis broadly followed the methodology
employed during the H21 LCG project. However,
shape files were provided for each urban area,
which allowed for the automation of the boundary
post code property allocations which reduced
errors arising from the estimation method. This
comparison is shown in Figure 2.7 and Figure 2.8.
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a. C
 onversion areas were provided by Cadent and
Northern Gas Networks as shape files for the
major urban areas to be converted in the H21 NoE
conversion area in a form that could be read by
GIS software as shown Figure 2.7

Method One: Meter point data analysis
This assessment is based on the same methodology
as that used in the original H21 LCG project. This
calculates annual demand within the NoE as derived
from consumption data available from BEIS.

Teesside

Two forms of data were obtained for comparison:
→→

Tyneside

BEIS aggregated 2016 consumption data
and meter point count supplied against
specific postcodes for the NoE for each
postcode. 2016 was selected because it was
the only year that data could be provided in an
unmodified form, i.e. not weather corrected

→→ The data for the relevant Middle Layer Super
Output Areas (MSOA) which cover H21 NoE was
obtained from the Central Energy Statistics
Department of BEIS. An MSOA is a geographic area
to improve the reporting of small area statistics
in England and Wales. This includes domestic
and commercial gas consumption at an MSOA
level. For this purpose, gas consumption statistics
were used from 2015 covering the period from
1st October 2014 to 30 th September 2015.

York

Hull
Manchester

Liverpool

A comparison of data sets was then carried out
with the 2016 BEIS data being weather corrected to
allow meaningful comparison with the MSOA data.
In the original H21 LGC report a visual inspection using
a map was made to determine the MSOAs that were
inside the Leeds area of conversion and those that
were partially inside and outside the area (perimeter
MSOAs). For the perimeter MSOAs it was estimated
by visual inspection what fraction of properties in
the MSOA with gas demand were within or outside
the conversion area. The fraction of demand for that
perimeter MSOA could then be included in the total.

West Yorkshire

Legend

Urban centres covered
Tyneside (Newcastle, Gateshead)

NTS
(Below 7 bar) Distribution mains
Gas terminal

Teesside
York
Hull
West Yorkshire (Leeds, Bradford, Halifax,
Huddersfield, Wakefield)
Manchester
Liverpool

Figure 2.7: H21 NoE conversion area shape files
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team considered two methodologies including:
→→

ONE: Interrogation of 2016 energy consumption
data available from Department of Business
Energy and Industrial Strategy (BEIS)

→→

TWO: Interrogation of the last 2013-17 annual
demand data from the National Grid database

The NoE analysis broadly followed the methodology
employed during the H21 LCG project. However,
shape files were provided for each urban area,
which allowed for the automation of the boundary
post code property allocations which reduced
errors arising from the estimation method. This
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Method One: Meter point data analysis
This assessment is based on the same methodology
as that used in the original H21 LCG project. This
calculates annual demand within the NoE as derived
from consumption data available from BEIS.
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Two forms of data were obtained for comparison:
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and meter point count supplied against
specific postcodes for the NoE for each
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the only year that data could be provided in an
unmodified form, i.e. not weather corrected
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In the original H21 LGC report a visual inspection using
a map was made to determine the MSOAs that were
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MSOAs). For the perimeter MSOAs it was estimated
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perimeter MSOA could then be included in the total.

West Yorkshire

Legend

Urban centres covered
Tyneside (Newcastle, Gateshead)

NTS
(Below 7 bar) Distribution mains
Gas terminal

Teesside
York
Hull
West Yorkshire (Leeds, Bradford, Halifax,
Huddersfield, Wakefield)
Manchester
Liverpool

Figure 2.7: H21 NoE conversion area shape files

H21 North of England

b.

SECTION 02

062

H21 North of England

Once all the data had been gathered and rationalised
the total annual demand for each conversion area was
calculated. This was achieved by adding the domestic
and non-domestic consumption provided by BEIS and
then comparing this against the MSOA figures. Note
that to compare the MSOA data with the BEIS data the
BEIS data need to be weather corrected from the 2016
results. This means the values under the BEIS data
shown in Table 2.5 and Table 2.6 are weather corrected
figures from Table 2.4. The following results were
obtained split by domestic and non-domestic meters:
URBAN AREA

Figure 2.8: Example of conversion area intersection with postcode data
– West Yorkshire area
The 2016 BEIS consumption figures are as follows
BEIS RESULTS
TOTAL ANNUAL
CONSUMPTION (GWH)

METER POINTS

Hull

3,487

169,429

Liverpool

13,873

642,330

Manchester

23,244

111,4083

Teesside

5,135

250,255

Tyneside

10,182

504,046

West Yorkshire

23,011

1,054,514

York

1,893

86,686

TOTALS (DOM + NON-DOM)

80,825

3,821,343

Table 2.4: BEIS data, NoE annual
demand 2016

063

BEIS versus MSOA Comparison
(1st October 2014 to 30th September 2015)

 K postcodes were intersected with each
U
conversion area shape file to create a set of
conversion area postcodes. BEIS then provided
aggregated consumption and meter point
counts for each set.

URBAN AREA

SECTION 02

NB: These are the non-weather corrected
demand figures for 2016 and the associated
meter point number data for that specific year.

BEIS RESULT

MSOA VERIFICATION

DIFFERENCE (%)
CONSUMPTION

DOMESTIC
CONSUMPTION
(GWH)

METER
POINTS

DOMESTIC
CONSUMPTION
(GWH)

METER
POINTS

Hull

2,127

165,839

2,096

165,457

-1.5

-0.2

Liverpool

7,493

630,110

7,397

635,617

-1.3

0.9

Manchester

14,614

1,093,167

14,495

1,108,640

-0.8

1.4

Teesside

3,201

244,586

3,183

246,000

-0.6

0.6

Tyneside

6,726

493,619

6,673

495,801

-0.8

0.4

West
Yorkshire

14,563

1,032,340

14,421

1,038,487

-1

0.6

York

1,191

84,914

1,188

85,813

-0.3

1.0

Totals

49,915

3,744,575

49,453

3,775,815

Table 2.5: NoE annual domestic consumption

METER POINTS
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demand figures for 2016 and the associated
meter point number data for that specific year.
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Teesside

3,201

244,586

3,183

246,000

-0.6

0.6

Tyneside

6,726

493,619

6,673

495,801

-0.8

0.4

West
Yorkshire

14,563

1,032,340

14,421

1,038,487

-1

0.6

York

1,191

84,914

1,188

85,813

-0.3

1.0

Totals

49,915

3,744,575

49,453

3,775,815

Table 2.5: NoE annual domestic consumption
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BEIS RESULT

MSOA VERIFICATION

DIFFERENCE (%)

BEIS RESULT

Hull

1,398

1,419

1.5

1,619

Liverpool

5,977

4,431

-25.9

5,412

Manchester

6,883

7,148

3.9

11,390

Teesside

1,589

1,719

8.2

2,096

Tyneside

3,363

3,278

-2.5

5,192

West Yorkshire

8,385

7,459

-11

11,455

York

683

695

TOTALS

28,278

26,149

1.7

37,164

There was greater variability in the non-domestic
consumption with the MSOA meter point allocation
method ranging from an over estimate of 8% to an
underestimate of 26%. It is not entirely clear why this
difference exists, but it may be for one of the following
reasons:

From the weather corrected MSOA-BEIS comparison it
was considered that the BEIS post code consumption
data for 2016 was of sufficient accuracy to provide a
meaningful estimate of annual consumption. However,
some uncertainty surrounds the validity of non-domestic
consumption.

→→ The MSOA method assumes that the consumption
of the perimeter MSOAs are either uniform in
relation to their area or the meter point counts
within or outside the conversion area. For nondomestic consumption this assumption is not
valid as individual meter points can have very large
consumption.

The results of this data intensive analysis confirmed
that based on meter point assessment the 2016 annual
demand for the NoE area of conversion was 80,825 GWh.

Non-disclosure of consumption of some nondomestic loads due to commercial confidentiality
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BEIS 2016
CONSUMPTION (GWH)

BEIS 2016 METER
POINTS NUMBERS

% SPLIT
METER POINTS

Total domestic
(Oct 14 - Sept 15)

49,915

3,744,575

99

Total non-domestic
(Oct 14 - Sept 15)

28,278

37,164

1

Total annual demand
(Oct 14 - Sept 15,
weather corrected)

78,193

3,781,739

100

Total annual
demand (2016)

80,825

3,821,343

100

Table 2.7: Summary of meter data results
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NON-DOMESTIC (INDUSTRIAL AND COMMERCIAL) CONSUMPTION GWH METER POINTS

Method two:
The UK distribution networks only use fiscal metering at
the offtake connections from the national transmission
system. Therefore, the networks cannot use this
data in isolation to determine annual demand for the
NoE. This is because the offtakes provide gas to all
areas of the below seven bar distribution networks
(not just those identified within the NoE) and to
large industrials connected to the above seven bar
transmission system. Using this data in isolation
would give an artificially high annual demand.

Data was obtained from National Grids data explore
website and has been scaled-up from the 1x Leeds
profile to NoE by multiplying by 13.3x for the 2013-16
period. 13.3x is how much larger the peak demand
is for the H21 NoE area when compared to the H21
LCG area as calculated in Section 2.2. This period
was characterised by having a sustained cold winter
in 2013 followed by three mild winters Figure 2.9.
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data in isolation to determine annual demand for the
NoE. This is because the offtakes provide gas to all
areas of the below seven bar distribution networks
(not just those identified within the NoE) and to
large industrials connected to the above seven bar
transmission system. Using this data in isolation
would give an artificially high annual demand.

Data was obtained from National Grids data explore
website and has been scaled-up from the 1x Leeds
profile to NoE by multiplying by 13.3x for the 2013-16
period. 13.3x is how much larger the peak demand
is for the H21 NoE area when compared to the H21
LCG area as calculated in Section 2.2. This period
was characterised by having a sustained cold winter
in 2013 followed by three mild winters Figure 2.9.

H21 North of England heat demand
GWh/d

URBAN AREA

SECTION 02

500
400
300
200
100
0
Jan 13

Jul 13

Jan 14

Jul 14

Figure 2.9: H21 NoE demand profile 2013-16

Jan 15

Jul 15

Jan 16

Jul 16

H21 North of England

SECTION 02

066

H21 North of England

SECTION 02

067

2.4

Peak month demand
Converting the demand profile to annual demand
Table 2.8 shows a peak annual demand (85.12 TWh,
see Section 2.1) is about 20% higher compared to
the mild year of 2014 (71.16 TWh) and 8% higher
compared to the sustained winter in 2013 (79 TWh).
YEAR

2013

2014

2015

2016

2013-2016
AVERAGE

AVERAGE
YEAR HOURLY
DEMAND (MW)

9,019

8,127

8,288

8,537

8,493

9,736

AVERAGE YEAR
DEMAND (TWH)

79.01

71.19

72.62

74.99

74.45

85.12

PEAK DEMAND

Table 2.8: Annual demand and peak demand
Using this analysis, the average annual demand
for the NoE area of conversion was 74.45 TWh, or
an average of 8,493 MW per hour over the year.

Comparison of methods
When comparing method one and two the difference is:

AVERAGE ANNUAL DEMAND (TWH)

AVERAGE HOURLY DEMAND (MW)

Method one (2016)

80.82

9,226

Method two (four year average)

74.45

8,493

To design appropriate inter-seasonal
hydrogen storage, it is important to
ensure that the design is sufficiently
robust that the stores do not become
totally depleted before the summer period
when they can be fully replenished.

demand and design the storage and production
system accordingly then take account of the
potential for a ‘peak month’ scenario whereby
there is a long period of very cold weather.

Over a given winter period the complexities of
variances in demand, e.g. intraday, week to week
(mild weeks versus very cold weeks), and inter-month
variances (say November versus February), can make
calculation of the inter-seasonal storage challenging.

For H21 NoE demand data for the 2013-16 period
was used to develop an average monthly demand
(TWh) figure. This is the average energy demand over
a given month based on the 2013 to 2016 data. For
example, in a typical January 9.79 TWh of energy is
required across the NoE. This has then been further
translated into an average hourly demand for each
month for example, January’s average hourly demand
(or required output capacity) is 979,000 GWh ÷ 24 (hours
in a day) ÷ 31 (days in January) = 13.16 GW. In January
the average hourly demand is 155% greater than the
average yearly hourly demand (8.5 x 1.55 = 13.16 GW).

The easiest way to mitigate shortfalls in storage
is to understand the monthly average energy

Table 2.10 shows the demand ‘load
factor’ on a month by month basis.

In the UK over any given winter period weather
temperatures and conditions can vary considerably
and this has an associated effect on gas demand.

MONTH

JAN

FEB

MAR

APR

MAY

JUN

JUL

AUG

SEP

OCT

NOV

DEC

MONTHLY
DEMAND
(TWH)

9.79

9.79

8.92

6.44

4.65

3.53

2.91

3.10

3.72

5.45

7.68

8.61

AVERAGE
HOURLY
DEMAND
(GW)

13.16

14.57

11.99

8.95

6.25

4.91

3.91

4.16

5.16

7.33

10.67

11.58

LOAD
FACTORS

155%

171%

141%

105%

73%

58%

46%

49%

61%

86%

125%

136%

Table 2.9: Average annual demand method comparison

Table 2.10: Monthly demand load factors based on 2013-16 demand data

Due to the ambiguity in non-domestic consumption
data from the comparison of the MSOA versus BEIS
data described in method one and that this data
is based on a single year’s statistic (2016), it was
considered more appropriate to use the average
yearly demand established in method two. It should
be noted that either scenario has no material effect
on the hydrogen production facility design and
would be validated as part of a future FEED study.

These load factors and average monthly hourly
demands can be used to support the assessment of
inter-seasonal hydrogen storage requirements and
an optimised hydrogen production capacity. However,
they do not take account of a sustained period
of cold weather, i.e. a theoretical ‘peak month’.

Average annual demand = 74.45 TWh
Average annual hourly demand = 8,493 MW

To calculate a peak month demand NGN interrogated
network analysis data which had been collated between
2009 and 2018 to support the networks operational
system enquiries. This data differs from National
Grid data (offtake data) as it has been sanitised to
remove the LTS and large load components, i.e. it
just includes the below seven bar demands, and
it has been acquired over a much longer period.
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Peak month demand
Converting the demand profile to annual demand
Table 2.8 shows a peak annual demand (85.12 TWh,
see Section 2.1) is about 20% higher compared to
the mild year of 2014 (71.16 TWh) and 8% higher
compared to the sustained winter in 2013 (79 TWh).
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for the NoE area of conversion was 74.45 TWh, or
an average of 8,493 MW per hour over the year.
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To design appropriate inter-seasonal
hydrogen storage, it is important to
ensure that the design is sufficiently
robust that the stores do not become
totally depleted before the summer period
when they can be fully replenished.

demand and design the storage and production
system accordingly then take account of the
potential for a ‘peak month’ scenario whereby
there is a long period of very cold weather.

Over a given winter period the complexities of
variances in demand, e.g. intraday, week to week
(mild weeks versus very cold weeks), and inter-month
variances (say November versus February), can make
calculation of the inter-seasonal storage challenging.

For H21 NoE demand data for the 2013-16 period
was used to develop an average monthly demand
(TWh) figure. This is the average energy demand over
a given month based on the 2013 to 2016 data. For
example, in a typical January 9.79 TWh of energy is
required across the NoE. This has then been further
translated into an average hourly demand for each
month for example, January’s average hourly demand
(or required output capacity) is 979,000 GWh ÷ 24 (hours
in a day) ÷ 31 (days in January) = 13.16 GW. In January
the average hourly demand is 155% greater than the
average yearly hourly demand (8.5 x 1.55 = 13.16 GW).

The easiest way to mitigate shortfalls in storage
is to understand the monthly average energy

Table 2.10 shows the demand ‘load
factor’ on a month by month basis.

In the UK over any given winter period weather
temperatures and conditions can vary considerably
and this has an associated effect on gas demand.
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Table 2.9: Average annual demand method comparison

Table 2.10: Monthly demand load factors based on 2013-16 demand data

Due to the ambiguity in non-domestic consumption
data from the comparison of the MSOA versus BEIS
data described in method one and that this data
is based on a single year’s statistic (2016), it was
considered more appropriate to use the average
yearly demand established in method two. It should
be noted that either scenario has no material effect
on the hydrogen production facility design and
would be validated as part of a future FEED study.

These load factors and average monthly hourly
demands can be used to support the assessment of
inter-seasonal hydrogen storage requirements and
an optimised hydrogen production capacity. However,
they do not take account of a sustained period
of cold weather, i.e. a theoretical ‘peak month’.

Average annual demand = 74.45 TWh
Average annual hourly demand = 8,493 MW

To calculate a peak month demand NGN interrogated
network analysis data which had been collated between
2009 and 2018 to support the networks operational
system enquiries. This data differs from National
Grid data (offtake data) as it has been sanitised to
remove the LTS and large load components, i.e. it
just includes the below seven bar demands, and
it has been acquired over a much longer period.
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2.5

Intraday storage requirements
The hydrogen production and inter-seasonal
storage system must be able to meet a peak
year, peak month and peak day demand.

By interrogating this data set NGN were able to
develop a range of scenarios for what could be
considered a ‘peak month’. Table 2.11 tabulates data
for a range of consecutive ‘high demand’ scenarios.
DEMAND DESCRIPTION

% PEAK HOUR
DEMAND (GW)

A

Highest demand day (1st March 2018)

96.2

B

The average of the 20 highest demand days between 2009 and 2018
if occurring consecutively

89.7

C

The average of the 31 highest demand days between 2009 and 2018
if occurring consecutively

88.0

D

Winter 2009/10 (1st November to 28th February)
– coldest winter over the last 10 years

74.9

E

Winter 2009/10 (1st November to 31st March)
– coldest winter over the last 10 years

73.6

F

Winter 2009/10 (1st October to 31st March)
– coldest winter over the last 10 years

68.0

Variations in demand profile occurring throughout an
individual day, i.e. low demand at 2am in the morning
versus high demand at 6pm at night, is provided
by linepack (see within the HTrS, Section 5.0).
Linepack is an operating capability to align supply
and demand characteristics for any high pressure gas
system. The linepack provision in the system needs to
be sufficient to ensure no specific part of a pipeline
drops below its minimum operating pressure. This could
happen when there is a shortfall between demand and
associated supply over a defined short period of time.
In the UK gas industry linepack is routinely used
to manage hourly/daily demand versus supply
profiles for days where demand outstrips supply.
When considering the linepack for the H21 NoE system
design the following items need to be considered:

Table 2.11: Historical ‘peak month’ scenarios

→→

NoE has a peak hour demand of 42,227 MW and a
peak day demand of 659 GWh (see Section 2.1)

→→

Peak day demand will be provided by a combination
of the hydrogen production facility and interseasonal hydrogen storage (see Section 4.0)

2010 was the coldest winter in the last ten years
and over a range of different period for that winter
the average demand did not exceed 75% of the peak
day. Therefore, it is reasonable to assume that a
peak month should be based on a month whereby
the average demand for 30 days is consistently 75%
of peak hour demand occurring consecutively. This
means a peak month would be calculated as follows:

→→

Hourly variations during the day will be
handled by linepack, but the quantity of line
pack required is a function of final system
configuration and demand parameters

Peak hour demand = 42,227 MW

→→

Peak day demand based on historical
British Gas ratios is highly conservative

→→

Reduction in linpack requirements as the
ultimate design configuration will include:

When considering the data, basing the system
design on a peak month with back to back ‘highest
demand cold days’ is unrealistic and would be
considered an over engineered solution.

For a study of this level calculating the linepack
requirements for a peak day is difficult and it is easy
to over engineer a solution for the following reasons:

75% peak hour demand = 31,670 MW (42,227 x 0.75)
Peak month average hourly demand =
c. 20 GW (peak hour demand x 0.75 x 0.65)
From Table 2.10 the highest average hourly demand
occurs in February and is 14.57 GW. Therefore
this ‘peak month demand’ is equivalent to a month
that requires circa 40% more energy that the
average peak month. These figures would need
to be validated as part of a future FEED study.
Peak month demand = 14.40 TWh
(20 x 24 x 30 MW)

•

The final location of the hydrogen
production facility/ies

•

The final location of the inter-seasonal
hydrogen storage and any other storage

•

Potential for elements of localised
hydrogen injection into the system. For
example, constrained energy from
renewable sources and/or other local
hydrogen production techniques

→→

Interruptible customer factor, i.e. customers
who can fuel switch at peak times, this
is common in the UK gas industry to
manage extreme peaks in demand

→→ The potential to strategically increase
pipeline diameters, i.e. provide even
more capacity (linepack). The potential to
increase the operating pressure range
→→ The possibility of using low pressure salt cavern
storage located in Teesside and Cheshire
→→ The operational parameters which will be
established during the FEED study as part
of the control philosophy of the HTrS
A conservative figure of circa 25 GWh for the linepack
capacity of the H21 NoE system was calculated using
linepack specific modelling software. It was based on
the system configuration set out in Section 4.0. This is an
enormous quantity of daily energy storage equivalent to
circa 200 Australian ‘mega’ batteries (25G Wh/129 MWh).
There is a high level of confidence that the route
corridor and proposed design of the Hydrogen
Transmission System (see HTrS Section 5.0) will
provide enough linepack capacity to manage any
conversion strategy. This would be validated as part
of the overall system design during the FEED study.
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2.5
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The hydrogen production and inter-seasonal
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associated supply over a defined short period of time.
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design the following items need to be considered:
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means a peak month would be calculated as follows:
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Hourly variations during the day will be
handled by linepack, but the quantity of line
pack required is a function of final system
configuration and demand parameters
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Peak day demand based on historical
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Reduction in linpack requirements as the
ultimate design configuration will include:

When considering the data, basing the system
design on a peak month with back to back ‘highest
demand cold days’ is unrealistic and would be
considered an over engineered solution.
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requirements for a peak day is difficult and it is easy
to over engineer a solution for the following reasons:
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A conservative figure of circa 25 GWh for the linepack
capacity of the H21 NoE system was calculated using
linepack specific modelling software. It was based on
the system configuration set out in Section 4.0. This is an
enormous quantity of daily energy storage equivalent to
circa 200 Australian ‘mega’ batteries (25G Wh/129 MWh).
There is a high level of confidence that the route
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2.6

Demand conclusions

The demand requirements for the NoE area of
conversion are summarised in Table 2.12.

These figures are the key figures required to design
the appropriate Hydrogen Production Facility, storage
and hydrogen transmission system for the NoE.

DESCRIPTION

H21 NOE, DEMAND

FEED study requirements

Peak year annual
demand

85,120 GWh

→→

Peak year average
hourly demand

9.7 GW

Peak hour demand

42.2 GW

•

The actual summer low demand

Peak Day Demand

659 GWh

•

Annual demand

Peak Month Demand

14,400 GWh

•

Peak Month Average
Hourly Demand

20 GW

Day-to-day and intra week
variations in demand

•

Peak month demands

Peak Day Line pack
requirement

25 GWh

Average year
hourly demand

8.5 GWh

Average year demand

74,450 GWh

Table 2.12: Summary of demands

All demand figures, excluding peak hour
demand, require validation. This needs to
be done via the installation of strategically
placed metering on the gas distribution
network. The output of which will confirm:

→→ These results are critical to ensure optimised
engineering design of the hydrogen production
facility and associated storage
→→

Understanding of the non-domestic demand
profile and any locational variations. This is
critical in understanding how week to week
variations can occur in areas with large industrial
and commercial concentrations. This will also
help support and design the conversion strategy
ensuring supply can always meet demand.
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2.6

Demand conclusions
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DESCRIPTION

H21 NOE, DEMAND
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→→
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42.2 GW

•
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•
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•
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variations in demand

•
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Peak Day Line pack
requirement

25 GWh
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Table 2.12: Summary of demands
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be done via the installation of strategically
placed metering on the gas distribution
network. The output of which will confirm:

→→ These results are critical to ensure optimised
engineering design of the hydrogen production
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→→

Understanding of the non-domestic demand
profile and any locational variations. This is
critical in understanding how week to week
variations can occur in areas with large industrial
and commercial concentrations. This will also
help support and design the conversion strategy
ensuring supply can always meet demand.
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This section sets out a robust
comparison of the current hydrogen
production technologies which
are commonly referred to as
‘large’ scale. These include:
→→ Water electrolysis
→→ Natural gas reforming

S
HT

→→ Coal gasification
→→ Ammonia production and cracking
In addition, potential inter-seasonal
hydrogen storage technologies have
been evaluated, with the focus
being on salt caverns and ammonia
as the most technically developed
existing storage solutions.
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3.1

Overview
There are several production routes for
hydrogen, as illustrated in Figure 3.1. The
choice depends on volume of production,
cost, type of available feedstocks and
utilities, and the cost. In a true largescale hydrogen economy, it is likely all
large-scale production methods (and
potentially many more) will play a part.

Figure 3.1: Potential production routes to hydrogen
In Section 2.0 it was estimated the peak
annual demand to be 85.12 TWh for H21 NoE,
which indicates that the hydrogen production
capacity should be in the range of 10-15 GW.
With commissioning between 2026-35, 1 to
2 GW of hydrogen production capacity would
have to be installed per year (see Section 6.0).
Based on these parameters the task was
to identify the most appropriate form of
hydrogen production technology to meet the
demand requirements, i.e. at 1-2 GW scale.

A hydrogen production solution should
fulfil the following key requirements:

H21 NoE
DETAILED ANALYSIS SECTION 4 AND 6

H21 SYSTEM
CONSIDERATION SECTION 3.8

GENERIC TECHNOLOGY
COMPARISON SECTION 3.1-3.7

However, for the purposes of this study, the most
viable supply methods have been analysed in the
context of their applicability to the H21 NoE demand
parameters (see Section 2.0) and timescales.

→→

There will be minor differences between the frame
condition in which the technology have been assessed
compared to the final H21 design, e.g. in the generic
technology comparison and H21 system consideration
it is assumed to import power needed for the ATR
based Hydrogen Production Facility whereas in the
final H21 design the power is produced internally
at Hydrogen Production Facility. This results in a
slightly different CO2 footprint and efficiency.

Equinor undertook a detailed analysis of the major
hydrogen production technologies. The first step
was to compare at equal basis, i.e. the selected
scale in the range of 1.3-1.5 GW and generic/equal
site conditions (Section 3.1-3.7). In the second step
these technologies were further assessed for the
H21 NoE supply chain considering all elements
in the value chain that needed to be established
(Section 3.8). The selected technology and concept is
further detailed for H21 NoE in Sections 4.0 and 6.0.
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→→

Highest possible energy efficiency to
minimise losses and cost of energy

→→

Lowest possible capital and operating cost

Figure 3.2: H21 NoE technology and concept assessment process

→→

Lowest possible CO2 footprint to
meet UK emission targets

A summary of comparisons across technologies is
presented at the end of this section with explanation
for the method selected for the NoE area of conversion.

→→ Technology and supply chain maturity
that allow for commissioning by 2026
→→

Minimum requirements for use of
water resources and land

→→

Excellent safety track record and reliability
for robust security of supply
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History – global H2 production
Hydrogen is the lightest molecule and the first
atom in the periodic system. The development
of the universe starts with hydrogen and
from there all other atoms originate.
Hydrogen is the most abundant molecule in the
universe and is the fuel that drives the sun. However,
on earth free hydrogen does not exist in significant
amounts and needs to be produced from other
hydrogen containing sources such as water (H2O),
natural gas (CH4), hydrocarbons (CnH2n+2), etc.

Methods for producing hydrogen in the form of towns
gas have been known for more than 200 years. Towns
gas was produced by heating coal to produce gas
containing primarily hydrogen, methane and carbon
monoxide. In the late 1800s industrial hydrogen
production from water electrolysis started to develop.
Industrial large-scale hydrogen production started
after World War I because of the wide scale
application of the Haber-Bosch process (patented
by IG Farben) to produce ammonia for fertiliser
manufacture. The Haber-Bosch process was based
on fixation of hydrogen with nitrogen into ammonia.
The Norwegian company Norsk Hydro collaborated
with IG Farben in the 1920s on large ammonia
plants based on hydrogen from water electrolysis.

Global production
60 Mt

4%

30%
48%

Natural Gas
Oil

18%

Coal
Electrolysis

Figure 3.4: Global hydrogen production
based on feedstock
Figure 3.3: Water electrolysis plant 135 MW in Rjukan, Norway (1948)
IG Farben also patented a nickel catalyst for steam
methane reforming purposes. During the 1920s both IG
Farben and the UK company ICI (later Johnson Matthey
Process Technologies) worked on development of a
steam methane reformer. In 1930 IG Farben, Standard Oil
and ICI entered into an agreement to share development.
The first steam methane reformers were started-up
in the early 1930s in Bayway, USA by Standard Oil
and in 1936 the first steam reformer in Europe was
put into operation at the Billingham site by ICI. Over
the 30-year period between 1930 and 1960 steam
methane reforming went through rapid development.
This included the introduction of the autothermal
reformer (ATR), operating at higher pressure and catalyst
development resulting in improved energy efficiency.

Today 95% of all global hydrogen production is
based on reforming natural gas and oil (naptha)
or gasification of coal, see Figure 3.4.
Current global hydrogen production is 60 Mtpa
(2,400 TWh). The demand per industry segment is shown
in Figure 3.5. The biggest proportion (65-70%) is used
directly for synthesis of new products, e.g. ammonia
and methanol. Another significant proportion goes to
refineries for desulphurisation of road transport fuels
to meet low sulphur regulations and synthetic fuels.

Global hydrogen
demand 60 Mt

4%
8%

30%
25%
48%
53%
Ammonia
Methanol
Refineries

14%
18%

Other

Figure 3.5: Global hydrogen demand
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Water electrolysis
It should be noted that the majority of hydrogen
production capacity has been installed over the last
40-50 years. To appreciate the scale of production
the following statistics should be considered
→→

60 Mt of hydrogen are equal to 280 GW
hydrogen output (HHV). This equates to 280
times Leeds or 5.5-7 GW installed annual
capacity per year assuming an average of 40year lifetime of which 65% or 3.5-4.5 GW per
year have been ATR/SMR technologies

→→

40 Mt of hydrogen produced via SMR/ATR
equates to the capacity of 500 SMRs and
300 ATRs/secondary reformers globally

→→ The current hydrogen industry is a part of the oil
& gas and power industries. It shares the same
supply chains. Therefore, it can be reasonably
assumed, that the whole industry has the logistical
strength to develop new hydrogen capacity at 5-10
times the current pace, i.e. 30-70 GW per year.
Furthermore, between 1965 and 1985 ammonia
production increased from 20 Mtpa to 100 Mtpa.
The growth of 80 Mt (500 TWh) in 20 years equals
an installed capacity of 25 TWh every year of 3 GW
on hydrogen production (see Figure 3.6). As a
point of reference, this historic growth in hydrogen
production for the ammonia sector is three times
the annual growth in hydrogen capacity required
by the H21 NoE concept for the period 2026-35.

Water electrolysis remains the most
efficient route to hydrogen from renewable
electricity sources and is therefore
expected to play an increasing role as
energy systems become more dependent
on renewable sources like wind and solar.
This is already emerging in the transport sector
and for grid balancing purposes, or where smaller,
distributed electrolyser units can be installed.
Figure 3.6: Global ammonia production from
1946 to 2007

Water electrolysis is therefore a potential solution
for decarbonisation of the energy segment and
Equinor analysed the merits of the technology based
on open literature combined with their own inhouse experience from being the owner of the world
leading electrolyser company NEL until 2011/12.
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Water electrolysis global production and locations

Industrial production of hydrogen by water electrolysis
started at the end of 19th century. From the beginning,
the energy supply necessary for electrolysis was based
on renewable energy in the form of hydroelectric power.
The information on capacity, year of installation and
decommissioning differs between publications, but it
is generally agreed that the Rjukan plant was the first
with a capacity of 27,900 Nm3/h or 2,380 MWh/d. In
Norway water electrolysis established an important
basis for industrialisation and economic growth due
to the cheap and abundant hydroelectric power.

In addition, Norway has practically
unlimited amounts of freshwater.
Whilst the Rjukan plant was one of the largest
electrolyser facilities ever built, it is important
to contextualise on a heat demand scale. This
volume of hydrogen would only account for
1% of the H21 NoE average demand.
An overview of large-scale plants worldwide is shown
in Table 3.1. Some of the largest plants currently in
operation are in Aswan, Egypt and in Nangal, India.

LOCATION

CAPACITY
(NM3/H)

CAPACITY
( MW)

POWER
INPUT (MW)

EFFICIENCY
(%)

MANUFACTURER

STATUS

Zimbabwe/
Kwe-Kwe

21,000

74.6

100

75

Lurgi

Installed 1975

Norway/
Rjukan

27,900

99.0

142

70

Norsk Hydro

Installed 1927-65
Decommissioned

Norway/
Glomfjord

27,100

96.5

142

68

Norsk Hydro

Installed 1953.
Decommissioned

Egypt/Aswan

32,400

115

160

72

BBC/DEMAG

Installed 1960-77

Peru/Cusco

4,700

15.6

22

71

Lurgi

Installed 1965

Canada/
Trail

21,000

74.5

No info

No info

Cominco

Installed 1939

India/Nangal

30,000

106.5

142

75

De Nora

Installed 1958
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Description of the technology

Reference is made to the literature for detailed
reviews of water electrolysis, such as Buttler and
Spliethoff2, and Smolinka. Ursua3 as well as Zeng
and Zhang4 offer analyses of AEL systems and
Carmo5 a detailed review of PEM technology.
Water electrolysis is the process of splitting the water
molecule into hydrogen and oxygen by use of electricity.
H2O = H2 + ½ O2, ∆H = 285 kJ/mol (39.6 kWh/kg)
The overall energy requirement of the reaction is around
285 kJ/mol at typical operating conditions for AEL and
PEM. The theoretical minimum voltage required for
electrolysis to take place when all energy is supplied
electrically is around 1.48 V. In practice the voltage
applied must be higher to overcome various resistances,
including ohmic resistances, the activation energies of
the hydrogen and oxygen formation as well as transportrelated resistances. According to Buttler and Spliethoff,
the required cell voltage of commercial electrolysers
is minimum 1.7 V for AEL and 1.65 V for PEM.

The basic building block of the electrolytic hydrogen
production system is the electrolysis cell, which consists
of a cathode and anode separated by a membrane
(PEM) or a diaphragm (AEL). Several cells can be
connected in series to produce a larger electrolysis
cell stack, as illustrated in Figure 3.7 and Figure
3.8. Manufacturers often use a basic module, which
may contain one or several stacks in parallel, and
then configure commercial electrolysers with several
of them to achieve the desired production rate.
In the case of AEL the stack is immersed in a liquid
electrolyte, usually aqueous potassium hydroxide (KOH),
whereas the membrane used in PEM is selectively
hydrogen ion conducting and acting as the electrolyte.

Table 3.1: Large scale water electrolysis plants worldwide. Source: Smolinka (2012)
From the 1960s and onwards, water electrolysis
was gradually out-performed by methane reforming.
In Norway, the Rjukan and Glomfjord plants were
decommissioned several decades ago. Today less
than 4% of the global production of hydrogen comes
from water electrolysis. The industrial use of water
electrolysers is of smaller scale, typically less than
70 MWh/d for use in processes such as supplying
hydrogen for fat hardening in the food industry.

From 2008 to 2014 the FCHJU have spent circa €1bn
to support water electrolysis and fuel projects and
is expecting to spend another €1.33 bn from 2014 to
2020. Around 50% is allocated to so-called PEM (Proton
Exchange Membrane) technology and 12% to Alkaline
Electrolyser technology (AEL) the remainder being fuel
cells. The increased interest from commercial players
is resulting in a growing number of demonstration
projects, especially across Europe, attempting to
improve technology in size and performance.

In the EU the Fuel Cells and Hydrogen Joint
Undertaking (FCHJU) was established in 2008 and is
an industry-led public-private partnership aiming to
bring clean, efficient and competitive fuel cell and
hydrogen solutions to the market. An FCHJU study
from 20141 concluded that electrolysers are expected
to become more widespread in energy applications.
Hundreds of MW of installed capacity is predicted
across Europe between 2020 and 2025 if costs are
reduced and system performance improved.

Figure 3.7: PEM electrolysis cell unit in cell stack (Source: Agral EU project)
2 A. Buttler, H. Spliethoff, “Current status of water electrolysis for energy storage, grid balancing and sector
coupling via power-to-gas and power-to-liquids: A review”. Renewable and Sustainable Energy Reviews 82 (2018) 2440-54.
3 Ursua et al “Integration of commercial alkaline water electrolysers with renewable energies:
Limitations and improvements”, Int J Hydrogen Energy 41 (2016) 12,852-12,861

1 Bertuccioli, L. et al., “Development of Water Electrolysis in the European Union”, FCHJI, 2014.

4

K. Zeng, D. Zhang, “Recent progress in alkaline water electrolysis for hydrogen production and applications”, 2010.

5 M. Carmo et al., “A comprehensiv`e review on PEM water electrolysis”, Int. J. Hydrogen Energy 38 (2013) 4,901-4,934
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Water electrolysis global production and locations
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15.6

22

71

Lurgi

Installed 1965

Canada/
Trail

21,000

74.5

No info

No info

Cominco

Installed 1939

India/Nangal

30,000

106.5

142

75

De Nora

Installed 1958

3.3.2

SECTION 03

081

Description of the technology

Reference is made to the literature for detailed
reviews of water electrolysis, such as Buttler and
Spliethoff2, and Smolinka. Ursua3 as well as Zeng
and Zhang4 offer analyses of AEL systems and
Carmo5 a detailed review of PEM technology.
Water electrolysis is the process of splitting the water
molecule into hydrogen and oxygen by use of electricity.
H2O = H2 + ½ O2, ∆H = 285 kJ/mol (39.6 kWh/kg)
The overall energy requirement of the reaction is around
285 kJ/mol at typical operating conditions for AEL and
PEM. The theoretical minimum voltage required for
electrolysis to take place when all energy is supplied
electrically is around 1.48 V. In practice the voltage
applied must be higher to overcome various resistances,
including ohmic resistances, the activation energies of
the hydrogen and oxygen formation as well as transportrelated resistances. According to Buttler and Spliethoff,
the required cell voltage of commercial electrolysers
is minimum 1.7 V for AEL and 1.65 V for PEM.

The basic building block of the electrolytic hydrogen
production system is the electrolysis cell, which consists
of a cathode and anode separated by a membrane
(PEM) or a diaphragm (AEL). Several cells can be
connected in series to produce a larger electrolysis
cell stack, as illustrated in Figure 3.7 and Figure
3.8. Manufacturers often use a basic module, which
may contain one or several stacks in parallel, and
then configure commercial electrolysers with several
of them to achieve the desired production rate.
In the case of AEL the stack is immersed in a liquid
electrolyte, usually aqueous potassium hydroxide (KOH),
whereas the membrane used in PEM is selectively
hydrogen ion conducting and acting as the electrolyte.

Table 3.1: Large scale water electrolysis plants worldwide. Source: Smolinka (2012)
From the 1960s and onwards, water electrolysis
was gradually out-performed by methane reforming.
In Norway, the Rjukan and Glomfjord plants were
decommissioned several decades ago. Today less
than 4% of the global production of hydrogen comes
from water electrolysis. The industrial use of water
electrolysers is of smaller scale, typically less than
70 MWh/d for use in processes such as supplying
hydrogen for fat hardening in the food industry.

From 2008 to 2014 the FCHJU have spent circa €1bn
to support water electrolysis and fuel projects and
is expecting to spend another €1.33 bn from 2014 to
2020. Around 50% is allocated to so-called PEM (Proton
Exchange Membrane) technology and 12% to Alkaline
Electrolyser technology (AEL) the remainder being fuel
cells. The increased interest from commercial players
is resulting in a growing number of demonstration
projects, especially across Europe, attempting to
improve technology in size and performance.

In the EU the Fuel Cells and Hydrogen Joint
Undertaking (FCHJU) was established in 2008 and is
an industry-led public-private partnership aiming to
bring clean, efficient and competitive fuel cell and
hydrogen solutions to the market. An FCHJU study
from 20141 concluded that electrolysers are expected
to become more widespread in energy applications.
Hundreds of MW of installed capacity is predicted
across Europe between 2020 and 2025 if costs are
reduced and system performance improved.

Figure 3.7: PEM electrolysis cell unit in cell stack (Source: Agral EU project)
2 A. Buttler, H. Spliethoff, “Current status of water electrolysis for energy storage, grid balancing and sector
coupling via power-to-gas and power-to-liquids: A review”. Renewable and Sustainable Energy Reviews 82 (2018) 2440-54.
3 Ursua et al “Integration of commercial alkaline water electrolysers with renewable energies:
Limitations and improvements”, Int J Hydrogen Energy 41 (2016) 12,852-12,861

1 Bertuccioli, L. et al., “Development of Water Electrolysis in the European Union”, FCHJI, 2014.

4

K. Zeng, D. Zhang, “Recent progress in alkaline water electrolysis for hydrogen production and applications”, 2010.

5 M. Carmo et al., “A comprehensiv`e review on PEM water electrolysis”, Int. J. Hydrogen Energy 38 (2013) 4,901-4,934
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Figure 3.9: Alkaline water electrolysis production system. Source: Nel

Figure 3.8: PEM electrolysis cell stack (Source: Hydrogenics)
The hydrogen production system based on
water electrolysis will also include additional
equipment, and it vary between publications as
to what is included. The recently published “EU
harmonised terminology for low temperature water
electrolysis…” aims to provide clear definitions and
system boundaries6. An electrolysis system shall,
in addition to the electrolysis stack, include:
→→

A power supply system, including
distribution, rectifier and control system

→→

A water conditioning system, including water feed
pump and a deionised water production unit

→→

In the case of PEM, an extended water
conditioning system with make-up water
storage tank, additional water purification
unit, gas-water separators and demisters

→→

In the case of AEL, a liquid electrolyte supply system,
including storage tank, pump and heat exchanger,
gas-electrolyte separators and demisters

→→

Gas cooling

→→

Gas purification

→→

Process cooling

→→

Process utilities including water circulation pump

→→

Gas compression to required pressure

A rectifier is usually necessary to convert the AC
voltage supply into DC current input. This conversion
stage is outside of the system boundary. According to
Ursua et al. the AC-DC and DC-DC power conversion
stages needed between a windfarm and an
electrolyser may have efficiencies as low as 70%.
Examples of AEL and PEM systems taken from Nel are
shown in Figure 3.9 and Figure 3.10, respectively7. Note
that these system descriptions are not in full agreement
with the EU terminology. The water purification step
is lacking, whereas the AC-DC converter is included.

6 Tsotridis, G. and Pilenga, A., “EU harmonized terminology for low temperature
water electrolysis for energy storage applications”, 2018
7 http://nelhydrogen.com/assets/uploads/2017/01/Nel_Electrolyser_brochure.pdf

Figure 3.10: PEM water electrolysis production system. Source: Nel
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Figure 3.9: Alkaline water electrolysis production system. Source: Nel

Figure 3.8: PEM electrolysis cell stack (Source: Hydrogenics)
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A rectifier is usually necessary to convert the AC
voltage supply into DC current input. This conversion
stage is outside of the system boundary. According to
Ursua et al. the AC-DC and DC-DC power conversion
stages needed between a windfarm and an
electrolyser may have efficiencies as low as 70%.
Examples of AEL and PEM systems taken from Nel are
shown in Figure 3.9 and Figure 3.10, respectively7. Note
that these system descriptions are not in full agreement
with the EU terminology. The water purification step
is lacking, whereas the AC-DC converter is included.

6 Tsotridis, G. and Pilenga, A., “EU harmonized terminology for low temperature
water electrolysis for energy storage applications”, 2018
7 http://nelhydrogen.com/assets/uploads/2017/01/Nel_Electrolyser_brochure.pdf

Figure 3.10: PEM water electrolysis production system. Source: Nel
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Supply chain maturity

In 2014 the FCHJU described in the electrolyser industry
as small and fragmented. This is still true, but the
commercial interest for water electrolysis for energy
applications is on the rise. H2-international, a journal
on hydrogen and fuel cells, reported last year that
the market for electrolysers is growing, both in terms
of manufacturers and capacity ranges8. It identified
more than 30 suppliers, although many of these are
small with very limited supply chain capacity. Buttler
and Spliethoff describes the market as very dynamic
with several mergers and acquisitions in recent years.
A not exhaustive overview of commercial players
with geographic locations is shown in Figure 3.11.

There are several companies actively working
towards some significant developments which could
make step change contributions to the electrolyser
market. These contributions coupled with growing
renewable deployment (see Section 3.8), make the
longer-term outlook and application for large scale
electrolyser technology bright. However, this is
likely post 2035 in the context of UK gas network
conversion or other truly large-scale (GW) production.
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The most striking new trend is perhaps that leading
chloro-alkali electrolyser manufacturers Thyssenkrupp9
and Asahi Kasei10 are aiming to take positions in
the water electrolyser market for large scale energy
applications. In contrast to the traditional water
electrolyser manufacturers, who may have delivered
up to a few hundred electrolyser units, Thyssenkrupp
and Asahi Kasei have delivered more than 100,000
units – and therefore presumably have better
manufacturing and delivery capabilities, which may
enable faster deployment and lower investment costs.

085

Furthermore, whereas energy efficiency has been
of minor importance for commercial applications
of water electrolysis during the past decades, the
chloro-alkali industry has continuously been
competing against each other on capital cost
and energy efficiency, building experience from
plant support to thousands of installations.
In July 2018 Thyssenkrupp announced their largescale water electrolysis technology, based on
proven technology from the chloro-alkali business
segment11. They offer large systems based on 5 and
20 MW modules, worldwide EPC turnkey execution
capabilities and an established 600 MW/year highly
automated supply chain. Information is scarce, but the
concept is likely to be already proven. A demonstration
plant to produce green ammonia, integrating their
proprietary ammonia technology with the water
electrolyser, is planned in Port Lincoln, Australia12.
Asahi Kasei is developing a 10 MW class unit. The
target is to demonstrate a 10% more efficient system
than the existing ones as well as fluctuating power
adaptability, i.e. 1,000 hours of demonstration has
already been done in Japan with partial scale-up to
the large system13. In August 2017 they announced
receiving an order from Toshiba Energy Systems
to purchase a single unit of 10 MW to be installed
in the Fukushima Hydrogen Research Field14.
In the PEM arena a handful of suppliers are working
to demonstrate their technologies on the several MW
scale including Siemens, Hydrogenics and ITM Power.
Despite these advances the supply chain must be
considered immature when considering a multi-GW
regional deployment of hydrogen production technology
from 2026 onwards which is the basis for the H21 NoE
concept with the success of such a system needing to
be based on a guaranteed design and build capability
starting in 2019 ready for commission in 2026.

Figure 3.11: Commercial players targeting electrolytic hydrogen for the energy sector
→→

a) NEL acquiring Proton Onsit

→→

b) HydrogenPro Tianjin strategic alliance 2018

→→

c) Hydrotechnik offers PERIC products in Europe

8

→→
→→

d) Thyssenkrupp-McPhy strategic alliance 2015
e) Thyssenkrupp and Asahi Kasei are major
chloro-alkali industry suppliers

https://www.h2-international.com/2017/09/01/electrolyzer-target-100-megawatts/

9

Water electrolysis: Power to gas – thyssenkrupp AG

10

https://ecs.confex.com/ecs/232/webprogram/Paper104839.html)

11

https://www.thyssenkrupp-industrial-solutions.com/en/press_detail_48130.html

12

https://ammoniaindustry.com/thyssenkrupps-green-hydrogen-and-renewable-ammonia-value-chain/

13

The tested stack contained 4 full size electrolysis cells. The large system producing 2000 Nm 3/h will need 320 cells

14

https://www.asahi-kasei.co.jp/asahi/en/news/2018/e180810.html
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Key performance

Supplier data on general performance and energy
consumption in particular is not readily available. In
addition, no commercial and validated tools/software
exists to evaluate the electrolyser technology as is the
case with reforming and gasification processes. The
following summarises key information that could be
found in brochures and other publicly available sources.

System efficiency
It is important to be aware that the efficiency of an
electrolyser will depend on the hydrogen production
rate. In practice there is a trade-off between efficiency
and production rate. The higher hydrogen production,
the higher the cell voltage or energy consumption
per volume of hydrogen produced (i.e. the lower the
efficiency). Manufacturers will typically optimise
their product for a single or nominal production rate.
Historically, this is how large-scale plants coupled to
a stable hydroelectric power source were operated.
The situation is different for more intermittent
sources like solar and wind where the performance
across a range of loads becomes important.
Targeting high efficiency for a given system will
also tend to increase investment cost because a
larger electrolyser is required. But the operating
cost will decrease because of the lower energy
consumption, less efficiency degradation and
increased lifetime of the electrolyser stack.
It should be noted that direct comparison of
performance figures of different products may
be misleading as different suppliers highlight
the performance of their products in different
ways. For example, if a company wants to show
a high H2 production capacity, it could be that
this production statistic is presented as the
focus rather than the likely low energy efficiency
and very high stack degradation rate.

086

Figure 3.12 gives an overview of efficiency figures for
commercial, or close to commercial electrolysers that
could be found in brochures or other open sources.
The selection of companies is a mix of well-established
water electrolyser manufacturers like McPhy Nel
and Hydrogenics, HydrogenPro (a Norway-based
start-up with Chinese partner Tianjin) and new
companies to the market like Siemens, Asahi Kasei
and Thyssenkrupp. In addition, smaller companies
like ITM Power and Giner ELX may have a competitive
technology. Some efficiency figures were given on
a stack level and others on a system level, but the
system boundaries are not necessarily the same.
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Figure 3.12: Energy efficiency of selected (pre) commercial electrolysers. Efficiency is
either given directly by the manufacturer or calculated as the ratio between the HHV
(3.55 kWh/Nm3) of hydrogen and the specific energy consumption multiplied by 100%.
As expected the system efficiencies are consistently
lower than the stack efficiencies, averages
being 69 and 79% respectively. It appears that
AEL manufacturers often give stack efficiencies
whereas PEM manufacturers typically use system
efficiencies. There is no significant difference
between AEL and PEM reflected in these.

The system energy consumption is 5-5.4 kWh/Nm3. The
four AEL systems have rather similar performance,
only Hydrogenics providing data on the system
level. The Nel system appears more efficient at stack
level, but it delivers hydrogen at 1 bar, whereas the
others deliver at around 30 bar. Efficiency around
70% (HHV), seems a plausible number for AEL.

Asahi Kasei and Thyssenkrupp claim the highest AEL
stack efficiency (83%). Siemens reports the highest
PEM system efficiency (75%) for their recently
announced 3 MW SILYZER 30015. Siemens claim the
SILYZER series of products are proven, but there are
limited references. The SILYZER 200 (also shown in
Figure 3.12) has been tested at Energiepark Mainz
and some resutls have been published have been
published. These show significantly lower energy
efficiencies than claimed for the SILYZER 30016.

Supplier data on PEM shows energy consumption
figures that are quite similar, ranging from 5.3 to
5.6 kWh/Nm3, and hence somewhat higher than
for AEL. The Siemens numbers appear reliable as
system efficiency figures. The energy consumption vs
hydrogen output from the Energiepark Mainz testing
has been published (see Buttler and Spliethoff).
The average system efficiency is 66% (HHV).

Usually the specific energy consumption is given on a
stack basis. Some figures have been collected in Table
3.2 and Table 3.3 for AEL and PEM, respectively. 0.6 kWh/
Nm3 was added to estimated energy requirement at
system level where such data were lacking based
on the Buttler and Spliethoff estimated utility and
rectifier energy requirement of 0.4-0.8 kWh/Nm3.
15 https://www.siemens.com/content/dam/webassetpool/mam/tag-siemens-com/smdb/corporate-core/
sustainable_energy/hydrogensolutions/broschüren/ct-ree-18-047-db-silyzer-300-db-de-en-rz.pdf
16 https://www.utilities.nl/wp-content/uploads/2017/12/Siemens-FME-Industrie-en-Energie-2017_H2.pdf
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COMPANY AND
AEL PRODUCT

NOMINAL
H2 RATE
(NM3/H)

NOMINAL
POWER
(MW)

MAX
OUTPUT
RESSURE
(BAR)

ENERGY
CONSUMPTION
STACK
(KWH/NM3 H2)

ENERGY
CONSUMPTION
SYSTEM
(KWH/NM3 H2)

SYSTEM
EFFICIENCY
% (HHV)

LOAD
FLEXIBILITY
(%)

WATER
CONSUMPTION
(L/NM3)

Nel A-485

300-485

2.2 (peak)

1a)

3.8-4.4

4.4-5a)

71-80

15-100

0.9 (feed
water)

McPhy McLyzer
400-30

400

2

30

4.5

5.1b)

70

Hydrogenics
Hystat-100-10

100

0.5

27

5-5.4

66-71

5-100

<1.7 (tap water)

800

3.5

30

5.1b)

70

HydrogenPro
– Tianjin

4.4

Table 3.2: AEL performance data from suppliers
→→

a) Nel gives max pressure of 200 bar in their
brochure, but that is with an external compressor
installed. Energy consumption is only given
at stack level. 0.6 kWh/Nm3 is added to give a
system level estimation at the highest H2 flow

→→

b) Only stack energy consumption
given. 0.6 kWh/Nm3 is added to estimate
energy consumption at system level

SECTION 03

Water requirements

Electrolysis plant footprint

Little attention has been given to the water
consumption of water electrolysers, yet this may be
an important issue in most parts of the world. Four
companies provide open source data on tap water
consumption including Nel (0.9 l/Nm3 H2, feed water –
may not be total), Hydrogenics (<1.4 l/Nm3 H2, PEM),
Siemens (1.5 l/Nm3 H2) and Thyssenkrupp (<1 l/Nm3
H2). The figures for AEL and PEM appear similar.

There is one published example of a potential alkaline
electrolyser plant from Nel based on their proven and
referenced alkaline model 485 shown in Figure 3.13.
It gives a footprint of 550 m x 350 m = 192,500 m2 for
a plant based producing 120,000 Nm3/h or 426 MW.
This equals a specific footprint of 45.2 ha/GW.

Hence, it takes roughly 1 litre of water to produce
1 Nm3 of hydrogen, compared to 0.4 litre for methane
reforming. The average water volume required
to supply hydrogen for H21 NoE based on water
electrolysis would then be around 10 million litres
per day. Desalination of sea water may be necessary.
Process water or boiler feed water quality must be
assumed, adding significant cost if seawater is used17.
.
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65
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35
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Hydrogenics on the other hand estimates the footprint
of a 100 MW plant based on PEM HYLYZER® 600 to
35 m x 50 m = 1,750 m2. ITM estimates a similar facility
to have a 3,500 m2 footprint which is of the same
order of magnitude. This may give the impression
that PEM is much more compact than AEL. However,
McPhy estimates that a 100 MW plant based on their
alkaline McLyzer will need less than 4,500 m2 which
is comparable to the PEM estimates. The published
numbers give a specific footprint between 2.5–7.0 ha/
GW. It should however be noted that the exact scope
and level of maturity of the projects is unknown.
With a new technology, like the large-scale PEM
electrolyser, which is still to be built, there is always
considerable uncertainties around published figures.

0.9 (feed water)

1.5 (tap water)

Table 3.3: PEM energy performance data from suppliers
→→

a) 0.6 kWh/Nm3 added to estimate
system energy consumption

→→

b) Number taken from Buttler and Spliethoff

→→

c) Energy consumption calculated from rated
power and nominal H2 flow. Gives 64% efficiency

Figure 3.13: Suggested footprint of a
578 MWel electrolyser plant from Nel18

17 https://link.springer.com/article/10.1007/s40095-014-0104-6
18

http://www.fch.europa.eu/sites/default/files/2%20Water%20Electrolysis%20Status%20and%20Potential%20for%20Development.pdf
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Table 3.2: AEL performance data from suppliers
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a) Nel gives max pressure of 200 bar in their
brochure, but that is with an external compressor
installed. Energy consumption is only given
at stack level. 0.6 kWh/Nm3 is added to give a
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energy consumption at system level
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Lifetime
According to Buttler and Spliethoff typical lifetimes
of about 20 years for PEM and between 30 and 50
years for stationary operated AEL can be assumed.
The lifetime of a stack depends on the acceptable
efficiency reduction caused by degradation.
US Department of Energy reports a plant life of 20
years and electrolyser cell replacement intervals of 7
years for PEM19. Stack lifetimes in the Felgenhauer
and Hamacher data ranges from 6 to 11 years for AEL
and 8 to 11 years for PEM. No efficiency reduction
criterion was set and there is no correlation between
efficiency degradation and stack lifetime given by the
different quotes. PEM stacks have higher degradation
rates but are reported to have the same lifetime as
AEL. In two cases the efficiency degradation is 2.5%/
year for a stack lifetime of 11 years. This corresponds to
an efficiency degradation of 29% at replacement. This
might not be acceptable from an efficiency standpoint.
If we assume that 10% efficiency degradation is
acceptable (and that this is the determining factor for
stack replacement) most AEL lifetimes fall in the range
of 7 to 11 years and PEM in the range of 4 to 9 years.

090

Pressurised versus
atmospheric operation
The potential advantage of pressurised electrolysis
is a topic of controversy. The preferred choice in
academic research and among the established
water electrolyser manufacturers appears to be
pressurised systems. Advantages are equipment
compactness and the possibility of eliminating
external compression stages. However, it is worth
noting that the electrolysers of the much larger
established chloro-alkali industry are atmospheric.
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Capital cost
In general, it is difficult to assess the credibility
of published data of capital cost. Most published
cost data originates from electrolyser suppliers
and academia. So far, no real project costs have
been reported from electrolyser plant owners and
operators. Therefore, cost data, and in particular
future cost, must be considered very uncertain.

The only contract price for a large-scale electrolyser
plant reported is by Nel for the delivery of 5,500 Nm3/
hr (19.5 MWH2HHV) plant comprising 11 NEL A485 units to
Tokuyama Corporation (see Figure 3.14). The order value
was 160 MNOK (circa £15m) in 2013/14 equal to £760/
kWH2HHV. This price most likely excludes installation, tiein, electrolyser house, compressor, site preparation, etc.

The standard pressure of AEL and PEM is mostly
below 30-50 bar, although higher pressures have been
demonstrated. PEM has an advantage here, due to less
cross permeation of hydrogen. But higher pressure leads
to higher degradation rates triggering the need for more
expensive materials or reducing lifetime. Pressurised
operation will also require additional safety measures,
both in design and operation. It will furthermore reduce
the load range compared to atmospheric systems to
avoid unacceptable cross permeation of hydrogen.

To compensate for efficiency losses the power
supply must be designed with additional
capacity (e.g. 10-15%) with worst condition
being a peak year at the end of stack lifetime.
Again, it is important to note that the Felgenhauer
and Hamacher lifetime and probably all other lifetime
figures are given for stationary operation at nominal
current density. Many authors, including Smolinka,
Bertuccioli and Buttler and Spliethoff point to the
unknown impact of dynamic load operation on lifetime
for both PEM and AEL. Ursua et al (2016) reports that
degradation occurs when cell voltage drops below
a minimum value for more than a few minutes. This
strongly suggests that lifetime will be shorter than given
above if the electrolysers are coupled to a fluctuating
energy source. There are ways to keep the cell voltage
above the minimum value such as a battery providing a
protective current, however, this comes with an energy
and cost penalty. According to Smolinka, thermal
cycling caused by repeated start-ups and shutdowns
may also destroy seals and further reduce the lifetime.

19 James, B.D. et al., “Hydrogen production pathways cost analysis 2013-2016”, DOE-strategic-analysis 2361, 2016

Figure 3.14: Electrolyser house at Tokuyama Corporation facility.
The Felgenhauer and Hamacher study20 from 2015 is
based on 11 AEL and 5 PEM quotes for the purchase
of commercial systems from 9 companies. This was
intended for onsite hydrogen generation for logistic
vehicles in South Carolina. Quoted AEL systems have
electric power inputs of 0.35-3.35 MW whilst the electric
power input for PEM is between 0.45 and 2.5 MW. The
quotes include all necessary auxiliary components.
The companies contacted were CETH2/Areva H2Gen,
Hydrotechnik, Hydrogenics, ITM Power, McPhy
Energy, Nel, Next Hydrogen, PERIC and Siemens. The
performance data were anonymised to allow publication.
The investment cost data from the suppliers were
supplemented with estimates for shipping, foundation/
shelter (if needed) and the ‘turnkey’ installation. The
additional cost was estimated to account for 16% of the
investment cost on the average for the most promising
AEL technologies in terms of hydrogen production costs.

The hydrogen production rate is linearly dependent
on the electrolysis cell area and it is mainly the cost
of the auxiliaries that are reduced with increasing
scale. This means the economy of scale effect is
expected to be limited for multi-stack electrolysis
systems compared to a single stack AEL electrolysers
basis, i.e. once MW scale is reached the economies
of scale will diminish. This is shown in Figure 3.15.
Hence, reaching larger stack sizes is significant.

20 Felgenhauer, M. and Hamacher T, “State-of-the-art commercial electrolysers and on-site hydrogen
generation for logistic vehicles in South Carolina”; Int. J. Hyd. Energy 40, 2084-2090, 2015
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expected to be limited for multi-stack electrolysis
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3.3.5 1.5 GW electrolyser based hydrogen facility
Based on the analysis above, a 1.5 GW alkaline
electrolyser-based hydrogen facility was designed
and evaluated for the H21 NoE study. The facility was
based on the Nel A-485 technology, which is the most
referenced and proven electrolyser technology.
Key design parameters are given in Table 3.5.
UNITS

Figure 3.15: Capacity versus investment cost. Source: Felgenhauer and Hamacher
Table 3.4 summarises PEM and AEL investment
cost data from literature. Data were converted
to £/kWH2HHV assuming a specific energy
consumption of 5 kW/Nm3 where necessary.
Study

AEL investment cost £/kWH2HHV

PEM investment cost £/kWH2HHV

Uninstalled

Uninstalled

Felgenhauer
and Hamacher

Installed
1,000-1,300
1,000-1,800

Cell stack efficiency

kWh/Nm

3.8

Cell stack annual degradation

%

1

Stack lifetime

Years

Cell stack efficiency end-of-life

kWh/Nm

4.35

Cell stack efficiency average

3

kWh/Nm

4.08

Compression 0-80 bar

kWh/Nm3

0.23

Utilities and offsite

kWh/Nm3

0.60

HVAC-DC losses

%

2

Average system efficiency

kWh/Nm

Installed
2,000-3,000

VALUE

End-of-life system efficiency

1,600-1,900

3

10
3

3

5.01

kWh/kWhH2HHV

1.41

% (HHV)

70.9

kWh/Nm

5.29

kWh/kWhH2HHV

1.49

% (HHV)

67.1

3

Buttler and
Spliethoff

900-1,600

Götz et al

1,000-1,600

2,400-2,900

Hydrogen production

MWH2HHV

1,500

Schmidt et al.

1,200

2,500

Average power consumption

MW

2,116

Water consumption

m3/h

380.3

Cooling water

m3/h

5,000

Table 3.4: Water electrolysis investment cost from literature
AEL has the lowest investment cost with the largest
and cheapest systems around £1,000-1,300/kWH2HHV.
The largest PEM system is at £3,000/kWH2HHV, whereas
the cheapest is at £2000/kWH2HHV. The authors consider
that lower cost offers for PEM could be seen soon
based on announcements from Hydrogenics, Siemens
and Proton Onsite. The economic comparison is done
at an output pressure of 10 bar (except for three
atmospheric AEL electrolysers) which are in the
higher AEL cost range, starting at £2,900/kWH2HHV.
This may be due to the less compact design.
Buttler and Spliethoff estimates the installed cost
based on data from Felgenhauer and Hamacher
and four earlier papers (including Smolinka
(2011) and Bertuccioli (2014)). All references
give cost per kW and uninstalled cost.

Here the data has been converted by assuming
a specific energy consumption of 5 kW/Nm3 of
hydrogen. Smolinka estimates the installation cost
to be 10% of the investment. For AEL, Buttler and
Spliethoff reference installed cost in a range between
£1,000 and £1,800/kWH2HHV, whereas the uninstalled
cost is between £900 and £1,600/kWH2HHV. The
PEM cost is almost twice as high with uninstalled
cost ranging from £1,600 to £1,900/kWH2HHV.
The investment cost of Götz et al (2016) is based on
other references (mainly German and French) and are
presumably uninstalled cost21. The AEL cost is between
£1,000 and £1,600/kWH2HHV and the PEM cost is between
£2,400 and £2,900/kWH2HHV. Götz refers a claim from
Siemens that PEM CAPEX will be on par with AEL in
2018 but the source of this information was not found.

21 M. Götz et al., Renewable Power-to-gas: A technological and economic review, Renewable Energy 85 (2016) 1371-1390

Table 3.5: Key design parameters for a hydrogen facility based on water electrolysis
The facility included the following units:
→→

872 NEl A485 electrolyser units placed
in 27 electrolyser houses with 32 units
in each house – the transmitter function
is included in the substation

→→

2.2 GW HVAC to DC substation

→→

Desalination unit and cooling water system

→→

Hydrogen compression from 0 to 80 bar

Each electrolyser house would accommodate 8 x 4
A485 units. Each group of four electrolysers is equipped
with common oxygen and hydrogen separators.
Sufficient space is needed inside the electrolyser
house for electrolyser replacement and maintenance.
The electrolyser house is equipped with detectors
and necessary ventilation. The hydrogen scrubber and
electrolyte tank are installed outside the electrolyser
house. The entire 1.5 GW facility comprises a total of 27
electrolyser houses. The facility requires a total area of
500,000 m2 and the plot plan is shown in Figure 3.16.
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is included in the substation

→→

2.2 GW HVAC to DC substation

→→

Desalination unit and cooling water system

→→

Hydrogen compression from 0 to 80 bar

Each electrolyser house would accommodate 8 x 4
A485 units. Each group of four electrolysers is equipped
with common oxygen and hydrogen separators.
Sufficient space is needed inside the electrolyser
house for electrolyser replacement and maintenance.
The electrolyser house is equipped with detectors
and necessary ventilation. The hydrogen scrubber and
electrolyte tank are installed outside the electrolyser
house. The entire 1.5 GW facility comprises a total of 27
electrolyser houses. The facility requires a total area of
500,000 m2 and the plot plan is shown in Figure 3.16.
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CONSTRUCTION AND LAYDOWN AREA

2.0 GW
HVAC/DC
SUBSTATION

H2
COMPRESSOR
STATION

90 METRES

A cost estimate is established and shown in
Table 3.6 below. All units outside the electrolyser
plant are estimated using the same methodology
as for natural gas reforming and ammonia.

Construction cost also includes site preparation
for the electrolyser units and tie-in with remaining
units, e.g. hydrogen to compressor and cables
from the substation to the electrolyser units

The owners cost includes electrolyser house, connection
to the grid, water intake to desalinisation unit etc.

The total cost is estimated at £1,740m equal
to £1,160/kWH2HHV, which is the lower end of
published cost data for AEL systems.

Equipment

ELECTROLYSER UNIT
870

Bulk

OFFSITE, SUBSTATION, COMPRESSOR

TOTAL

110

980

95

95

Indirects

22

22

Construction

192

192

Home office

20

20

CMT

24

24

Other

6

6

EPC (£m)

870

469

1,339

Owners cost

80

50

130

Project management

20

23

43

Insurances

30

14

44

Contingency

90

94

184

TOTAL PROJECT COST

1,090

650

Bertuccioli reports OPEX values of between 2 and 5%
of CAPEX per year based on indicative figures from a
few manufacturers willing to give such information.
Felgenhauer and Hamacher reports annual O&M cost
including maintenance/spare parts and operation/
labour for the AEL of between £50 and £100/kWhH2HHV
and £100 and £180 /kWhH2HHV for the PEM. The
annual operating cost for this range is between 1.6
and 4.4% and 2.3 and 4.1% of the CAPEX for AEL
and PEM respectively, it is uncertain whether these
costs include the stack upgrades. For the 1.5 GW
facility above this would result in an annual OPEX
cost in the range of £27m to £77m per annum.
According to a 2018 publication by IRENA (International
Renewable Energy Agency)22 the stack upgrade cost
could be about 40-50% of system cost of an electrolyser.

Figure 3.16: 1.5 GW electrolyser facility plot plan

£M

Operating cost

According to Ursua AEL electrolysers are
silent, reliable devices with little maintenance
due to little or no rotational equipment.
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3.3.7

Safety

Large scale facilities will be installed in an electrolyser
house which increases risk in case of hydrogen leakage,
requiring an early leakage detection system and good
ventilation. The plants may need explosive limits.
No review was found that offers a systematic
assessment of the safety issues. The only topic usually
covered is the risk of formation of flammable gas
mixtures inside the electrolysers due to cross diffusion
of hydrogen. The risk is highest for AEL due to a higher
diffusion rate across the diaphragm. The minimum
load limit is set to control this risk. A commercial
AEL system will also have a safety shutdown system
kicking in at 1-2% hydrogen in oxygen. Experience
shows that this risk can be readily managed but is
likely to be more challenging to control in a system
with fast load changes which could mean the use
of large-scale industrial batteries for electrolysers
of this scale become essential. It is worth noting
that this risk is less for PEM but will increase with
increasing operating pressure. Zeng and Zhang
mention electrolyte leakage in AEL systems, causing
corrosion in connections and seals, as a safety risk.
Carmo mentions two potential PEM safety risks.
Firstly, titanium may self-ignite in pressurised
oxygen. This can be avoided in a differential
pressure configuration where oxygen is vented to
the atmosphere. This will likely limit the maximum
output pressure of hydrogen. Secondly, hydrogen
embrittlement on the cathodic current collector and
separator plates may cause hydrogen leakages.
Smolinka mentions increased mechanical stress caused
by a stop/start operation regime impacting lifetime. This
could potentially be a safety risk in pressurised systems.
Clearly, a more thorough and systematic assessment
and comparison on basis of safety is required to mature
the technology for large scale energy applications.

1,740

Table 3.6: CAPEX breakdown of a 1.5 GW hydrogen plant based on alkaline water
electrolysis

22 Hydrogen from Renewable Power – Technology Outlook for the Energy Transition, IRENA, September 2018
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electrolysis
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3.4

Natural gas based hydrogen production
3.3.8 Water electrolysis
summary
The analysis of AEL and PEM water electrolysis
concludes that AEL is the preferred water electrolysis
technology when assessed against applicability to a
project like H21 NoE. The following key performance
features for 1.5 GW hydrogen production plant:

3.4.1

Methane reforming technology

A traditional hydrogen production plant consists of
three main sections as illustrated in Figure 3.17. The
different blocks will be described in more detail below.

→→

Energy efficiency of 70.9% (HHV) average with
10 years between cell replacement or upgrade

NATURAL GAS

→→

Capital cost of £1,160/kWH2HHV equal to £823/kWel
(£1,160/kW x 70.9% efficiency) for a fully functional
hydrogen facility with all support systems

STEAM

→→

CARBON CONTAINING GAS
(MAINLY CO2)

SYNTHESIS
GAS
REFORMING

H2 CLEAN-UP

WGS

HYDROGEN

Area need is 500,000 m2 (50 ha) equal to 33 ha/GW

Assuming a 24-month delivery time for an electrolyser
unit it will take 4-5 years to deliver all the electrolysers
for 1.5 GW facility if production of 600 MW units annually
is assumed (Thyssenkrupp). Currently the supplier
market does not have the capabilities to deliver 1-2 GW
annually as required for a complete H21 NoE facility.

There are two different reforming technologies used
to produce hydrogen gas from natural gas. They are
Auto Thermal Reforming (ATR) and Steam Methane

Reforming (SMR). Both systems are appraised
in this section for their overall applicability to
the H21 NoE concept. The principals of the two
reforming options are set out in Figure 3.18.

NATURAL GAS
+ STEAM
OXYGEN/
AIR

NATURAL GAS
+ STEAM
COM

Lifetime of cell stack and other equipment
is critical since this can drive cost up. An
intermittent power source can have a detrimental
effect and is still an area with great uncertainty
requiring future evaluation and testing.

Figure 3.17: Simplified hydrogen production flow diagram

FLUEGAS
COMBUSTION

REFORMING

COMBUSTION

REFORMING

FUEL
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H2, CO, CO2, (N2)
Figure 3.18: ATR and SMR simplified figures
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The main difference between the two reforming
technologies is how heat is supplied to the
reforming reactions. The mixture of steam and
natural gas must be heated to at least 900°C to
be efficiently converted to H2, CO and CO2. The
operating pressure can be in the range of 20 to 40 bar
in an SMR and up to at least 60 bar in an ATR.
In the SMR reactor heat is transferred from a separate
combustion section, whilst in the ATR reactor heat is
generated by partial combustion of the reformer feed
(natural gas) with oxygen. In practise, this means that a
more CO2 rich synthesis gas will be produced in the ATR
than in the SMR since the combustion products (H2O
and CO2) will end up in the synthesis gas. In an SMR
the carbon containing fuel gas (mainly natural gas) is
combusted with air in a separate combustion chamber
and generated flue gas containing CO2 will be emitted
to the atmosphere in that case. This is an important
difference between the two technologies regarding
the potential to capture a major part of produced CO2.
In both processes, ATR and SMR, the reformed gas at
high temperature and pressure (i.e. the synthesis gas)
will contain a significant amount of Carbon Monoxide
(CO) which in an hydrogen process is being converted to
CO2 and more hydrogen at 200 to 400 °C in a Water Gas
Shift (WGS) reactor section (see Figure 3.22). The cooling
is mainly done by preheating water for high pressure
steam generation and production of low pressure steam.
The gas downstream of the WGS process contains mainly
hydrogen (78%) and CO2 (20%) with the remaining being
unconverted methane and CO. CO2 can then be removed
in a H2 clean-up section, liquified and pumped to a
geological storage site (see Section 7.0). Clean hydrogen
is then ready for use. If using a traditional amine CO2
separation process more than 99.8% of the CO2 can be
removed from the shifted synthesis gas at this stage.
The overall reactions for the two reforming
processes can be summarised the following way:
SMR: CH4 (g) + 2 H2O (l) →
CO2 (g) + 4 H2 (g) (ΔH ˚298 = 207 kJ/mol)
ATR: CH4 (g) + H20 (l) + ½ O2 (g) →
CO2 (g) + 3 H2 (g)(ΔH ˚298 = –22.8 kJ/mol)

098

From a pure CH4 to H2 conversion perspective SMR
is more efficient compared to ATR (you get more H2
molecules per CH4 molecule). However, as seen from
the above overall reactions the SMR route requires
energy (207 kJ / mol CH4 equal 207,000 kJ/kmol / 4
(mol H2/mol CH4) / 3,600 kWh/kJ / 2.02 kg/kmol (MWH2)
= 7.12 kWh/kgH2) which is equivalent to between 20
and 25% of the energy content of hydrogen. Whereas
the ATR scheme is generating energy (22.8 kJ/mol
CH4 equal 22,800 kJ/kmol / 3 (mol H2/mol CH4) /
3,600 kWh/kJ / 2.02 kg/kmol (MWH2) = 1.05 kWh/kgH2)
equal to between 2 and 3% of the energy content
of hydrogen (you get approximately the equivalent
energy in the form of H2 in an ATR as with an SMR).
Separation of CO2 from synthesis gas is a well proven
technology which is used in most of the ammonia
plants in the world. Due to the nature of the catalyst
used in the ammonia synthesis reaction, only very low
levels of oxygen-containing compounds (especially
CO, CO2 and H2O) can be tolerated in the synthesis
(hydrogen and nitrogen mixture) gas. Therefore, high
conversion of methane to hydrogen is required as
well as high CO2 capture rates. Removing CO2 down
to less than 500 ppm in the hydrogen stream is a
key design requirement in ammonia production.
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Description of ATR and SMR

Each of the three blocks described in Figure 3.17
includes several process elements which are described
in more detail below. In addition, different utilities will
be needed, e.g. power generation, boiler feed water
preparation, cooling systems, steam systems, waste
water treatment, chemical storage, flare, air separation
(only ATR), etc. is described in the following section.

The largest oxygen blown ATR in operation
is in the Oryx gas-to-liquids plant
in Qatar and was delivered by Haldor
Topsoe. The unit has been in operation
since 2006 and produces 600,000 Nm3/h
of syngas equal to 2.1  GW of hydrogen.

To allow production of hydrogen with minimum inerts
in an ATR process, pure oxygen must be fed to the
reactor. Oxygen blown ATR is a proven technology and
is, for example, used in the production of methanol at
Tjeldbergodden, Norway. Traditionally a combination of
SMR and ATR is used in the production of methanol.
The SMR and ATR sections at Tjeldbergodden (TBO)
methanol plant are illustrated in Figure 3.19. The H2
production capacity is about 6.2 million sm3 hydrogen
per day (about 0.9 GWh). One third is generated in the
SMR and two thirds are generated in the ATR. The ATR
reactor is significantly more compact than the SMR23.
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PRESSURE
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COMBUSTION
CHAMBER

REFACTORY

SMR

TARGET TILES
CATALYST

As ammonia production consumes more
than 50% of global hydrogen production
(30 Mt and 140 GW hydrogen capacity) the
hydrogen production part of the ammonia
plant is therefore a prefect starting
point for a hydrogen production plant
which includes capture of CO2 based on
proven and references design at scale.
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SMR TUBULAR REACTOR

Figure 3.19: SMR and ATR installed at Tjeldbergodden methanol plant
The SMR reactor consists of a high number of 13-15 m
long tubes filled with a catalyst. High conversion is
thermodynamically favoured by low pressures, high
steam to carbon (S/C) ratio and high temperatures.
A high S/C ratio will also reduce the risk of carbon
deposition on the catalyst surface but using more steam
will reduce process efficiency. The SMR is disadvantaged
by having lower methane conversion compared to an
ATR with unconverted methane ranging from 5-10%
depending on design and operating conditions. For
hydrogen production where high CO2 capture rates
are required (above 90%) this can be a challenge.

An ATR reactor includes a fixed catalyst bed and can
be operated at a higher temperature and pressure
than a tubular reformer. This allows high conversion
of methane and high synthesis gas pressure at a lower
steam to carbon ratio. Reduction in the quantities of
steam compared with an SMR may improve process
efficiency. High synthesis gas pressure is an advantage
because it produces hydrogen at high pressure
reducing the need for hydrogen compression24.

23 A. Gedde-Dahl and K. Jørgen Kristiansen (Equinor) and H. Holm-Larsen (Haldor
Topsøe), “The 2,400 MTPD Methanol Plant at Tjeldbergodden”
24 E. Sorensen (Haldor Topsoe Inc.), “Autothermal Reforming for efficient and versatile syngas production”
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steam to carbon ratio. Reduction in the quantities of
steam compared with an SMR may improve process
efficiency. High synthesis gas pressure is an advantage
because it produces hydrogen at high pressure
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23 A. Gedde-Dahl and K. Jørgen Kristiansen (Equinor) and H. Holm-Larsen (Haldor
Topsøe), “The 2,400 MTPD Methanol Plant at Tjeldbergodden”
24 E. Sorensen (Haldor Topsoe Inc.), “Autothermal Reforming for efficient and versatile syngas production”
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Both SMR and ATR reactors are operated at a very
high temperature and the gas streams downstream
of the units can be more than 1,000 ˚C. Thus, heat
recovery can be very challenging. Normally, the
heat is being recovered by producing steam at
high pressure (e.g. 120 bar). This will keep the
metal surface at reasonably low temperatures.

100

Some of this heat can be recovered using a heat
exchange reformer or a Gas Heated Reformer
(GHR), (the name used depends on the vendor)
either in series or in parallel with the main
reformer as illustrated in Figure 3.20.
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In the series concept all the feed gas passes through the
heat exchange reformer where it is heated and partly
converted. The gas is then fed to the main reformer
where final conversion takes place. The hot effluent from
the reformer is cooled in the heat exchanger reformer
and the remaining heat is used for reforming. The largest
heat exchanger reformer in operation is about one tenth
of the size required for between 1 and 2 GW. Significant
scale-up of this technology will therefore be needed.
In the parallel concept, the feed gas is split into two
streams. One stream is sent to the main reformer where
it is heated and converted. The other stream is sent to
the heat exchange reformer. The main part of the heat for
the heat exchange reformer is provided by cooling of the
effluent from the main reformer. A part of the reaction
heat will be provided by heat exchange of the reformed
gas with the catalyst bed. The parallel heat exchange
reformer technology is well demonstrated in parallel
with an air-blown ATR in an ammonia flow scheme, but
less proven in combination with an oxygen-blown ATR.

Figure 3.20: Illustration of a gas heated reformer used either in series or in
parallel with the main reformer
The main advantage of installing a heat exchanger
reformer is more efficient use of recovered heat.
Recovered heat is used to convert more natural gas
to hydrogen. Therefore, less fuel is needed to be
combusted which reduces the natural gas consumption.
In an ATR based process it will also reduce the
consumption of pure oxygen by at least 15%.
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A heat exchanger reformer is, in most cases, used in
combination with an ATR reactor but can also be used in
combination with an SMR. An example of a gas heated
reformer (GHR) applied in parallel with the ATR is KBR’s
so-called Kellogg’s Reforming Exchanger System (KRES)
reformer. The tubes in the KBR reforming exchanger
are open-ended and hang from a single tube sheet at
the inlet cold end to minimise expansion problems.
The recommended ATR technology in this report is
based on parallel heat exchanger reforming which
is referenced at scale. Other suppliers of gas heated
reformers are Johnson-Matthey and Haldor Topsoe.
The main challenge with both a steam boiler and
particularly a gas heated reformer is the control of metal
dusting corrosion. Metal dusting is an attack on the
metal surface resulting in pits or loss of material. The
mechanism is related to the destruction of the protective
oxide layer on the metal surface. This is followed
by carbide formation in grain boundaries causing
disintegration of the metal. The potential for metal
dusting is highest in Carbon Monoxide (CO) rich gases
at temperatures of 400-800 ˚C. These are conditions
which are likely to prevail for equipment during cooling
of the synthesis gas downstream of the ATR or SMR.
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Both SMR and ATR reactors are operated at a very
high temperature and the gas streams downstream
of the units can be more than 1,000 ˚C. Thus, heat
recovery can be very challenging. Normally, the
heat is being recovered by producing steam at
high pressure (e.g. 120 bar). This will keep the
metal surface at reasonably low temperatures.
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Some of this heat can be recovered using a heat
exchange reformer or a Gas Heated Reformer
(GHR), (the name used depends on the vendor)
either in series or in parallel with the main
reformer as illustrated in Figure 3.20.
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Description of natural gas pre-treatment and reforming

Description of Water Gas Shift (WGS)

Treatment of the natural gas feed up-stream of the ATR
or SMR unit will be needed. In most cases the natural
gas feed contains minor amounts of sulphur that
must be removed because it will poison the different
reforming and WGS catalysts in the downstream
process. Any organic sulphur in the natural gas feed is
hydrogenated in a catalytic reactor (to H2S) by mixing
in a small amount of recycled hydrogen (Figure 3.21).

Downstream of the reforming process, the syngas
undergoes water gas shift where CO is reacted
with water (i.e. steam) over a catalyst to produce
additional hydrogen and CO2 (Figure 3.22).

H2S is then adsorbed in a zinc oxide bed and reacts to
form zinc sulphide, which is removed as a solid waste.
The desulphurisation operating temperature is between
260-430°C and the pressure can be up to at least
60 bar. Sulphur poisoning may be permanent and pretreatment through desulphurisation is therefore crucial
for successful production of hydrogen from natural gas.
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The overall reactions for the water gas
shift can be summarised as follows:
WGS: CO + H2O → CO2 + H2 (ΔH ˚ 298 = – 41 kJ/mol)

PROCESS STEAM
PRE-HEATING

HYDROGENATION

H2S-REMOVAL

PRE-HEATING

NG

PRE-REFORMING PRE-HEATING ATM OR SMR
SYNTHESIS
GAS

RECYCLED HYDROGEN

Figure 3.21: Reforming front section
In hydrogen plants using natural gas containing
heavier hydrocarbons like ethane, propane and
butane, an adiabatic pre-reformer can be included
upstream of the SMR or ATR. Adding steam to the
gas will convert these compounds to hydrogen, CO
and CO2 at 450-500 ˚C. Since this is an endothermic
reaction the temperature will drop. This will both allow
adding more energy to the gas and allow pre-heating
the gas inlet to the reformer unit to an even higher
temperature eliminating coke formation. In an SMR,
this will reduce the required reformer tube area and
therefore reduced cost. In an ATR based process the
advantage is primarily reduced oxygen consumption.
Heating of the gas inlet in the different reactors
is done using hot process gas, steam, flue gas
streams or by use of a fired heater. This depends on
the selected reformer technology. If SMR is used,
then most of the preheating can be done using hot
flue gas exiting from the combustion section

An ATR reactor produces no flue gas so an additional
fired heater must be installed to heat the feed gases
and for plant start up. The heater and boilers in an ATR
based hydrogen plant will be fuelled by a mixture of
90% hydrogen and 10% natural gas, the 10% natural
gas is added to maintain flame stability. This results in
some CO2 emissions affecting overall CO2 capture rate.
In a future Front-End Engineering Design study (FEED,
see Section 10.0) 100% hydrogen combustion will be
examined to achieve even higher CO2 capture rates.

Figure 3.22: WGS Section including steam generation
The process can be done in two steps if high
conversion of CO is needed; high temperature shift
(HTS) and a low temperature shift (LTS). In the HTS,
the mole fraction of CO is reduced from typically
between 10 to 13% to between 2 to 3%, with an inlet
temperature between 350-400°C. In the LTS, the CO
concentration is further reduced to between 0.2 and
0.4% at temperatures of between 190 and 250°C. The
lower temperature limit is set due to the water dew
point of the gas which is a function of pressure and
steam content. Any condensation could damage the
catalysts in the WGS chamber. Finally, the hydrogen
and CO2 containing gas is cooled to about 40°C
resulting in all water being condensed and separated.
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Description of H2 clean-up
The synthesis gas leaving the WGS Section contains
mainly hydrogen and CO2; however unconverted
CO and methane as well as argon and nitrogen
will also be present. High amounts of methane
will be present in the synthesis gas for an
SMR based hydrogen production scheme.
The design and selection of the hydrogen cleanup method is based on the required hydrogen
specification. In the case of fuel cells, hydrogen
purity above 99.999% is presently required.
Whereas for combustion in boilers and gas turbine
operation, 98% purity or lower is required.
In traditional large-scale hydrogen production with SMR
with a requirement for hydrogen above 99% purity, the
preferred choice is Pressure Swing Adsorption (PSA)

The PSA system adsorbs the CO, CO2, and other
impurities in a fixed-bed adsorber. The adsorbent
does not adsorb the hydrogen. Apart from the pure
hydrogen product, the PSA system produces a
low-pressure gas stream (the tail gas). It contains
all the impurities present in the feed gas and
hydrogen used for regeneration of the adsorbent.
10-15% of the hydrogen leaves with the tail gas.
Normally the PSA tail gas is used as fuel gas for
the steam reformer furnace where it provides at
least 50% of the total heat input depending on the
process conditions. Therefore, all generated CO2
will end up in the flue gas and will be emitted to
the atmosphere. Using this technology makes the
CO2 capture more challenging since CO2 must then
be removed from the flue gas at low pressure.

Since the hydrogen for H21 NoE will be
used in heaters and boilers the need
for a PSA is not required. Sufficient
clean up can be achieved by the CO2
capture technology and by selecting
optimised design parameters.

Figure 3.23: PSA system
Pressure Swing Adsorption (PSA) can also be used to
separate out CO2 and unconverted gas. Molecules have
different affinities for various types of adsorbents
and this phenomenon can be utilised to purify gases.
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Description of the
Air Separation Unit (ASU)
To allow production of pure hydrogen in an ATR
process, pure oxygen must be fed to the reactor.

COOL BOX

COMPRESSOR HOUSE

Figure 3.24: ASU plant at Tjeldbergodden
(TBO) in Norway
Traditional cryogenic air separation is a mature
technology with few possible future improvements.
The short-term direction of ASUs is increased single
unit capacity and process optimisations depending
on possible integration with O2 consuming processes.
The ASU at Tjeldbergodden methanol plant in
Norway (1,200 t O2/day) is shown in Figure 3.24. A
2,000 m3 buffer storage for Liquid Oxygen (LOX) is
installed to help maintain a high on-stream factor.
Filtered and purified air is compressed to between 5 and
6 bar and cooled to minus 180 ˚C. Then it is expanded and
cooled to below the boiling point of oxygen (-183 ˚C). As a
result, it is partially liquified. By means of a separation
column, the oxygen and nitrogen are separated. Gaseous
nitrogen collects at the top of the separation column
and liquid oxygen collects at the bottom of the column.
Used in a ATR based hydrogen plant, liquid oxygen
is pumped to required pressure and evaporated.
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CO2 capture technology

Converting gas networks to 100% hydrogen will facilitate
bulk availability of a fuel, hydrogen, which has close
to zero emissions at point of use. However, as with
electrolysis, the net emissions of the systems producing
the hydrogen need to be considered to ensure such
a strategy meets UK climate change obligations. For
hydrogen produced via natural gas using either SMR
or ATR technology, the carbon must be captured and
stored indefinitely to achieve the overall low carbon
objectives. This requires two areas of consideration.
Firstly, the total percentage carbon that can be captured
during the production process and secondly, the
availability of storage for permanent sequestration.

High pressure CO2 capture
To achieve deep CO2 removal of more than 99%, a
mixture of water (circa 50wt%), MDEA and piperazine
(4-6wt%) is frequently used. This solution (or
solvent) is called activated MDEA, (i.e. aMDEA).

During the steam methane reforming
and water-gas shift reactions

→→

During the combustion of carbon containing
fuel gas in the SMR, ATR pre-heater or from
any auxiliary boilers and power generation
unit using a carbon containing fuel

The realistic percentages of carbon that can be captured
during the SMR/ATR process are set out below.
Capturing a major part of generated CO2 requires
additional process steps. The main additional
process steps include CO2 absorption process
and a CO2 compression unit or a CO2 liquefaction,
depending on if CO2 is going to be transported in a
pipeline to the storage site or transported by ship.
There are three CO2 capture alternatives:
→→

Capture of CO2 from produced synthesis gas
at high pressure using, for example, activated
Methyl DiEthanol Amine (aMDEA) solvent

→→

Capture of CO2 from generated flue gas
at low pressure using Mono Ethanol
Amine (MEA) solvent or similar

→→

Capture of CO2 from both the
synthesis gas and from flue gas

SECTION 03

If hydrogen is being produced using an SMR reactor,
at least 35% of the natural gas feed is combusted
at low pressure to generate heat for the steam
methane reforming reactions. The resulting CO2
containing flue gas is normally emitted to the
atmosphere. Around 60% of the carbon fed to the
hydrogen process can be separated as CO2 using the
aMDEA process in an SMR based H2 process. If the
produced hydrogen was used as fuel for SMR all CO2
would be captured at high pressure. This option was
examined but rejected since almost 30-40% of the
produced hydrogen would be used to fuel the SMR.
If hydrogen is being produced using an oxygen fired ATR
process, most of the carbon will end up in the syngas.
Some fuel is, however, needed for preheating purposes
and for generating steam during start-up and shut
down. This fuel can be either natural gas or produced
hydrogen. Either way more than 90% of the carbon in
the natural gas fuel can be separated out as CO2 using
the aMDEA process in an ATR based H2 process.

The CO2 is produced from the following processes:
→→
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Figure 3.25: High pressure aMDEA CO2
removal
The principle of CO2 absorption at high pressure is
that pressurised CO2 containing gas passes through
a reactor that contains the alkaline aMDEA scrubbing
solution. This results in an acid-base reaction. CO2
reacts with aMDEA and stays in the absorbent solution.
The absorbent solution pressure is then reduced to
say between 1 and 2 bar and some CO2 will be flashed
off (evaporated). One part of the solvent (semi-lean)
is recycled to the absorber. The other part is heated
in another reactor, (i.e. stripper) to release more CO2.
This purified aMDEA solution (containing very little
CO2) is then recycled to the top of the absorber and
used again. The semi-lean absorbent removes the
bulk of CO2 while the purified solvent is removing
the remaining CO2 left in the gas (Figure 3.25).

In this study, the target is to capture close to 95%
of all carbon used in the production of hydrogen
and the conclusion is that the ATR process is an
attractive concept compared to the SMR route. It
is, in principle, possible to achieve high CO2 capture
rates via the SMR route, but this would be tradedoff with lower energy efficiency and higher cost.
More than 60% CO2 can also be captured in an
SMR based process by adding a reformer flue
gas CO2 capture unit (see Figure 3.32). Due to the
low pressure of CO2 in the reformer flue gas, a
different CO2 capture process must be used.
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Low pressure (flue gas) CO2 capture
The SMR flue gas CO2 capture option requires a
technology element not historically used in traditional
hydrogen production plants due to no previous
requirement to capture the CO2. Flue gas CO2 capture is a
well-established technology and was developed mainly
to capture CO2 from coal or natural gas fired power
plants but also from industrial flue gases. The common
challenge in this case is the low partial pressure of
CO2 that require a very active absorbent (a medium
to combine with the CO2 in the flue gas and prevent it
escaping to atmosphere), for example Mono Ethanol
Amine (MEA). It is also called a solvent or solution
since it contains a mixture of MEA and water (60-70%)
and optionally other amines. The drawback is that this
solvent needs a significant amount of energy to remove
the CO2 from it. This is done in a stripper column whereby
steam promotes desorption (release) of the CO2 from the
solvent, at about 120°C, to be subsequently transported
and captured in the appropriate carbon capture
utilisation on/or storage system. Up to about 90% of CO2
in a flue gas can be captured but this process will need
about four times more steam (energy) per kg captured
CO2 than if CO2 is captured at high pressure with aMDEA.
This low-pressure solvent-based CO2 capture
technology is illustrated in Figure 3.26. It has been
demonstrated at Technology Centre Mongstad (TCM)
which is a joint venture between the Norwegian
state, Equinor, Shell and Total (see Figure 3.27).
For the H21 NoE project the options with a
potential high CO2 capture rate greater than 90%
are set out in detail in the following section.
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state, Equinor, Shell and Total (see Figure 3.27).
For the H21 NoE project the options with a
potential high CO2 capture rate greater than 90%
are set out in detail in the following section.
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 ptimised CO2 capture solutions for ATR and SMR
O
hydrogen production

To determine a realistic and credible carbon
capture percentage from the ATR/SMR
technology the study needed to focus on
a specific capacity production plant.

Design parameters for system analysis
→→

1.5 GW was selected as the appropriate capacity for
modular scale up in the context of H21 NoE. This
section is highly detailed, but it is important for full
transparency as the carbon capture rates for the system
are critical to the overall strategy for UK Government.

COMPONENTS

DRY
MOL %

COMPONENTS

DRY
MOL %

N2

0.77

i-C4H10

0.05

CO2

2.10

n-C4H10

0.08

CH4

89.47

C5+

0.04

C2H6

6.61

H2S

5 mg/
Nm3

C3H8

0.87

HHV(MJ/Nm3)

41.255

Figure 3.26: Low pressure CO2 capture

Table 3.7: Natural gas composition
→→

→→

Figure 3.27: Amine test plant at TCM

Ambient conditions
•

Barometric pressure: 760 mmHg (a)

•

Design air conditions: 22 ˚C and
85% relative humidity (used for air
coolers, fans and compressors)

Fresh water:
•

Supply temperature: 16 ˚C

•

Supply pressure: 8 bar

→→

Hydrogen product

→→

H2 purity: > 97.5%

→→

Export pressure: 80 bar

→→

CO2 product
•

CO2 purity: > 98%

•

Water content: max 100 ppm

•

Export pressure: 300 bar

Plant capacity (maximum train capacity):
•

Export of 1.5 GW hydrogen

•

Carbon capture rate: Target is 95% (this
is based on the overall system including
natural gas feed for H2 production, natural
gas fuel for the process, (i.e. efficiency
loss), direct emissions from the hydrogen
facility, unconverted CO and methane in the
hydrogen product, fuel used in electric power
production for the plant and compressors etc.)

→→

It is assumed that required electric
power can be imported from the grid

→→

Natural gas composition used
in this study (Table 3.7).
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Calculation definitions

Modelling

The definitions for the carbon capture and
energy efficiency calculations are as follows:

Heat and mass balances for the different options are
estimated using UniSim Design Suite from Honeywell.

Carbon Capture = (Carbon in CO2 Product)/(carbon in NG Feed + Carbon in NG Fuel)

UniSim Design Suite is a recognised process
modelling software (preferred process simulation
tool in Equinor) that provides steady state and
dynamic process simulation in an integrated
environment. The output from this tool is heat and
mass balances and equipment design data that
can be used to produce specified equipment lists
needed to estimate the cost of the total process.

Energy Efficiency=(Energy in H2 Export Stream (MW))/(Energy consumed
for H2 production (MW) + Electrical Power Import (MW))
Energy efficiency is based on HHV for NG and H2 streams.
Note HHV is the higher heating value which is the total
energy contained in the fuel, LHV or Lower Heating
value is the HHV minus the latent heat of vaporisation,
i.e. energy used vaporising water during combustion.

Carbon footprint
The emission rates are for a plant exporting 1.5 GW H2.
The carbon footprint is estimated as follows
(“ATR + GHR HP CC” as an example):
→→ The carbon footprint of natural gas
feedstock: 185.3 kg/MWh
→→ The carbon footprint of produced hydrogen at
an estimated carbon capture rate (94.12%) and
efficiency (exclusive of power import) of say 83.1%:
would be (185.3 ÷ 0.831) * (1-0.9412) = 13.1 kg/MWh
(N.B. When reading Section 4.0 the carbon footprint
is 14.4 kg/MWh as the power in the H21 NoE
design concept is generated internally marginally
increasing the carbon footprint of the system)

HHV is an appropriate metric to use in the SMR/ATR
energy consumption as part of the water condensation
heat is reused in the process. LHV is appropriate to
use in electric generation as water condensation
heat cannot be reused in the production process.
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Well documented thermodynamic property
databases and unit operation models are used to
estimate accurate process data. UniSim Design
includes over fifty-unit operations representing
process equipment (i.e. separators, heat
exchangers, distillation columns, reactors etc.).
Process modelling tools like UniSim are widely
used in the process/chemical and oil and gas
industry in design, engineering and operations.

CO2 capture from an SMR based hydrogen process – 1.5 GW H2 production
There are multiple alternatives for SMRs which
can achieve high capture rates but with very
different efficiency. So, the reader can easily see
the difference, two options representing cases
with either low or high efficiency are presented
diagrammatically in Figure 3.28 with a brief description
of the two alternatives in the following figures25.

SMR OPTION 1: SMR AND PSA PURIFICATION AND LOW PRESSURE CO2
CAPTURE ( SMR LP CC)

SMR OPTION 2: SMR WITH BOTH SYNGAS HIGH PRESSURE CO2 CAPTURE AND FLUE GAS LOW
PRESSURE CO2 CAPTURE (SMR HP+LP CC)

Figure 3.28: Schematics of the two SMR concepts including the carbon mass balance (CO2
losses in condensates around 1 t/h)

25 C-Capture (%)/Efficiency from UniSim Output, CO2 Footprint based on NG parameters in Table 3.7. C=
CO2 equivalents in stream (t CO2/h). Power consumption (100%) included in efficiency numbers.
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SMR Option 1: SMR and PSA purification and low-pressure CO2 capture (SMR LP CC)
This option is based on the same principles as the SMR
described in the original H21 Leeds City Gate (LCG)
report. In this type of SMR plant, all the CO2 is emitted
from the flue gas of the steam reformer at close to
atmospheric pressure. This is because predominantly
all CO2 is removed by the PSA unit and is recycled
to the reformer combustion section. This includes
unconverted methane and CO and at least 10% of
the hydrogen product used to purge the PSA unit.
Heat is recovered in a Heat Recovery Steam Generation
(HRSG) unit. The HRSG unit also contains any auxiliary
boiler systems needed to operate the plant.
Since CO2 must be captured from the SMR flue gas
at low pressure a significant amount of low-pressure
steam (around 4 bar) must be used to capture the CO2
(see SMR flue gas – low pressure CO2 capture process
description in the previous section). In this case
much more steam than can be generated within the
H2 plant will be needed. Therefore, a supplementary
boiler must be included to generate enough steam
thereby increasing the fuel consumption significantly.

It is advantageous to generate steam at high pressure
and reduce the steam pressure to 4.4 bar in a power
generating steam turbine to generate low pressure
steam for the capture plant. The steam turbine in
this case will generate all the power needed for the
hydrogen process including the CO2 capture process
and compression of CO2 and hydrogen. Therefore,
no power import is needed in this case. Since the
PSA system recycles about 10% as reformer fuel
(reducing the H2 export), the SMR capacity also
must be increased by about 10%. This, again, will
increase fuel consumption and the amount of CO2
that must be captured. Due to the high natural gas
consumption (mainly due to the production of steam
for the low-pressure CO2 capture plant), the overall
efficiency will be low – approximately 69% (HHV).

SMR Option 2: SMR with both syngas high pressure CO2 capture and flue gas low
pressure CO2 capture (SMR HP+LP CC)
A second SMR alternative is to capture CO2 both from
the high-pressure syngas and from the reformer flue
gas. The disadvantage is that we will need two different
CO2 capture units increasing CAPEX. However, energy
needed to capture CO2 at high pressure is only 25% of
the energy needed to capture CO2 at low pressure.
This concept is more energy efficient than SMR option
1. The main reason is that waste heat from final cooling
of the reformer syngas can be used to remove most
of the CO2 in the high-pressure aMDEA system. Since
the amount of CO2 to be removed from the reformer
flue gas is only 35% of the total amount (the rest
has been removed in the high-pressure CO2 capture
system as part of the syngas processing), sufficient
amounts of low pressure steam are available from
the H2 plant for removing the CO2 from the flue gas.
Therefore, less fuel will be needed compared with option
1, but electric power must be imported in this case.

High pressure steam at 128 bar is generated in the
H2 plant for both options. The steam is first used to
generate power in an efficient high-pressure steam
turbine. The resulting medium pressure steam at about
59 bar (pressure is reduced through the turbine) is split
in two streams. About 67% is used as process steam and
mixed with the natural gas in the reformer. Excess steam
is used to generate power in a medium pressure steam
turbine which will generate low pressure steam at 4.4 bar.
This low-pressure steam is then used to remove CO2 from
the solvent in the low-pressure CO2 absorption plant.
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With an overall carbon capture rate of 91%, a
plant efficiency of 79% will be possible. This
is significantly higher than option 1.
If a Pressure Swing Adsorption (PSA) unit is included
producing 99.99%+ pure hydrogen, up to 96.9% CO2
can be captured as the PSA tail gas (containing a high
content of hydrogen) is used as fuel in the reformer.
This will, however, reduce the efficiency to about
75% (HHV) and is over engineered for gas network
delivered hydrogen as will be required for the H21
NoE conversion. The same applies to option 1 where
using a PSA will produce a very clean hydrogen gas.

1.5 GW H2 EXPORT

Since a low-pressure CO2 capture plant is included in
option 2, a combined cycle gas turbine (CCGT) can be
installed to generate electric power in lieu of importing
electric power from a hydrogen fired power plant. This
would require capturing CO2 from the gas turbine flue
gas in the CO2 capture facility. Both CO2 capture rate and
efficiency will be about the same as for option 2. This
makes this process more flexible regarding power supply.
The overall performance of the two SMR
options are summarised in Table 3.8.

SMR OPTION 1
SMR LP CC

SMR OPTION 2
SMR HP+LP CC

CO2 capture (%)

91.1

91.2

CO2 footprint (g/kWh)

23.8

20.5

Efficiency (%-HHV)

68.8

79.5

NG consumption (MW)

2,182

1,850

Electric power import (MW)

0

35.6

Steam production (t/h)

844

496

CO2 export (t/h)

369

312

H2 purity (%)

97.5

97.5

H2 export pressure (bar)

80

80

Number of SMR’s

2

2

Table 3.8: Comparison of SMR alternatives
Since the target is high process
efficiency and low carbon footprint it is
evident that the combination of syngas
and flue gas CO2 capture is the most
promising SMR concept (SMR Option 2)
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1.5 GW H2 EXPORT
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would require capturing CO2 from the gas turbine flue
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Table 3.8: Comparison of SMR alternatives
Since the target is high process
efficiency and low carbon footprint it is
evident that the combination of syngas
and flue gas CO2 capture is the most
promising SMR concept (SMR Option 2)
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The largest SMR units can produce close to 7
Msm3/d or 1 GW H2. Therefore, two parallel SMR
trains would be sufficient. Two parallel WGS
and CO2 removal trains will also be needed.
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The main advantages/disadvantages
are summarised in Table 3.9.

OPTION

MAIN ADVANTAGES

MAIN DISADVANTAGES

1 SMR LP CC

Self-sufficient with power

Lower efficiency

2 SMR HP+LP CC

High efficiency. Electric
power can also be produced
onsite without changing the
overall process performance.

Two different CO2 capture
plants needed, which adds
complexity and cost
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CO2 capture from an ATR based hydrogen process – 1.5 GW H2 production
As with SMRs there are multiple alternatives for
ATRs which can achieve high capture rates. The most
promising concepts are presented diagrammatically in
Figure 3.29 with a brief description of each alternative.26

ATR OPTION 1: OXYGEN FIRED ATR WITH SYNGAS HIGH PRESSURE CO2 CAPTURE
(ATR HP CC)

Table 3.9: Comparison of SMR concepts. Main advantages and disadvantage
Increased capture rate above 91% in option one is
unlikely since all CO2 is captured at low pressure and it
is very close to what is theoretically possible in such a
plant. In option 2, only one third of the CO2 is captured
at low pressure. In this case, a higher capture rate
can be obtained using some hydrogen as fuel in the
reformer. However, this will cause a lower efficiency.

ATR OPTION 2: Oxygen fired ATR with Gas Heated Reformer (GHR) and Syngas High
Pressure CO2 capture (ATR+GHR HP CC)

Figure 3.29: Schematics of the two ATR concepts including the carbon mass balance (CO2
losses in the condensate around 1 t/h)

26 N.B. C-Capture (%)/Efficiency from UniSim Output, CO2 Footprint based on NG parameters
in Table 3.10. Power consumption (100%) included in efficiency numbers.

H21 North of England

SECTION 03

The largest SMR units can produce close to 7
Msm3/d or 1 GW H2. Therefore, two parallel SMR
trains would be sufficient. Two parallel WGS
and CO2 removal trains will also be needed.

114

The main advantages/disadvantages
are summarised in Table 3.9.

OPTION

MAIN ADVANTAGES

MAIN DISADVANTAGES

1 SMR LP CC

Self-sufficient with power

Lower efficiency

2 SMR HP+LP CC

High efficiency. Electric
power can also be produced
onsite without changing the
overall process performance.

Two different CO2 capture
plants needed, which adds
complexity and cost

H21 North of England

SECTION 03

115

CO2 capture from an ATR based hydrogen process – 1.5 GW H2 production
As with SMRs there are multiple alternatives for
ATRs which can achieve high capture rates. The most
promising concepts are presented diagrammatically in
Figure 3.29 with a brief description of each alternative.26

ATR OPTION 1: OXYGEN FIRED ATR WITH SYNGAS HIGH PRESSURE CO2 CAPTURE
(ATR HP CC)

Table 3.9: Comparison of SMR concepts. Main advantages and disadvantage
Increased capture rate above 91% in option one is
unlikely since all CO2 is captured at low pressure and it
is very close to what is theoretically possible in such a
plant. In option 2, only one third of the CO2 is captured
at low pressure. In this case, a higher capture rate
can be obtained using some hydrogen as fuel in the
reformer. However, this will cause a lower efficiency.

ATR OPTION 2: Oxygen fired ATR with Gas Heated Reformer (GHR) and Syngas High
Pressure CO2 capture (ATR+GHR HP CC)

Figure 3.29: Schematics of the two ATR concepts including the carbon mass balance (CO2
losses in the condensate around 1 t/h)
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in Table 3.10. Power consumption (100%) included in efficiency numbers.
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ATR OPTION 1: Oxygen fired ATR with
syngas high pressure CO2 capture
(ATR HP CC)

ATR OPTION 2: Oxygen fired ATR with GHR
and Syngas high pressure CO2 capture
(ATR+GHR HP CC)

This is a traditional ATR based process where mainly
all heat is being recovered by generating steam.

To further increase the efficiency of the process
and at the same time keep a high carbon capture
rate, it is recommended to include a gas heated
reformer in parallel with the ATR reactor to make
better use of the heat in the hot syngas. In this
case the oxygen plant size will be reduced with
about 18% saving on both CAPEX and energy.

All CO2 can be generated at high pressure making
it more efficient to capture than if it is released at
low pressure in a steam reformer flue gas. The ATR
is significantly more compact than a traditional
SMR, but a large oxygen plant will be needed. Single
train configuration up to 1.5 GW H2 is possible.
The high temperature in the ATR reactor is an
advantage as most methane is converted to CO and
H2. This allows for a high CO2 capture rate where the
majority of CO can be converted to CO2 in the water
gas shift section. The high temperature also allows
for operating the reformer at high pressure. This is
an advantage if hydrogen must be delivered at a high
pressure (as required for the H21 NoE concept).

An optimised process concept using this technology can
capture about 94% of carbon used in the production of
hydrogen with an overall efficiency of about 80% (if all
power needed is imported as renewable power). Due
to the heat exchanger reformer being operated at a
lower temperature than the ATR, less methane will be
converted to hydrogen. This explains the somewhat lower
CO2 capture rate in this case compared to ATR option 1.
A better alternative would be to include the GHR
in series with the ATR to keep the high methane
conversion as in option 1. This technology, however,
is less mature (demonstrated in a scale 10%
of that needed here) and not assumed in this
study. Should be evaluated in future studies.
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Performance of the different ATR options are
summarised in Table 3.10 and main advantages
and disadvantages are summarised in Table 3.11.
1.5 GW H2 EXPORT

OPTION 1 ATR

OPTION 2 ATR+GHR

CO2 capture (%)

94.5

94.1

CO2 footprint (g CO2/kWh)

13.0

13.1

Efficiency (%-HHV)

76.0

79.9

NG consumption (MW)

1,919

1,805

Electric Power Import (MW)

53.8

72.6

Steam production (t/h)

683

527

CO2 export (t/h)

336

315

H2 purity (%)

98.4

98.4

H2 export pressure (bar)

80

80

Oxygen (t/d)

3,551

2,911

Table 3.10: Comparison of ATR alternatives
Installing a gas heated reformer significantly improves
the efficiency and keeps a low carbon footprint. It
will also reduce the consumption of oxygen and
therefore the costs associated with O2 production.
The area needed for a 1.5 GW facility is approximately
15-20 ha. An example is the Oryx GTL plant in Qatar
where the ASU and ATR part of the plant equals
4 GW of hydrogen production, (see Figure 3.31).
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ATR OPTION 1: Oxygen fired ATR with
syngas high pressure CO2 capture
(ATR HP CC)

ATR OPTION 2: Oxygen fired ATR with GHR
and Syngas high pressure CO2 capture
(ATR+GHR HP CC)

This is a traditional ATR based process where mainly
all heat is being recovered by generating steam.

To further increase the efficiency of the process
and at the same time keep a high carbon capture
rate, it is recommended to include a gas heated
reformer in parallel with the ATR reactor to make
better use of the heat in the hot syngas. In this
case the oxygen plant size will be reduced with
about 18% saving on both CAPEX and energy.

All CO2 can be generated at high pressure making
it more efficient to capture than if it is released at
low pressure in a steam reformer flue gas. The ATR
is significantly more compact than a traditional
SMR, but a large oxygen plant will be needed. Single
train configuration up to 1.5 GW H2 is possible.
The high temperature in the ATR reactor is an
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H2. This allows for a high CO2 capture rate where the
majority of CO can be converted to CO2 in the water
gas shift section. The high temperature also allows
for operating the reformer at high pressure. This is
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pressure (as required for the H21 NoE concept).

An optimised process concept using this technology can
capture about 94% of carbon used in the production of
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is less mature (demonstrated in a scale 10%
of that needed here) and not assumed in this
study. Should be evaluated in future studies.
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Performance of the different ATR options are
summarised in Table 3.10 and main advantages
and disadvantages are summarised in Table 3.11.
1.5 GW H2 EXPORT
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15-20 ha. An example is the Oryx GTL plant in Qatar
where the ASU and ATR part of the plant equals
4 GW of hydrogen production, (see Figure 3.31).
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3.4.4 Hydrogen process
selection
Energy efficiency and CO2 capture rate
is the main driver for selecting preferred
technology and therefore SMR option 2 is
considered superior to SMR option 1. The
ATR in combination with a gas heated
reformer yields some improved energy
efficiency and cost reduction. As such, ATR
option 2 is selected for further evaluation.
The next step in the evaluation was to established cost
estimates for the preferred ATR and SMR schemes.
The hydrogen process used in the ATR cases have
been developed and cost estimated by UK based
KBR (a world leading technology supplier and EPC
for the ammonia, hydrogen and oil/gas market)
for delivering 10 million sm3/hydrogen per day at
45 bar, equal to about 1.46 GW (HHV). The plant is
scaled up to 1.5 GW and equipment for compression
of hydrogen from 45 bar to 80 bar are included.
Equinor internal cost estimation methodology has
been aligned with the KBR estimate to develop
costs for other hydrogen process options and
hydrogen production capacities. The equipment lists
provided by KBR are scaled and equipment cost is
estimated using Aspen In-Plant Cost Estimator V9.
This is a well-documented cost estimation tool being
used by many engineering companies worldwide.
The KBR reference plant estimate cost basis is 2nd
quarter 2017 but adjusted to 2018. The overall accuracy
is +/-40%. Based on UniSim modelling, detailed
flowsheets have been developed and equipment lists
are scaled so the plants can export 1.5 GW hydrogen.

Figure 3.30: Oryx GTL plant in Qatar
To present a credible option for H21 NoE
where the preferred fuel is hydrogen
for all energy supply, Option 2 has
been selected (but a final selection
can only be determined as part of
a detailed future FEED study).

In the SMR case, the ATR, GHR, fired heater and ASU
units are removed and replaced with a traditional
steam reformer. The other systems like CO-shift, syngas
CO2 removal, CO2 compression, steam and power
generation systems are scaled to required sizes.

OPTION

MAIN ADVANTAGES

MAIN DISADVANTAGES

1 ATR HP CC

Low C-footprint

Lower efficiency
High oxygen consumption

2 ATR+GHR HP CC

Low C-footprint and higher
energy efficiency

High power import/power consumption

Table 3.11: Comparison of ATR concepts. Main advantages and disadvantages

The ATR cost estimate is more accurate than the
SMR estimates since it is mainly scaled up from the
KBR estimate. It is used in the assessment of the
different large-scale hydrogen production scenarios.
A summary of CAPEX is presented in Table
3.12 for the ATR and SMR case.
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ATR+GHR HP CC

SMR HP+LP CC
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The best ATR and SMR concepts are not very
different in efficiency. However, due to higher
conversion of methane in an ATR reactor than in a
SMR reactor (due to significant higher reforming
temperature), it is easier to achieve higher carbon
capture rates and a lower CO2 footprint.

OPTION

ATR 2

SMR 2

Equipment

197

206

Bulk

140

183

Indirects

38

41

Construction

236

260

Home office

16

22

CMT

23

24

Other

8

9

EPC (£M)

658

745

Owners cost

80

93

The main benefits of the ATR over the
SMR are summarised below:

Equinor project management

33

40

→→

Insurances

18

26

Contingency

158

178

TOTAL PROJECT COST

947

1,082

For a facility with many hydrogen production trains
(10 GW or more), it is recommended to have a
centralised power plant to reduce complexity and
costs. The preferred option is a centralised hydrogen
fired power plant. Another option is to build a natural
gas fired power plant with flue gas CO2 capture.

Table 3.12: Cost comparison of selected ATR and SMR hydrogen production technologies
Owners cost includes: Additional site work, substation
and tie-in with HTrS and NTS (see Section 5.0).
The following owner’s costs are excluded
in the EPC cost estimates:
→→

Contractor fee and profit

→→

Operation and Maintenance Spares

→→

Licensor Basic Engineering Fees
and License/Royalty Fees

→→

Insurances, bonds, guarantees (including
Contractors All Risk, marine and module transport)

→→

Demolition, removal and/or disposal of
hazardous materials (asbestos, lead, soils)

SECTION 03

ATR can be operated at a higher temperature
and pressure. This allows high conversion of
methane and high syngas pressure at a lower
steam to carbon ratio. High syngas pressure is
an advantage if the hydrogen produced is needed
at high pressure to reduce the need for hydrogen
compression as is the case with the H21 NoE
concept. In addition, this allows smaller physical
unit dimensions but higher energy outputs

→→

Development of any additional infrastructure
to support construction and operation

→→

Costs due to plant evacuations
and work interruptions

→→

Currency risk

→→

All import/export duties

→→

Funded liabilities

→→ The study shows that the CO2 footprint for
the ATR based process is about 13 g CO2/kWh
compared to about 20 g CO2/kWh for SMR,
which is a considerable improvement.

→→

Land costs

→→

→→

Sales tax

→→

Government permits (state and federal)

ATR based design instead of SMR would
results in reduced safety risks by having fewer
numbers of vulnerable components for leaks/
failure and lower operational complexity

→→

Forward escalation

→→

An ATR based process technology also largely
improves on the hydrogen plant’s ability to
meet quicker start up and shutdown

→→

Close to 95% of all CO2 can be generated
at high pressure which makes it more cost
efficient to capture than if it is being released
at low pressure in the SMR flue gas

121

CAPEX for the selected ATR alternative is around 1213% below the best SMR alternative but will need
37 MW more electric power. ATR based concepts may
have some better cost reduction potential than SMR
based concepts if scaling up to larger capacities
since ASU’s can be scaled up to serve around 2.5 GW
H2 production. Comparison of the best ATR and
SMR options are summarised in Figure 3.13.
1.5 GW
H2 PRODUCTION

ATR
OPTION 2

SMR
OPTION 2

Carbon capture
rate (%)

94.1

91.2

CO2 footprint
(g CO2/kwh)

13.1

20.5

Efficiency
% (HHV)

79.9

79.5

CAPEX
(£m) – Total

947

1,082

Electric Power
Import (MW)

72.6

35.6

CAPEX £/kW H2 HHV)

631

721

Area (ha)

15-20

35-40

Configuration

1 ATR train
+ ASU

2 SMR trains

Table 3.13: Comparison of the best ATR and
SMR concepts
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3.5

Gasification
3.4.5

Supply chain maturity

As described in Section 3.1 ‘History of
H2 Production’, gasification of oil and
coal is the other main global method
of large-scale hydrogen production.

The hydrogen reforming technology market is mature and
highly competitive. It comprises of 8-10 international
technology providers (see Table 3.14) that deliver
process design packages, special equipment, catalysts
and, in some cases, complete turn-key project delivery.
TECHNOLOGY EXPERIENCE
COMPANY
Air Liquide
Johnson Matthey
Kelloggs Brown & Root
Linde
Technip
Thyssenkrup
Haldor Topsoe
Amec Foster Wheeler

SMR

ATR

•
•
•
•
•
•
•
•

INDUSTRY SEGMENT EXPERIENCE

GHR

•
•
•
•
•
•

AMMONIA

•
•

•

•
•

•
•

Table 3.14: Providers of natural gas-based hydrogen technology
In addition to the above companies, there are
numerous EPC contractors who have experience in the
engineering and construction of hydrogen facilities.
For the H21 NoE Hydrogen Production
Facility, the ATR option 2 with
GHR has been selected as hydrogen
production technology for design
and commissioning of the 10-15 GW
mega scale hydrogen facility.
In the FEED phase ATR and SMR based
hydrogen production concepts will be further
analysed in addition to supply of power.

METHANOL

•
•

•
•

HYDROGEN

•
•
•
•
•
•
•
•

In the UK, coal as a feedstock has now been almost
totally phased out and therefore considered
impractical as a credible feedstock for H21 NoE.
Additionally, the logistics and economics associated
with such a process make it unattractive in the UK.
However, for completeness and relevance for
other countries with low availability of natural
gas but access to significant CCS, a short
section on coal gasification has been provided.

3.5.1

Gasification references

Large scale (>500 tonnes/day of coal per train equivalent
to 100 MW of hydrogen production capacity) coal
gasifiers have been in operation since the 1930s.
Notable examples are the SASOL gasification complexes
in South Africa (originally built in the 1950s and 1960s
and still operating over 80 Lurgi fixed bed dry ash
gasifiers today) and the Great Plains Syngas Plant
in the USA which has operated with high availability
since the 1980s. Over the last 70-80 years gasification
technologies have been developed, deployed, refined
and subsequently rendered obsolete by newer processes.
The Gasification & Syngas Technologies Council
maintains a database of commercial gasification plants
and the 2015 update identified over 700 units operating
worldwide (2). The main technologies in operation were:
→→

GE (formerly Texaco) – 180 units

→→

Shell – 110 units

→→

Lurgi (now owned by Air Liquide) – 130 units
(+ over 50 of the similar SEDIN design)

→→

ECUST (East China University of
Science & technology) – 25 units

→→

Other design (Siemens, E-Gas, Prenflo, BGL,
Choren, MCSI, SES and others) – 30-40 units

The majority of these gasifiers are in China where
the availability of low-cost coal and the lack of
competition from other fuels has favoured their
deployment. Construction of large scale entrained
flow gasifiers (Texaco and Shell designs) commenced
in China in the early 2000s, hence a number of these
plants have now been in operation for over 10 years.
Commercially installed coal gasification technologies typically exceed 100 MWth in train size. Fixed
bed gasifiers such as the Lurgi and BGL designs exist up to approximately 250 MWth, whilst entrained
range up to 500 MWth (Shell) and 850 MWth (Siemens, who are developing a 1,000 MWth design).
For a baseload plant, large unit sizes may offer an
advantage. However, it should be noted that the
turndown of many gasifier designs is limited and that
the added reliability and easier maintenance offered
by multiple smaller gasifiers may be preferred. A good
example is the Great Plains Syngas plant where 14
Lurgi dry ash gasifiers (each unit with a capacity of
150-200 MWth) are installed and which has operated
at high availability throughout its lifetime. This
approach can add to costs but offers advantages by
eliminating scale-up uncertainties, standardisation and
availability. This last feature is a major benefit as the
high temperature and aggressive chemistry associated
with gasification processes means that routine
maintenance and refurbishment is to be expected and
spare gasifier modules will usually be specified. For
most gasifier designs this modularity extends to the
initial gas clean-up and cooling of the raw gas stream.
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Description of the technology

Gasification is conversion of a feedstock, usually coal
or heavy oil, to synthesis gas (syngas) and follows
the same principles as the natural gas-based ATR
technology. In greatly simplified terms, heat generated
from combustion of a fraction of the feedstock is used
to drive endothermic gasification reactions to generate
the main syngas components –Carbon Monoxide (CO)
and H2. CO is converted into hydrogen in the WGS
and CO2 removed at high pressure by a solvent.

The biggest difference between a coal gasification
process and an ATR based process is the handling of a
solid feed to the reforming process (gasifier), amount of
CO2 to be captured, oxygen consumed and the need for
handling a highly H2S rich syngas. Hydrogen production
by gasification of coal presents the general principles
of hydrogen production from coal gasification.
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Main gasifier types
Large scale commercial coal gasifiers can be
broadly divided into three types; entrained
flow, fluidised bed or moving bed.
Entrained flow operate at high temperatures,
typically between 1,400 and 1,800°C. Finely ground
coal is continuously fed, either as a water slurry or
using a carrier gas, into the gasifier via a ‘burner’
where it combines with the gasifying agents
(air, oxygen and/or steam) and rapidly reacts.
Moving bed (sometimes referred to as fixed bed) is the
longest established means of converting coal to gas
at temperatures up to 1,000°C. The gasifier contains
a bed of lump coal which is gradually consumed by
the gasification reactions. The gasifying agents are
typically fed to the bottom of the coal bed. Gasification
agents like fresh coal is locked into the gasifier and
mechanically distributed on the top of the coal bed.
Fluidised bed conversion of the coal takes
place in a fluidised bed at temperatures of
between 1,000 and 1,500°C. The gasifying coal
is contained as a fluidised bed maintained by
the flow of gasifying agents and product gas.

Figure 3.31: Hydrogen production by gasification of coal
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As the largest gasifiers in operation are in the
range of 250 and 300 MW hydrogen (equal to
500 MWcoalLHV), a hydrogen facility of 1.5 GW would
need 5 to 6 gasifier units operating in parallel. This
provides flexibility but also increased cost.
Comparing the overall conversion reaction of coal
and methane, twice as much oxygen and steam
is needed with twice as much CO2 needed to be
captured, transported and permanently stored.
ATR: CH4 + H20 + ½ O2 → CO2 + 3 H2
Coal Gasification 2 CH + 2 H20 + O2 → 2 CO2 + 3 H2
This results in significant increase of capital and
operational costs compared to a natural gasbased ATR scheme. The main motivation for coalbased solution is the lower cost of coal compared
to natural gas and lack of gas availability.
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from combustion of a fraction of the feedstock is used
to drive endothermic gasification reactions to generate
the main syngas components –Carbon Monoxide (CO)
and H2. CO is converted into hydrogen in the WGS
and CO2 removed at high pressure by a solvent.

The biggest difference between a coal gasification
process and an ATR based process is the handling of a
solid feed to the reforming process (gasifier), amount of
CO2 to be captured, oxygen consumed and the need for
handling a highly H2S rich syngas. Hydrogen production
by gasification of coal presents the general principles
of hydrogen production from coal gasification.
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Main gasifier types
Large scale commercial coal gasifiers can be
broadly divided into three types; entrained
flow, fluidised bed or moving bed.
Entrained flow operate at high temperatures,
typically between 1,400 and 1,800°C. Finely ground
coal is continuously fed, either as a water slurry or
using a carrier gas, into the gasifier via a ‘burner’
where it combines with the gasifying agents
(air, oxygen and/or steam) and rapidly reacts.
Moving bed (sometimes referred to as fixed bed) is the
longest established means of converting coal to gas
at temperatures up to 1,000°C. The gasifier contains
a bed of lump coal which is gradually consumed by
the gasification reactions. The gasifying agents are
typically fed to the bottom of the coal bed. Gasification
agents like fresh coal is locked into the gasifier and
mechanically distributed on the top of the coal bed.
Fluidised bed conversion of the coal takes
place in a fluidised bed at temperatures of
between 1,000 and 1,500°C. The gasifying coal
is contained as a fluidised bed maintained by
the flow of gasifying agents and product gas.

Figure 3.31: Hydrogen production by gasification of coal
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As the largest gasifiers in operation are in the
range of 250 and 300 MW hydrogen (equal to
500 MWcoalLHV), a hydrogen facility of 1.5 GW would
need 5 to 6 gasifier units operating in parallel. This
provides flexibility but also increased cost.
Comparing the overall conversion reaction of coal
and methane, twice as much oxygen and steam
is needed with twice as much CO2 needed to be
captured, transported and permanently stored.
ATR: CH4 + H20 + ½ O2 → CO2 + 3 H2
Coal Gasification 2 CH + 2 H20 + O2 → 2 CO2 + 3 H2
This results in significant increase of capital and
operational costs compared to a natural gasbased ATR scheme. The main motivation for coalbased solution is the lower cost of coal compared
to natural gas and lack of gas availability.
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High pressure CO2 removal

The CO2 capture rate potential depends heavily on
gasification type. An analysis of gas composition
after the high-pressure CO2 removal shows
that only entrained flow type gasifier can meet
a CO2 capture rate of 90% (Table 3.15).
SHIFTED GAS COMPOSITION WITH 99%
CO2 REMOVED (NORMALISED)
H2

CH4

CO

CO2

N2 AND
AR

C2+

MAX %
CARBON
CATPURE

MOVING BED SLAGGING

82.4

7.4

5.9

0.5

2.9

0.8

77.9

MOVING BED DRY ASH

80.6

12.3

2.6

0.7

2.3

1.4

78.7

ENTRAINED FLOW, SLURRY
FEED, SINGLE STAGE

91.8

0.1

5.2

0.6

2.3

0.0

91.2

ENTRAINED FLOW, SLURRY
FEED, TWO STAGE

90.5

0.4

5.4

0.6

3.2

0.0

90.0

ENTRAINED FLOW,
DRY FEED

88.6

0.0

6.3

0.6

4.5

0.0

89.2

FLUIDISED BED

87.8

4.7

5.2

0.7

0.6

1.0

84.1

Table 3.15: CO2 capture rate of coal gasifiers

Gas clean-up and cooling

Sour water gas shift

The initial downstream gas clean-up (tar, oil and
dust removal) and cooling is specific to individual
gasification technologies. The lower temperature
syngas from fixed bed gasifiers requires immediate
water washes and quenching to protect downstream
process equipment from the high levels of tar, oil
and dust. The high temperature syngas exiting an
entrained flow gasifier is free of tar and oil but will
carry dust and molten slag droplets. Radiant coolers
which maximise high grade steam recovery are possible
on most entrained flow technologies but are large,
expensive and have suffered from damage by slag
impingement or metallurgical issues. As a result, many
entrained flow gasification plants opt for a lower cost
quench cooling system or a combination of partial
quench downstream of a smaller radiant cooler.

For most downstream applications, the ratio of H2 to
CO in raw syngas from the gasifiers must be adjusted
using the shift process in a series of catalyst beds. This
technology has been in use for over 50 years and a
range of catalysts (low temperature, high temperature
and sour) are manufactured and offered with
guarantees by manufacturers such as Johnson Matthey,
Clariant (formerly SudChemie) and Haldor-Topsoe.

Physical solvent processes such as Benfield,
Rectisol and Selexol absorb acid gas components
(including CO2) in the liquid solvent as a function
of their partial pressure. These processes are best
suited for treating high pressure syngas streams.
The solvents are regenerated by pressure reduction,
temperature increase or both. Physical solvent plants
have been in operation for over 50 years and there
are more than 100 plants worldwide. They are well
proven and very effective but their complexity may
make them unsuitable for a small-scale plant.
At the Great Plains Syngas Plant, CO2 is separated
from the syngas in a Rectisol plant. Although the
CO2 separated at Great Plains is sour (i.e. it contains
separated H2S and other sulphur compounds), it is
exported at high pressure for Enhanced Oil Recovery
(EOR) at the Weyburn oilfield. CO2 recovery from shifted
syngas is also practiced at several chemical complexes
in China to provide a feedstock for urea production.
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technology has been in use for over 50 years and a
range of catalysts (low temperature, high temperature
and sour) are manufactured and offered with
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Physical solvent processes such as Benfield,
Rectisol and Selexol absorb acid gas components
(including CO2) in the liquid solvent as a function
of their partial pressure. These processes are best
suited for treating high pressure syngas streams.
The solvents are regenerated by pressure reduction,
temperature increase or both. Physical solvent plants
have been in operation for over 50 years and there
are more than 100 plants worldwide. They are well
proven and very effective but their complexity may
make them unsuitable for a small-scale plant.
At the Great Plains Syngas Plant, CO2 is separated
from the syngas in a Rectisol plant. Although the
CO2 separated at Great Plains is sour (i.e. it contains
separated H2S and other sulphur compounds), it is
exported at high pressure for Enhanced Oil Recovery
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in China to provide a feedstock for urea production.
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Final clean-up

3.5.3 1.5 GW facility based on gasification

Since the gas leaving the shift section and CO2 removal
contains more than 5% CO, a final clean-up step is
needed. The preferred technology is Pressure Swing
Adsorption (PSA) as previously described in Section 3.4.

Based on the design requirement for ATR and SMR based
hydrogen technology a 1.5 GW coal gasification-based
hydrogen facility was developed with support from DNV
GL. GE designed gasification technology was used in
the analysis using Bituminous coal (8.4 kWh/kgHHV).

By-products
In the CO2 removal system H2S is removed, however
H2S is toxic and must be further processed to
sulphur for safe disposal. This is normally achieved
in the Claus process which is a well proven
technology in operation for more than 50 years.
In addition to sulphur, coal contains many elements,
e.g. heavy/toxic metals, will be released during the
process and end up as residue in the condensate
and must be handled and disposed of safely. Further
large amount of ash/slag will be generated as a byproduct which can be used in the cement industry.

Key design parameters are given in below.

The 1.5 GW gasification facility comprises
the following main features
→→ Two air separation unit of 3,500 t/d
→→

Six entrained flow GE gasifiers of 452 MWCoalHHV

→→ Two syngas cooling, sour gas and
HP CO2 removal units

1.5 GW
H2 EXPORT

ENTRAINED
FLOW GE
GASIFICATION

→→

One common Claus plant for H2S recovery

→→

A steam turbine power generation unit of 240 MW

Coal consumption (t/hr)

322.8

→→

Hydrogen and CO2 compression

Coal consumption ( MWHHV)

2,711

→→

Pits for waste water, sulphur, ash/slag

→→

Chemical storage

Efficiency (%-HHV)

55.3

→→

Substation for power import

CO2 footprint (g/kWh)

60.3

→→

Coal receiving by train and storage

CO2 capture rate (%)

88.0

Electric power
consumption (MW)

220-250

→→ The 1.5 GW gasification-based hydrogen facility
was estimated to £2.5bn equal £1,691/kWH2HHV
with a breakdown given in the following table

CO2 export (t/h)

663.5

H2 purity (%)

99.9

H2 export pressure (bar)

80

Table 3.16: Key design performance metrics
for coal gasification
A cost estimate was established based on
the same methodology and principles as the
cost estimate for the ATR and SMR case.

(£M)

ENTRAINED
FLOW
GASIFIER

Equipment

514

1.5 GW H2 EXPORT

Bulk

387

Indirects

102

Construction

658

Home office

47

CMT

63

Other

23

EPC

1,794

Owners cost

200

Project management

90

Insurances

54

Contingency

399

TOTAL PROJECT COSTS

2,537

Table 3.17: Capital cost breakdown of a
1.5 GW coal gasification hydrogen facility
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With reference to the Great Plains gasification
plant of 2,000 MWth – see Figure 3.32– the
estimated total area for a 1.5 GW hydrogen facility
is approximately 60-100 ha (0.6–1.0 km2).
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3.5.4

Gasification summary

Coal gasification and the subsequent processing of
the syngas produced is an established technology and
there are several hundred large scale installations
operating in China. Large gasification plants also
operate in South Africa (SASOL) and in North
America. Several major vendors offer commercially
proven gasification and gas processing technologies
suitable for large scale H2 production plants.
A coal to H2 plant of 1.5 GW at a UK location is estimated
to cost in the region of £2,537m or £1,691/kWH2HHV.
CO2 emissions for the processes considered is
estimated to 60 g/kWhH2HHV. Other combinations of coal
types and gasification might achieve lower values.
An area of 60-100 ha is needed for
1.5 GW facility or 40-70 ha/GW.
Handling waste materials such a waste water,
ash/slag and sulphur will be required.
An infrastructure for supply of coal is needed.
Building coal gasification plants at existing coal power
plant sites can contribute to cost savings of 20-25%.

Figure 3.32: Aerial photo of Dakota
Gasification Company facility in the North
Dakota US – equal 2,000 MW
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3.6

Ammonia
Ammonia is a hydrogen carrier with excellent properties
for the transport and storage of hydrogen. Ammonia
is liquid at -33°C at atmospheric pressure which
is similar to LPG. Combined with a high hydrogen
content on a mass and volume basis this makes
storing of ammonia both feasible and cost effective.

Technology for ammonia production is well-established
and will no doubt play an important part in a hydrogen
economy in the longer term. Applications may include
international trading of hydrogen, i.e. shipping (like the
liquid natural gas market of today), storage alongside
or instead of salt caverns and hydrogen production for
areas/countries with limited alternative feedstock.

Ammonia properties are shown in Table 3.18.
PROPERTIES
H2 weight fraction
Boiling point @ 1 atm

VALUE

UNIT

17.65

Wt.%

-33.5

°C

Liquid density (1 atm/-33°C)

682

kg/m3

Molecular weight

17.03

g/mol

Autoignition temperature

630

°C

Boiling point @ 40 bar

78.9

°C

Boiling point @ 20 bar

51.5

°C

Energy density (HHV)

6.25

kWh/kg

Table 3.18: Physical properties of ammonia

Ammonia was considered for H21 NoE
for the following reasons:
→→

As an alternative to inter-seasonal
storage (see Section 3.7)

→→

As a hydrogen import source (like the role of LNG
today) from renewables and other clean sources

→→

As strategically located hydrogen production
alternative which would alleviate the
need for some elements of storage

3.6.1

Ammonia production

Ammonia is produced through the Haber-Bosch process
(3 H2 + N2 → 2 NH3) in large chemical plants. This is
undertaken following production of gaseous hydrogen,
for example produced via a steam methane/autothermal
reformer, then catalytically reacting this hydrogen with
nitrogen in the ammonia synthesis loop. Ammonia
can be stored in large storage tanks (60,000 tonnes,
375,000 MWh) or shipped around the world in very large
tankers (50,000 tonnes, circa 310,000 MWh). If the
ammonia is being used as a storage medium or imported
for future hydrogen production, it will subsequently
need to be ‘cracked’ to regenerate the hydrogen.
The exothermic reaction to produce NH3 from nitrogen
(N2) and H2 (hydrogen) is undertaken as follows:
N2 + 3H2 = 2 NH3 (ΔH ˚ 298 = – 30.8 kJ/mol H2)
Low temperatures and high pressures promote a high
degree of conversion to NH3 but at low temperature
the reaction proceeds too slowly to be acceptable
at industrial scale. Optimal reactor temperatures

for the Haber-Bosch process are 350-500 ˚C. There
is a trade-off between cost of compression and
reactor wall thickness, giving an optimum pressure
in the range of 90 to 200 bar. Up to 20% conversion
per pass is possible at optimal conditions. This
means that a significant amount of gas must be
recycled in the process depending on the content
of inert gases. Traditionally an iron-based catalyst
is used with reactor pressure around 140-200 bar.
The ammonia synthesis is presented schematically in
Figure 3.33 and consists of the following process steps.
→→

Compression of make-up gas (N2/H2 mixture)
and recompression of recycled gas.

→→

Reactor (converter) for generation of ammonia

→→

A separator system where ammonia is
being condensed and separated from
the gas phase at high pressure

→→

A refrigeration system where ammonia is cooled
to -34 ˚C and depressurised to 1 atmosphere

Figure 3.33: Simplified ammonia synthesis loop
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The reaction between nitrogen and hydrogen to
ammonia is exothermic, increasing the temperature
to about 480 ˚C in the first reactor. The gas is then
cooled to about 360 ˚C before entering a new catalytic
reactor. Steam is being generated between the reactor
steps and after the last reactor step. Steam is used in
steam turbines to drive the different compressors.
The partially converted gas is cooled down in several
heat exchangers to between °C5 and °C18 ˚C depending
on the pressure. These include producing steam, heating
boiler feed water (BFW), pre-heating converter feed
streams, by cooling water and finally by ammonia
chillers. Most of the generated ammonia is condensed
and separated. Gas from the separator is re-compressed
and mixed with compressed make-up syngas.
Separated NH3 liquid pressure is then reduced in
two steps. Firstly, down to 20-25 bar where dissolved
gases are separated out and secondly, further down
to ambient pressure where the temperature is
reduced to 33.5 ˚C. Liquid ammonia is then pumped
to the storage vessel/tank/tanker. A minor part
of liquid ammonia is evaporated in a let-down
process (part of the refrigeration section) and is
recompressed for recycling to the process.
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The make-up gas to the synthesis loop contains some
inerts mainly composed of methane and argon in
conventional designs. To avoid accumulation of these
components in the loop, a small purge stream is taken
from the cooling train. This occurs at a temperature
where the ammonia content in the gas is low. The purge
gas is used as fuel in the steam reformer or fired heaters
after the remaining ammonia is recovered from it.
For ammonia production from natural gas with CO2
capture, the preferred scheme is an oxygen blown
ATR like the concept for hydrogen production. The
advantage is that the Air Separation Unit (ASU)
produces nitrogen as a by-product which is needed
in the ammonia synthesis. Since the hydrogen gas
leaving the CO2 removal contains traces of CO2 and
CO these must be converted into methane to avoid
poisoning of the ammonia synthesis catalyst. This
is achieved via reaction called methanation:
CO + 3 H2 → CH4 + H2O
CO2 + 4 H2 → CH4 + 2 H2O
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Ammonia based on renewables
Ammonia can also be produced from renewable sources
via electrolysis (‘green ammonia’). Low cost storage
and transport of ammonia offers an opportunity to
utilise availability of cheap renewable sources, e.g.
solar power in hot climates. The advantage of solar
energy as a renewable source are as follows:
→→

Solar produces Direct Current (DC) power
which is the requirement for electrolysis
(No AC-DC converter is necessary)

→→

Solar in hot climates provides stable and continuous
power source compared to wind which is, by its
nature, an intermittent power source. Obviously,
there is a power production swing during the day,
i.e. between daylight and hours of darkness at night.
This is where Li-Ion batteries could act as a buffer
between the solar power plant and the electrolyser
to level the power production. This would allow for
the electrolyser to operate continuously and make
hydrogen/ammonia production more economic.

Methanation is standard technology used
in ammonia production globally. The overall
concept is shown in Figure 3.34.

Figure 3.34: Ammonia production based on methanation
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Figure 3.35: Ammonia by electrolysis

A renewable scheme based on electrolysis will require
installation of an air separation unit for producing the
required nitrogen for the ammonia synthesis. However,
since the hydrogen from an electrolyser is ultra pure,
some simplification of the ammonia synthesis loop
can be achieved. The overall concept for producing
ammonia via electrolysis is shown in Figure 3.35.
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The reaction between nitrogen and hydrogen to
ammonia is exothermic, increasing the temperature
to about 480 ˚C in the first reactor. The gas is then
cooled to about 360 ˚C before entering a new catalytic
reactor. Steam is being generated between the reactor
steps and after the last reactor step. Steam is used in
steam turbines to drive the different compressors.
The partially converted gas is cooled down in several
heat exchangers to between °C5 and °C18 ˚C depending
on the pressure. These include producing steam, heating
boiler feed water (BFW), pre-heating converter feed
streams, by cooling water and finally by ammonia
chillers. Most of the generated ammonia is condensed
and separated. Gas from the separator is re-compressed
and mixed with compressed make-up syngas.
Separated NH3 liquid pressure is then reduced in
two steps. Firstly, down to 20-25 bar where dissolved
gases are separated out and secondly, further down
to ambient pressure where the temperature is
reduced to 33.5 ˚C. Liquid ammonia is then pumped
to the storage vessel/tank/tanker. A minor part
of liquid ammonia is evaporated in a let-down
process (part of the refrigeration section) and is
recompressed for recycling to the process.
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The make-up gas to the synthesis loop contains some
inerts mainly composed of methane and argon in
conventional designs. To avoid accumulation of these
components in the loop, a small purge stream is taken
from the cooling train. This occurs at a temperature
where the ammonia content in the gas is low. The purge
gas is used as fuel in the steam reformer or fired heaters
after the remaining ammonia is recovered from it.
For ammonia production from natural gas with CO2
capture, the preferred scheme is an oxygen blown
ATR like the concept for hydrogen production. The
advantage is that the Air Separation Unit (ASU)
produces nitrogen as a by-product which is needed
in the ammonia synthesis. Since the hydrogen gas
leaving the CO2 removal contains traces of CO2 and
CO these must be converted into methane to avoid
poisoning of the ammonia synthesis catalyst. This
is achieved via reaction called methanation:
CO + 3 H2 → CH4 + H2O
CO2 + 4 H2 → CH4 + 2 H2O
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Ammonia based on renewables
Ammonia can also be produced from renewable sources
via electrolysis (‘green ammonia’). Low cost storage
and transport of ammonia offers an opportunity to
utilise availability of cheap renewable sources, e.g.
solar power in hot climates. The advantage of solar
energy as a renewable source are as follows:
→→

Solar produces Direct Current (DC) power
which is the requirement for electrolysis
(No AC-DC converter is necessary)

→→

Solar in hot climates provides stable and continuous
power source compared to wind which is, by its
nature, an intermittent power source. Obviously,
there is a power production swing during the day,
i.e. between daylight and hours of darkness at night.
This is where Li-Ion batteries could act as a buffer
between the solar power plant and the electrolyser
to level the power production. This would allow for
the electrolyser to operate continuously and make
hydrogen/ammonia production more economic.

Methanation is standard technology used
in ammonia production globally. The overall
concept is shown in Figure 3.34.

Figure 3.34: Ammonia production based on methanation

135

Figure 3.35: Ammonia by electrolysis

A renewable scheme based on electrolysis will require
installation of an air separation unit for producing the
required nitrogen for the ammonia synthesis. However,
since the hydrogen from an electrolyser is ultra pure,
some simplification of the ammonia synthesis loop
can be achieved. The overall concept for producing
ammonia via electrolysis is shown in Figure 3.35.

H21 North of England

SECTION 03

136

Ammonia based on gasification
Ammonia can be produced as part of coal gasification;
this is the specific option being considered by the
Carbonnet Project run by the Victoria Government
in Australia. This may represent a credible source
of internationally traded ‘clean’ hydrogen in the
longer term for the UK. However, it is not considered
practical in the context of the H21 NoE project as
much more efficient, cheaper and cleaner systems
are available directly to the UK via natural gas.
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Key performance
The gasification-based ammonia production
scheme can either be designed by adding the
ammonia synthesis loop to the hydrogen production
scheme or, by cleaning the syngas, using a nitrogen
wash. The first concept is shown in Figure 3.36.

An ammonia synthesis design for the ATR, electrolyser
and gasification hydrogen scheme was developed by
Equinor. This was modelled and key performance data
and design data for cost estimation was developed.
5,000 T/D NH3
EXPORT 1.3 GW NH3

ATR+GHR
BASED

ELECTROLYSER
BASED

COAL
GASIFICATION

CO capture (%)

92.4

N/A

87.5

CO2 footprint (g/kWh NH3)

20.6

0

65.1

Energy consumption (MWHHV)

1,831

2,090

2,642

Efficiency (%-HHV)

71

62.2

49.2

CO2 export (t/h)

298

N/A

612

Table 3.19: Performance figures – generic ammonia plant types

Figure 3.36: Ammonia by coal gasification

Supply chain considerations
There are several technology vendors for the
ammonia synthesis loop such as KBR, Topsoe and
Uhde. Variations are related to factors such as
reactor design, catalyst and operating pressure.
Two of these are summarised briefly below:
→→

KBR’s KAAPplusTM process. The development
of cost-efficient ruthenium catalysts has been a
driver to reduce the pressure to 90 bar in a single
compressor casing and the synthesis loop purge is
mixed with the make-up gas upstream of the purifier

→→

Uhde dual-pressure process developed by
Thyssenkrupp and Johnson Matthey. The first
plant to apply this process was the SAFCO IV
ammonia plant in Al-Juail, Saudi Arabia with
a capacity of 3,300 t/d started up in 2006. In
this process compression of make-up gas is
carried out in two steps. Due to the cold NH3
separation (below -10 ˚C), the HP compressor
operates at a much lower temperature than
normal allowing efficient compression up to
210 bar increasing the conversion to ammonia.
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Capital cost

The ammonia cost estimate is based on an internal
study using the appropriate hydrogen concept as
presented in this section for electrolysers, ATR and coal
gasifications (i.e. each based on a 1.5 GW plants). These
were integrated with a generic ammonia synthesis loop
like the Topsøe synthesis loop. Owners cost includes:
jetty, tank farm, loading facility, tie-in with natural
gas system, substation and additional sitework.

3.6.3
Table 3.20 shows a capital cost breakdown of a
5,000 tpd (1.3 GW) Ammonia facility based on ATR,
electrolysis and coal gasification technology.

5,000 T/D NH3
EXPORT 1.3 GW NH3

ATR+GHR
BASED

ELECTROLYSER BASED

COAL GASIFICATION

Equipment

295

1,065

592

Bulk

234

164

462

Indirects

60

40

119

Construction

384

296

776

Home office

27

26

56

CMT

33

31

71

Other

13

10

27

EPC (£M)

1,047

1,632

2,103

Owners cost

300

420

420

STL project managent

52

58

105

Insurances

31

53

63

Contingency

286

310

505

TOTAL PROJECT COST

1,717

2,473

3,196

Table 3.20: Capital cost figures – generic ammonia plant types
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Ammonia cracking to hydrogen

The principles of ammonia cracking are based on a
technology platform like steam methane reforming.
Small scale units are in operation at low pressure. For
large scale application the technology has been used
predominantly in heavy water production (i.e. water
in which the hydrogen in the molecules is partly or
wholly replaced by the isotope deuterium) for use
as a moderator in nuclear reactors. Arroyito Heavy
Water Production Plant in Argentina is based on a
method known as ‘Monothermal Ammonia-Hydrogen
Isotopic exchange’. In this plant more than 3,000
t/d of ammonia is cracked into a hydrogen-nitrogen
mixture and corresponds to 0.7 GW of hydrogen.
For the Arroyito plant, Haldor Topsoe was selected
as supplier (no other suppliers are known). However,
in principle all suppliers of SMR technology can
deliver a large-scale ammonia cracker facility.

Description of technology
The technology for converting ammonia into hydrogen
and nitrogen molecules is called either ammonia
cracking, ammonia dissociation or ammonia splitting.
Ammonia cracking will be used in this report. The
key advantage of ammonia cracking compared
to other hydrogen processes is that it does not
require any steam/water. Most of the heat can be
used for evaporating and heating ammonia before
cracking. This makes it possible to design a very
flexible, robust and energy efficient concept.
Ammonia dissociates (cracks) into hydrogen
and nitrogen according to the reaction:
2 NH3= N2+ 3 H2, ΔH ˚ 298 = 46.2 kJ/mol NH3
The cracking rate depends on temperature, pressure
and the catalysts being used. Ammonia cracking is an
endothermic reaction, (i.e. it will consume a significant
amount of heat). About 20% of produced hydrogen
will be needed as fuel. Since cracked ammonia, (i.e.
hydrogen) contains more energy than the ammonia
feed, an efficiency above 86% (HHV) will still be
possible (electric power consumption included).
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in principle all suppliers of SMR technology can
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Description of technology
The technology for converting ammonia into hydrogen
and nitrogen molecules is called either ammonia
cracking, ammonia dissociation or ammonia splitting.
Ammonia cracking will be used in this report. The
key advantage of ammonia cracking compared
to other hydrogen processes is that it does not
require any steam/water. Most of the heat can be
used for evaporating and heating ammonia before
cracking. This makes it possible to design a very
flexible, robust and energy efficient concept.
Ammonia dissociates (cracks) into hydrogen
and nitrogen according to the reaction:
2 NH3= N2+ 3 H2, ΔH ˚ 298 = 46.2 kJ/mol NH3
The cracking rate depends on temperature, pressure
and the catalysts being used. Ammonia cracking is an
endothermic reaction, (i.e. it will consume a significant
amount of heat). About 20% of produced hydrogen
will be needed as fuel. Since cracked ammonia, (i.e.
hydrogen) contains more energy than the ammonia
feed, an efficiency above 86% (HHV) will still be
possible (electric power consumption included).
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A nickel, cobalt or ruthenium based catalyst can be used
to crack ammonia. Including other components in the
catalyst could increase conversion at lower temperature
allowing reduced use of heat. The cracker process is
quite simple but the need for efficient heat recovery
and purification of cracked ammonia adds complication.
Since very hot gases are being generated, heat recovery
is an important part of the process. Steam is not needed
in the production and it is essential that all available
heat can be used in the preheating of the different
process streams to minimise energy consumption.
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An efficient cracker process is illustrated in Figure
3.37. The front-end process includes pumping of
liquid ammonia to the required pressure, evaporation
of ammonia and preheating. The temperature
at which ammonia is being evaporated depends
on the pressure. A low pressure allows use of
ambient air as the heating medium. In a UK gas grid
conversion, a higher cracker pressure is needed
(20-40 barg) and ammonia needs to be evaporated
above ambient temperature. Total conversion of
ammonia is about 99.5% at 40 barg and 900 ˚C.

For a UK gas grid conversion, it is likely that we
will export produced hydrogen into the Hydrogen
Transmission System (HTS), (see Section 5.0) at
between 17 and 80 bar depending on the use. If
cracked hydrogen must be exported at 80 bar a
rather high cracker pressure would be optimal
(around 40 bar) to reduce the need for hydrogen
compression, but ammonia slippage will increase.

Figure 3.37: Ammonia cracker process block-diagram
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Capital cost

Ammonia cracker
Based on UniSim modelling, detailed flowsheets have
been developed and equipment lists are scaled so
the plants can export 1.5 GW hydrogen. Equipment
cost is estimated using Aspen In-Plant Cost Estimator
V8.4. Installed cost is estimated using the same
assumptions (factors) as used for the SMR based
hydrogen plants. Owners cost includes: ammonia
receiving facility, jetty, tank farm, substation and tie-in
with HTS. A CAPEX summary is shown in Table 3.21.
1.5 GW H2 EXPORT

17 BARG H2 EXPORT

80 BARG H2 EXPORT

1

2

£M
NH3 cracker case
Equipment

87

90

Bulk

69

72

Indirects

14

14

Construction

61

65

Home office

4

4

CMT

9

9

Other

3

3

EPC (£M)

245

258

Owners cost

30

32

Project managent

12

13

Insurances

7

7

Contingency

59

62

TOTAL PROJECT COST

353

372

Table 3.21: Cost estimate for the ammonia cracker unit bar
The cost estimates indicate that producing hydrogen
by cracking ammonia will cost in CAPEX about one
third of a hydrogen plant but the cost of NH3 feed will
be much higher than cost of natural gas feed. This
is because the cost of the ammonia will include the
original feedstock plus all the upstream ammonia
production facilities and shipping requirements.
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3.7

Summary of hydrogen
production technologies
3.6.5

Ammonia summary

Hydrogen production from natural gas
(ATR, SMR), electrolysis, coal gasification
and ammonia cracking was analysed.

There are several options for large scale ammonia
production and subsequent cracking. Each has
different benefits which should be assessed as
part of any future FEED study where ammonia is
considered a critical component. An assessment of two
ammonia cracking cases are provided in Table 3.22.

The key performance data and capital cost
estimates are given in order of preference
for the H21 NoE project in Table 3.23.

1.5 GW H2

NH3 IN
(MWHHV)

POWER IMPORT
(MWEL)

EFFICIENCY1)
NH3 TO H2
(%-HHV)

EFFICIENCY2)
CH4 TO H2
(%-HHV)

CO2
FOOTPRINT3)
(G/KWH)

H2 EXPORT
PRESSURE
(BAR)

Case 1

1689

1.8

88.7

63.0

22.4

17

Case 2

1695

17.7

87.5

62.2

22.4

80

Table 3.22: Comparison of most efficient cracker concepts
→→ 1) Efficiency includes cracked NH3
used as fuel in cracker
→→

2) Total efficiency from natural gas via ammonia to
hydrogen assuming 65% NH3 plant efficiency (LHV)

→→

3) Assuming 92.4% carbon capture
rate in ammonia plant

If, assuming 71% efficient (LHV) ammonia production,
the overall efficiency will be about 62% (HHV)
compared to ATR/SMR’s at 79-80% (HHV) (see Table
3.13 in Section 3.3) assuming direct conversion from
natural gas to hydrogen and hydrogen export pressure
at 80 bar (case 2). The overall CO2 footprint will be
around 22 g/kWh. An increase from about 13 g/kWh
for direct conversion based on ATR technology.

ATR

SMR

ELECTROLYSIS

GASIFICATION

NH3
CRACKING

Energy Efficiency (%-HHV)

79.9

79.5

CO2 footprint

13.1

20.5

70.9

55.3

87.5-88.9

0

60.3

0

Specific cost (£/kWHHVH2)

631

Area (ha/GW

10-15

721

1,160

1,691

235-248

25-30

30-40

40-70

8-10

Table 3.23: Summary of key performance data for large scale hydrogen technologies
Based on the key performance data it is possible
to establish hydrogen production curves using the
economic pre-tax assumptions given in Table 3.24.
ASSUMPTION
Operational (hours per year)

8,500

Discount rate (%)

8

Project lifetime (years)

25

O&M cost

3% of CAPEX

CO2 T&S cost

£10/t

Table 3.24: Economic assumptions used for evaluating hydrogen production technologies
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This can then be compared against the UK Governments
Department of Business Energy and Industrial
Strategy (BEIS) data for UK future coal, gas, electricity
and CO2 prices in 2,035 presented in table 3.25.
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Similar cost curves can be developed for ammonia
based on the key performance data given in Table 3.26.

LOW

CENTRAL

HIGH

NATURAL GAS (£/MWH)

13

23

28

COAL (£/MWH)

7

9

14

ELECTRICITY (£/MWH)

45

60

70

CO2 price (£/tonnes))

40

79

119

Energy efficiency (%-HHV)

ATR

ELECTROLYSIS

GASIFICATION

71

62.2

49.2

CO2 footprint

20.6

0

65.1

Specific cost (£/kWHHVH2)

1,301

1,902

2,453

Table 3.26: Summary of key performance data for large scale ammonia production

Table 3.25: Energy and CO2 price prognosis from BEIS
In the figure below hydrogen production cost curves
are presented including the cost range given by BEIS.
In addition, a curve showing the impact for electrolysis
assuming development succeeds in bringing costs down
by 50% and improving efficiency by 10% (yellow line).

Figure 3.39: Cost curves for ammonia production technologies
The green bar is potential future solar
electricity prices, blue is future US gas
prices and grey is low cost coal prices.

Figure 3.38: Cost curves for hydrogen production technologies
The green bar is BEIS future electricity prices, blue
is future gas prices and grey is future coal prices.

With BEIS future prices as the
basis it is clear that a natural gas
hydrogen route offers the lowest
cost to the UK gas customers – almost
40% lower compared to coal and 6070% lower compared to electrolysis.

Import of ammonia to UK can offer a longer-term
option for hydrogen supply to the heating market. The
analysis shows that a location like the US, where gas
is cheap and access to potential CO2 storage sites
exist, the natural gas route offers the lowest cost
alternative with a price of £45-50/MWh including
transport to UK. In the longer-term green ammonia
from solar power could be delivered at £70-120/MWh.
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This can then be compared against the UK Governments
Department of Business Energy and Industrial
Strategy (BEIS) data for UK future coal, gas, electricity
and CO2 prices in 2,035 presented in table 3.25.
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Similar cost curves can be developed for ammonia
based on the key performance data given in Table 3.26.

LOW

CENTRAL

HIGH

NATURAL GAS (£/MWH)

13

23

28

COAL (£/MWH)

7

9

14

ELECTRICITY (£/MWH)

45

60

70

CO2 price (£/tonnes))

40

79

119

Energy efficiency (%-HHV)

ATR

ELECTROLYSIS

GASIFICATION

71

62.2

49.2

CO2 footprint

20.6

0

65.1

Specific cost (£/kWHHVH2)

1,301

1,902

2,453

Table 3.26: Summary of key performance data for large scale ammonia production

Table 3.25: Energy and CO2 price prognosis from BEIS
In the figure below hydrogen production cost curves
are presented including the cost range given by BEIS.
In addition, a curve showing the impact for electrolysis
assuming development succeeds in bringing costs down
by 50% and improving efficiency by 10% (yellow line).
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Figure 3.38: Cost curves for hydrogen production technologies
The green bar is BEIS future electricity prices, blue
is future gas prices and grey is future coal prices.
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3.8

Inter-seasonal storage technologies
For H21 NoE it is expected that interseasonal hydrogen storage will be required
in the overall hydrogen supply concept.
In the H21 LCG report storage of compressed
hydrogen in salt caverns was described in detail
with an estimated working capacity of 855,000 MWh
based on a 7 x 400,000 m3 cavern design operating
at a 200 barg maximum pressure. Therefore, an
extrapolation to H21 NoE requirements indicates
a need for approximately 90 x 400,000 m3 caverns.
This is equal to the number of caverns located at
Etzel in Germany, which at 6 km2 is, one the biggest
sites of salt caverns in Europe (see Figure 3.41).

Figure 3.40: Hydrogen production cost from converting ammonia originating from three
sources: natural gas (ATR+CCS), coal (gasification+CCS) and solar (electrolysis)
Assuming an additional £30/tonne for transport,
i.e. £5/MWh ammonia converted to hydrogen in UK
this will result in a hydrogen cost of above £80120/MWh for green hydrogen from solar, which is
higher compared to domestic hydrogen production
from electrolysis at around £60-110/MWh (see
Figure 3.40) hydrogen originating from natural gas
based ammonia is about £55-60/MWh, which is
about 40% higher compared to the direct hydrogen
production alternative from ATR with CCS in UK.

Figure 3.41: Etzel area – yellow circle highlights gas storage surface facilities
Since access to deep high-quality salt caverns
in the UK is limited to the North-East other
options for potential inter-seasonal storage
have been examined, these include:
→→

Depleted hydrocarbon fields

→→

Ammonia

→→

Liquid hydrogen

In this section the different inter-seasonal storage
method for H21 NoE will be presented with a specific
focus on ammonia and salt caverns as the most mature.
In the study an inter-seasonal hydrogen storage volume
of approximately 1.5 TWh has been used as a basis with a
30 days withdrawal rate equal to 2 GW. This is considered
as typical size for one salt cavern hydrogen storage site
and can be scaled up by developing multiple sites.
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3.8.1 Introduction to underground storage

3.8.2

The main large-scale (TWh/GWh) storage
methods used in the UK today are:

This section describes a technical concept for large
scale storage of hydrogen salt caverns for H21 NoE.

→→

Saline aquifers

→→

Depleted oil/gas fields

→→

Salt caverns

PARAMETERS

CLEMENS
DOME (USA)

Saline aquifers and depleted oil/gas fields are mainly
used for large scale storage, i.e. billion cubic metre (bcm)
class. Due to limitation in cycle rate, i.e. the frequency
and speed at which the gas is injected and extracted,
these are mainly used for strategic/seasonal storage.
Salt caverns are mainly used in the gas industry for
multi cycle purpose with high injection and withdrawal
rates27. Further, salt caverns are recognised for being
very gas tight and therefore well suited for hydrogen
storage. There are examples of large-scale hydrogen
storage in salt caverns. These are listed in Table 3.27.
MOSS BLUFF
(USA)

SPINDLETOP
(USA)

TEESSIDE
(UK)

Operator

ConocoPhilips

Praxair

Air Liquide

Sabic

Year of operation

1983

2007

2017

1972

Volume (m3)

580,000

566,000

906,000

3 x 70,000

Depth (m)

1,000

1,200

1,340

365

Pressure
range (bar)

70-140

55-150

70-200

45

Capacity (MWh)

81,000

123,000

274,000

27,000

Table 3.27: Parameters of hydrogen storage in salt caverns in USA and UK28
All current hydrogen caverns are used by the chemical
industry, which has high safety and quality standards
for purity of hydrogen gas, demonstrating technical
feasibility and integrity. The size and shape are
comparable to state-of-the-art natural gas caverns,
and techniques and methods for preparing a salt cavern
for hydrogen are similar to those for natural gas.
The technical installation might not be comparable
to the safety regulations in different regions. For
example, in Europe there is a requirement for additional
production tubings and subsurface safety valves29.

27 Le Fevre, C., “Gas Storage in Great Britain”, Oxford Institute of Energy Studies, 2013
28 Letcher, T. M., “Storing Energy - with Special Reference to Renewable Energy Sources”, Elsevier, 2016
29 DBI GUT, “The effects of hydrogen injection in natural gas networks for the Dutch
underground storages”, for Netherland Enterprise Agency, 2017

149

Hydrogen storage in salt caverns

Working capacity
When developing the concept for hydrogen
storage, although based on the same principles
as natural gas, some differences needed to be
considered. The following parameters need to be
established in determining a suitable site:
→→

→→

Hydrogen is a lighter molecule than natural gas
with lower volume density (3 to 3.7 times lower) at
the same pressure. In Figure 3.42 the volumetric
energy densities are shown as functions of
pressure. This is the basis for determining the
working capacity for the underground storage.
Working capacity is defined by the stored volume
between maximum and minimum pressure.
Gas volume below minimum pressure is called
cushion gas. Cushion gas is the amount of gas
required to maintain the integrity of the cavern.

Example: A salt cavern hydrogen storage of 400,000 m3
with a maximum pressure of 200 bar (hydrogen at
200 bar has an energy density of 570 kWh/m3) and
minimum pressure of 100 (hydrogen at 100 bar has
an energy density of 300 kWh/m3) would have:
Working capacity: 400,000 x (570 kWh/
m3– 300 kWh/m3) = 108,000 MWh
Cushion gas: 400,000 x 300 kWh/m3 = 120,000 MWh
the amount of gas which must always be
retained in the cavern (effectively part of the
cavern establishment CAPEX costs)
→→ To maximise the storage capacity, higher
maximum and lower minimum operating
pressures are key operational requirements
→→

Standard guidelines for salt caverns is that the
internal pressure must not exceed external
pressure, i.e. pressure exerted on the cavern by
the surrounding ground (lithostatic or overburden
pressure). Exceeding this lithostatic pressure would
result in tensile stresses and may fracture salt.
Typically, a maximum operating pressure 10% below
lithostatic pressure is reasonable for an adequate
safety margin. Actual limitations for each cavern
will depend upon Mechanical Integrity Tests (MIT)
performed after completion. A typical overburden
gradient of 0.2-0.22 bar/m is commonly assumed,
and a typical maximum operating pressure is
given by 0.17-0.2 bar/m. These were used in this
study based on the extensive experience of cavern
operators in the industry. For a salt cavern at 1,500
metre depths the maximum pressure is 255-300 bar.
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An essential part of the solution mining operation
is the placement and maintenance of a blanketing
material (nitrogen, natural gas, etc.). This fills in the
annular space between the production casing and
the suspended wash and solution-mining strings.
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The blanketing material prevents the removal of the saltcement seal around the permanently cemented casing
strings, limits the upward growth of the cavern and
helps to control the shape of the cavern. The blanketing
material must be insoluble in salt, immiscible with
water and brine, and its density less than that of water.

400

0

Minimum
pressure

Cushion
gas

200

0

50

100

150

200

250

300

350

Pressure (bar)

Figure 3.42: Hydrogen volumetric energy density at 20°C based on
National Institute of Standard and Technology – US Department of Commerce

Salt cavern design
Designing and building cavities uses well established
methodology. The following parameters need to be
defined to enable the cavity design to be established:
→→ The cavity shape/geometry and adequate
design pressures (minimum and maximum)
→→ The location of the cavity, i.e. the well
pattern, the depth of the cavities, pillars (P/D
ratios), distances to cap-rock and bedrock,
distances to major geological faults etc.
→→ The planned maximum operating pressure
in relation to the overburden pressure
→→ The minimum operating pressure

Increasing the density of caverns in a formation will
increase the differential stress in the salt formation.
This stress results from the difference between the
in-situ overburden pressure on the salt formation
and the operating pressure within the caverns.
Solution mining or leaching is used to create a
void or cavity in an underground salt formation
for storage purposes. This cavity is created by the
dissolution of salt in fresh water or unsaturated
brine injected into the formation under controlled
conditions. The process is illustrated in Figure 3.43.
The injection of fresh water/unsaturated brine and
removal of saturated brine is achieved via two pipe
strings. These are suspended concentrically below
the production casing string. Water is injected into
the developing cavity through the wash string. Brine
is removed through the solution mining string. The
depths and position of these strings relative to each
other and to the cemented production casing shoe
are based on the desired shape and geometry of the
storage cavern and on the solution method employed.

Figure 3.43: Water is injected and dissolves the salt into a brine – the brine is
pumped out and the void is filled with a blanket (nitrogen) to avoid further growth in
the leached area
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Figure 3.42: Hydrogen volumetric energy density at 20°C based on
National Institute of Standard and Technology – US Department of Commerce
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The development of the cavity during leaching
is controlled by the following factors:
→→

Water injection rate, which determines
the rate of cavern growth

→→

Blanketing material and water interface level, which
protects the cemented production casing shoe,
establishes the upper limit of cavern growth, and
can exert an influence on horizontal cavern growth.

→→

Water injection and brine removal points. Locations
in the well relative to each other and the blanketwater interface, determine the cavern shape
along with the method of circulation involved
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Based on experience from the gas storage project in
Aldbrough, the storage parameters summarised in Table
3.28 have been selected for a standard hydrogen salt
cavern storage site with one surface processing unit:

KEY DESIGN PARAMETERS

UNIT

Cavern size

300,000 m3

Depth

1,700-1,800 metre

Number of caverns per surface facility

10

Minimum operating pressure

85 bar

H21 North of England
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Surface processing facility
The surface facility comprises the necessary equipment
to inject and withdraw hydrogen to and from the salt
cavern. Compression to required cavern pressure would
be done in a reciprocating compressor. However, due to
the temperature increase during compression, cooling
of the hydrogen will be needed in order not to exceed
maximum operating temperature of the salt cavern and
wells and enable higher volumes of hydrogen storage.
The compression and injection operation will be carried
out during spring and summer when the hydrogen
storage would need to be filled for the following winter.

275 bar

Maximum daily differential pressure

10 bar

During winter, hydrogen will be withdrawn from
salt caverns via control valves regulating the
required flow and meeting HTS pressure. Since the
pressure in the salt cavern is significantly higher
compared to HTS, hydrogen will be expanded via
the control valve. During the expansion of hydrogen
temperature will increase and cooling is needed
so the HTS design temperature is not exceeded.
In addition, metering of injected and
withdrawn hydrogen will be carried out.
In Figure 3.40 the principles of a hydrogen storage
surface processing unit are presented.

REFRIGERATION
CIRCUIT

COOLER
COOLER

Maximum operating pressure

153

COMPRESSOR

275 bar
20 deg.C

METERING

Gas volumes
Cushion gas (10 x 300,000 x 260 kWh/m3)

780,000 MWh

Working gas

1,440,000 MWh

Total gas (10 x 300,000 x 740 kWh/m )

2,220,000 MWh

Withdrawal capacity in 30 days

2,000 MW c.13.5 Msm3/d

Injection capacity in 60 days

1,000 MW c.6.75 Msm3/d

3

Table 3.28: Key design parameters for a hydrogen salt cavern

HTrS
P:80 bar
TEMP: 20degC

COOLER

Figure 3.44: Hydrogen storage surface processing unit
Based on the key design parameters given in Table
3.26 the typical capacities of the main equipment
have been estimated and are given in Table 3.29.
CAVERN SURFACE FACILITY
Compression

3 x 8,000 kW reciprocating compressor with motor drive

Ammonia refrigeration

3 x 750 kW ammonia compressor and refrigeration circuit units

Air coolers

3 x 150 kW air coolers

Table 3.29: Hydrogen storage surface facility equipment
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3.8.3

Capital cost
CAPEX estimates have been developed based on
experience from the existing UK operational gas
storage project in Aldbrough in relation to subsurface
work. In addition, quotation from suppliers on critical
equipment, compressors, heat exchangers, wells,
metering and valves have been used to establish
an estimate for the surface unit. To summarise,
a typical hydrogen storage project using salt
caverns will comprise the following elements:
→→

Site service: Site preparation works, site
facilitating works, energy supplies

WBS

(£M)

Site service

22

Subsurface work

80

Coastal

10

Surface processing unit

126

Management

20

Miscellaneous

14

Contingency (10%)

29

→→

Subsurface work: Drilling and workover
operations, snubbing operations, leaching
plant and leaching operation

→→

Water supply and brine disposal

→→

Surface processing unit

Sub total

301

→→

Project management and engineering services

Cushion gas

24

→→

Misc.: Environmental, insurance, decommissioning

TOTAL

325

There will be a need for approximately 780 GWh
of cushion gas. Assuming the cost is equal to
the cost of the natural gas required to produce
the hydrogen cushion gas the cost can be
estimated as follows (assuming a natural gas
price of £23/MWh (BEIS 2035 forecast)):
780,000 MWh/74.7% (efficiency of Hydrogen Production
Facility, see Section 4.0) x £23/MWh = £24,000,000. The
total CAPEX is estimated to £301,000,000 with following
break-down excluding cost of land and permitting etc.

Table 3.30: CAPEX breakdown of hydrogen
salt cavern
A total cost £325 m equals a specific storage
cost of £225.7/MWh working capacity. In the
H21 LCG the storage was estimated to £289 m for
855,000 MWh working capacity equal to £338/MWh.
Operating and maintenance cost is assumed to
be 4% of total CAPEX, i.e. 0.04 x 301,000,000
= £12,000,000. This will be further detailed in
Section 4.0 for the H21 NoE full design.
The area required for the surface facility including
safety zones is about 125 x 150 metres.
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Hydrogen storage in depleted oil/gas fields and aquifers

Storing hydrogen in large volumes in depleted
oil/gas fields or aquifers for strategic and
seasonal purpose presents an interesting
option in combination with salt caverns.
Hydrogen storage has been performed for town
gas (containing 50% hydrogen by volume) storage
in countries like Germany, France, Belgium,
Czechoslovakia and Poland until 1990 to guarantee
the supply. At that time, 8 of the 13 aquifer reservoir
stores, 3 of the 15 depleted gas field stores and
2 of the 19 salt cavern stores in Germany were
operating with town gas. Currently, all of them are
either operating with natural gas or are closed.
Natural gas reservoirs normally do not contain
hydrogen, but hydrogenous town gas was indeed
stored in porous formations. No problems regarding
the sealing/tightness and hydraulical integrity of
the cap rock was reported at that time. Nonetheless,
hydrogen storage under the planned operational
conditions is a novelty due to its specific properties
like molecular size and weight. The geological tightness
of a porous formation cap rock against hydrogenous
gas depends on the cap rocks ability to withstand
gas infiltration both mechanically and hydraulically.
Permeability needs to be considered as well as diffusion
and solution processes. A decisive factor is also the
water saturation of the cap rock, differing from reservoir
to reservoir. Hydrogen must dissolve into the formation
water of the cap rock when diffusing through the cap
rock. The diffusion is dependent on the concentration
gradient, where the maximum concentration of a gas
component is dependent on its solubility in water. The
solubility of hydrogen in water is lower than in methane,
but the diffusion ability of hydrogen is four times
higher. Large-scale methane losses by diffusion are
not expected in former natural gas reservoirs (which
are now used for storage), because the formation
water in the cap rock has already been saturated with
methane over geological periods. Due to that, there
is only a very small gradient. For storage of hydrogen,
this gradient exists in the beginning and its value
depends on the hydrogen content in natural gas.

Even though diffusion is a slow process, small initial
losses need to be considered at the beginning of
hydrogen storage. Those losses appear until the
formation water in the adjacent cap rock is saturated
with hydrogen. Hydrogen losses in the range of 2%
over the life cycle of a Underground Store (UGS)
have been reported. A physically different process
is the permeability of the cap rock. Here it must be
considered that the pore volume of the cap rock is
saturated with water and the sealing is caused by
capillary pressure, which should not be exceeded.
The influence of hydrogen on capillary pressure has
not been reported yet as it is assumed it depends
on the interfacial tension between water and
hydrogen, which is like methane and water systems.
During storage of hydrogen, there is the risk to
trigger geo-chemical reactions with rock minerals
and reservoir fluids. Those reactions could on the
one hand lead to energy losses and, on the other
hand, to further undesirable effects. Reactions with
rock minerals could lead to damage in the rock and
mineral structure, resulting in the alteration of crucial
reservoir properties like pore volume and permeability.
The biological integrity will also have to be considered.
Some microbes can metabolise hydrogen and therefore
reduce the hydrogen content and quality of the gas
and reduce reservoir permeability. The microbial status
of a potential storage site and how this adapts to a
hydrogen environment will need to be investigated.
In the case of natural gas underground storage, the
secure injection and production cycle always must be
guaranteed. Therefore, the main consideration is that
the occurrence of uncontrolled gas leakages in all parts
of the borehole completion and surface facilities must
be avoided during all parts of the operation phases. This
process, also known as borehole integrity, is the total of
all procedures that are ventured during planning, drilling
and usage of an underground storage well, to guarantee
the injection and production of fluids as well as the leak
tightness. Therefore, a lot of technical, operational and
organisational procedures and solutions are needed.
It is recommended that the former gas storage at
Rough is evaluated for potential hydrogen storage.
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3.8.3

Capital cost
CAPEX estimates have been developed based on
experience from the existing UK operational gas
storage project in Aldbrough in relation to subsurface
work. In addition, quotation from suppliers on critical
equipment, compressors, heat exchangers, wells,
metering and valves have been used to establish
an estimate for the surface unit. To summarise,
a typical hydrogen storage project using salt
caverns will comprise the following elements:
→→

Site service: Site preparation works, site
facilitating works, energy supplies

WBS

(£M)

Site service

22

Subsurface work

80

Coastal

10

Surface processing unit

126

Management

20

Miscellaneous

14

Contingency (10%)

29

→→

Subsurface work: Drilling and workover
operations, snubbing operations, leaching
plant and leaching operation

→→

Water supply and brine disposal

→→

Surface processing unit

Sub total

301

→→

Project management and engineering services

Cushion gas

24

→→

Misc.: Environmental, insurance, decommissioning

TOTAL

325

There will be a need for approximately 780 GWh
of cushion gas. Assuming the cost is equal to
the cost of the natural gas required to produce
the hydrogen cushion gas the cost can be
estimated as follows (assuming a natural gas
price of £23/MWh (BEIS 2035 forecast)):
780,000 MWh/74.7% (efficiency of Hydrogen Production
Facility, see Section 4.0) x £23/MWh = £24,000,000. The
total CAPEX is estimated to £301,000,000 with following
break-down excluding cost of land and permitting etc.

Table 3.30: CAPEX breakdown of hydrogen
salt cavern
A total cost £325 m equals a specific storage
cost of £225.7/MWh working capacity. In the
H21 LCG the storage was estimated to £289 m for
855,000 MWh working capacity equal to £338/MWh.
Operating and maintenance cost is assumed to
be 4% of total CAPEX, i.e. 0.04 x 301,000,000
= £12,000,000. This will be further detailed in
Section 4.0 for the H21 NoE full design.
The area required for the surface facility including
safety zones is about 125 x 150 metres.
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Hydrogen storage in depleted oil/gas fields and aquifers

Storing hydrogen in large volumes in depleted
oil/gas fields or aquifers for strategic and
seasonal purpose presents an interesting
option in combination with salt caverns.
Hydrogen storage has been performed for town
gas (containing 50% hydrogen by volume) storage
in countries like Germany, France, Belgium,
Czechoslovakia and Poland until 1990 to guarantee
the supply. At that time, 8 of the 13 aquifer reservoir
stores, 3 of the 15 depleted gas field stores and
2 of the 19 salt cavern stores in Germany were
operating with town gas. Currently, all of them are
either operating with natural gas or are closed.
Natural gas reservoirs normally do not contain
hydrogen, but hydrogenous town gas was indeed
stored in porous formations. No problems regarding
the sealing/tightness and hydraulical integrity of
the cap rock was reported at that time. Nonetheless,
hydrogen storage under the planned operational
conditions is a novelty due to its specific properties
like molecular size and weight. The geological tightness
of a porous formation cap rock against hydrogenous
gas depends on the cap rocks ability to withstand
gas infiltration both mechanically and hydraulically.
Permeability needs to be considered as well as diffusion
and solution processes. A decisive factor is also the
water saturation of the cap rock, differing from reservoir
to reservoir. Hydrogen must dissolve into the formation
water of the cap rock when diffusing through the cap
rock. The diffusion is dependent on the concentration
gradient, where the maximum concentration of a gas
component is dependent on its solubility in water. The
solubility of hydrogen in water is lower than in methane,
but the diffusion ability of hydrogen is four times
higher. Large-scale methane losses by diffusion are
not expected in former natural gas reservoirs (which
are now used for storage), because the formation
water in the cap rock has already been saturated with
methane over geological periods. Due to that, there
is only a very small gradient. For storage of hydrogen,
this gradient exists in the beginning and its value
depends on the hydrogen content in natural gas.

Even though diffusion is a slow process, small initial
losses need to be considered at the beginning of
hydrogen storage. Those losses appear until the
formation water in the adjacent cap rock is saturated
with hydrogen. Hydrogen losses in the range of 2%
over the life cycle of a Underground Store (UGS)
have been reported. A physically different process
is the permeability of the cap rock. Here it must be
considered that the pore volume of the cap rock is
saturated with water and the sealing is caused by
capillary pressure, which should not be exceeded.
The influence of hydrogen on capillary pressure has
not been reported yet as it is assumed it depends
on the interfacial tension between water and
hydrogen, which is like methane and water systems.
During storage of hydrogen, there is the risk to
trigger geo-chemical reactions with rock minerals
and reservoir fluids. Those reactions could on the
one hand lead to energy losses and, on the other
hand, to further undesirable effects. Reactions with
rock minerals could lead to damage in the rock and
mineral structure, resulting in the alteration of crucial
reservoir properties like pore volume and permeability.
The biological integrity will also have to be considered.
Some microbes can metabolise hydrogen and therefore
reduce the hydrogen content and quality of the gas
and reduce reservoir permeability. The microbial status
of a potential storage site and how this adapts to a
hydrogen environment will need to be investigated.
In the case of natural gas underground storage, the
secure injection and production cycle always must be
guaranteed. Therefore, the main consideration is that
the occurrence of uncontrolled gas leakages in all parts
of the borehole completion and surface facilities must
be avoided during all parts of the operation phases. This
process, also known as borehole integrity, is the total of
all procedures that are ventured during planning, drilling
and usage of an underground storage well, to guarantee
the injection and production of fluids as well as the leak
tightness. Therefore, a lot of technical, operational and
organisational procedures and solutions are needed.
It is recommended that the former gas storage at
Rough is evaluated for potential hydrogen storage.
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Ammonia as inter-seasonal hydrogen storage

Ammonia storage is a mature and well-established
technology used at large scale worldwide. Significant
experience has been gained in more than 60 years
to develop best practices and safety standards.
Since ammonia is a toxic substance, large scale
ammonia storage is only expected to be done at
industrial sites. This is where skilled and trained
personnel are present and safe operation and
maintenance can be achieved. Ammonia leakages
from industrial ammonia storages are low. In the
UK ammonia emission from industrial production
only accounts for 0.3% of total ammonia emissions,
agriculture being far the largest ammonia emitter30.
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Ammonia storage concept design

Ammonia is normally stored in liquid form under
atmospheric conditions and a temperature of -33˚C.
The high energy density of 6,200 kWh/tonnes or 4,300
kWh/m3 allows storing of large volumes of energy.
Since ammonia is extracted from the storage tank by
a pump, the efficient storage volume is almost 100%.
A typical ammonia storage tank is single or double
walled and refrigerated. The largest built are 50,000
tonnes net capacity of approximately 50 metres in
diameter and 40.5 metre height (Figure 3.45). Storing
the same amount of energy as the ten-cavern hydrogen
storage sites would require five tanks of 50,000 tonnes.

Based on the similar design basis to the hydrogen
salt cavern presented in Section 3.7.2 (storing
1,490,000 MWh for 30 days), the ammonia storage
would have the key parameters given in Table 3.31.

Figure 3.45: Ammonia tank of 50,000 tonnes for Qatar Fertiliser Company (QAFCO)
ammonia and urea expansion project in Mesaieed, Qatar. Courtsey: CB&I
Single wall tank: This comprises of a flat bottom tank
with a dome roof designed to withstand the stated
conditions. Tanks of this type will have external surfaces
insulated to minimise heat gain from the surroundings.

In addition to the ammonia storage, an ammonia
synthesis process facility and an ammonia cracker
facility would be required to meet the overall
objective of delivering hydrogen (see Figure 3.46).

Double wall integrity tank: This tank consists of double
wall construction with both tanks designed so that in
the event of failure of the inner shell the ammonia will
be contained by the outer shell. The inter-space between
the tanks will contain only cold ammonia vapour.

KEY DESIGN PARAMETERS

UNIT

Ammonia cracker unit based on 30 days extraction

2,067 MW

Ammonia tanks

5

Ammonia tank size

55,200 tonnes

Ammonia synthesis unit based on 60 days production

1,198 MW or 4,600 t/d

Hydrogen consumption in ammonia synthesis

1,344 MW

Nitrogen consumption in ammonia synthesis

96 t/hr

Table 3.31: Key design parameters of the ammonia-to-hydrogen inter-seasonal storage
concept
H2 FACILITY

H2

HYDROGEN
TO HTS

POWER
N2
CLEAN-UP
UNIT

AMMONIA
SYNTHESIS UNIT

AMMONIA
STORAGE

AMMONIA
CRACKER UNIT

Figure 3.46: Ammonia-to-hydrogen inter-seasonal storage concept
30 DEFRA, “Ammonia in UK”, 2,002

Ammonia cracker unit

Ammonia storage

Based on case 2 in Table 3.22 in Section 3.6.5,
approximately 2,395 MW of ammonia is needed
to produce 2,070 MW of hydrogen equal to
1,725,000 MWh or 276,000 tonnes ammonia in 30 days.
In addition, 25.1 MW of power import is required.

Ammonia storage is based on a double-wall integrity
design including refrigeration systems for ammonia
vapour liquefaction. Storage tank size of 55,000 tonnes
has been assumed. A drain system is included to
drain vessels for maintenance. The liquid from drain
lines are sent to the vent drum where evaporated
vapour ammonia from the top is released to the flare
header. The flare stack is normally 30-40 metre high.

H21 North of England

3.8.4

SECTION 03

156

H21 North of England

Ammonia as inter-seasonal hydrogen storage

Ammonia storage is a mature and well-established
technology used at large scale worldwide. Significant
experience has been gained in more than 60 years
to develop best practices and safety standards.
Since ammonia is a toxic substance, large scale
ammonia storage is only expected to be done at
industrial sites. This is where skilled and trained
personnel are present and safe operation and
maintenance can be achieved. Ammonia leakages
from industrial ammonia storages are low. In the
UK ammonia emission from industrial production
only accounts for 0.3% of total ammonia emissions,
agriculture being far the largest ammonia emitter30.
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Ammonia storage concept design

Ammonia is normally stored in liquid form under
atmospheric conditions and a temperature of -33˚C.
The high energy density of 6,200 kWh/tonnes or 4,300
kWh/m3 allows storing of large volumes of energy.
Since ammonia is extracted from the storage tank by
a pump, the efficient storage volume is almost 100%.
A typical ammonia storage tank is single or double
walled and refrigerated. The largest built are 50,000
tonnes net capacity of approximately 50 metres in
diameter and 40.5 metre height (Figure 3.45). Storing
the same amount of energy as the ten-cavern hydrogen
storage sites would require five tanks of 50,000 tonnes.

Based on the similar design basis to the hydrogen
salt cavern presented in Section 3.7.2 (storing
1,490,000 MWh for 30 days), the ammonia storage
would have the key parameters given in Table 3.31.

Figure 3.45: Ammonia tank of 50,000 tonnes for Qatar Fertiliser Company (QAFCO)
ammonia and urea expansion project in Mesaieed, Qatar. Courtsey: CB&I
Single wall tank: This comprises of a flat bottom tank
with a dome roof designed to withstand the stated
conditions. Tanks of this type will have external surfaces
insulated to minimise heat gain from the surroundings.

In addition to the ammonia storage, an ammonia
synthesis process facility and an ammonia cracker
facility would be required to meet the overall
objective of delivering hydrogen (see Figure 3.46).

Double wall integrity tank: This tank consists of double
wall construction with both tanks designed so that in
the event of failure of the inner shell the ammonia will
be contained by the outer shell. The inter-space between
the tanks will contain only cold ammonia vapour.

KEY DESIGN PARAMETERS

UNIT

Ammonia cracker unit based on 30 days extraction

2,067 MW

Ammonia tanks

5

Ammonia tank size

55,200 tonnes

Ammonia synthesis unit based on 60 days production

1,198 MW or 4,600 t/d

Hydrogen consumption in ammonia synthesis

1,344 MW

Nitrogen consumption in ammonia synthesis

96 t/hr

Table 3.31: Key design parameters of the ammonia-to-hydrogen inter-seasonal storage
concept
H2 FACILITY

H2

HYDROGEN
TO HTS

POWER
N2
CLEAN-UP
UNIT

AMMONIA
SYNTHESIS UNIT

AMMONIA
STORAGE

AMMONIA
CRACKER UNIT

Figure 3.46: Ammonia-to-hydrogen inter-seasonal storage concept
30 DEFRA, “Ammonia in UK”, 2,002

Ammonia cracker unit

Ammonia storage

Based on case 2 in Table 3.22 in Section 3.6.5,
approximately 2,395 MW of ammonia is needed
to produce 2,070 MW of hydrogen equal to
1,725,000 MWh or 276,000 tonnes ammonia in 30 days.
In addition, 25.1 MW of power import is required.

Ammonia storage is based on a double-wall integrity
design including refrigeration systems for ammonia
vapour liquefaction. Storage tank size of 55,000 tonnes
has been assumed. A drain system is included to
drain vessels for maintenance. The liquid from drain
lines are sent to the vent drum where evaporated
vapour ammonia from the top is released to the flare
header. The flare stack is normally 30-40 metre high.

H21 North of England

SECTION 03

158

H21 North of England

Ammonia synthesis unit
Ammonia produced for storage is based on 60
days production capacity, i.e. 1,198 MW (191.7
tonnes/hr or 4,600 t/d). To achieve this production
capacity, about 1,344 MW of hydrogen together
with 96 t/hr of nitrogen is needed. Prior to the
ammonia synthesis the hydrogen will enter a cleanup unit where the remaining CO and CO2 will be
converted into methane using a catalytic reactor.

H2 FACILITY

CLEAN-UP
FACILITY

Since the ammonia synthesis is exothermic, 230 t/h
of medium pressure steam at 55 bar and 275oC will be
generated to run steam turbines for compression. The
total power produced in the turbines will about 42 MW
and will be distributed to the nitrogen compressor
(10 MW), hydrogen compressor (2 MW), recirculation
compressor (5 MW) and refrigeration compressor
(20 MW) resulting in a net surplus of 5 MW.

AMMONIA
SYNTHESIS
REACTOR

H2

N2

F/E

SG

NH3
CHILLER

NH3
SEPARATOR

NH3
POWER
POWER

(£M)

AMMONIA
SYNTHESIS UNIT

Equipment

121

123

Bulk

99

101

Indirects

19

20

Construction

92

94

Home office

6

6

CMT

13

13

Other

4

4

EPC (£M)

354

160

362

Owners cost

30

10

50

STL project managent

18

10

18

Insurances

11

5

11

Contingency

83

37

88

TOTAL PROJECT COST

496

222

529

(1,935,600-1,490,000)/74.7% (efficiency
of Hydrogen Production Facility, see
Section 4.0) x £23/MWh = £13,720,000

AMMONIA
STORAGE UNIT

AMMONIA
CRACKER UNIT

Table 3.32: CAPEX breakdown of ammonia to hydrogen inter-seasonal storage concept

→→

Producing ammonia in the summer season from
surplus hydrogen from the Hydrogen Production
Facility (say April to October). This would allow
a much slower ‘fill’ of the ammonia storage
with an associated reduction in the ammonia
production facilities capacity by circa 72%. This
would then have an additional CAPEX benefit
with a saving of approximately £190m.

→→

Import of ammonia for strategic storage/
inter-seasonal storage in combination
with hydrogen storage in salt caverns

→→

Utilise curtailed electricity as heating
source for ammonia cracking

Figure 3.47: Ammonia synthesis unit
CAPEX breakdown is shown in Table 3.32. The total
CAPEX of the ammonia storage concept is approximately
£1,247m or £830/MWh almost three times the cost of a
hydrogen salt cavern for the similar design conditions.
Operating and maintenance cost is assumed to be 4%
of total CAPEX, i.e. 0.04 x 1,247,000,000 = £49,880,000.
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The ammonia to hydrogen inter-seasonal
storage facility will most likely occupy the same
plot area as a completed ammonia production
facility as described already in this section.

However, some options exist to improve the concept:

STEAM TURBINE

The total energy balance to produce 1,490,000 MWh
of hydrogen for inter-seasonal storage will
require 1,935,600 MWh of hydrogen for ammonia
production, a loss of approximately 25%.
Assuming a similar hydrogen price as hydrogen
cushion gas the hydrogen loss would equal:
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However, it is clear from this analysis that the advantage
of an ammonia to hydrogen storage facility is primarily
a concept for strategic low cycle inter-seasonal storage
and it becomes an expensive concept when requiring the
same type of fast output/input rate as the salt cavern.
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Table 3.32: CAPEX breakdown of ammonia to hydrogen inter-seasonal storage concept
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surplus hydrogen from the Hydrogen Production
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a much slower ‘fill’ of the ammonia storage
with an associated reduction in the ammonia
production facilities capacity by circa 72%. This
would then have an additional CAPEX benefit
with a saving of approximately £190m.

→→

Import of ammonia for strategic storage/
inter-seasonal storage in combination
with hydrogen storage in salt caverns
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source for ammonia cracking

Figure 3.47: Ammonia synthesis unit
CAPEX breakdown is shown in Table 3.32. The total
CAPEX of the ammonia storage concept is approximately
£1,247m or £830/MWh almost three times the cost of a
hydrogen salt cavern for the similar design conditions.
Operating and maintenance cost is assumed to be 4%
of total CAPEX, i.e. 0.04 x 1,247,000,000 = £49,880,000.
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The ammonia to hydrogen inter-seasonal
storage facility will most likely occupy the same
plot area as a completed ammonia production
facility as described already in this section.

However, some options exist to improve the concept:

STEAM TURBINE

The total energy balance to produce 1,490,000 MWh
of hydrogen for inter-seasonal storage will
require 1,935,600 MWh of hydrogen for ammonia
production, a loss of approximately 25%.
Assuming a similar hydrogen price as hydrogen
cushion gas the hydrogen loss would equal:
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However, it is clear from this analysis that the advantage
of an ammonia to hydrogen storage facility is primarily
a concept for strategic low cycle inter-seasonal storage
and it becomes an expensive concept when requiring the
same type of fast output/input rate as the salt cavern.
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3.8.6 Liquid hydrogen as inter-seasonal hydrogen storage
Using liquid hydrogen as inter-seasonal
storage is illustrated in Figure 3.48 and will be
based on the following main principles:
→→

Pre-treatment of fuel grade hydrogen
from ATR using PSA technology

→→

Liquefaction of hydrogen

→→

Storage of hydrogen

→→

Pumping and regasification of hydrogen

Offgas

Hydrogen to HTS

H2 facility

H2

Purification
PSA

Storage

Regasification

Figure 3.48: Inter-seasonal storage of liquid hydrogen
Liquid hydrogen is an established and proven
technology but only in operation at small scale:
→→

Liquefaction of 5-15 tonnes per day
equal to 8.2-24.8 MW (HHV)

→→

Liquid hydrogen storage of 3,000 m3 and with a
density of 70 kg/m3. This equals 8.27 GWh (HHV)

Liquefaction of hydrogen requires significant energy
in the form of power, typically above 10 kW/kg H2,
or approximately 25% of the energy content in the
hydrogen. It is however expected that technology
improvement and scale-up could result in lower
power consumption in the range of 7.5-9.0 kW/
kg31. Current referenced scale of liquefaction
technology is 15 t/d; however, 200 t/d is considered
achievable leading to some cost reduction.

Purification of the fuel grade hydrogen from the
ATR facility would be based on Pressure Swing
Adsorption, the conventional method in the hydrogen
industry. Large scale PSA normally has a hydrogen
recovery rate of 90%. Therefore, 10% of the fuel grade
hydrogen leaves as off gas at low pressure and must
be returned to the ATR facility for use in the fired
heater and boilers. It can be assumed that this will
replace the current hydrogen fuel and therefore not
impact the energy balance of the hydrogen plant.
Based on the inter-seasonal storage assumptions
(1.5 TWh of storage, 1 GW injection capacity and 2 GW
withdrawal capacity), it is possible to establish the main
design parameters for a LH2 inter-seasonal storage.

31 Klaus Ohlig, Linde Group, “Latest developments and outlook for hydrogen
liquefaction technology”, 20 th World Hydrogen Energy Conference 2,014
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Withdrawal capacity of 2 GW equals a regasification
capacity of 1,220 t/d. Power consumption would
be less than 1% of the hydrogen energy content, i.e.
20 MW. Regasification of hydrogen is assumed to
be achieved by heat supplied from water or air.

Finally, the PSA purification would treat 313,000 Nm3/h
of hydrogen from the ATR and producing 282,000 Nm3/h
equivalent to 1 GW of hydrogen – 31,000 Nm3/h
off-gas will be returned to the hydrogen facility
and replace fuel for heaters and boilers.

Storage of 1.5 TWh net capacity equals 38,000 tonnes
of hydrogen requiring 542,500 m3 of liquid hydrogen
storage capacity. This would be done in 180 spherical
3,000 m3 storage tanks. It should be noted that 0.2%
of the hydrogen will boil-off daily, or 50% of a full
tank in one year. From operational experience, this
means that the storage should be filled as close as
possible to the winter season. If a mild winter occurs,
where there is little need for additional hydrogen, the
hydrogen plant must be turned down and hydrogen
extracted from the storage. However, since the interseasonal storage must accommodate capacity for a
peak year, strategic reserves will be needed. Due to the
boil-off rate, it is unlikely LH2 can serve that purpose.

A capital cost breakdown has been
established based on the following:

The dimension of the tank is 18 metres in diameter.
Each tank will require an area of 500 m2 and the entire
LH2 tank farm of 180 tanks will need 90,000 m2.

Power

Liquefaction

SECTION 03

The liquefaction facility would be designed for 1 GW LH2
storage injection equal to 610 t/d, which would require
3 units of future 200 t/d liquefaction plants. Assuming
a power consumption of 7.5-9.0 kW/kg, a substation of
190-230 MW would be required. The required power is
equal to Equinor LNG plant with a capacity of 6 GW LNG.
For storing 1.5 TWh of hydrogen, 285,000-345,000 MWh
of electricity would be required. Assuming an electricity
price of £60/MWh, the cost would be £17-20 m.

→→

Budget price for PSA

→→

Extrapolated from LNG plant cost using
power input as the main parameter

→→

LH2 storage cost based on Equinor experience
from the Viking Cruise project and cost and cost
estimates from Equinor on-shore tank farm projects

→→

Re-gasifaction cost extrapolated from
LNG regasification experience

→→

Installation factors, etc. based on Equinor’s
experience from onshore projects
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3.8.7

Total cost is estimated to be £6,289 m or £4,193/
MWh stored. As seen from the main cost driver is
the cost of storage tanks and liquefaction facility.
£M

PURIFICATION
(PSA)

LIQUEFACTION

STORAGE

REGASIFICATION

Design

313,000 Nm3/h

3 x 200 t/d

180 x 3,000 m3

1,220 t/d

Equipment

30

350

40

Bulk

25

287

33

Indirects

5

57

7

Construction

23

267

31

Home office

1

17

2

CMY

3

37

4

Other

1

11

1

EPC (£M)

88

1,027

117

Owners cost

5

142

10

STL project
management

4

51

6

Insurances

3

31

4

Contingency

21

250

29

TOTAL PROJECT COST

122

1,502

4,500
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Summary of inter-seasonal storage

Based on an inter-seasonal storage volume of
approximately 1.5 TWh as a basis with a 30 days
withdrawal rate equal to 2 GW. A comparison of
saline aquifers, ammonia, liquid hydrogen and salt
caverns are presented in the following table.
TECHNOLOGY READINESS LEVEL

EFFICIENCY

TOTAL CAPEX
£/MWH

SALINE AQUIFER/
DEPLETED
HYDROGENCARBON

Unproven, needs investigation for
example into re-use of the Rough
storage field in the North Sea

Unproven

N/A

AMMONIA

Proven at the correct scale to
be appropriate for inter-seasonal
hydrogen storage considerations.
However most appropriately for few
cycles per annum at steady rate
of injection and extraction.

Significant losses
(circa 25% in total)
in the production and
extraction process.

830 (can
be further
optimised, see
comments in
Section 3.7)

LH2

Proven storage but only at small
Significant losses
scale. Not currently appropriate for in the refrigeration
inter-seasonal hydrogen storage.
process and from
‘boil off’ losses
associated with
long term storage.

4,193

SALT CAVERN

Proven storage at scale with a
long history of reliable, safe
performance on a range of gases
including natural gas, towns gas
and hydrogen. Especially suited
for both annual multiple cycles.

225.7

Very low efficiency
losses mainly
associated with
compression
requirement.
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Table 3.33: Capital cost breakdown for a liquid hydrogen inter-seasonal storage
concept

Table 3.34: Inter-seasonal storage summary
Inter-seasonal storage of hydrogen
is critical for conversion of H21
NoE to 100%. Salt cavern storage
is the most mature technology and
offers the lowest cost for storing
large volumes in TWh hour scale.
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3.8.6 Liquid hydrogen as inter-seasonal hydrogen storage
Using liquid hydrogen as inter-seasonal
storage is illustrated in Figure 3.48 and will be
based on the following main principles:
→→

Pre-treatment of fuel grade hydrogen
from ATR using PSA technology

→→

Liquefaction of hydrogen

→→

Storage of hydrogen

→→

Pumping and regasification of hydrogen

Offgas

Hydrogen to HTS

H2 facility

H2

Purification
PSA

Storage

Regasification

Figure 3.48: Inter-seasonal storage of liquid hydrogen
Liquid hydrogen is an established and proven
technology but only in operation at small scale:
→→

Liquefaction of 5-15 tonnes per day
equal to 8.2-24.8 MW (HHV)

→→

Liquid hydrogen storage of 3,000 m3 and with a
density of 70 kg/m3. This equals 8.27 GWh (HHV)

Liquefaction of hydrogen requires significant energy
in the form of power, typically above 10 kW/kg H2,
or approximately 25% of the energy content in the
hydrogen. It is however expected that technology
improvement and scale-up could result in lower
power consumption in the range of 7.5-9.0 kW/
kg31. Current referenced scale of liquefaction
technology is 15 t/d; however, 200 t/d is considered
achievable leading to some cost reduction.

Purification of the fuel grade hydrogen from the
ATR facility would be based on Pressure Swing
Adsorption, the conventional method in the hydrogen
industry. Large scale PSA normally has a hydrogen
recovery rate of 90%. Therefore, 10% of the fuel grade
hydrogen leaves as off gas at low pressure and must
be returned to the ATR facility for use in the fired
heater and boilers. It can be assumed that this will
replace the current hydrogen fuel and therefore not
impact the energy balance of the hydrogen plant.
Based on the inter-seasonal storage assumptions
(1.5 TWh of storage, 1 GW injection capacity and 2 GW
withdrawal capacity), it is possible to establish the main
design parameters for a LH2 inter-seasonal storage.

31 Klaus Ohlig, Linde Group, “Latest developments and outlook for hydrogen
liquefaction technology”, 20 th World Hydrogen Energy Conference 2,014
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Withdrawal capacity of 2 GW equals a regasification
capacity of 1,220 t/d. Power consumption would
be less than 1% of the hydrogen energy content, i.e.
20 MW. Regasification of hydrogen is assumed to
be achieved by heat supplied from water or air.

Finally, the PSA purification would treat 313,000 Nm3/h
of hydrogen from the ATR and producing 282,000 Nm3/h
equivalent to 1 GW of hydrogen – 31,000 Nm3/h
off-gas will be returned to the hydrogen facility
and replace fuel for heaters and boilers.

Storage of 1.5 TWh net capacity equals 38,000 tonnes
of hydrogen requiring 542,500 m3 of liquid hydrogen
storage capacity. This would be done in 180 spherical
3,000 m3 storage tanks. It should be noted that 0.2%
of the hydrogen will boil-off daily, or 50% of a full
tank in one year. From operational experience, this
means that the storage should be filled as close as
possible to the winter season. If a mild winter occurs,
where there is little need for additional hydrogen, the
hydrogen plant must be turned down and hydrogen
extracted from the storage. However, since the interseasonal storage must accommodate capacity for a
peak year, strategic reserves will be needed. Due to the
boil-off rate, it is unlikely LH2 can serve that purpose.

A capital cost breakdown has been
established based on the following:

The dimension of the tank is 18 metres in diameter.
Each tank will require an area of 500 m2 and the entire
LH2 tank farm of 180 tanks will need 90,000 m2.

Power

Liquefaction

SECTION 03

The liquefaction facility would be designed for 1 GW LH2
storage injection equal to 610 t/d, which would require
3 units of future 200 t/d liquefaction plants. Assuming
a power consumption of 7.5-9.0 kW/kg, a substation of
190-230 MW would be required. The required power is
equal to Equinor LNG plant with a capacity of 6 GW LNG.
For storing 1.5 TWh of hydrogen, 285,000-345,000 MWh
of electricity would be required. Assuming an electricity
price of £60/MWh, the cost would be £17-20 m.

→→

Budget price for PSA

→→

Extrapolated from LNG plant cost using
power input as the main parameter

→→

LH2 storage cost based on Equinor experience
from the Viking Cruise project and cost and cost
estimates from Equinor on-shore tank farm projects

→→

Re-gasifaction cost extrapolated from
LNG regasification experience

→→

Installation factors, etc. based on Equinor’s
experience from onshore projects

H21 North of England

SECTION 03

162

H21 North of England

3.8.7

Total cost is estimated to be £6,289 m or £4,193/
MWh stored. As seen from the main cost driver is
the cost of storage tanks and liquefaction facility.
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Summary of inter-seasonal storage

Based on an inter-seasonal storage volume of
approximately 1.5 TWh as a basis with a 30 days
withdrawal rate equal to 2 GW. A comparison of
saline aquifers, ammonia, liquid hydrogen and salt
caverns are presented in the following table.
TECHNOLOGY READINESS LEVEL

EFFICIENCY

TOTAL CAPEX
£/MWH

SALINE AQUIFER/
DEPLETED
HYDROGENCARBON

Unproven, needs investigation for
example into re-use of the Rough
storage field in the North Sea

Unproven

N/A

AMMONIA

Proven at the correct scale to
be appropriate for inter-seasonal
hydrogen storage considerations.
However most appropriately for few
cycles per annum at steady rate
of injection and extraction.

Significant losses
(circa 25% in total)
in the production and
extraction process.

830 (can
be further
optimised, see
comments in
Section 3.7)

LH2

Proven storage but only at small
Significant losses
scale. Not currently appropriate for in the refrigeration
inter-seasonal hydrogen storage.
process and from
‘boil off’ losses
associated with
long term storage.

4,193

SALT CAVERN

Proven storage at scale with a
long history of reliable, safe
performance on a range of gases
including natural gas, towns gas
and hydrogen. Especially suited
for both annual multiple cycles.

225.7

Very low efficiency
losses mainly
associated with
compression
requirement.
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Table 3.33: Capital cost breakdown for a liquid hydrogen inter-seasonal storage
concept

Table 3.34: Inter-seasonal storage summary
Inter-seasonal storage of hydrogen
is critical for conversion of H21
NoE to 100%. Salt cavern storage
is the most mature technology and
offers the lowest cost for storing
large volumes in TWh hour scale.
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3.9

H21 NoE system considerations
3.9.1

Assessment of water electrolysis for H21 NoE

The key driver to convert gas networks to 100% hydrogen
is the overall carbon reductions of the system, and, in
this context, the system design needs to be considered.
The electrolyser process is not emitting any CO2 directly
but may lead to indirect emissions as a result of the
electricity production. In Table 3.35 the carbon footprint
of hydrogen produced from electrolysis with 70.9%
efficiency is shown from different electricity sources.

ELECTRICITY SOURCE

CO2 FOOTPRINT
ELECTRICITY (G/KWH)

CO2 FOOTPRINT
HYDROGEN (G/KWH)

Coal power

700

987.3

Gas power

350

493.7

UK grid target of 100 g/kWh

100

141.0

UK grid target of 50 g/kWh

50

70.5

Wind or solar

0

0.0

Table 3.35: CO2 footprint of hydrogen from electrolysis using different power sources
With a clear goal of achieving significant carbon
reduction in heat only an electrolyser directly connected
to a renewable power source seems attractive
when considering these numbers. In the UK this
would strongly suggest integration of electrolysers
with access to huge offshore wind resources as
well as a mature and growing wind industry.

In Section 3.3 to 3.8 the potential largescale hydrogen production and interseasonal hydrogen storage technologies
have been presented and analysed.
This section will describe the entire system required to
provide hydrogen for the H21 NoE area of conversion.
The following systems have been analysed:
→→

Offshore wind electrolysis-based
hydrogen production in the UK

→→

Natural gas UK based hydrogen
production using ATR and CCS

→→

UK located coal gasification plant with CCS

→→

Ammonia production in the US transported to
the UK by ship and cracking into hydrogen in UK
based on natural gas, coal and solar power

The project team therefore assessed the potential for
the UK to produce its green hydrogen from offshore wind
electricity. For a project such as converting the NoE to
hydrogen, it is assumed that a centralised electrolyserbased facility would be directly connected to the High
Voltage Direct Current (HVDC) coming from the offshore
wind farms. In the evaluation, the wind farm and power
transmission components have not been fully assessed.

At this stage it was considered adequate to use
some global numbers for the net capacity factor and
cost. It has also been assumed that the electrolysis
load can follow the power output and there is no
resultant efficiency or production penalty. It must
be stated that this is most unlikely. An illustration
of this value chain is shown in Figure 3.49.
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This section will describe the entire system required to
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Natural gas UK based hydrogen
production using ATR and CCS
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UK located coal gasification plant with CCS

→→

Ammonia production in the US transported to
the UK by ship and cracking into hydrogen in UK
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The project team therefore assessed the potential for
the UK to produce its green hydrogen from offshore wind
electricity. For a project such as converting the NoE to
hydrogen, it is assumed that a centralised electrolyserbased facility would be directly connected to the High
Voltage Direct Current (HVDC) coming from the offshore
wind farms. In the evaluation, the wind farm and power
transmission components have not been fully assessed.

At this stage it was considered adequate to use
some global numbers for the net capacity factor and
cost. It has also been assumed that the electrolysis
load can follow the power output and there is no
resultant efficiency or production penalty. It must
be stated that this is most unlikely. An illustration
of this value chain is shown in Figure 3.49.
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NoE heat demand vs offshore wind electricity production profile
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Figure 3.49: Offshore wind and water electrolysis value chain for the NoE
The NoE heat demand for the years 2013-2016 is shown
in Figure 3.50 together with a wind energy production
profile for the same period. The wind power supply was
taken from an Equinor offshore windfarm and scaled
to match the NoE demand over the period 2013-16.

The poor match between supply and demand is
obvious, creating a need for a very large inter-seasonal
hydrogen storage solution to secure the supply.
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Figure 3.50: NoE heat demand versus offshore wind electricity supply profile
The supply chain was further analysed to scale the
demand for the year 2013 to match the peak year
demand of 85.12 TWh quantified in Section 2.0.
The wind, water electrolysis and storage capacity
were scaled to match this demand assuming an
electrolyser efficiency of 70.9% (see Section 3.3).
No transmission or conversion losses have been
included. The results are given in Figure 3.51,
showing a required storage capacity of 19.5 TWh
of hydrogen equal to 130 caverns of 300,000 m3.
26 GW of installed offshore wind capacity
and 18.4 GW of hydrogen production capacity
is required to match this demand.

The demand for offshore wind corresponds to 5 of the
current planned 4.8 GW Doggerbank wind projects. If
Doggerbank is built it would be the largest offshore
wind project in the world covering a sea area of
2,267 km2. Based on Doggerbank, the required area
of the H21 NoE wind supply is more than 11,000 km2.
To put this into further context, we may look at the
collected timeline of UK offshore wind projects.
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Figure 3.49: Offshore wind and water electrolysis value chain for the NoE
The NoE heat demand for the years 2013-2016 is shown
in Figure 3.50 together with a wind energy production
profile for the same period. The wind power supply was
taken from an Equinor offshore windfarm and scaled
to match the NoE demand over the period 2013-16.

The poor match between supply and demand is
obvious, creating a need for a very large inter-seasonal
hydrogen storage solution to secure the supply.
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Figure 3.50: NoE heat demand versus offshore wind electricity supply profile
The supply chain was further analysed to scale the
demand for the year 2013 to match the peak year
demand of 85.12 TWh quantified in Section 2.0.
The wind, water electrolysis and storage capacity
were scaled to match this demand assuming an
electrolyser efficiency of 70.9% (see Section 3.3).
No transmission or conversion losses have been
included. The results are given in Figure 3.51,
showing a required storage capacity of 19.5 TWh
of hydrogen equal to 130 caverns of 300,000 m3.
26 GW of installed offshore wind capacity
and 18.4 GW of hydrogen production capacity
is required to match this demand.

The demand for offshore wind corresponds to 5 of the
current planned 4.8 GW Doggerbank wind projects. If
Doggerbank is built it would be the largest offshore
wind project in the world covering a sea area of
2,267 km2. Based on Doggerbank, the required area
of the H21 NoE wind supply is more than 11,000 km2.
To put this into further context, we may look at the
collected timeline of UK offshore wind projects.
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Figure 3.51: H21 NoE heat supply by offshore wind and water electrolysis
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Renewable UK, Offshore Wind Project Timelines
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This would achieve an overall CO2 emission of 15 g/
kWh which is comparable with the natural gas ATR
hydrogen supply chain. This would reduce the size of
the offshore wind park, electrolyser and storage by
30%. This could potentially reduce the cost of hydrogen
by 10-15% and increase the robustness of the value
chain as grid electricity import could be used to level
out the peaks in the offshore power production.

OFFSITE AND
UTILITIES

CONSTRUCTION AND LAYDOWN AREA

2,000 METRES

If, however, the UK meets the target of 50 g/kWh
in 2050 for the electricity production, 30% of the
electricity could be purchased from the grid and the
remaining produced directly from a renewable source.
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Based on the electrolyser 1.5 GW facility
concept design (see Section 3.3) an 18 GW
facility was designed (see Figure 3.52).
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The water electrolysers supply chain is immature
when targeting a multi-GW regional deployment of
hydrogen production technology from 2026 onwards. It
is considered unlikely that the electrolyser market will
be able to deliver at a scale for a project like H21 NoE
conversion within the required time frame. The 18.4 GW
electrolyser facility would need to have more than 10,693
Nel A-485 (the biggest referenced alkaline electrolyser)
installed over the period 2026-2035 at more than 1,100
units per year. This is beyond the scale that traditional
water electrolyser manufacturers can provide today.

Even if a much larger company like Thyssenkrupp
succeeds with the deployment of their
electrolyser concept, they would only be able
to deliver 600 MW of capacity per year. It would
take 40 years to cover the NoE demand with full
allocation of supply capacity to this project.

CONSTRUCTION AND LAYDOWN AREA

An overview was developed by Renewable UK. This was
in co-operation with the Offshore Wind Programme
Board and The Crown Estate with the support of the
Offshore Wind Industry Council (published in 2016).
It reports a total wind power capacity of 5.15 GW in
2016. This was expected to double by 2020 and then
double again by 2030, suggesting a total UK offshore
wind output of at least 20.6 GW by 203032. Hence, the
total supply of offshore wind in the UK might be able
to match the total NoE demand in 2035. But it is not
realistic that all this supply could be directed to NoE.
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Figure 3.52: 18 GW electrolyser based hydrogen facility for H21 NoE
The facility covers a vast area of 6,000,000 m2 or 600 ha
which would occupy a significant swage of land at
any UK location. The facility, with possible location at
Easington (see Section 4.0) is illustrated in Figure 3.53.
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This would achieve an overall CO2 emission of 15 g/
kWh which is comparable with the natural gas ATR
hydrogen supply chain. This would reduce the size of
the offshore wind park, electrolyser and storage by
30%. This could potentially reduce the cost of hydrogen
by 10-15% and increase the robustness of the value
chain as grid electricity import could be used to level
out the peaks in the offshore power production.
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If, however, the UK meets the target of 50 g/kWh
in 2050 for the electricity production, 30% of the
electricity could be purchased from the grid and the
remaining produced directly from a renewable source.
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Based on the electrolyser 1.5 GW facility
concept design (see Section 3.3) an 18 GW
facility was designed (see Figure 3.52).
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Figure 3.52: 18 GW electrolyser based hydrogen facility for H21 NoE
The facility covers a vast area of 6,000,000 m2 or 600 ha
which would occupy a significant swage of land at
any UK location. The facility, with possible location at
Easington (see Section 4.0) is illustrated in Figure 3.53.
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Based on the key performance data presented
in Section 3.3 it is possible to establish a
similar dataset for the 18.4 GW hydrogen
facility in addition to the CAPEX estimate.
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It should be noted that the cost for the substation
is slightly reduced since electricity from the
wind is expected to be delivered as HVDC. This
would result in 20% CAPEX reduction of the utility,
offsites etc. and the specific cost will be reduced
from £1,160/kWhH2HHV to £1,073/kWhH2HHV.

HYDROGEN PRODUCTION

MWH2HHV

18,400

AVERAGE POWER CONSUMPTION

MW

25,952

ANNUAL WATER CONSUMPTION

m3

18,900,000

COOLING WATER

m3/hr

61,300

Table 3.36: Key design parameters for a hydrogen facility based on water electrolysis
The total system CAPEX excluding the
hydrogen transmission system (see
Section 5.0) is shown in Table 3.37.
AREA

CAPACITY

UNIT COST

TOTAL COST (£M)

Wind farm incl. HVDC platforms

26 GW

2,250 £/kW1)

58,500

HVDC transmission

26 GW

382.7 £/kW2)

9,950

Hydrogen facility
incl. substation

18.4 GW

1,073 £/kWH2HHV

19,743

Hydrogen storage

19.5 TWh

225.7 £/MWhH2HHV

4,401

TOTAL

92,595

Table 3.37: Total system cost for an offshore wind via electrolysis to hydrogen supply
concept
→→ 1) From BEIS report electricity generation cost
2016. Offshore R3 – medium: pre-development:
£120/kW and construction: £2,100/kW
→→

2) From BEIS report electricity generation cost
2016. Offshore R3 – medium: Infrastructure:
£323m for 844 MW = £382.7/kW

Figure 3.53: Illustration of a H21 NoE 18 GW electrolyser facility located at Easington
Costs withstanding, it is not considered
practical to source low carbon hydrogen
produced from offshore wind and
electrolyser technology at the scale
to convert the H21 NoE gas network and
decarbonise heat by the later 2020s
early 230s. Furthermore, the concept
would require massive development of
salt caverns, (i.e. 130), which is
not practically deliverable within
the time frame of the H21 NoE project
ambitions or the UK governments CO2
reduction obligations. The technical,
project execution and commercial
risks are simply too high.
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early 230s. Furthermore, the concept
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not practically deliverable within
the time frame of the H21 NoE project
ambitions or the UK governments CO2
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project execution and commercial
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Assessment of hydrogen from natural gas for the H21 NoE

Section 3.6 concluded that ATR is the preferred
technology for the reforming of natural gas to hydrogen
when high energy efficiency, high CO2 capture rate
and hydrogen at high pressure is required. A system
design for H21 NoE was developed based on this
resulting in a 12.15 GW hydrogen plant comprising
eight 1.5 GW ATR units as the preferred option.

This would be coupled to inter-seasonal hydrogen
storage using salt caverns, a hydrogen transmission
system and CO2 transport and storage (via pipeline)
to an offshore aquifer in the North Sea for permanent
storage. Further detailing on the system design
is given in Section 4.0, 5.0, 6.0 and 7.0. A value
chain with key figures is shown in Figure 3.54.
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The facility would need 14.6 GW of natural
gas and 588 MW of electrical import (equal
to 0.048 kWh power/kWhH2HHV).
The inter-seasonal hydrogen storage needed is circa
8 TWh and the CO2 storage would be 15-17 Mtpa.
As with electrolysis, the net emissions of the systems
producing the hydrogen need to be considered to ensure
such a strategy meets UK climate change obligations.
For hydrogen produced via natural gas using either
SMR or ATR technology, the carbon must be captured
and stored long term to achieve the overall low carbon
objectives. The CO2 emissions from the hydrogen facility
of the solution above ar 13.1 g/kWhH2HHV. In addition,
there will be indirect emissions associated with the
electricity import. For a grid emission of 100 g/kWh and
50 g/kWh the total direct and indirect emissions will
be: 13.1 g/kWhH2HHV (ATR carbon footprint with imported
power) + (0.048 kWh/kWhH2HHV x 100 g/kWh electricity
import from grid) = 17.9 g/kWhH2HHV and 13.1 g/kWhH2HHV
+ 0.048 kWh/kWhH2HHV x 50 g/kWh = 15.5 g/kWhH2HHV.

In addition, supply chain emissions must be taken
into consideration and initially this is considered
to be delivered from Norwegian gas sources which
have very low emissions (see Section 9.0 for further
details). Analysis of gas supply from other origins will
be analysed and presented in Section 9.0. However, the
impact on the overall CO2 footprint is shown in Table 3.38.

NATURAL GAS ORIGIN

UPSTREAM EMISSION,
G/KWHNGHHV

H2 PLANT EMISSIONS
AND POWER IMPORT

TOTAL CO2 FOOTPRINT,
G/KWHH2HHV

Norway Troll field

<1

15.5

16.0

UK average

26.3

15.5

47.1

Table 3.38: Impact of different natural gas sources on the overall CO2 footprint of
the natural gas value chain
Figure 3.54: Value chain for the H21 NoE based on hydrogen from natural gas via ATR
with CCS

As suggested above, this can only be surpassed or
matched by water electrolysis if the electricity used
comes from renewables or a combination of renewable
and grid electricity which is not possible within the
H21 NoE timescales. The availability of Carbon Capture
and Storage (CCS) for permanent sequestration
must also be considered. CCS is covered in detail
in Section 7.0 of this report. The main conclusion is
that an ATR+CCS solution for H21 NoE is considered
technically feasible within the required timeframe.
The estimated area needed for the facility would
be approximately 90-120 ha or 15-20% of that
required by the water electrolysis facility. Even
though this is a mega scale hydrogen project this is
not new to the industry. The Shell Pearl GTL project
producing 140,000 bpd of synthetic fuels is based
on oxygen blown ATR equal to 15 GW of hydrogen
production. In Figure 3.55 is shown a Google map
image of the Pearl GTL facility with highlighted
areas of the air separation unit and ATR section.
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In addition, supply chain emissions must be taken
into consideration and initially this is considered
to be delivered from Norwegian gas sources which
have very low emissions (see Section 9.0 for further
details). Analysis of gas supply from other origins will
be analysed and presented in Section 9.0. However, the
impact on the overall CO2 footprint is shown in Table 3.38.

NATURAL GAS ORIGIN

UPSTREAM EMISSION,
G/KWHNGHHV

H2 PLANT EMISSIONS
AND POWER IMPORT

TOTAL CO2 FOOTPRINT,
G/KWHH2HHV

Norway Troll field

<1

15.5

16.0

UK average

26.3

15.5

47.1

Table 3.38: Impact of different natural gas sources on the overall CO2 footprint of
the natural gas value chain
Figure 3.54: Value chain for the H21 NoE based on hydrogen from natural gas via ATR
with CCS

As suggested above, this can only be surpassed or
matched by water electrolysis if the electricity used
comes from renewables or a combination of renewable
and grid electricity which is not possible within the
H21 NoE timescales. The availability of Carbon Capture
and Storage (CCS) for permanent sequestration
must also be considered. CCS is covered in detail
in Section 7.0 of this report. The main conclusion is
that an ATR+CCS solution for H21 NoE is considered
technically feasible within the required timeframe.
The estimated area needed for the facility would
be approximately 90-120 ha or 15-20% of that
required by the water electrolysis facility. Even
though this is a mega scale hydrogen project this is
not new to the industry. The Shell Pearl GTL project
producing 140,000 bpd of synthetic fuels is based
on oxygen blown ATR equal to 15 GW of hydrogen
production. In Figure 3.55 is shown a Google map
image of the Pearl GTL facility with highlighted
areas of the air separation unit and ATR section.
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12.15 GW H2 PRODUCTION

ATR OPTION 2

SMR OPTION 2

Carbon capture rate (%)

94.1

91.2

CO2 footprint (g CO2/kwh)

13.1

20.5

Efficiency % (HHV)

79.9

79.5

CAPEX (£m) – Total

7,670

8,764

Electric Power Import (MW)

588

288.4

Natural Gas consumption (MW)

14,620

14,994

CO2 captured (t/hr)

2,552

2,527

Water consumption (m3 per year)

5,600,000

11,200,000

Area (ha)

120-180

280-330

Configuration

8 ATR train + ASU

16 SMR trains

Table 3.39: Key design parameters for a hydrogen facility based on ATR and SMR
The total system CAPEX is shown for
the ATR concept in Table 3.40.
Figure 3.55: Google Map image of Pearl GTL facility in Qatar

Commissioning
In contrast to water electrolysis the methane reforming
technology market is mature and highly competitive,
with decades of experience in serving a much larger
market. In addition to 6 international ATR technology
providers, there are numerous EPC contractors
who have the experience in the engineering and
construction of hydrogen facilities. A project the scale
of H21 NoE is within the experience of the industry
and the technical/project execution risk is low.

The CO2 transport and storage concept, to be discussed
in detail in Section 7.0, would ideally be in place by
2026 for the H21 NoE to deliver clean hydrogen. It is
concluded that both studied storage concepts on the
UK and Norwegian continental shelves are feasible
and that a CO2 storage solution can be developed
in time for a start-up of injection in 2026. This will
require early involvement from UK Government with
regards to access to acreage for offshore storage.

A commissioning strategy based on the ATR concept
with inter-seasonal hydrogen storage in salt caverns
securing the H21 NoE demand during the conversion
period has been laid out in Section 6.0. The production
facility has been designed to be a modular build
adding one modular unit per annum from 2026 up to
2035. Excess hydrogen production in the early years
can be managed via inter-seasonal storage, turndown of individual units or the preferred solution
of exporting as power to the UK electric grid. Interseasonal storage can be built incrementally in line
with the conversion and commissioning strategy.
However, the first four salt caverns would need to be
in place by 2026. This puts the salt caverns on the
critical path with respect to the project schedule.

From a government perspective the H21 NoE
project could be seen as a golden opportunity to
achieve the CCS deployment levels needed to reach
the 2050 target under the Climate Change Act.
A conversion of the H21 NoE heat supply
to 100% clean hydrogen by an ATR
based concept is considered feasible
by 2035 provided that the FEED study
starts in 2019 and that access to
necessary acreage is given in time.

AREA

CAPACITY

UNIT COST

TOTAL COST (£M)

Hydrogen facility

12.15 GW

£631/kWH2HHV

7,698

Hydrogen storage

8 TWh

£225.7/MWhH2HHV

1,806

CO2 T&S

2,552 t/h

£460/t/h*

1,174

TOTAL

10,678

Table 3.40: Total system cost for an natural gas via ATR with CCS to hydrogen supply
concept
* This is based on the Project Cost
figures as set out in Section 8.0.
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concluded that both studied storage concepts on the
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and that a CO2 storage solution can be developed
in time for a start-up of injection in 2026. This will
require early involvement from UK Government with
regards to access to acreage for offshore storage.

A commissioning strategy based on the ATR concept
with inter-seasonal hydrogen storage in salt caverns
securing the H21 NoE demand during the conversion
period has been laid out in Section 6.0. The production
facility has been designed to be a modular build
adding one modular unit per annum from 2026 up to
2035. Excess hydrogen production in the early years
can be managed via inter-seasonal storage, turndown of individual units or the preferred solution
of exporting as power to the UK electric grid. Interseasonal storage can be built incrementally in line
with the conversion and commissioning strategy.
However, the first four salt caverns would need to be
in place by 2026. This puts the salt caverns on the
critical path with respect to the project schedule.

From a government perspective the H21 NoE
project could be seen as a golden opportunity to
achieve the CCS deployment levels needed to reach
the 2050 target under the Climate Change Act.
A conversion of the H21 NoE heat supply
to 100% clean hydrogen by an ATR
based concept is considered feasible
by 2035 provided that the FEED study
starts in 2019 and that access to
necessary acreage is given in time.
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UNIT COST

TOTAL COST (£M)

Hydrogen facility

12.15 GW

£631/kWH2HHV

7,698

Hydrogen storage

8 TWh

£225.7/MWhH2HHV

1,806

CO2 T&S

2,552 t/h

£460/t/h*
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TOTAL
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Table 3.40: Total system cost for an natural gas via ATR with CCS to hydrogen supply
concept
* This is based on the Project Cost
figures as set out in Section 8.0.
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Assessment of hydrogen by coal gasification for the H21 NoE

For completeness, hydrogen from coal gasification is
analysed. This assumes coal is produced domestically in
the UK. If coal import is used as a basis, it is important
to include emissions related to bulk cargo transport.

For coal gasification similar design metrics
as the ATR concept can be adopted, i.e.
12.15 GW hydrogen production capacity and
8 TWh inter-seasonal hydrogen storage.

H21 North of England

SECTION 03

At the Secunda facility in South Africa, Sasol
commissioned a 2 x 70,000 bpd coal to liquids facility
equal to 14 GW of hydrogen with a unit entering operation
in 1984 and another one in 1987. The site covers an
area of 16,000,000 m2 (4 x 4 km). Therefore a 12 GW
hydrogen coal gasification facility is considered feasible
to commission within the H21 NoE timeframe. About
5,000,000 to 8,000,000 m2 of area would be needed
for a 12.15 GW coal gasification to hydrogen facility.

177

The greatest challenge would be in the operation phase
associated to environmental issues of handling huge
amount of ash/slag, chemicals, sulphur and water.

Figure 3.56: Value chain for the NoE based on hydrogen from coal gasification with CCS
Due to the higher carbon content in coal compared
to natural gas, approximately twice as much CO2
must be transported and stored (30-35 million
tonnes per year). This would also require more CO2
storage sites to be qualified resulting in increased
cost and project complexity. This would likely result
in CO2 storage sites being put into operation post
2035. Therefore, the first CO2 storage/sites would
have to handle higher injection rates and reduce the
potential total storage capacity (see Section 7.0).
As presented in Section 3.5, a coal gasification
plant based on bituminous coal and 88% capture
rate emits 60.3 g CO2/kWhH2HHV. An LCA assessment
of UK based coal production33 reported the GHG
emissions from mining of coal was about 22.5 g CO2/
kWhCoalHHV originating from methane leakage and
energy consumption. Therefore, with an efficiency of
55.3% (HHV), the upstream emission is 41.2 g/kWhH2HHV,
resulting in an overall CO2 footprint of 101.5 g/kWhH2HHV.

A hydrogen-based coal gasification
process can result in only
50% CO2 reduction compared
to burning natural gas.
To produce 85.12 TWh of hydrogen in a peak year, about
85.12/55.3%/8.44 kWh/kg = 18.2 Mt of coal will be
consumed. During winter, when all coal gasification
units are running, 12.15 x 24/55.3%/8.44 = 62,500
tonnes of coal will be consumed daily. Furthermore,
10,000 tonnes of ash/slag and sulphur will have
to be transported from site. Therefore, it is most
likely a UK based coal gasification plant would
be co-located at existing coal power plants.

33 N.A. Odeh, T.T. Cockerill “Life cycle analysis of UK coal fired power
plants”, Energy Conversion and Management 49 (2,008) 212–220

Figure 3.57: Google maps image of Sasol 140,000 bpd coal to liquids facility at Secunda
in South Africa
In order to mitigate some execution and operation risk,
splitting the facility to multiple sites, e.g. 4-5 would
be preferred. This would, however, result in a more
complex and costly CO2 transport infrastructure.
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Figure 3.57: Google maps image of Sasol 140,000 bpd coal to liquids facility at Secunda
in South Africa
In order to mitigate some execution and operation risk,
splitting the facility to multiple sites, e.g. 4-5 would
be preferred. This would, however, result in a more
complex and costly CO2 transport infrastructure.
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3.9.4 Assessment of hydrogen from ammonia for
the H21 NoE area of conversion

Based on the analaysis of goal gasification in
Section 3.5 and 12.15 GW coal gas gasification
facility was established with key design
parameters presented in Table 3.41.

12.15 GW H2 EXPORT

SECTION 03

Ammonia was discussed in Section 3.7 in the context
of intraday and inter-seasonal storage options.
The UK is well placed with the amount of natural
gas it can produce so it is unlikely that large scale
ammonia imports will be required in the short term.

ENTRAINED FLOW
GE GASIFICATION

However, the supply chain for a potential ammonia
system is analysed below for completeness. An ammonia
to hydrogen value chain based on natural gas is shown
in Figure 3.58 and has the following main components:
→→

Ammonia production in the US based
on natural gas with CCS

Coal consumption (t/hr)

2,614

→→

Ammonia shipped by large vessels to UK

Coal consumption (MWHHV)

21,960

→→

Ammonia cracked back into hydrogen in UK

Efficiency (%-HHV)

55.3

→→

Inter-seasonal storage in UK

CO2-footprint (g/kWh)

60.3

CO2 capture rate (%)

88.0

Electric power consumption (MW)

1,780-2,025

CO2 export (t/h)

5,374

Water consumption (m3 per year)

11,200,000

Area (ha)

500-800

Configuration

48 gasifiers at 457 MW/h and
16 ASU units of 3,500 t/d

Table 3.41: Key design parameters for a hydrogen facility based on entrained flow GE
gasification
The total system CAPEX is shown for the coal
gasification concept with CCS in Table 3.42.
AREA

CAPACITY

UNIT COST

TOTAL COST (£M)

Hydrogen facility

12.15 GW

£1,691/kWH2HHV

20,546

Hydrogen storage

8 TWh

£225.7/MWhH2HHV

1,806

CO2 T&S

5,374 t/hr

£460/t/h

2,472

TOTAL

24,823

Table 3.42: Total system cost for an coal gasification with CCS to hydrogen supply
concept

Figure 3.58: Ammonia value chain to the UK based on ammonia production in the US from
natural gas with CCS
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The UK is well placed with the amount of natural
gas it can produce so it is unlikely that large scale
ammonia imports will be required in the short term.

ENTRAINED FLOW
GE GASIFICATION

However, the supply chain for a potential ammonia
system is analysed below for completeness. An ammonia
to hydrogen value chain based on natural gas is shown
in Figure 3.58 and has the following main components:
→→

Ammonia production in the US based
on natural gas with CCS

Coal consumption (t/hr)

2,614

→→

Ammonia shipped by large vessels to UK

Coal consumption (MWHHV)

21,960

→→

Ammonia cracked back into hydrogen in UK

Efficiency (%-HHV)

55.3

→→

Inter-seasonal storage in UK

CO2-footprint (g/kWh)

60.3

CO2 capture rate (%)

88.0

Electric power consumption (MW)

1,780-2,025

CO2 export (t/h)

5,374

Water consumption (m3 per year)

11,200,000

Area (ha)

500-800

Configuration

48 gasifiers at 457 MW/h and
16 ASU units of 3,500 t/d

Table 3.41: Key design parameters for a hydrogen facility based on entrained flow GE
gasification
The total system CAPEX is shown for the coal
gasification concept with CCS in Table 3.42.
AREA

CAPACITY

UNIT COST

TOTAL COST (£M)

Hydrogen facility

12.15 GW

£1,691/kWH2HHV

20,546

Hydrogen storage

8 TWh

£225.7/MWhH2HHV

1,806

CO2 T&S

5,374 t/hr

£460/t/h

2,472

TOTAL

24,823

Table 3.42: Total system cost for an coal gasification with CCS to hydrogen supply
concept

Figure 3.58: Ammonia value chain to the UK based on ammonia production in the US from
natural gas with CCS
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The carbon footprint of the ammonia plant can
be compared to that of the ATR/SMR system
producing the hydrogen for subsequent ammonia
conversion. If this was undertaken in the UK, based
on the system design outlined in Section 4.0 of this
report, the carbon footprint of the ammonia would
be 20.6g/kWh. However, this rises to of 23 g/kWh
when the additional energy penalty associated with
the production and cracking process is added.
For H21 NoE the annual consumption of ammonia
will be in the range of 13-14 Mtpa (about 10% of
the current global production) and will require an
ammonia production facility of close to 40,000 t/d. The
biggest ammonia plants currently constructed have
a capability of about 4,000 t/d. Therefore, a facility
of 10 production units would be needed to supply the
H21 NoE area of conversion with sufficient capacity.
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Ammonia will be transported in VLGC (Very Large
Gas Carriers) in liquid form at atmospheric
pressure (-33°C). A typical VLGC has a capacity of
52,000 tonnes of ammonia (circa 325 MWh). This
means that one VLGC must dock and load 52,000
tonnes of ammonia every day. The dock must
accommodate two VLGC with simultaneous loading.
Based on the fuel and emission calculator by
National Technical University of Athens – Laboratory
for Maritime Transport34 , the fuel consumption and
associated emission for a round trip shipping of
ammonia from US Gulf Corpus Christi to UK Liverpool
of 4,843 nautical miles35 is shown in Table 3.43.

KEY DATA

SINGULAR

H21 NOE

Ship type

LPG carrier

25 vessels

Size, DWT

52,000 tonnes (325,000 MWh)

13,400,000 tonnes ammonia
annual equal 83,75 TWh

Engine type

Slow speed

Total distance

9,686 nm

Total annual round trips: 258

Fuel consumption

1,340 tonnes equal 16.5 GWh or
5% of the ammonia energy

345,300 tonnes or 4.25 TWh annually

CO2 emission

4,167 tonnes equal 12.8 g/kWh

1.07 Mt CO2 annual emissions

Table 3.43: Ammonia shipping performance data
Ammonia would be stored both at the
production location and at the receiving facility
in the UK. A typical ammonia tank can store
about 60,000 tonnes (375,000 MWh).
A US based ammonia plant operating in base
load, exporting at a constant rate and meeting the
NoE demand would require 23 ship transports per
month carrying 50,000 tonnes of ammonia each.
The system would include 44 storage tanks in the
UK (each storing 60,000 tonnes) in order to meet
the peak month demand of 20 GW of hydrogen. Two
such tanks would also be required in the US.

34 http://www.martrans.org/emis/
35 https://sea-distances.org/
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The ammonia cracker capacity in the UK will also
have to be designed to meet the 20 GW demand. An
ammonia cracker unit will typically have a capacity
of 400 MW requiring 50 units to meet the demand.
ATR BASED AMMONIA

17 BAR AMMONIA CRACKING

Production capacity (MW)

10,400

20,000

Carbon capture rate (%)

92.1

0

CO2 footprint (g CO2/kWh)

20.6

0

Efficiency % (HHV)

71.0

88.9

Electric power import (MW)

0

17.3

Natural gas consumption (MW)

14,650

N/A

Ammonia consumption (MW)

N/A

22,480

CO2 captured (t/hr)

2,384

N/A

Water consumption (m3 per year) 7,000,000

0

Area (ha)

120-180

280-330

Configuration

8 ATR train + ASU

Table 3.44: Key performance data for a natural gas to ammonia via ATR with CCS to
hydrogen supply concept
Based on the above, the annual supply
chain CO2 emissions are as follows:
Ammonia plant: 1.87 Mt (20.6 g/kWh x 90.8 TWh/y)
Transport: 1.07 Mt
Total: 2.94 Mt = 39.4 g/kWh
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about 60,000 tonnes (375,000 MWh).
A US based ammonia plant operating in base
load, exporting at a constant rate and meeting the
NoE demand would require 23 ship transports per
month carrying 50,000 tonnes of ammonia each.
The system would include 44 storage tanks in the
UK (each storing 60,000 tonnes) in order to meet
the peak month demand of 20 GW of hydrogen. Two
such tanks would also be required in the US.
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The ammonia cracker capacity in the UK will also
have to be designed to meet the 20 GW demand. An
ammonia cracker unit will typically have a capacity
of 400 MW requiring 50 units to meet the demand.
ATR BASED AMMONIA

17 BAR AMMONIA CRACKING

Production capacity (MW)

10,400

20,000

Carbon capture rate (%)

92.1

0

CO2 footprint (g CO2/kWh)
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Efficiency % (HHV)
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Electric power import (MW)
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Natural gas consumption (MW)
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N/A

Ammonia consumption (MW)
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22,480

CO2 captured (t/hr)

2,384

N/A

Water consumption (m3 per year) 7,000,000

0

Area (ha)

120-180

280-330

Configuration

8 ATR train + ASU

Table 3.44: Key performance data for a natural gas to ammonia via ATR with CCS to
hydrogen supply concept
Based on the above, the annual supply
chain CO2 emissions are as follows:
Ammonia plant: 1.87 Mt (20.6 g/kWh x 90.8 TWh/y)
Transport: 1.07 Mt
Total: 2.94 Mt = 39.4 g/kWh

H21 North of England

SECTION 03

182

H21 North of England

3.9.5

The total system CAPEX is shown for the ATR based
ammonia to hydrogen concept in Table 3.45.
AREA

CAPACITY

UNIT COST

TOTAL COST (£M)

Ammonia production

10.4 GW

£1,205/kWNH3HHV

12,532

Ammonia storage and
dock export facility

2 x 60,000 tonnes

CO2 T&S

2,384 t/hr

£460/t/h

1,097

Ammonia VLGC

25 x 50,000 tonnes

£40 m per vessel

1,000

Ammonia storage and dock
Import facility
Ammonia cracker 17 bar

TOTAL

44 x 60,000 tonnes
20 GW

£800/tonnes
£100 m per dock

£800/tonnes
£100 m per dock
£235/kWH2HHV

296

2,311
4,700

21,937

Table 3.45: Total system cost for natural gas to ammonia via ATR with CCS to hydrogen
supply concept
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Ammonia based on renewables

Ammonia can also be produced from renewable sources
via electrolysis (‘green ammonia’). Low cost storage
and transport of ammonia offers an opportunity to
utilise availability of cheap renewable sources, e.g.
solar power in hot climates. The advantage of solar
energy as a renewable source are as follows:
→→

Solar produces Direct Current (DC) power
which is the requirement for electrolysis
(no AC-DC converter is necessary)

→→

Solar in hot climates provides stable and continuous
power compared to wind which is, by its nature,
an intermittent power source. Obviously, there
is a power production swing during the day, i.e.
between daylight and hours of darkness at night.
This is where Li-Ion batteries could act as a buffer
between the solar power plant and the electrolyser
to level the power production. This would allow for
the electrolyser to operate continuously and make
hydrogen/ammonia production more economic.

A generic solar to ammonia concept has been developed
based on ideal solar conditions with a net capacity factor
of 29%. To produce the same daily output rate as the ATR
based ammonia concept of 10.4 GW x 24 = 249 GWh/d,
the solar to ammonia facility would require the following:
→→

57 GW Solar farm producing annually 147 TWh of
power. The solar panel would cover an area of 500600 km2. For a UK location the net capacity factor
would be approx 10-11% and would require about 3
times more installed solar capacity (150-170 GW).

→→ 179 GWh Li-battery to enable ammonia
production during night at 50% turndown ratio
→→ 13.9 GWNH3HHV alkaline electrolyser-based ammonia
facility producing annually 90.8 TWh of ammonia
Figure 3.59 shows the main technologies in a solar to
ammonia concept, the hourly production of solar power,
power from battery, solar and ammonia production.
Downstream of the ammonia plant, the remaining parts
of the value chain are similar to the ATR based scheme.

This concept is achievable within the
time frame but the biggest risk and
uncertainty is the purchase of a 20 GW
ammonia cracker and operation that
minimises the number of starts and
stops over the year. However, in a
similar way to developing electrolyser
supply chains, this risk should
diminish overtime as global demand
for this technology increases to trade
renewable energy internationally.

Figure 3.59: Ammonia value chain to the UK based on ammonia production in the US with
solar power and via electrolysis
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3.9.6

CO2 emission only occurs in transporting ammonia
and is 1.07 million tonnes per year resulting in an
overall CO2 footprint of 1.07 ÷ 74.45 (H21 NoE heat
demand) = 14.4 g/kWh. This is based on the CO2
footprint of the vessels within the timescales for
H21 NoE; over time these will reduce as shipping
decarbonises. The total system CAPEX is shown for the
solar to ammonia to hydrogen concept in Table 3.46.
AREA

CAPACITY

UNIT COST

TOTAL COST (£M)

Solar

57 GW

£670/kW1)

38,190

Li-Battery

179 GWh

£150/kWh2)

26,850

Ammonia production

13.9 GW

£1,594/kWNH3HHV3)

22,157

Ammonia storage and
dock export facility

2 x 60,000 tonnes

Ammonia VLGC

25 x 50,000 tonnes

Ammonia storage and dock
import facility
Ammonia cracker 17 bar

44 x 60,000 tonnes
20 GW

TOTAL

£800/tonnes
£100 Mt per dock
£40 m per vessel
£800 tonnes
100 Mt per dock
£235 kWH2HHV

296
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Ammonia based on gasification

Ammonia can be produced as part of coal gasification.
This is a specific option being considered by the
Carbonnet Project run by the Victoria Government
in Australia. This may represent a credible source
of internationally traded ‘clean’ hydrogen in the
longer term for the UK. However, it is not considered
practical in the context of the H21 NOE project as
much more efficient, cheaper and cleaner systems
are available directly to the UK via natural gas.
As with the ATR and electrolyser-based import
ammonia to hydrogen supply concept, the ammonia
production plant will deliver a base load production of
10.4 GWNH3HHV and 90.8 TWh annually. This feeds into the
transport, storage and cracker chain in both the ATR and
electrolyser concept (see Figure 3.60). The supply chain
will consume 184.5 TWh of coal equivalent to 22 Mt.

This is twice as much as the UK based Drax power
station when operating on coal. This also results in an
overall efficiency less than 40% (74.5 TWh/188.75 TWh
(coal: 184.5 TWh + bunker fuel: 4.25 TWh) =39.5% (HHV)).
45.2 Mtpa of CO2 (3 times more compared to the
ATR+CCS based hydrogen concept) would need to be
captured and must be stored. For a 40 year operation,
this would require 1,800 Mt of CO2 storage capacity.
The overall CO2 emission would be:
Ammonia plant: 5.9 Mt
(65.1 g/kWhNH3HHV x 90.8 TWh)
Transport:1.1 Mt
Total:7.0 Mt or 94 g/kWhNH3HHV

1,000
10.4 GW Coal NH3 Plant

2,311

2 x 60,000 t (0.75 TWh)

25 vessel @ 50,000 t cargo

4,700

95,504

184.5 TWh Coal
22 Mill tonnes

90.8 TWh NH3

Table 3.46: Total system cost for solar power to ammonia via electrolysis to hydrogen
supply concept
→→ 1) From BEIS report electricity generation cost
2016. PV >5MW – medium: predevelopment:
£70/kW and construction: £600/kW
→→

2) An optimistic cost <$200/kWh have been
used. For the note Lazard reports (LCOS 3.0)
cost to be in the range of $500/kWh with a
potential to be reduced to $300/kWh36

→→

3) Reduced from £1,902/kW since NH3 storage and
dock is outside scope and substation simplification
due solar – battery DC power production

If the electrolyser and ammonia plant could stop
overnight, the lithium battery storage could be
omitted and the plant would follow the solar
production profile. This would increase the
electrolyser/ammonia plant by a factor of 3.3 and
would not create any savings. Furthermore, the
potential for future cost reduction is more likely to
occur for lithium batteries than electrolysers.
For the H21 NoE timeframe, the installation of 57 GW of
solar capacity (30% more than current entire German
solar capacity) is considered very challenging.
An option based on importing green ammonia produced
from solar will require significant capital and must
be considered a longer-term option, i.e. post 2040.

36 Lazard, “Lazard’s Levelized cost of storage analysis – Version 3.0”, 2,017

45.2 mill tpa CO2

44 x 60,000 t (16.5 TWh)
90.8 TWh NH3

20 GW NH3 Cracker

74.5 TWh avg
85.12 TWh peak

Figure 3.60: Ammonia value chain to the UK based on ammonia production in the US from
coal gasification with CCS
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3.10

Conclusions and final technology selection

£2,350/kWNH3HHV

24,440

Ammonia storage and
dock export facility

2 x 60,000
tonnes

£800/tonnes

296

CO2 T&S

5,159 t/hr

£460/t/h

2,373

Ammonia VLGC

25 x 50,000
tonnes

£40 million per vessel

1,000

Ammonia storage and dock
Import facility

44 x 60,000
tonnes

£800/tonnes

Ammonia cracker 17 bar

20 GW

£235/kWH2HHV

TOTAL

2,311

ENERGY SOURCE SUPPLY CHAIN SOLUTION
ANNUAL DEMAND

TWh

SOLAR
AEL NH3
NH3 CRACKING

10.4 GW

COAL GASIFICATION
W CCS
NH3 CRACKING

Ammonia production

NATURAL GAS
ATR W CCS
NH3 CRACKING

TOTAL COST, £M

COAL GASIFICATION
W CCS

UNIT COST

OFFSHORE WIND
AEL

CAPACITY

NATURAL GAS
ATR W CCS

AREA

A qualitative comparison of the different
value chains considering essential
selection criteria for the H21 NoE
conversion is given in Table 3.48.

UNIT

The total system CAPEX is shown for the ATR coal
gasification to ammonia concept in Table 3.47.

74.5

74.5

74.5

74.5

74.5

74.5

KEY PERFORMANCE PARAMETERS
FOSSIL FUEL CONSUMPTION

TWh

89.6

0

134.60

132.15

188.75

4.25

ELECTRICITY CONSUMPTION

TWh

3.9

105.9

0.30

0

0

147

4,700

TOTAL

TWH

93.5

105.9

134.90

132.15

188.75

151.25

OVERALL SUPPLY CHAIN EFFICIENCY

%

79.7%

70.3%

55.2%

56.4%

39.5%

49.3%

35,121

CO2 CONSIDERATION
CO2 FOOTPRINT EXCL SUPPLY
CHAIN EMISSIONS

g/kWh

15.5

0.0

60.3

39.4

94.0

14.4

CO2 FOOTPRINT INCL SUPPLY
CHAIN EMISSIONS

g/kWh

16.5-50

0.0

101.5

40-65

139.6

14.4

CO2 CAPTURED

Mtpa

15.6

0.0

33.0

20.8

45.2

0.0

Table 3.47: Total system cost for a coal to ammonia via gasification with CCS to
hydrogen supply concept

DESIGN CAPACITIES
RENEWABLE ELECTRICITY PRODUCTION

GW

26.0

57.0

RENEWABLE ELECTRICITY TRANSPORT

GW

26.0

57.0

RENEWABLE ENERGY STORAGE

GWh

AMMONIA PRODUCTION

GW

AMMONIA TRANSPORT AND STORAGE

TWh

HYDROGEN PRODUCTION

GW

HYDROGEN STORAGE
CO2 T&S

179.0
10.4

10.4

13.9

90.8

90.8

90.8

20.0

20.0

20.0

8.0

0.0

0.0

0.0

5,374.0

2,384.0

5,159.0

0.0

12.2

18.4

12.2

TWh

8.0

19.5

t/hr

2,552.0

CAPEX
RENEWABLE ELECTRICITY PRODUCTION

£m

58,500

RENEWABLE ELECTRICITY TRANSPORT

£m

9,950

38,190

RENEWABLE ENERGY STORAGE

£m

AMMONIA PRODUCTION

£m

12,532

24,440

26,850

AMMONIA TRANSPORT AND STORAGE

£m

36,07

3,607

3,607

HYDROGEN PRODUCTION

£m

7,698

19,743

20,546

4,700

4,700

4,700

4,401

1,806
2,472

1,097

2,373

24,823

21,936

35,121

HYDROGEN STORAGE

£m

1,806

CO2 T&S

£m

1,174

TOTAL CAPEX

£m

10,678

FOSSIL ENERGY PRICE

£/MWh

23

9

12

5

ELECTRICITY PRICE

£/MWh

60

60

30

30

92,595

22,157

95,504

ANNUAL OPEX

CO2 EMISSION PRICE

£/t

80

80

80

80

80

80

FOSSIL ENERGY COST

£m

2,061

0

1,211

1,586

944

0

ELECTRICITY COST

£m

234

0

18

0

0

0

CO2 COST

£m

92

0

359

235

560

86
2,865

O&M (3 % OF CAPEX)

£m

320

2,778

745

658

1,054

TOTAL OPEX AND ENERGY

£m

2708

2778

2,333

2,479

2,558

2,951

H2 COST

£/MWH

50

155

63

61

79

160
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3.10

Conclusions and final technology selection

£2,350/kWNH3HHV

24,440

Ammonia storage and
dock export facility

2 x 60,000
tonnes

£800/tonnes

296

CO2 T&S

5,159 t/hr

£460/t/h

2,373

Ammonia VLGC

25 x 50,000
tonnes

£40 million per vessel

1,000

Ammonia storage and dock
Import facility

44 x 60,000
tonnes

£800/tonnes

Ammonia cracker 17 bar

20 GW

£235/kWH2HHV

TOTAL

2,311

ENERGY SOURCE SUPPLY CHAIN SOLUTION
ANNUAL DEMAND

TWh

SOLAR
AEL NH3
NH3 CRACKING

10.4 GW

COAL GASIFICATION
W CCS
NH3 CRACKING

Ammonia production

NATURAL GAS
ATR W CCS
NH3 CRACKING

TOTAL COST, £M

COAL GASIFICATION
W CCS

UNIT COST

OFFSHORE WIND
AEL

CAPACITY

NATURAL GAS
ATR W CCS

AREA

A qualitative comparison of the different
value chains considering essential
selection criteria for the H21 NoE
conversion is given in Table 3.48.

UNIT

The total system CAPEX is shown for the ATR coal
gasification to ammonia concept in Table 3.47.
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%
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CO2 FOOTPRINT EXCL SUPPLY
CHAIN EMISSIONS

g/kWh
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14.4

CO2 FOOTPRINT INCL SUPPLY
CHAIN EMISSIONS

g/kWh

16.5-50

0.0

101.5

40-65
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14.4

CO2 CAPTURED
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15.6
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33.0

20.8

45.2

0.0
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Table 3.48: H21 NoE value chain summary

With a starting point of 184.45 g/kWh
(or 206 g/kWh including supply chain
emissions) an 85-90% CO2 reduction
would mean that a concept should
have a maximum CO2 footprint of 1530 g/kWh. As seen from the table only
electrolysis directly connected to a
renewable source (or at least 70-75%
depending on the grid CO2 footprint)
and natural gas-based solutions can
meet this target. Coal concepts
whether it is hydrogen or ammonia
have CO2 footprint of 60-140 g/kWh.

Fossil fuel availability
For fossil-based supply the long-term availability is
critical. An investment in H21 NoE would have a lifetime
of 40 years (last plant would be in operation in 2070).
Coal resources are immense with 400 years of reserves
based on current annual fossil-based consumption. The
UK in 2017 consumed 80 bcm of natural gas (800 TWh)
of the global consumption of 3,670 bcm (36,700 TWh).
Total reserves are 193,000 bcm and in the last 20 years
70,000 bcm of new reserves have been discovered which
is equal to the consumption37 over the same period.

Looking at the different technology elements
in the supply chain and estimating annual
installation to meet H21 NoE targets, the key
findings can be summarised as follows:
→→

→→

→→

→→

→→

Natural gas reforming by SMR/ATR is already
being used on global scale with installations
equal to 6-7 GW per year. References like Oryx and
Pearl GTL projects are examples of mega scale
projects similar or above H21 NoE requirements.
Coal gasification is a technology that can
be adopted for H21 NoE and the Sasol
CTL facility in Secunda, South Africa
is a project similar to H21 NoE.
Ammonia production capacity, including ammonia
storage and transport systems, would be possible
to establish. 90.8 TWh capacity is less than 10%
of current global production of ammonia and
well within industry experience and scale.
For all concepts with electrolysis about 1.52.5 GWH2HHV AEL capacity would have to be
installed per year. This is 4-5 times greater
than current big scale manufacturers
can deliver in a 5-year time frame.
26 GW of offshore wind capacity would have to be
commissioned for the H21 NoE green hydrogen
supply concept. A typical mega scale project
in the industry is about 1.2-2.4 GW. Delivering
a 10-15 times larger scale project would be
an enormous challenge within the H21 NoE
project scope. This would also be the case for
commissioning 57 GW solar power capacity.

ENERGY SOURCE SUPPLY CHAIN SOLUTION
DESIGN CAPACITIES
RENEWABLE ELECTRICITY PRODUCTION

GW

26.0

RENEWABLE ELECTRICITY TRANSPORT

GW

26.0

RENEWABLE ENERGY STORAGE

GWh

57.0
57.0
179.0

AMMONIA PRODUCTION

GW

10.4

10.4

13.9

AMMONIA TRANSPORT AND STORAGE

TWh

90.8

90.8

90.8

HYDROGEN PRODUCTION

GW

20.0

20.0

20.0

12.2

18.4

12.2

19.5

HYDROGEN STORAGE

TWh

8.0

8.0

0.0

0.0

0.0

CO2 T&S

t/hr

2,552.0

5,374.0

2,384.0

5,159.0

0.0

CO2 STORAGE CAPACITY

£m

600

1,200

750

1,800

COMMISSIONING REQUIREMENT
RENEWABLE ELECTRICITY PRODUCTION
GW PA

2.5-3.0

7-7.5

GW PA

2.5-3.0

7-7.5

RENEWABLE ELECTRICITY TRANSPORT

RENEWABLE ENERGY STORAGE
GW PA

20-25

AMMONIA PRODUCTION
GW PA

1.3

1.3

1.7

AMMONIA
TANKS PA

4-5

4-5

4-5

2.5

2.5

2.5

AMMONIA TRANSPORT AND STORAGE

HYDROGEN PRODUCTION
GW PA

1.5-1.8

2.3-2.8

1.5-1.8

CAVERNS
PA

6-7

15-17

6-7

HYDROGEN STORAGE

CO2 T&S

200 KM
PIPELINE
1-2
WELLS PA

200 KM
PIPELINE
2-4
WELLS PA

200 KM
PIPELINE
1-2
WELLS PA

200 KM
PIPELINE
2-4
WELLS PA

CO2 STORAGE CAPACITY

QUALIFY
2-3
FORMATION

QUALIFY
4-6
FORMATION

QUALIFY
2-3
FORMATION

QUALIFY
6-9
FORMATION
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37 BP Statistical review of world energy, June 2,018

SOLAR
AEL NH3
NH3 CRACKING

The most important question is: Is it possible
to commission the supply chain within the
timeframe and conversion strategy of H21 NoE?

COAL GASIFICATION
W CCS
NH3 CRACKING

To meet significant/deep CO2 reduction in heat
solutions a carbon capture rate of 85-90% is required.
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electrolysis directly connected to a
renewable source (or at least 70-75%
depending on the grid CO2 footprint)
and natural gas-based solutions can
meet this target. Coal concepts
whether it is hydrogen or ammonia
have CO2 footprint of 60-140 g/kWh.

Fossil fuel availability
For fossil-based supply the long-term availability is
critical. An investment in H21 NoE would have a lifetime
of 40 years (last plant would be in operation in 2070).
Coal resources are immense with 400 years of reserves
based on current annual fossil-based consumption. The
UK in 2017 consumed 80 bcm of natural gas (800 TWh)
of the global consumption of 3,670 bcm (36,700 TWh).
Total reserves are 193,000 bcm and in the last 20 years
70,000 bcm of new reserves have been discovered which
is equal to the consumption37 over the same period.

Looking at the different technology elements
in the supply chain and estimating annual
installation to meet H21 NoE targets, the key
findings can be summarised as follows:
→→

→→
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Natural gas reforming by SMR/ATR is already
being used on global scale with installations
equal to 6-7 GW per year. References like Oryx and
Pearl GTL projects are examples of mega scale
projects similar or above H21 NoE requirements.
Coal gasification is a technology that can
be adopted for H21 NoE and the Sasol
CTL facility in Secunda, South Africa
is a project similar to H21 NoE.
Ammonia production capacity, including ammonia
storage and transport systems, would be possible
to establish. 90.8 TWh capacity is less than 10%
of current global production of ammonia and
well within industry experience and scale.
For all concepts with electrolysis about 1.52.5 GWH2HHV AEL capacity would have to be
installed per year. This is 4-5 times greater
than current big scale manufacturers
can deliver in a 5-year time frame.
26 GW of offshore wind capacity would have to be
commissioned for the H21 NoE green hydrogen
supply concept. A typical mega scale project
in the industry is about 1.2-2.4 GW. Delivering
a 10-15 times larger scale project would be
an enormous challenge within the H21 NoE
project scope. This would also be the case for
commissioning 57 GW solar power capacity.
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Logistic and infrastructure
Building H21 NoE based on existing infrastructure
is a key advantage. The UK has a well-developed
natural gas supply infrastructure. It has numerous
entry points where significant amounts of
natural gas can be delivered, (e.g. Easington or
Langeled terminals) with 30 GW of capacity.
12 GW coal gasification projects in the UK would be
extremely difficult. With the changes in the UK electricity
sector, the continuing policy of coal power plant closure
will lead to little or no coal fired plants in operation
by 2025. Therefore, it is likely that the associated coal
infrastructure would have to be re-established.
Natural gas reforming via ATR technology
coupled with carbon capture and storage
is evidently the most attractive
option for guaranteed delivery of deep
decarbonisation and has therefore been
selected for the H21 NoE project. It has
a low carbon footprint, the lowest CAPEX
and medium OPEX. It is among the lowest
risk solutions when considering energy
availability, commissioning and technical
risks. The technology is proven (and
referenced) at scale with a reliable and
well-developed supply chain. It can be
built in the context of H21 NoE in the
required short-term timescales and will
ensure energy security for customers.

Hydrogen from ammonia produced from natural gas
appears as the next best alternative. However, this
comes with higher CAPEX and associated hydrogen
unit cost than the ATR natural gas reforming process.
Water electrolysis coupled to offshore wind is the
most attractive option when considering CO2 footprint
only. This is severely offset with the highest cost, and
the highest technical and commissioning risk. Access
to sufficient land acreage for the hydrogen facility is
also a disadvantage as well as the enormous offshore
acreage required to deliver 26 GW of electricity.
Imported ammonia from solar energy is the most
attractive option in this summary for reduction in
technical risk and UK onshore area requirement.
Gasification of coal has a high CO2 footprint and the
investment cost and onshore area are also higher
for the gasification technologies than for ATR.
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4.0

This section presents the design
concept for the Hydrogen Production
Facility and inter-seasonal hydrogen
storage requirements to meet the
annual and peak demand for the North
of England presented in Section 2.0.
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As described in detail in Section
3.0 the Hydrogen Production Facility
is based on Autothermal Reformer
(ATR) modular configuration and
inter-seasonal hydrogen storage
will be based on salt caverns.
This section considers an optimised
location for the production and
storage aspects of the design as well
as presenting an alternative option
which would be further considered
in a future Front-End Engineering
Design (FEED) study (see Section 10).
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Facility and inter-seasonal hydrogen
storage requirements to meet the
annual and peak demand for the North
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4.1

Supply and storage requirements
versus demand
Summary of energy demand for H21 NoE
All demand parameters for NoE are summarised in Table
4.4 taken from the conclusions of Section 2.0, Demand.

The energy demand parameters and
inter-seasonal/intraday variations for the
H21NoE were established in Section 2.0.

DESCRIPTION

H21 NoE
DEMAND

Peak year annual demand

85,120 GWh

Peak year average hourly demand

9.7 GW

Peak hour demand

42.2 GW

Peak day demand

659 GWh

For clarity the entire H21 NoE design
concept comprises the following:

Peak month demand

14,400 GWh

→→ An ATR based Hydrogen Production Facility

Peak month average hourly demand

20 GW

Peak day linepack requirement

25 GWh

Average year hourly demand

8.5 GW

Average year demand

74,450 GWh

Table 4.1: NoE design parameters

Based on these requirements, an optimised mix of
hydrogen production capacity, i.e. the proportion of
hydrogen production capacities from the ATRs (GW)
and the inter-seasonal hydrogen storage (GWh) needs
to be established. Note that the intraday storage is
provided exclusively by the Hydrogen Transmission
System (HTS) for the NoE (see Section 5.0 for details).

→→ Inter-seasonal hydrogen storage using salt caverns
→→ A Hydrogen Transportation System (HTrS) – the
pipes linking the Hydrogen Production Facility,
inter-seasonal hydrogen storage and areas
of demand. See Section 5.0 for details
→→ An offshore aquifer and associated Carbon
Dioxide (CO2) transportation and injection
system for permanent CO2 storage in Bundter
BC3, BC36 and BC40 in Southern North Sea. This
element is covered in detail in Section 7.0
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4.1

Supply and storage requirements
versus demand
Summary of energy demand for H21 NoE
All demand parameters for NoE are summarised in Table
4.4 taken from the conclusions of Section 2.0, Demand.

The energy demand parameters and
inter-seasonal/intraday variations for the
H21NoE were established in Section 2.0.

DESCRIPTION

H21 NoE
DEMAND

Peak year annual demand

85,120 GWh

Peak year average hourly demand

9.7 GW

Peak hour demand

42.2 GW

Peak day demand

659 GWh

For clarity the entire H21 NoE design
concept comprises the following:

Peak month demand

14,400 GWh

→→ An ATR based Hydrogen Production Facility

Peak month average hourly demand

20 GW

Peak day linepack requirement

25 GWh

Average year hourly demand

8.5 GW

Average year demand

74,450 GWh

Table 4.1: NoE design parameters

Based on these requirements, an optimised mix of
hydrogen production capacity, i.e. the proportion of
hydrogen production capacities from the ATRs (GW)
and the inter-seasonal hydrogen storage (GWh) needs
to be established. Note that the intraday storage is
provided exclusively by the Hydrogen Transmission
System (HTS) for the NoE (see Section 5.0 for details).

→→ Inter-seasonal hydrogen storage using salt caverns
→→ A Hydrogen Transportation System (HTrS) – the
pipes linking the Hydrogen Production Facility,
inter-seasonal hydrogen storage and areas
of demand. See Section 5.0 for details
→→ An offshore aquifer and associated Carbon
Dioxide (CO2) transportation and injection
system for permanent CO2 storage in Bundter
BC3, BC36 and BC40 in Southern North Sea. This
element is covered in detail in Section 7.0
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4.2

Optimising the HPF versus inter-seasonal
hydrogen storage capacity
4.1.1 General design principles
The hydrogen production and inter-seasonal
hydrogen storage system must be able to
meet peak day and peak month demand
(see Section 2.0, Demand, for details).
Variations in demand profile occurring throughout the
day, i.e low demand 2 am in the morning versus high
demand 6 pm at night, is provided by linepack (see
within the HTrS, Section 5.0). The hydrogen production
and inter-seasonal hydrogen storage system capacity
for the NoE needs to address four primary areas:
→→ Peak annual demand of 85,120 GWh
→→ Total capacity of inter-seasonal
hydrogen storage required
→→ Peak month demand, of 20 GW (14,400 GWh), i.e. the
average output hydrogen requirement over the worst
month provided through a combination of interseasonal hydrogen storage and hydrogen production

The optimal operation of the Hydrogen Production
Facility is to operate the ATR units continuously near
design capacity. In summer months the Hydrogen
Production Facility will have over capacity as demand
is low due to domestic heating in the UK generally
being turned off. This means during these months
surplus hydrogen will be diverted to the inter-seasonal
hydrogen storage in addition to several ATR units being
stopped. This allows continuous optimised and efficient
use of the ATR units which remain in operation.
Conversely in winter, all ATR units will be in operation
and the Hydrogen Production Facility will still be
under capacity, i.e. there is more demand from
customers than the maximum capacity of all the ATRs
in operations from the facility. Through winter this
shortfall will be provided by withdrawing hydrogen
from the inter-seasonal hydrogen storage.

→→ The hydrogen demand profile, i.e. the
monthly demand swings for energy
from customers across the NoE

Determining the Hydrogen Production
Facility capacity and associated interseasonal hydrogen storage requirements
is a difficult balance and would be fully
confirmed as part of a future FEED study.
For the H21 NoE project the parameters are based on
heat demand alone. In reality additional use of hydrogen,
for example in transport and electric generation, as
well as energy efficiency measure and smart appliance
design, mean the solution presented here can probably
be further optimised to meet UK strategic ambitions.
In the original H21 Leeds City Gate project an
overcapacity of 140% of peak year average hourly
demand was selected as the design point for the
Hydrogen Production Facility (see Section 2.2. H21
Leeds City Gate report). For the H21 NoE project this
base assumption needed to be fully explored to ensure
an optimised hydrogen production versus storage
design could be presented. Different combinations
of hydrogen production and storage capacities were
analysed using demand data from the period 2013-16.

The only fixed design parameter is that the average
annual hourly demand is met by the Hydrogen
Production Facility and therefore cannot be less than
the design average of 8.493 GW (8.5 GW). In this case
the Hydrogen Production Facility would operate as base
load at maximum capacity the entire year, filling the
storage sites during summer when demands are low to
meet the higher demands during winter. A model was
developed to analyse Hydrogen Production Facility and
inter-seasonal hydrogen storage requirements using
real daily demand data. This is illustrated in Figure 4.2.
N.B. Working capacity means the amount of
hydrogen available from the salt cavern storage in
addition to the Hydrogen Production Facility.
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Figure 4.1: General principles of supply
during winter and peak periods. The
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4.2

Optimising the HPF versus inter-seasonal
hydrogen storage capacity
4.1.1 General design principles
The hydrogen production and inter-seasonal
hydrogen storage system must be able to
meet peak day and peak month demand
(see Section 2.0, Demand, for details).
Variations in demand profile occurring throughout the
day, i.e low demand 2 am in the morning versus high
demand 6 pm at night, is provided by linepack (see
within the HTrS, Section 5.0). The hydrogen production
and inter-seasonal hydrogen storage system capacity
for the NoE needs to address four primary areas:
→→ Peak annual demand of 85,120 GWh
→→ Total capacity of inter-seasonal
hydrogen storage required
→→ Peak month demand, of 20 GW (14,400 GWh), i.e. the
average output hydrogen requirement over the worst
month provided through a combination of interseasonal hydrogen storage and hydrogen production

The optimal operation of the Hydrogen Production
Facility is to operate the ATR units continuously near
design capacity. In summer months the Hydrogen
Production Facility will have over capacity as demand
is low due to domestic heating in the UK generally
being turned off. This means during these months
surplus hydrogen will be diverted to the inter-seasonal
hydrogen storage in addition to several ATR units being
stopped. This allows continuous optimised and efficient
use of the ATR units which remain in operation.
Conversely in winter, all ATR units will be in operation
and the Hydrogen Production Facility will still be
under capacity, i.e. there is more demand from
customers than the maximum capacity of all the ATRs
in operations from the facility. Through winter this
shortfall will be provided by withdrawing hydrogen
from the inter-seasonal hydrogen storage.

→→ The hydrogen demand profile, i.e. the
monthly demand swings for energy
from customers across the NoE

Determining the Hydrogen Production
Facility capacity and associated interseasonal hydrogen storage requirements
is a difficult balance and would be fully
confirmed as part of a future FEED study.
For the H21 NoE project the parameters are based on
heat demand alone. In reality additional use of hydrogen,
for example in transport and electric generation, as
well as energy efficiency measure and smart appliance
design, mean the solution presented here can probably
be further optimised to meet UK strategic ambitions.
In the original H21 Leeds City Gate project an
overcapacity of 140% of peak year average hourly
demand was selected as the design point for the
Hydrogen Production Facility (see Section 2.2. H21
Leeds City Gate report). For the H21 NoE project this
base assumption needed to be fully explored to ensure
an optimised hydrogen production versus storage
design could be presented. Different combinations
of hydrogen production and storage capacities were
analysed using demand data from the period 2013-16.

The only fixed design parameter is that the average
annual hourly demand is met by the Hydrogen
Production Facility and therefore cannot be less than
the design average of 8.493 GW (8.5 GW). In this case
the Hydrogen Production Facility would operate as base
load at maximum capacity the entire year, filling the
storage sites during summer when demands are low to
meet the higher demands during winter. A model was
developed to analyse Hydrogen Production Facility and
inter-seasonal hydrogen storage requirements using
real daily demand data. This is illustrated in Figure 4.2.
N.B. Working capacity means the amount of
hydrogen available from the salt cavern storage in
addition to the Hydrogen Production Facility.
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In Figure 4.2 the hydrogen demand of H21 NoE
(orange) is matched by 8.5 GW of installed hydrogen
production capacity (turquoise) and inter-seasonal
storage (green). When the production is higher
than the demand, the hydrogen is injected into
the storage. When the demand is higher than the
production capacity, hydrogen is withdrawn from
the storage decreasing its working capacity.

To determine the optimum design point of the hydrogen
production capacity and working capacity (interseasonal hydrogen storage) several cases were analysed.
As a minimum, the Hydrogen Production Facility must
be able to provide the total amount of energy for a peak
year not just an average year, i.e. a ‘1 in 20’ very cold year.
The peak year annual demand for the NoE is 85,120 GWh
equal to 9.74 GW Hydrogen Production Facility capacity.

The maximum point of the inter-seasonal hydrogen
storage curve (green) defines the required working
capacity of the inter-seasonal hydrogen storage. In
the example shown in Figure 4.2 where the Hydrogen
Production Facility is based on the average year
hour demand, (i.e. 100% of the load, 8.5 GW), the
required maximum working capacity would need to
be 20,000 GWh. This is equivalent to 30x the storage
requirements identified in the H21 LCG report and is
considered impractical, inflexible and sub optimised.

Storage capacities are considered based on two
requirements. Firstly, to meet total inter-seasonal
hydrogen storage simulated from real data in 201316. Secondly, to meet a monthly peak demand of
14,400 GWh to ensure the storage would not be
depleted over a peak month. An explanation of each
column is provided below the table for clarity.

CASE

The scenarios which were modelled, and
associated results are shown in Table 4.2.

A)
HYDROGEN
FACILITY
CAPACITY
(GW)

B)
DESIGN
FACTOR

C)
SIMULATED
STORAGE
(GWH)

D)
PEAK
MONTH
SUPPLY
(GW)

E)
ADDITIONAL
STORAGE
TO MEET
PEAK MONTH
DEMAND
(GWH)

F)
INTERSEASONAL
STORAGE
BASED ON
PEAK MONTH
DEMAND
(GWH)

G)
INTERSEASONAL
STORAGE
BASED ON
PEAK YEAR
DEMAND
(GWH)

Peak
demand

9,74

100%

11,319

25.46

0

11,319

14,039

Case A

11.3

116%

7,373

21.54

0

7,373

10,047

Case B

12.15

125%

5,521

19.82

130

5,651

8,052

Case C

12.74

131%

4,263

18.66

960

5,223

6,674

Case D

16.99

174%

104

17.13

2,060

2,164

636

Case E

21.23

218%

0

21.23

0

0

0

Table 4.2: Required inter-seasonal hydrogen storage for different hydrogen production
capacities defined by the peak demand
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Column A: Design capacity of the
Hydrogen Production Facility.
Column B: Design factor percentage. Ratio
of production capacity compared to peak
year average hourly demand of 9.74 GW.
Column C: Storage required to meet the net winter
deficit between the Hydrogen Production Facility
capacity and demand based on the period 2013-16
(utilising monthly scaling factors from Section 2.4).
Column D: Based on the design capacity of the
Hydrogen Production Facility (column A) and storage
requirement (column C). The monthly peak capacity
can be estimated assuming the storage is full when
the peak month starts, i.e. for case B the hydrogen
facility can deliver 12.15 GW and the full storage
can deliver 5,521 GWh/24/30 = 7.67 GW which in
total gives 19.82 GW of peak month supply.
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Column E: Based on a peak month hourly average of
20 GW, (14,400 GWh for the month) this is the difference
between the monthly peak capacity (column D) and
the additional storage required for the peak month.
For example, for case B = (20.00 GW – 19.82 GW =
0.18 GW, (0.18 x 24 hours x 30 days = 130 GWh)
Column F: (C + E)
Column G: Based on a peak year demand of
85,120 GWh. The worst year in 2013-16 was 2013
(79,010 GWh, see Table 2.7 in Section 2.0). This was
scaled up to a peak year demand by multiplying all
daily demand data by 85,120 ÷ 79,010 = 1.0773.
The adjusted 2013 year demand curve now representing
a peak year was added into the 2013-16 data set and
storage was re-simulated against this peak profile
year. For case B this adds an additional 2,401 GWh of
inter-seasonal hydrogen storage to the overall system
design resulting in an inter-seasonal hydrogen storage
requriement of 8,052 GWh. This is something that would
need detailed investigation as part of the FEED study.
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In Figure 4.2 the hydrogen demand of H21 NoE
(orange) is matched by 8.5 GW of installed hydrogen
production capacity (turquoise) and inter-seasonal
storage (green). When the production is higher
than the demand, the hydrogen is injected into
the storage. When the demand is higher than the
production capacity, hydrogen is withdrawn from
the storage decreasing its working capacity.

To determine the optimum design point of the hydrogen
production capacity and working capacity (interseasonal hydrogen storage) several cases were analysed.
As a minimum, the Hydrogen Production Facility must
be able to provide the total amount of energy for a peak
year not just an average year, i.e. a ‘1 in 20’ very cold year.
The peak year annual demand for the NoE is 85,120 GWh
equal to 9.74 GW Hydrogen Production Facility capacity.

The maximum point of the inter-seasonal hydrogen
storage curve (green) defines the required working
capacity of the inter-seasonal hydrogen storage. In
the example shown in Figure 4.2 where the Hydrogen
Production Facility is based on the average year
hour demand, (i.e. 100% of the load, 8.5 GW), the
required maximum working capacity would need to
be 20,000 GWh. This is equivalent to 30x the storage
requirements identified in the H21 LCG report and is
considered impractical, inflexible and sub optimised.

Storage capacities are considered based on two
requirements. Firstly, to meet total inter-seasonal
hydrogen storage simulated from real data in 201316. Secondly, to meet a monthly peak demand of
14,400 GWh to ensure the storage would not be
depleted over a peak month. An explanation of each
column is provided below the table for clarity.

CASE

The scenarios which were modelled, and
associated results are shown in Table 4.2.

A)
HYDROGEN
FACILITY
CAPACITY
(GW)

B)
DESIGN
FACTOR

C)
SIMULATED
STORAGE
(GWH)

D)
PEAK
MONTH
SUPPLY
(GW)

E)
ADDITIONAL
STORAGE
TO MEET
PEAK MONTH
DEMAND
(GWH)

F)
INTERSEASONAL
STORAGE
BASED ON
PEAK MONTH
DEMAND
(GWH)

G)
INTERSEASONAL
STORAGE
BASED ON
PEAK YEAR
DEMAND
(GWH)

Peak
demand

9,74

100%

11,319

25.46

0

11,319

14,039

Case A

11.3

116%

7,373

21.54

0

7,373

10,047

Case B

12.15

125%

5,521

19.82

130

5,651
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Case C

12.74

131%

4,263
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5,223
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16.99
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Table 4.2: Required inter-seasonal hydrogen storage for different hydrogen production
capacities defined by the peak demand
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Column A: Design capacity of the
Hydrogen Production Facility.
Column B: Design factor percentage. Ratio
of production capacity compared to peak
year average hourly demand of 9.74 GW.
Column C: Storage required to meet the net winter
deficit between the Hydrogen Production Facility
capacity and demand based on the period 2013-16
(utilising monthly scaling factors from Section 2.4).
Column D: Based on the design capacity of the
Hydrogen Production Facility (column A) and storage
requirement (column C). The monthly peak capacity
can be estimated assuming the storage is full when
the peak month starts, i.e. for case B the hydrogen
facility can deliver 12.15 GW and the full storage
can deliver 5,521 GWh/24/30 = 7.67 GW which in
total gives 19.82 GW of peak month supply.
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Column E: Based on a peak month hourly average of
20 GW, (14,400 GWh for the month) this is the difference
between the monthly peak capacity (column D) and
the additional storage required for the peak month.
For example, for case B = (20.00 GW – 19.82 GW =
0.18 GW, (0.18 x 24 hours x 30 days = 130 GWh)
Column F: (C + E)
Column G: Based on a peak year demand of
85,120 GWh. The worst year in 2013-16 was 2013
(79,010 GWh, see Table 2.7 in Section 2.0). This was
scaled up to a peak year demand by multiplying all
daily demand data by 85,120 ÷ 79,010 = 1.0773.
The adjusted 2013 year demand curve now representing
a peak year was added into the 2013-16 data set and
storage was re-simulated against this peak profile
year. For case B this adds an additional 2,401 GWh of
inter-seasonal hydrogen storage to the overall system
design resulting in an inter-seasonal hydrogen storage
requriement of 8,052 GWh. This is something that would
need detailed investigation as part of the FEED study.
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The most extreme point is case E which is equal to
a production capacity capable of matching the peak
monthly requirement of 14.4 TWh. In Case E, no interseasonal hydrogen storage is required as the ATRs
have the capacity to meet peak month demand.

The results from the tables are represented graphically
below for case B and case D. These show the impact
of the changing hydrogen production capacity against
the storage (working capacity) requirements for
column C, i.e. without the peak demand requirement
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Whilst this is technically deliverable it will mean
that most of the year the ATRs are operating at
significantly reduced capacity with reduced efficiency.
Whilst this is not an optimised solution, this is how
the towns gas production facilities are currently
operated in Hong Kong and how hydrogen production
is managed for the Port Arthur to Louisiana hydrogen
pipeline, where no storage provision is in place.
Some observations which can be made from this
type of real data simulation are provided below:
→→ The sustained winter in 2013 determined the
maximum storage capacity. It also meant if
modelling had only been undertaken for one year,
say 2014, with a mild winter the storage requirement
would have been severely underestimated
→→ Real data simulation must be analysed for both
peak month and peak year demand to define
an inter-seasonal hydrogen storage capacity
→→ With a design above 174% of peak demand
there was no need for significant inter-seasonal
hydrogen storage during a mild winter, e.g.
2014-16. This indicates that it could be worth
pursuing an alternative storage concept based
on one big strategic storage site similar to the
UK storage site that was operated in the North
Sea at Rough. This would mean provision of a
much larger Hydrogen Production Facility with
an ‘emergency store’ for peak year demands. This
would reduce or eliminate the need for salt caverns
significantly. This should be considered as part of
the future FEED study of the H21 NoE project.
All the scenarios presented (A-E) would technically
meet the system requirements of the H21 NoE project.
To determine a preferred option, the robustness of
the engineering solutions were considered in terms
of timescales, buildability and the commissioning
and conversion strategy presented in Section 6.0.
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When considering the optimised design size for the
Hydrogen Production Facility a hydrogen production
capacity between 115-150% of peak year average
hourly demand appears to present the optimised
solution. The Hydrogen Production Facility needs to be
designed based on industrial referenced ATR modules
which can be built incrementally to line up to the
commissioning and conversion strategy for the NoE
(see Section 6.0). As a result, a Hydrogen Production
Facility-based case B has been selected with an
associated storage requirement of 8,052 GWh as the
design concept for commissioning. This assessment
would need to be more robustly tested as part of a
future H21 NoE FEED study which would also factor in
other wider strategic options and UK considerations.
Selected hydrogen production and
storage design parameters are:
→→ Hydrogen Production Facility: 12.15 GW
→→ Inter-seasonal hydrogen storage
requirement 8,052 GWh
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The most extreme point is case E which is equal to
a production capacity capable of matching the peak
monthly requirement of 14.4 TWh. In Case E, no interseasonal hydrogen storage is required as the ATRs
have the capacity to meet peak month demand.

The results from the tables are represented graphically
below for case B and case D. These show the impact
of the changing hydrogen production capacity against
the storage (working capacity) requirements for
column C, i.e. without the peak demand requirement
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Whilst this is technically deliverable it will mean
that most of the year the ATRs are operating at
significantly reduced capacity with reduced efficiency.
Whilst this is not an optimised solution, this is how
the towns gas production facilities are currently
operated in Hong Kong and how hydrogen production
is managed for the Port Arthur to Louisiana hydrogen
pipeline, where no storage provision is in place.
Some observations which can be made from this
type of real data simulation are provided below:
→→ The sustained winter in 2013 determined the
maximum storage capacity. It also meant if
modelling had only been undertaken for one year,
say 2014, with a mild winter the storage requirement
would have been severely underestimated
→→ Real data simulation must be analysed for both
peak month and peak year demand to define
an inter-seasonal hydrogen storage capacity
→→ With a design above 174% of peak demand
there was no need for significant inter-seasonal
hydrogen storage during a mild winter, e.g.
2014-16. This indicates that it could be worth
pursuing an alternative storage concept based
on one big strategic storage site similar to the
UK storage site that was operated in the North
Sea at Rough. This would mean provision of a
much larger Hydrogen Production Facility with
an ‘emergency store’ for peak year demands. This
would reduce or eliminate the need for salt caverns
significantly. This should be considered as part of
the future FEED study of the H21 NoE project.
All the scenarios presented (A-E) would technically
meet the system requirements of the H21 NoE project.
To determine a preferred option, the robustness of
the engineering solutions were considered in terms
of timescales, buildability and the commissioning
and conversion strategy presented in Section 6.0.
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When considering the optimised design size for the
Hydrogen Production Facility a hydrogen production
capacity between 115-150% of peak year average
hourly demand appears to present the optimised
solution. The Hydrogen Production Facility needs to be
designed based on industrial referenced ATR modules
which can be built incrementally to line up to the
commissioning and conversion strategy for the NoE
(see Section 6.0). As a result, a Hydrogen Production
Facility-based case B has been selected with an
associated storage requirement of 8,052 GWh as the
design concept for commissioning. This assessment
would need to be more robustly tested as part of a
future H21 NoE FEED study which would also factor in
other wider strategic options and UK considerations.
Selected hydrogen production and
storage design parameters are:
→→ Hydrogen Production Facility: 12.15 GW
→→ Inter-seasonal hydrogen storage
requirement 8,052 GWh
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4.3

Hydrogen production facility
design configuration
In the design it is assumed that one area will be
dedicated to offsites, utilities and the substation along
with administration, visitor centre and parking facilities.
Three dedicated areas will be allocated to hydrogen
compression, hydrogen fired CCGT and CO2 compression.
Finally, the ATRs and Air Separation Unit (ASU) will
be sited adjacent to the hydrogen production unit.

The Hydrogen Production Facility for the
NoE is set out schematically below. It is
based on nine ATR units operating in parallel
each with a production design capacity
of 12.15 GW (9 x 1.35 GW = 12.15 GW).
All necessary utilities and power are produced
within the facility including a substation allowing
for import and export of power to the high voltage
grid. Parameters used in the development
of this layout are described thereafter.

Each of the H2 plants, including the ASU and CO2
compressor units, will need circa 55,000 m2 land area
including access roads. The utility area including the
sub station and power plant will need about 250,000 m2.
There will be an additional construction and laydown
area of 150,000 m2 for constructing the last three plants.
It is envisaged that outside the plant footprint some
access roads and parking area will be needed. Overall,
the expected land take will be circa 0.9 km2. Alternative
location and layouts will be subject to consideration
in the FEED study as will the potential to split the
facility into two locations if that is required from a UK
strategic point of view irrespective of additional cost.

The production facility layout is planned to allow
a phased construction and operating scenario. It
will allow full production to be achieved through
unit 1 independent of units 2 to 9. The parallel
design philosophy, commonly used in the industry,
comprises of multiple identical process units.
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4.3.1 Safety considerations
The H21 NoE hydrogen facility has been
developed with safety as a priority.
Technology selection: As identified in Section 3.0
the Auto Thermal Reactor (ATR) instead of Steam
Methane Reformer (SMR) reduces safety risk as
it contains less vulnerable components for leaks/
failure and lower operational complexity.
Plot planning: The production plot footprint envisaged
will have good access in case of emergency. The
plants/units will be configured with adequate
spacing to allow isolation and avoid contagion to the
rest of the facility in the event of failure. The ASU,
in particular, will be located at the furthest point
from any existing hydrocarbon facilities. Most of the
equipment, piping, valves etc. is located outside,
thus potential leaks will not be able to accumulate
in confined areas and create an explosion risk.
Oxygen handling: The recommended concept
minimises the pure oxygen inventory and handling.
No storage for liquid oxygen is required. It has been
developed based on proven and referenced design
of a 1.35 GW ATR unit supplied with oxygen from an
ASU designed to match the production of one ATR. All
nine ASUs will be connected to one common oxygen
header to enable flexible supply to the ATRs.
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4.3

Hydrogen production facility
design configuration
In the design it is assumed that one area will be
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a phased construction and operating scenario. It
will allow full production to be achieved through
unit 1 independent of units 2 to 9. The parallel
design philosophy, commonly used in the industry,
comprises of multiple identical process units.
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The H21 NoE hydrogen facility has been
developed with safety as a priority.
Technology selection: As identified in Section 3.0
the Auto Thermal Reactor (ATR) instead of Steam
Methane Reformer (SMR) reduces safety risk as
it contains less vulnerable components for leaks/
failure and lower operational complexity.
Plot planning: The production plot footprint envisaged
will have good access in case of emergency. The
plants/units will be configured with adequate
spacing to allow isolation and avoid contagion to the
rest of the facility in the event of failure. The ASU,
in particular, will be located at the furthest point
from any existing hydrocarbon facilities. Most of the
equipment, piping, valves etc. is located outside,
thus potential leaks will not be able to accumulate
in confined areas and create an explosion risk.
Oxygen handling: The recommended concept
minimises the pure oxygen inventory and handling.
No storage for liquid oxygen is required. It has been
developed based on proven and referenced design
of a 1.35 GW ATR unit supplied with oxygen from an
ASU designed to match the production of one ATR. All
nine ASUs will be connected to one common oxygen
header to enable flexible supply to the ATRs.
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4.3.2 Key plant features
The Hydrogen Production Facility is based
on greenfield design principles and is selfsufficient in power and utility infrastructure.
→→ Hydrogen produced from the ATR enters
into a common hydrogen header system and
is directed to a compressor house where
hydrogen is compressed in multiple parallel
reciprocating compressors to 80 bar
→→ The CO2 captured in the hydrogen production
will, after compression, enter a common CO2
header for dispatch to the CO2 export facility.
There it will be dried and pumped to 300 bar
and send into the CO2 export pipeline
→→ On average, about 0.073 GW of electric power will
be needed to operate one plant including oxygen
supply and utilities. Therefore, the facility will need
a power plant delivering at least 0.675 GW power.
The power plant will consume up to 1.350 GWHHV
hydrogen. This represents 100% of the capacity
of one ATR unit. Based on vendor information a
power plant efficiency close to 59% (LHV based)
will be possible. This will result in a slightly higher
carbon footprint for the facilty (14.4g/kWh) than
the estmate (13.1g/kWh) provided in Section 3.0.
This is because the scenario described in Section
3.0 assumed that power was provided to the
facility from renewable sources, i.e. 0g/kWh.
→→ It is likely that an optimised single CCGT combined
powerplant can deliver up to 0.7 GW of power whilst
consuming up to 1.35 GW of hydrogen. The facility
performance and emission figures indicated in Table
4.3 and Table 4.4 will be subject to adjustment if the
full capacity of the power plant is being utilised
→→ The power plant fuel must be diluted with 20-50%
nitrogen by volume to minimise NOx emissions.
This will be supplied from one of the ASUs and
compressed to circa 37 bar before mixing with
hydrogen. In addition, a SCNR (Selective Catalytic
NOx Reduction) unit will be installed in the flue
gas duct. The power needed to compress the
nitrogen is equivalent to the power saved in
not compressing the hydrogen fuel to 80 bar
→→ For both power export and import (when the CCGT
is out of operation), an electrical substation of
0.7 GW is included in the overall facility design
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4.3.3 Effluent and emissions
→→ In addition, the following off sites and utilities
are included in this concept, namely: various
storage tanks, demineralisation units, condensate
treatment units, start-up boilers, desalination plant,
instrument air plant, waste water facilities, etc.
→→ Control room and administration building is included
along with access roads, natural gas supply tiein with Easington terminal (see Section 4.5) NTS
pipelines and High Voltage Alternating Current
(HVAC) tie-in to the electrical transmission system

H21 NoE HYDROGEN FACILITY PERFORMANCE

The continuous gaseous emissions (pollutants) are CO2,
NOx and SOx. A subsequent FEED study will address the
requirements for design features and instrumentations
to monitor and record emissions. Reductions in
NOx emissions will be considered during the design
including low NOx burners and the SCR option.
All liquid emissions will be collected within the
facility and treated as necessary before disposal
in accordance with regulatory requirements. Spent
catalyst and molecular sieves are solid waste
materials. Specialist companies will collect and
carry out re-processing/recovery of metals as far
as reasonably practicable before safe disposal.
The overall performance and gaseous /liquid
emissions of the facility when completed are
summarised in the following tables.

Hydrogen production (GWHHV)

12.15

CO2 capture (%)

94.2

CO2 footprint (g/kWh)

14.4

C-avoided (%)

92.0

EFFLUENTS AND EMISSIONS

H2 FACILITY EMISSIONS

Flue gases

75 tCO2/h

Efficiency (%-HHV)

74.7

Power generation

10 tCO2/h

NG consumption (GWHHV)

16.200

CO2 in H2 product (as CO2/h)

90 tCO2/h

H2 based power need (GW)

0.675

CO2 footprint

14.4 g/kWh

CO2 export (t/h)

2,827

Flue gases

4,879,000

H2 purity (%)

98.3

(Nm3/h)1)

<25 ppm NOx

H2 export pressure (bar)

80

Oxygen production (t/h)

1,088

De-aerator steam (kg/h)2)

<0.05 ppm SOx
6,930

Desalinated water (m /h)

1,434

TEG flash gas (kg/h)3)

3,280

3

28,350

Steam blow down (kg/h)4)

Table 4.3: K
ey process parameters for H21
NoE hydrogen facility
(including internal power
production)
The production process will involve typical emissions
seen in hydrogen plants within the refining industry
or in industrial gas facilities supplying hydrogen.
It should be noted that the CO2 in this process
is over 94% and, therefore, the CO2 emitted is
very low on an equivalent capacity hydrogen
production basis (see Section 3.0 for details).

Condensate losses (kg/h)

5)

18,470

Table 4.4: Emission data from H21 NoE hydrogen facility
→→ 1) NOx concentration with SCR will be below 10 ppm.
→→ 2) Steam vented to atmosphere
→→ 3) Steam with trace of glycol/
CO2 vented to atmosphere
→→ 4) H2O with BFW chemicals
→→ 5) Pure water
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into a common hydrogen header system and
is directed to a compressor house where
hydrogen is compressed in multiple parallel
reciprocating compressors to 80 bar
→→ The CO2 captured in the hydrogen production
will, after compression, enter a common CO2
header for dispatch to the CO2 export facility.
There it will be dried and pumped to 300 bar
and send into the CO2 export pipeline
→→ On average, about 0.073 GW of electric power will
be needed to operate one plant including oxygen
supply and utilities. Therefore, the facility will need
a power plant delivering at least 0.675 GW power.
The power plant will consume up to 1.350 GWHHV
hydrogen. This represents 100% of the capacity
of one ATR unit. Based on vendor information a
power plant efficiency close to 59% (LHV based)
will be possible. This will result in a slightly higher
carbon footprint for the facilty (14.4g/kWh) than
the estmate (13.1g/kWh) provided in Section 3.0.
This is because the scenario described in Section
3.0 assumed that power was provided to the
facility from renewable sources, i.e. 0g/kWh.
→→ It is likely that an optimised single CCGT combined
powerplant can deliver up to 0.7 GW of power whilst
consuming up to 1.35 GW of hydrogen. The facility
performance and emission figures indicated in Table
4.3 and Table 4.4 will be subject to adjustment if the
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hydrogen. In addition, a SCNR (Selective Catalytic
NOx Reduction) unit will be installed in the flue
gas duct. The power needed to compress the
nitrogen is equivalent to the power saved in
not compressing the hydrogen fuel to 80 bar
→→ For both power export and import (when the CCGT
is out of operation), an electrical substation of
0.7 GW is included in the overall facility design
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4.3.3 Effluent and emissions
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treatment units, start-up boilers, desalination plant,
instrument air plant, waste water facilities, etc.
→→ Control room and administration building is included
along with access roads, natural gas supply tiein with Easington terminal (see Section 4.5) NTS
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(HVAC) tie-in to the electrical transmission system
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NOx emissions will be considered during the design
including low NOx burners and the SCR option.
All liquid emissions will be collected within the
facility and treated as necessary before disposal
in accordance with regulatory requirements. Spent
catalyst and molecular sieves are solid waste
materials. Specialist companies will collect and
carry out re-processing/recovery of metals as far
as reasonably practicable before safe disposal.
The overall performance and gaseous /liquid
emissions of the facility when completed are
summarised in the following tables.
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The production process will involve typical emissions
seen in hydrogen plants within the refining industry
or in industrial gas facilities supplying hydrogen.
It should be noted that the CO2 in this process
is over 94% and, therefore, the CO2 emitted is
very low on an equivalent capacity hydrogen
production basis (see Section 3.0 for details).
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Table 4.4: Emission data from H21 NoE hydrogen facility
→→ 1) NOx concentration with SCR will be below 10 ppm.
→→ 2) Steam vented to atmosphere
→→ 3) Steam with trace of glycol/
CO2 vented to atmosphere
→→ 4) H2O with BFW chemicals
→→ 5) Pure water
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4.4

Inter-seasonal hydrogen storage
4.4.1 Inter-seasonal hydrogen storage options
8,052 GWh of inter-seasonal hydrogen storage
is required for the H21 NoE conversion.
Outside the gas industry this would be
considered a huge amount of storage.

The existing salt caverns at Etzel in Germany
are currently operational and have an interseasonal hydrogen storage capacity of over 5.5
times that required for the H21 NoE project.

In terms of storage there are extensive salt
caverns around the world and examples
have been provided below.
All current hydrogen caverns are used
by the chemical industry with high
safety, quality and purity standards
for the hydrogen gas. This demonstrates
technical feasibility and integrity.
The size and geometry are comparable to
state-of-the-art natural gas caverns and
techniques for preparing a salt cavern
for hydrogen is similar to natural gas.

However, within the gas industry this is a typical level of
storage every year in many locations across the world.
Geological gas storage currently in operation across
Europe is equivalent in capacity to 1,000,000 GWh
equivalent to 100 times that required for the NoE. As a
benchmark this European gas storage is equivalent to
7.7 million Australian mega batteries (0.125-0.130 GWh
each) or 70 billion Tesla power wall batteries.
PARAMETERS

CLEMENS
DOME (USA)

MOSS
BLUFF
(USA)

SPINDLE
TOP (USA)

TEESSIDE
(UK)

ALDBROUGH (UK)

ETZEL
(GERMANY)

H21 NOE (UK)

Operator

Conoco
Philips

Praxair

Air
Liquide

Sabic

SSE/ Equinor

StorageEtzel GmbH

TBD

Gas type

Hydrogen

Hydrogen

Hydrogen

Hydrogen

Natural Gas

Natural Gas

Hydrogen

Year of
operation

1983

2007

2017

1972

2012

1971-18

2028-35
(required)

Volume, (m3)

580,000

566,000

906,000

3 x 70,000

9 x 300,000

51 x 600,000900,000

56 x 300,000

Depth (m)

1,000

1,200

13,40

365

1,700-18,00

1,000

1,700-1,800

Pressure
range (bar)

70-140

55-150

70-200

45

120-270

120-200

85-275

Capacity,
(GWh)

81

123

274

27

2,500

45,000

8,052

Due to the sub-surface nature of salt cavern storage
even caverns with capacity such as those at Etzel have
minimal impact on the landscape as shown in Figure 4.6.

Table 4.5: Parameters of hydrogen and natural gas storage in salt caverns in USA, UK
and Germany1

Figure 4.6: Storage-Etzel GmBH facilities
- operator of 51 salt caverns and storing
4.5 BCM (45,000 GWh) of natural gas
1 Letcher, T.M., Storing Energy – with Special Reference to Renewable Energy Sources, Elsevier, 2016

The NoE has sufficient capacity for this scale of salt
cavern storage utilising the deep salt deposits in
the Humber area. However, it should be noted that
ammonia is also a credible inter-seasonal hydrogen
storage solution for areas across the world where
large geological salt deposits, saline aquifers or
depleted hydrogen carbon fields do not exist. Details
on ammonia storage were presented in Section 3.0,
hydrogen production and storage technologies.
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Due to the sub-surface nature of salt cavern storage
even caverns with capacity such as those at Etzel have
minimal impact on the landscape as shown in Figure 4.6.
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- operator of 51 salt caverns and storing
4.5 BCM (45,000 GWh) of natural gas
1 Letcher, T.M., Storing Energy – with Special Reference to Renewable Energy Sources, Elsevier, 2016

The NoE has sufficient capacity for this scale of salt
cavern storage utilising the deep salt deposits in
the Humber area. However, it should be noted that
ammonia is also a credible inter-seasonal hydrogen
storage solution for areas across the world where
large geological salt deposits, saline aquifers or
depleted hydrogen carbon fields do not exist. Details
on ammonia storage were presented in Section 3.0,
hydrogen production and storage technologies.
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4.4.2 Hydrogen storage salt cavern design
A typical hydrogen storage project using salt
caverns will comprise the following elements:
→→ Site service: Site preparation works, site
facilitating works, energy supplies
→→ Subsurface work: Drilling and workover
operations, snubbing operations, leaching
plant and leaching operation.
→→ Supply of water and return/disposal of brine
→→ Surface processing unit
→→ Project management and engineering services
→→ Miscellaneous: Environmental,
insurance, decommissioning

The minimum pressure of the salt cavern is defined by
the maximum pressure of the Hydrogen Transmission
System (HTS), see Section 5.0 which is 80 bar. then
adding an additional 5 bar pressure loss across valves,
piping and equipment associated with the salt caverns.
This gives a minimum pressure of the salt caverns of
85 bar. With an established minimum pressure, the next
step of the design is to determine the highest possible
maximum operating pressure. A high maximum operating
pressure is critical to keep the number of caverns
and therefore cost as low as technically possible.
Having established the 85 bar minimum operating
pressure, maximum operating pressure can be
determined, and therefore number of salt caverns
required for the H21 NoE. A basic assessment of the
thickness of the UKs available salt strata was carried
out. Depth is important to achieve more capacity per
available area and to maintain a cavern form that
remains within the salt boundaries. Cavern spacing
should be established by employing numerical
geo mechanical modelling to determine adequate
distance between caverns to minimise interference
and weakening. In the NoE there are three significant
salt areas which are summarised in Table 4.6.

PARAMETERS

CHESHIRE

TEESSIDE

YORKSHIRE

Type

Triassic

Permian

Permian

Depth (m)

200-500

300-400

1,000-2,000

Thickness (m)

250-300

30-45

75-100

Maximum pressure (bar)

34-100

51-80

170-400

Table 4.6: P
otential areas for hydrogen storage in salt caverns for the
NoE
In the UK three areas, Cheshire, Teesside and
Yorkshire, were considered for H21 NoE. In Table
4.6 depth and thickness of the salt in these areas
is presented including a maximum pressure range.
Since the HTS is designed for 80 bar, Cheshire and
Teesside become technically challenging as they
would require re-compression after withdrawal of
hydrogen from the salt cavern. The Yorkshire area has
required depth to operate the cavern significantly
above the HTS pressure avoiding re-compression
and obtaining the required storage capacity.
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For the H21 NoE project a similar maximum
operating pressure to that of the Aldbrough gas
storage facility has been selected, approximately
275 bar. Using the hydrogen volumetric energy
density curve, it is possible to establish the required
working capacity for H21 NoE (see Figure 4.8).

In Figure 4.7 the relation between number of caverns
(assuming a size of 300,000 m3 per cavern) is compared
against maximum operating pressure. Reducing
the maximum operating pressure from 280 bar to
200 bar can almost double the number of caverns.

200 bar cavern

Number of caverns

SECTION 04

240 bar cavern

280 bar cavern

200

150
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0
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Figure 4.7: Number of caverns (@300,000 m3) each) for H21 NoE versus maximum and
minimum pressure

Volumetric energy density (kWh/m3)
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Figure 4.8: H21 NoE volumetric energy
density versus pressure

As a result of salt depth, extent of the deposits and
experience (currently the biggest natural gas salt
caverns are in Aldbrough), the Yorkshire salt strata and
the Aldbrough area has been identified as the most
logical place for the H21 NoE salt caverns, and the
design characteristics for the salt caverns are based on
this location being assumed. This would be confirmed
as part of a future FEED study (see Section 10.0).
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A typical hydrogen storage project using salt
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→→ Site service: Site preparation works, site
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operations, snubbing operations, leaching
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the maximum pressure of the Hydrogen Transmission
System (HTS), see Section 5.0 which is 80 bar. then
adding an additional 5 bar pressure loss across valves,
piping and equipment associated with the salt caverns.
This gives a minimum pressure of the salt caverns of
85 bar. With an established minimum pressure, the next
step of the design is to determine the highest possible
maximum operating pressure. A high maximum operating
pressure is critical to keep the number of caverns
and therefore cost as low as technically possible.
Having established the 85 bar minimum operating
pressure, maximum operating pressure can be
determined, and therefore number of salt caverns
required for the H21 NoE. A basic assessment of the
thickness of the UKs available salt strata was carried
out. Depth is important to achieve more capacity per
available area and to maintain a cavern form that
remains within the salt boundaries. Cavern spacing
should be established by employing numerical
geo mechanical modelling to determine adequate
distance between caverns to minimise interference
and weakening. In the NoE there are three significant
salt areas which are summarised in Table 4.6.
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In the UK three areas, Cheshire, Teesside and
Yorkshire, were considered for H21 NoE. In Table
4.6 depth and thickness of the salt in these areas
is presented including a maximum pressure range.
Since the HTS is designed for 80 bar, Cheshire and
Teesside become technically challenging as they
would require re-compression after withdrawal of
hydrogen from the salt cavern. The Yorkshire area has
required depth to operate the cavern significantly
above the HTS pressure avoiding re-compression
and obtaining the required storage capacity.
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For the H21 NoE project a similar maximum
operating pressure to that of the Aldbrough gas
storage facility has been selected, approximately
275 bar. Using the hydrogen volumetric energy
density curve, it is possible to establish the required
working capacity for H21 NoE (see Figure 4.8).

In Figure 4.7 the relation between number of caverns
(assuming a size of 300,000 m3 per cavern) is compared
against maximum operating pressure. Reducing
the maximum operating pressure from 280 bar to
200 bar can almost double the number of caverns.
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Figure 4.7: Number of caverns (@300,000 m3) each) for H21 NoE versus maximum and
minimum pressure
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Figure 4.8: H21 NoE volumetric energy
density versus pressure

As a result of salt depth, extent of the deposits and
experience (currently the biggest natural gas salt
caverns are in Aldbrough), the Yorkshire salt strata and
the Aldbrough area has been identified as the most
logical place for the H21 NoE salt caverns, and the
design characteristics for the salt caverns are based on
this location being assumed. This would be confirmed
as part of a future FEED study (see Section 10.0).
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4.4.3 Inter-seasonal hydrogen storage surface facilities

From the hydrogen capacity and storage analysis (see
Section 4.2) the 12.15 GW Hydrogen Production Facility
would need 8,052 GWh of storage working capacity.
With the minimum and maximum pressure established,
the storage for H21 NoE would be based on 56 caverns
and 8 surface facilities as detailed in Table 4.7.
KEY DESIGN PARAMETERS

H21 NORTH OF ENGLAND

Surface facilities/sites

8

Cavern size

300,000 m

Number of caverns

8 sites with 7 caverns per site

3

Total of 56 caverns

In Section 3.0, a typical surface facility
for withdrawal and injection of hydrogen
into salt caverns was described. For H21
NoE, each surface facility will be based
on a 3x 50% redundancy philosophy.
This will allow a compressor heat exchanger
or valve to ‘fail’ without losing the functionality
of the storage withdrawal or injection of
hydrogen at the required design capacities.
Table 4.8 the capabilities of the equipment for
the salt cavern surface facility are presented.

Minimum operating pressure

85 bar

Maximum operating pressure

275 bar

CAVERN SURFACE FACILITY

Maximum daily differential pressure

10 bar

Compression

3 x 6.2 GW reciprocating
compressor with motor drive

Ammonia refrigeration

3 x 0.6 GW ammonia compressor and
refrigeration circuit units

Air coolers

3 x 0.12 GW air coolers

Gas volumes
Cushion gas (56 x 300,000 x 260 kWh/m3)

4,368 GWh

Working gas

8,064 GWh

Total gas (56 x 300,000 x 740 kWh/m )

12,432 GWh

Withdrawal capacity for 30 days

11.2 GWh~ 76 MSm3/d

Injection capacity in 60 days

5.6 GWh~ 38 MSm3/d

3

Table 4.7: H21 NoE inter-seasonal hydrogen storage key parameters
Combined with Hydrogen Production Facility capacity
the total system can deliver 11.2 GW + 12.15 GW =
23.35 GW for 30 days under normal operating conditions.
In case of a peak day (see Section 2.0) more hydrogen
would have to be withdrawn from the cavern. The
maximum withdrawal rate is determined by not
exceeding a pressure drop of more than 10 bar
per day (maximum daily differential pressure). On
average 10 bar is equal to 5.3% of total working
capacity (10 bar ÷ (275 bar-85 bar)) = 0.0526) which
is approximately 17.5 GW ((8,064 GWh x 5.3%) ÷ 24
hours) of maximum withdrawal rate and 420 GWh/d.
The eight hydrogen storage salt cavern sites will
feed into a common mixing station which can import
and export to the HTS operating at a maximum
pressure of 80 bar via an interconnecting pipeline.

Table 4.8: Surface equipment
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4.5

Location of the HPF and
inter-seasonal hydrogen storage
The final steps in the Hydrogen
Production Facility and inter-seasonal
hydrogen storage system design is to
recommend an optimised location.
This is required to allow the design of the Hydrogen
Transportation System (HTrS – see Section 5.0) which
links the Hydrogen Production Facility and interseasonal hydrogen storage to the urban centres. As
described in Section 4.4.1 the geology of specific
areas dictates the location of the inter-seasonal
hydrogen storage, specifically the depth and thickness
of the salt strata. The Aldbrough area in the Humber
region on Yorkshires East Coast was identified as the
location for the inter-seasonal hydrogen storage.
Final selection for the location of a Hydrogen
Production Facility was based on several factors.
Please note that the final location of any future
Hydrogen Production Facility will be subject to
the findings of a future FEED study and may need
to take into account wider factors than the most
economic engineering design. These include:
→→ Economic: Proximity to the recommended CO2
storage facility (see Section 7.0, Carbon Transport
and Storage), distance to areas of conversion,
geologic constraints for the salt caverns
→→ Hydrogen Transportation System Design: (See
Section 5.0), specifically the optimised location
for the HTrS to ensure gas supply could be
maintained at the extremity of the system
→→ Energy supply: Access to natural gas in the
required volumes and access to electricity
at the required voltage and power
→→ Land availability: Permitting and available land
that can accommodate the required infrastructure
→→ Health Safety and Environment: Distance
to population, permitting, environment
→→ Access to water: In sufficient volume

Through analysis the Easington area, located on the
coast in the Humber region, was selected as the
location for the Hydrogen Production Facility. The
justification for this location was based on proximity
to the following in order to mitigate cost impact:

The optimum engineering solution for the location
of the Hydrogen Production Facility at Easington
and inter-seasonal hydrogen storage salt caverns at
Aldbrough is shown in the maps in Figure 4.9 below.

→→ Preferred CO2 storage solution (see Section 7.0)
→→ Major entry point of natural gas (the
Easington Terminal) with long time
horizon (30 GW and 40 years plus)
→→ Hydrogen storage caverns in the
Aldbrough area (25 km away) minimising
complexity on the HTrS design
→→ Future CCS projects in Humber industrial area
→→ Close proximity to the shore resulting in minimum
landfall for the CO2 pipeline and seawater supply
→→ The area of conversion
→→ A major HVAC electricity system and entry
point for future offshore wind HVDC cables
Whilst the Easington area is a clear favourite for a
single ‘mega’ facility the Tees Valley area is also a
high potential area for many of the same reasons but
under a split location strategy as presented in Section
4.6. Locating a single Hydrogen Production Facility at
Teesside would result in compression being required
along the HTS to maintain supply pressures at Liverpool.
In a future FEED study, wider considerations such as UK
energy security, regional advantages, constructability,
gross value added economic benefit, alternative
carbon clusters, etc. would all be taken into account.
For completeness within the H21 NoE report an
alternative locational proposal has been included
in Section 4.6. showing a split Hydrogen Production
Facility in the Teesside and Easington areas and
the associated estimate in economic impact.

HYDROGEN
STORAGE
SITES

STORAGE

MIXING STATION AND
CONTROL ROOM

HYDROGEN PIPELINE
TO EASINGTON

HYDROGEN PIPELINE
TO NORTH OF ENGLAND
AND STORAGE

→→ Construction: access for heavy
equipment transportation

CO2 PIPELINE
TO STORAGE

H2
PRODUCTION

Figure 4.9: H21 NoE the optimum
engineering solution for the location of
Hydrogen Production Facility at Easington
and inter-seasonal hydrogen storage at
Aldbrough.
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4.6

Hydrogen Production Facility design impact
– split location
4.6.1 Split facility technical layout
A dual site Hydrogen Production Facility
solution would require a combined
land area of 1.26 km2 (single site =
0.9 km2), the schematic layouts of the
facilities are shown in Figure 4.10.
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Figure 4.10: Hydrogen production facility
– split location design

In order to present an alternative split of the Hydrogen
Production Facility the following two assumptions were
made. Firstly, that the total export from the two facilities
will be 12.15 GW H2, secondly 8.1 GW comes from
Easington and 4.05 GW from Teesside. This is required
to ensure pressures are maintained at the Liverpool
end of the HTS (see Section 5.0). The details of the two
respective hydrogen production facilities and the
economic impact of such a strategy are
detailed in the following section.

CONSTRUCTION AND LAYDOWN AREA

ASU 2900
t/d

H2 PLANT - 1.35 GW

EASINGTON

These factors may include wider regional advantages,
gross value added economic benefit, carbon
clusters, land availability, skilled labour, etc. For
completeness an alternative locational proposal
has been included to give an indication of cost
differential for a split Hydrogen Production Facility.

HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL
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As described throughout this section the
H21 NoE project is based on the optimised
engineering solution. However, in a future
FEED study this solution would be stress
tested against wider UK factors.
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CO2 HEADER

OFFSITE AND
UTILITIES INCL.
SUBSTATION FOR
400 kV IMPORT

As with any construction project a single site offers
significant economies of scale. For the Hydrogen
Production Facility, in addition to the duplication
of plant and header pipework (red, blue and green
in the schematic layouts), the following will also
need to be duplicated in a multi-site design:
→→ Offsite plant/equipment and utilities are
established from the outset including
storage tanks, demineralisation plant units,
condensate treatment units and an electric
power substation for import or export of up to
0.45 GW power in addition to the power plant
→→ A CO2 export terminal will be established
including CO2 pumps and eventually
storage (buffer) facilities for liquid CO2
→→ A H2 compressor station will be
established to further compress the
hydrogen if needed (e.g. for storage)
→→ High pressure natural gas connections to
the National Transmission System (NTS)
→→ Raw water and back-up power supply
will be available at the battery limit of
the Hydrogen Production Facility
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4.6.2 CO2 transport and storage solution
The additional technical requirements associated with
carbon transportation and storage for the split hydrogen
production facilities have also been assessed. Please
note, this is based on there being no established CO2
transport and storage at either location before the
onset of the H21 NoE project, i.e. the project team
have assumed the same storage locations in Bunter
Closures: BC36, BC40 and BC3 (see Section 7.0).
The main change is a slightly smaller dimensioned
pipeline from Easington to BC40, i.e. 22 inch and a
new 200 km 16 inch pipeline from the Teesside area to
BC40. This is shown in Figure 4.11 and Figure 4.12.

ADDITIONAL
HPF

ADDITIONAL
200 KM 16 INCH
PIPELINE

Figure 4.12: CO2 transport and storage
solution for split location
Cost differences associated with a
split Hydrogen Production Facility
location are addressed in Section 8.0.

Figure 4.11: CO2 transport and storage for
single location hydrogen production
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4.7

H21 NoE design concept summary
The Hydrogen Production Facility
configuration is based on a greenfield
design with the following details:

→→ Working gas requirement: 8,052 GWh

→→ Nine ATRs producing 1.35 GW of hydrogen

→→ Injection capacity: 5.6 GW/60 days

→→ Nine ASUs of 2,900 t/d of oxygen

→→ Nominal withdrawal capacity: 11.2 GW/30 days

→→ Hydrogen compression of 12.15
GW hydrogen to 80 bar

→→ Configuration: 8 x 7 caverns @ 300,000 m3 per
cavern, supported by 8 No surface facilities

→→ CO2 compression and pumping
of 2,830 t/h to 300 bar

→→ Location: Aldbrough

The inter-seasonal hydrogen storage requirements
are based on the following details:

→→ A 700 MW hydrogen fired CCGT including
substation for import and export

HYDROGEN
STORAGE
SITES

→→ Utilities for start-up, steam,
chemicals, water handling, etc.
→→ Total land take 0.90 km2

MIXING STATION AND
CONTROL ROOM

→→ Location: Easington
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Figure 4.13: Hydrogen production facility
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The Hydrogen Production Facility and inter-seasonal hydrogen storage parameters are summarised in Table 4.9.
KEY PARAMETERS

HYDROGEN PRODUCTION
FACILITY

INTER-SEASONAL
HYDROGEN STORAGE

Hydrogen production
(MWHHV)

12,150

8,052

CO2 footprint (g/kWh)

14.4

0.073

Efficiency (%-HHV)

74.7

0.073 (of total
H2 production)

Area (ha)

90

10.8

Table 4.9: Hydrogen production facility and inter-seasonal hydrogen storage parameters
summary

4.7.1 FEED requirement:
In the context of the H21 NoE system design
the main objective of the FEED phase is to
establish and finalise the demand requirement
(see Demand Section 2.0 conclusions), i.e.:
→→ Peak hour demand
→→ Peak year demand
→→ Peak month demand
→→ Monthly load factors
This will allow further development to a
conceptual design basis finalising:

The design basis will be based on
critical information such as:
→→ Land/site evaluation, EIA, permitting
and HSE requirement
→→ Required infrastructure, e g. gas supply and
hydrogen and CO2 pipeline connection
→→ Access to site in construction phase
and use of local labour
→→ Qualified hydrogen production technology and
associated capture rate, efficiency and scale

•

Hydrogen production plant(s)

→→ Salt cavern characterisation and
establishing minimum and maximum
operating pressures and temperatures

•

Inter-seasonal hydrogen storage
sites and configuration

→→ CO2 transport and injection design
capacities and operational pattern

•

CO2 transport and storage sites

→→ Location of facilities

→→ Functional requirement of major facilities:
•

Hydrogen production facility design capacities
including condition of product streams

•

Inter-seasonal hydrogen storage working
capacity and operational requirements
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5.0

Hydrogen
Transportation
System
This Section presents the Hydrogen
Transportation System (HTrS )
required to connect the Hydrogen
Production Facility and interseasonal storage to the areas of
demand across the North of England.

S

HT

Section 5.0 Contents

5.1

Summary of location parameters							224

5.2

Existing onshore gas transportation systems					

226

5.3

The H21 NoE Hydrogen Transportation System (HTrS)				

230

5.4

HTS design considerations								261

5.5

HTS deliverability									264

5.6

Planning and environmental considerations					265

5.7

Impact of split production locations on the HTS				

5.8

Construction programme and commissioning						269

5.9

Conclusions											273

267

H21 North of England

CO2

CO2

ge
ra
o
St
CO2

H2

ge
ra
o
St

H2

ge
ra
o
St

ge
ra
o
St

ty
li
i
c
Fa

H2

ge
ra
o
St

H2

y
it
il
c
Fa

SECTION 05

223

5.0

Hydrogen
Transportation
System
This Section presents the Hydrogen
Transportation System (HTrS )
required to connect the Hydrogen
Production Facility and interseasonal storage to the areas of
demand across the North of England.

S

HT

Section 5.0 Contents

5.1

Summary of location parameters							224

5.2

Existing onshore gas transportation systems					

226

5.3

The H21 NoE Hydrogen Transportation System (HTrS)				

230

5.4

HTS design considerations								261

5.5

HTS deliverability									264

5.6

Planning and environmental considerations					265

5.7

Impact of split production locations on the HTS				

5.8

Construction programme and commissioning						269

5.9

Conclusions											273

267

H21 North of England

SECTION 05

224

H21 North of England

SECTION 05

225

5.1

Summary of location parameters
In Section 4.0 the preferred solution was
presented for the location of the Hydrogen
Production Facility and salt caverns. These were
at Easington and Aldbrough respectively, located
in the Humber region of the north-east coast.

The areas of demand see Section 2.0, Demand
includes Tyneside (Newcastle, Gateshead), Teesside,
York, Hull, West Yorkshire (Leeds, Bradford,
Halifax, Huddersfield, Wakefield), Manchester and
Liverpool and are summarised in Figure 5.2.

Figure 5.1 summarises these locations. For completeness,
the most feasible alternative to this preferred solution
has been included in Section 5.7. This shows the impact
on the HTS when utilising a split location for hydrogen
production and associated CCS between Teesside
and Easington. This would be fully explored in any
subsequent Front End Engineering Design study (FEED).

HYDROGEN
STORAGE
SITES

STORAGE

MIXING STATION AND
CONTROL ROOM

tt

HYDROGEN PIPELINE
TO EASINGTON

Urban centres covered

HYDROGEN PIPELINE
TO NORTH OF ENGLAND
AND STORAGE

• Bradford
• Halifax
• Huddersfield

CO2 PIPELINE
TO STORAGE

• Hull
• Leeds
• Liverpool
• Manchester
• Teesside (Middlesbrough)
• Tyneside (Newcastle/Gateshead)

H2
PRODUCTION

• Wakefield
• York

Figure 5.1: Hydrogen production and storage
locations

Figure 5.2: NoE urban areas of demand

H21 North of England

SECTION 05

224

H21 North of England

SECTION 05

225

5.1

Summary of location parameters
In Section 4.0 the preferred solution was
presented for the location of the Hydrogen
Production Facility and salt caverns. These were
at Easington and Aldbrough respectively, located
in the Humber region of the north-east coast.

The areas of demand see Section 2.0, Demand
includes Tyneside (Newcastle, Gateshead), Teesside,
York, Hull, West Yorkshire (Leeds, Bradford,
Halifax, Huddersfield, Wakefield), Manchester and
Liverpool and are summarised in Figure 5.2.

Figure 5.1 summarises these locations. For completeness,
the most feasible alternative to this preferred solution
has been included in Section 5.7. This shows the impact
on the HTS when utilising a split location for hydrogen
production and associated CCS between Teesside
and Easington. This would be fully explored in any
subsequent Front End Engineering Design study (FEED).

HYDROGEN
STORAGE
SITES

STORAGE

MIXING STATION AND
CONTROL ROOM

tt

HYDROGEN PIPELINE
TO EASINGTON

Urban centres covered

HYDROGEN PIPELINE
TO NORTH OF ENGLAND
AND STORAGE

• Bradford
• Halifax
• Huddersfield

CO2 PIPELINE
TO STORAGE

• Hull
• Leeds
• Liverpool
• Manchester
• Teesside (Middlesbrough)
• Tyneside (Newcastle/Gateshead)

H2
PRODUCTION

• Wakefield
• York

Figure 5.1: Hydrogen production and storage
locations

Figure 5.2: NoE urban areas of demand

Legend
H21 North of England

SECTION 05

226

H21 North of England

NTS

Natural Gas Supply Pipelines
Gas Terminal

5.2

Compressor Stations

Existing onshore
gas transportation systems
Before explaining the HTrS, a brief explanation
on the principles of how the UK, and other
onshore gas transportation systems around the
world operate is worthwhile (for further details
see original H21 Leeds City Gate Section 1.0).
The current UK gas transportation system has three key component parts:
SYSTEM

LEVEL OF PRESSURE

The National Transmission System (NTS)

45–85 bar

The Local Transmission System (LTS)
The Distribution System
(This is what would be
converted to hydrogen —
existing local network)

7–70 bar
<7 bar which consists of three pressure tiers:
Intermediate Pressure (IP) (2–7 bar)
Medium Pressure (MP) (75 mbar–2 bar)
Low Pressure (LP) (not exceeding 75 mbar)

Table 5.1: The UK gas transportation system component parts
This is illustrated in Figure 5.3 which shows how the NTS
has developed across the country. This then feeds into a LTS
around the major urban centres, An example being the West
Yorkshire LTS provided in Figure 5.4. Diagrammatically, all
the systems can be simplistically represented in Figure 5.5.

By way of analogy the UK gas transportation system
could be compared to the UK road network,whereby
the NTS is equivalent to the major motorways,
the LTS minor motorways or ‘A’ roads and the
distribution system is everything else.

Figure 5.3: The UK NTS
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The existing UK National Transmission System
(NTS) consists of 7,600 km of high pressure
steel natural gas pipelines with 12,000 km of
LTS operating at between 7 and 85 bar.

Over time parts of this network may start to
become redundant providing the UK with the
opportunity to repurpose parts of the highpressure gas network to hydrogen.

This transmission system has been installed over the
last 50 years. The majority of this was constructed
from the late 1960s to the early 1980s to facilitate
the conversion from towns gas to natural gas. The
NTS predominantly consists of feeder pipelines
in the diameter range 600 mm to 1,200 mm.

This will provide additional storage (see Section
5.3.2) even if pressures are lowered to below 20 bar
to avoid any embrittlement issues. There is growing
evidence to suggest that this will not be an issue
in these pipelines with limited pressure cycling.

Legend
LTS
Distribution network

Figure 5.4: The West Yorkshire gas network
Gas rig - source
of methane
Carbon capture
and storage
Steam
methane
reformer

Hydrogen
transmission

Salt cavern

Leeds

Figure 5.5: Leeds City Gate gas transportation schematic
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Under a hydrogen conversion programme much of the
NTS and LTS will still be required to provide the natural
gas to the hydrogen production facilities, any large
industrial users requiring a natural gas feedstock and to
maintain supply to customers waiting for conversion.
PRESSURE TIER

The amount of UK gas distribution pipelines
(below 7 bar) versus high pressure transmission
(NTS/LTS) is provided in Table 5.2.

TOTAL LENGTH WEST
YORKSHIRE (KM)

TOTAL LENGTH
UK (KM)

Distribution System – Low Pressure

11,775

233,000

Distribution System – Intermediate
and Medium Pressure

1,138

35,000

National LTS

N/A

12,000

National NTS

N/A

7,600

Table 5.2: Lengths of the West Yorkshire, (as per Figure 5.4), national gas
distribution networks and national NTS/LTS
From this table it is clear how vast the existing
distribution network is when compared to the
high pressure (NTS/LTS) network. The highlighted
area of West Yorkshire in Figure 5.4 alone has a
distribution mains length of 66% of the entire UK
NTS/LTS combined, (i.e. West Yorkshire distribution
(11,775 + 1,138) ÷ Total NTS and LTS in
UK (7,600 + 12,000) = 12,913/19,600 = 66%).

Overall the UK <7 bar network is 14x
greater in length than the combined NTS
and LTS networks (268,000/19,600).
This is why there is an enormous
benefit to the hydrogen conversion
strategy where the <7 bar
network is entirely reused.
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5.3

The H21 NoE
Hydrogen Transportation System (HTrS)
Hydrogen transportation pipelines
transport hydrogen as part of the hydrogen
infrastructure. These pipelines connect
the points of hydrogen production and
storage with the areas of demand.
The technology is well established and proven. The
Rhine-Ruhr hydrogen pipeline was the first hydrogen
transmission pipeline. Constructed in 1938 the initial
pipeline was 240 km long. This has been extended
over its operational history and is now 600 km in
length and is still in operation today. As of 2004,
there are 900 miles (1,450 km) of hydrogen pipelines
in the US and 930 miles (1,500 km) in Europe.
SYSTEM
NoE Hydrogen Transmission
pipeline (HTS)
Local Hydrogen Transmission
pipelines to strategically connect
major urban centres (LHTS)
Hydrogen Intermediate Pressure
(distribution mains) (HIPS)

To transport the hydrogen from the Hydrogen
Production Facility and associated storage sites
to the major urban areas within the NoE, a new
hydrogen transportation system will be required. As
with the existing NTS to LTS to <7 bar gas distribution
network, the new hydrogen transportation system
will be comprised of different pressure tiers to
ensure the system operates efficiently and safely.

For example the three new hydrogen transmission
and distribution systems can be seen superimposed
on the West Yorkshire area in Figure 5.6 and will
form the basis of the remainder of this section.

LEVEL OF PRESSURE
40–80 bar

7–40 bar
Intermediate Pressure (2–7 bar)

Table 5.3: New hydrogen transmission and distribution infrastructure – the HTrS
This means the hydrogen transportation
system will consist of the following:
→→ NoE Hydrogen Transmission pipeline (HTS)
This is the main pipeline system ‘backbone’
connecting the hydrogen production and
storage facilities to the areas of demand. These
can be considered equivalent to the existing
natural gas National Transmission System.
→→ Local Hydrogen Transmission pipelines (LHTS)
These consist of ‘spurs’ or ‘ring mains’ of short
local lengths of >7 bar hydrogen transmission
pipelines supplying the major urban centres.
These can be considered similar to the existing
natural gas Local Transmission System.
→→ Hydrogen Intermediate pressure (HIPS)
These are short lengths of new distribution
mains required to connect into the
existing extensive <7 bar networks.

KEY

HTS

LHTS

HIPS

HTS/LHTS OFFTAKES

Figure 5.6: Schematic of new hydrogen transmission and distribution infrastructure
required for the West Yorkshire area
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5.3.1 NoE Hydrogen Transmission pipeline (HTS)
Due to the geology and existing infrastructure
within the NoE area there are several
options that can be considered for the HTS
pipeline route corridor, i.e. the technically
feasible route which the pipeline will take.

This section sets out the preferred option for the HTS
based on the locations of the hydrogen production and
storage facilities identified in Section 4.0. Detailed
pipeline modelling and routing has been undertaken
based on the preferred option. The preferred HTS
route corridor is shown in Figure 5.7. A future FEED
study would be required to finalise a pipeline design
taking into account wider UK strategic factors.

NOTES:-

Design principles
A ‘conceptual’ design and costings for the HTS has
been developed based on the preferred location
of the hydrogen production, storage facilities and
the proposed route corridor. To achieve this level of
detail, four key packages of work were undertaken:
→→ HTS modelling to provide confirmation of the
size and nature of the system required to meet
a NoE peak demand (1 in 20 condition)
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→→ Pipeline routing to confirm the feasibility
of constructing an HTS/LHTS including:
•

Routing of the 80 bar HTS

•

Locating the preferred HTS/LHTS Offtakes
from strategic network modelling

•

Routing of the LHTS to supply existing and
new hydrogen injection points to the <7 bar
distribution networks (see Section 5.3.3)
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Figure 5.7: H21 NoE HTS route corridor

—— This requires a new hydrogen Pressure
Reduction Station (PRS) adjacent to
the existing natural gas PRS to feed
in to the existing <7 bar network or
—— Where new hydrogen injection points
are required, it will be necessary to
construct an LHTS to HIPS PRS before
installing short lengths of HIPS with
associated HIPS to existing distribution
network via District Governors (DGs)
(medium pressure injection points)
Accommodating future expansion for
industrial corridors, major industrial users,
(e.g. power stations), smaller areas to convert
in future, (e.g. smaller towns like Pickering)

•

Geographical features to be traversed

•

Pipeline facilities such as block
valves, pigging facilities, offtakes
and pressure reduction stations

→→ Overall and intraday storage capacity
(linepack) of the HTS
→→ Recommendations on the pipeline design
specifications which could be adopted
to enable the detail design of the HTS
as part of a future FEED study
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HTS modelling
NGNs existing natural gas planning software, Synergi,
was adapted to model the hydrogen transmission system.
This software is specifically tailored for modelling the
<7 bar natural gas distribution network. However, it was
considered that adapting the gas parameters in this model
to be hydrogen specific would give indicative results
and provide guidance in developing the HTS design.
This assumption was based on the knowledge that
at a given pressure, the energy density of hydrogen
is approximately one-third that of natural gas.
However, for the same pipe diameter and pressure,
hydrogen flows approximately three times as fast
as natural gas. As a result, it could be expected that
hydrogen pipeline pipe diameters would approach
those for natural gas transmission pipelines.

Hydrogen pipeline diameters would depend on
hydrogen demand, the pressures achievable, the
required linepack and codes and standards adopted.
The selection of a combination of 1,200 mm, 900 mm and
600 mm pipelines in the HTS model was an engineering
judgement based on previous history (1,200 mm is the
largest pipeline diameter in the NTS) and building in
capacity for future expansion and linepack storage. It will
be subject to optimisation as part of the future FEED study.
Figure 5.8 shows a screen shot of the HTS as modelled
using the Synergi software. Pressures are shown on the
model for each of the major urban centres which are
part of the H21 NoE area of conversion. The Hydrogen
Production Facility is located in the Humber area
and shown as green arrow, i.e. hydrogen input.
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Whilst the Synergi modelling appeared to give the
expected results, the project team needed to be
confident in the accuracy of the adapted model.
This was firstly to ensure the modelling was correct,
and secondly, to provide confidence this modelling
method could be used for further scenario modelling,
for example in Section 5.3.2 (HTS capacity).
To do this a version of the Synergi software specifically
designed for high pressure modelling was used to
corroborate the results. Based on their hydrogen
and system modelling experience, the pipelines flow
assurance team in Jacobs ZATE1 were engaged to carry
out the modelling of the network. Jacobs were provided
the production and storage locations, source pressures,
location of demand points (major urban centres),
pipeline lengths/diameters and the associated peak
hour demand. From this Jacobs could model the HTS and
provide confirmation of the NGN Synergi model results.
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A model of the system was constructed in Synergi
Pipeline Simulator, version 10.2. The schematic
representation of the system is shown in Figure
5.9. Simulations were performed using the BWRS
(Benedict-Webb-Rubin-Starling) Equation of State
with the Colebrook-White flow correlation for
pressure drop prediction for pipe roughness and
Reynolds number. A pipe roughness of 63.5 microns
was provided in the input data but it should be
noted that this roughness is a conservative value. An
isothermal temperature of 10°C was considered.
The ground profile is considered flat. Table 5.4
shows the steady state flow rates that were
considered for each delivery point. The minimum
required delivery pressure for each demand point
is 40 bar while the maximum inlet pressure at the
production plant at Hull was taken as 80 bar.

Figure 5.9: Screenshot of the Jacobs model
Figure 5.8: NGN’s Synergi model – NoE HTS
1 	
Jacobs Zamel and Turbag Consulting Engineers is Jacobs’ local subsidiary in the Kingdom
of Saudi Arabia
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HTS modelling
NGNs existing natural gas planning software, Synergi,
was adapted to model the hydrogen transmission system.
This software is specifically tailored for modelling the
<7 bar natural gas distribution network. However, it was
considered that adapting the gas parameters in this model
to be hydrogen specific would give indicative results
and provide guidance in developing the HTS design.
This assumption was based on the knowledge that
at a given pressure, the energy density of hydrogen
is approximately one-third that of natural gas.
However, for the same pipe diameter and pressure,
hydrogen flows approximately three times as fast
as natural gas. As a result, it could be expected that
hydrogen pipeline pipe diameters would approach
those for natural gas transmission pipelines.

Hydrogen pipeline diameters would depend on
hydrogen demand, the pressures achievable, the
required linepack and codes and standards adopted.
The selection of a combination of 1,200 mm, 900 mm and
600 mm pipelines in the HTS model was an engineering
judgement based on previous history (1,200 mm is the
largest pipeline diameter in the NTS) and building in
capacity for future expansion and linepack storage. It will
be subject to optimisation as part of the future FEED study.
Figure 5.8 shows a screen shot of the HTS as modelled
using the Synergi software. Pressures are shown on the
model for each of the major urban centres which are
part of the H21 NoE area of conversion. The Hydrogen
Production Facility is located in the Humber area
and shown as green arrow, i.e. hydrogen input.
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63.5
MICRONS
(MW)

H21 North of England

45
MICRONS

22
MICRONS

DELIVERY PRESSURE, BAR

Tyneside

1,641

5,500

53.3

55.0

57.9

Teesside

717.5

2,400

70.8

71.3

72.1

York

259.9

870

72.2

72.6

73.3

Hull

546.5

1,800

79.2

79.3

79.3

West Yorkshire

3,158

10,600

61.5

62.6

64.5

Greater Manchester

4,013

13,500

53.5

55.5

58.0

2,224

7,500

50.3

52.2

55.4

12,560

12,560

12,560

(MW)

(42,250)

(42,250)

(42,250)

ksm3

26,181

26,398

26,755

(GJ)

(317,300)

(319,700)

(324,000)

Liverpool

SUPPLY
PRESSURE, BAR

SOURCE
ksm3/h
Hull

TOTAL
INVENTORY

SUPPLY FLOWRATE

80 bar

Table 5.4: Jacobs model results from the Steady State Simulations with supply
from Hull only at 80 bar
When comparing the results from the two analyses,
i.e. NGNs adapted Synergi model and Jacobs
modelling software, there was very good convergence
on the outputs. Table 5.5 compares the results:
DELIVERY
POINT

1 IN 20
CONDITION
FLOWRATE
KSM³/H (MW)

PRESSURE
(JACOBS)

PRESSURE
(NGN)

BAR

BAR

Tyneside

1,641 (5,500)

53.3

51.9

Teesside

717.5 (2,400)

70.8

70.5

York

259.9 (870)

72.2

71.9

Hull

546.5 (1,800)

79.2

79.2

West Yorkshire

3,158 (10,600)

61.5

60.8

Greater
Manchester

4,013 (13,500)

53.5

52.2

Liverpool

2,224 (7,500)

50.3

48.7

Table 5.5: Comparison between NGN and Jacobs modeling results
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The following conclusions can be drawn from the
results of the two approaches to the HTS modelling:
→→ Both models produced results within 3% or 1.6 bar
(at worst) of each other which enables confidence
in results using the NGN network modelling tool
when applied to >7 bar hydrogen modelling.
→→ The assumption that 40 bar minimum is
required at the network injection points
in to the LHTS (see Section 5.5). This is
considered a conservative approach but
further network analysis during a FEED study
would confirm this minimum requirement.
→→ Both models yielded a maximum gas
velocity of 38 m/s which is considered within
specification for hydrogen transmission
A conservative approach on friction losses
was taken with both models.
It is considered that internal coating of the line
pipe may increase pressures at the extremity,
i.e. Liverpool, in the region of 10 bar. Internal
coating of gas transmission pipelines is standard
practice at minimal additional cost.
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One significant conclusion of this
NoE HTS model was that, given a
source pressure of 80 bar (which
is the typical maximum operating
pressure of the existing natural gas
NTS), no intermediate compression
downstream of the production and
storage facilities is required.
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One significant conclusion of this
NoE HTS model was that, given a
source pressure of 80 bar (which
is the typical maximum operating
pressure of the existing natural gas
NTS), no intermediate compression
downstream of the production and
storage facilities is required.
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Having established the validity of NGN Synergi
modelling of the HTS, further work was carried out
on route definition/length and pipe sizing. Following
completion of this iteration, the model was revised
based on the final HTS conceptual design and an
accurate model based on the preferred HTS pipeline
route corridor produced. This is shown in Figure 5.10.
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This ‘final’ model, based specifically on the preferred
route corridor, provides improved pressure drops and
velocities on the initial modelling work. It also provides
even more confidence that the proposed HTS offers a
robust conceptual design which can be carried forward
for further development in any future FEED study.
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Pipeline routing
To establish feasibility and an initial cost estimate
for any onshore pipeline an initial pipeline routing
desktop exercise was needed. GGP Consult Ltd were
engaged to carry out the HTS and Local Transmission
System (LHTS) routing exercise. For clarity, the HTS is
the 80 bar pipeline traversing the NoE and the LHTS
are the relatively short lengths of 40 bar pipelines
required to connect strategic injection points around
specific urban centres, for example, West Yorkshire.
This route takes into consideration the requirements
of IGEM/TD/1 Edition 5 for the new 1,200 mm HTS
pipeline. The proposed route for the HTS pipeline is from
a Hydrogen Production Facility near Easington to an
underground storage facility near Aldbrough. From this
point the pipeline would then run towards York before
splitting with a section heading to the North towards
Middlesbrough and Newcastle, and a section heading to
the west towards the outskirts of Leeds. From Leeds the
pipeline would continue in a westerly direction towards
outer Manchester before terminating ea of Liverpool.
It is important to note that the proposed route option
is based on a desktop study but at this stage does not
take into account wider considerations. For example,
the FEED study would consider all environmental
constraints identified through an Environmental Impact
Assessment (EIA) associated with constructing a
pipeline through areas designated as Site of Special
Scientific Interest (SSSI), Special Area of Conservation
(SAC), Special Protection Areas (SPA), etc.
To identify a potential route for the proposed HTS
pipeline, a 1 km wide route corridor has been established
avoiding running closely parallel to high density traffic
routes, railway lines, high voltage overhead electricity
lines and other major pipelines. In addition, as far as
is practicable, avoidance of built up areas such as
cities, towns and villages and known environmental
features has also been taken into consideration.

Figure 5.10: Synergi model aligning the HTS
to the preferred route corridor

Additionally, typical pipeline features such as
offtakes, pigging facilities and block valves have
also been considered as well as future potential
‘infill’, (i.e. areas not currently on the gas network)
to supply other towns, cities and industrial
complexes within the NoE catchment area.
It must be stated that the detailed design
undertaken as part of a future FEED study would
be based on the high pressure hydrogen pipeline
design standards. These are not expected to make
a material change to the routing exercise. The
key information and parameters to facilitate this
routing can be found in the following sections.
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Having established the validity of NGN Synergi
modelling of the HTS, further work was carried out
on route definition/length and pipe sizing. Following
completion of this iteration, the model was revised
based on the final HTS conceptual design and an
accurate model based on the preferred HTS pipeline
route corridor produced. This is shown in Figure 5.10.
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This ‘final’ model, based specifically on the preferred
route corridor, provides improved pressure drops and
velocities on the initial modelling work. It also provides
even more confidence that the proposed HTS offers a
robust conceptual design which can be carried forward
for further development in any future FEED study.
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Additionally, typical pipeline features such as
offtakes, pigging facilities and block valves have
also been considered as well as future potential
‘infill’, (i.e. areas not currently on the gas network)
to supply other towns, cities and industrial
complexes within the NoE catchment area.
It must be stated that the detailed design
undertaken as part of a future FEED study would
be based on the high pressure hydrogen pipeline
design standards. These are not expected to make
a material change to the routing exercise. The
key information and parameters to facilitate this
routing can be found in the following sections.
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a. Hydrogen Production Facility location (hydrogen supply)

b. Major urban centres (hydrogen demand)

The preferred location of the single Hydrogen Production
Facility was fully detailed in Section 4.0. The assessment
of location, which would be comprehensively studied in
the FEED, considered feedstock supply, the impact on
the local area, control of the embodied greenhouse gases
(GHGs), water availability, site footprint and the ability to
export captured CO2 for sequestration. All to be achieved
at the lowest unit cost of hydrogen to consumers.

The presence of existing NTS pipelines running down the
east side of England allowed the proposed production
facility and inter-seasonal storage to be located within
easy reach of a connection for the natural gas feedstock.
The Easington location is positioned in a part of the
UK which has an industrial heritage, provides access
to utilities and should help mitigate planning issues
which may arise from a new industrial facility.

The hydrogen from the Hydrogen Production
Facility must be supplied to the areas of demand
across the NoE. This means the pipeline route
must pass by the major urban centres (Tyneside
(Newcastle, Gateshead), Teesside, York, Hull, West
Yorkshire (Leeds, Bradford, Halifax, Huddersfield,
Wakefield), Manchester and Liverpool) at strategic
locations to facilitate the conversion strategy (see
Section 6.0 Conversion and Commissioning).

Ultimately the key consideration may need to be
proximity to the carbon transportation and storage
location, thereby cutting cost for the transportation
of carbon and alleviating planning constraints. This
was investigated in Section 7.0 Carbon Capture
and Storage which included the assessment of
the preferred offshore carbon storage facility.

Figure 5.11 shows the location of the pipeline route
corridor from the Hydrogen Production Facility.
It also shows the associated connection to the
existing high pressure natural gas terminal at
Easington required to provide the feedstock fuel.
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Identifying the cities for conversion allows the HTS
routing to be precisely carried out to pick up these
urban centres at strategically located offtakes.
Figure 5.12 is an example of the HTS pipeline
route corridor passing by Manchester showing
the location options of key pressure reduction
stations (offtakes) to feed into the local network.

LIKELY INJECTION POINTS
INJECTION TO
POINTS
(OFFTAKES
LOCAL
(OFFTAKES
TO NEW LHTS)
HYDROGEN NETWORK)

HTS ROUTE
CORRIDOR TO
WEST YORKSHIRE

H 2 PRODUCTION
FACILITY
HTS OFFTAKE FROM
PRODUCTION FACILITY

HP NATURAL GAS
PIPELINE TO H 2
PRODUCTION FACILITY

EASINGTON
NATURAL GAS
TERMINAL

Figure 5.11: Map showing the proposed Hydrogen Production Facility
(Route corridor start point)

NATURAL
GAS OFFTAKE
FROM NTS

Figure
5.12: Route map showing likely offtake installation locations to feed into
MANCHESTER
Greater Manchester

H21 North of England

SECTION 05

240

H21 North of England

SECTION 05

a. Hydrogen Production Facility location (hydrogen supply)

b. Major urban centres (hydrogen demand)

The preferred location of the single Hydrogen Production
Facility was fully detailed in Section 4.0. The assessment
of location, which would be comprehensively studied in
the FEED, considered feedstock supply, the impact on
the local area, control of the embodied greenhouse gases
(GHGs), water availability, site footprint and the ability to
export captured CO2 for sequestration. All to be achieved
at the lowest unit cost of hydrogen to consumers.

The presence of existing NTS pipelines running down the
east side of England allowed the proposed production
facility and inter-seasonal storage to be located within
easy reach of a connection for the natural gas feedstock.
The Easington location is positioned in a part of the
UK which has an industrial heritage, provides access
to utilities and should help mitigate planning issues
which may arise from a new industrial facility.

The hydrogen from the Hydrogen Production
Facility must be supplied to the areas of demand
across the NoE. This means the pipeline route
must pass by the major urban centres (Tyneside
(Newcastle, Gateshead), Teesside, York, Hull, West
Yorkshire (Leeds, Bradford, Halifax, Huddersfield,
Wakefield), Manchester and Liverpool) at strategic
locations to facilitate the conversion strategy (see
Section 6.0 Conversion and Commissioning).

Ultimately the key consideration may need to be
proximity to the carbon transportation and storage
location, thereby cutting cost for the transportation
of carbon and alleviating planning constraints. This
was investigated in Section 7.0 Carbon Capture
and Storage which included the assessment of
the preferred offshore carbon storage facility.

Figure 5.11 shows the location of the pipeline route
corridor from the Hydrogen Production Facility.
It also shows the associated connection to the
existing high pressure natural gas terminal at
Easington required to provide the feedstock fuel.

241

Identifying the cities for conversion allows the HTS
routing to be precisely carried out to pick up these
urban centres at strategically located offtakes.
Figure 5.12 is an example of the HTS pipeline
route corridor passing by Manchester showing
the location options of key pressure reduction
stations (offtakes) to feed into the local network.

LIKELY INJECTION POINTS
INJECTION TO
POINTS
(OFFTAKES
LOCAL
(OFFTAKES
TO NEW LHTS)
HYDROGEN NETWORK)

HTS ROUTE
CORRIDOR TO
WEST YORKSHIRE

H 2 PRODUCTION
FACILITY
HTS OFFTAKE FROM
PRODUCTION FACILITY

HP NATURAL GAS
PIPELINE TO H 2
PRODUCTION FACILITY

EASINGTON
NATURAL GAS
TERMINAL

Figure 5.11: Map showing the proposed Hydrogen Production Facility
(Route corridor start point)

NATURAL
GAS OFFTAKE
FROM NTS

Figure
5.12: Route map showing likely offtake installation locations to feed into
MANCHESTER
Greater Manchester

H21 North of England

SECTION 05

242

H21 North of England

SECTION 05

243

c. Hydrogen inter-seasonal storage
The requirement for inter-seasonal hydrogen storage
has been established in Section 4.0. Locating the
production facilities in the Easington area takes
advantage of local geology for large volume hydrogen
storage. Inter-seasonal storage can be accommodated
in the Humber area by utilisation of existing salt
caverns and creating additional new ones as required.

There are additional considerations when utilising
former hydrocarbon stores (see Section 3.0) for hydrogen
which would be explored during a FEED study. In addition
to the salt cavern requirement in the Humber area,
the chemical complex on North Tees hosts hydrogen
storage in brine supported salt caverns at around 400m
depth up to a stored hydrogen mass of 1,000 tonnes.

This technology is well developed in the area for
natural gas storage at the Hornsea/Attwick and
Aldbrough gas storage facilities (see Figure 5.13). In
addition, hydrocarbon exploration is common south
of the Humber with depleted fields at Saltfleetby
and Hatfield Moor are either proposed, or in use, for
natural gas storage. Whilst these hydrocarbon facilities
are still producing, they mature and can be expected
to cease production over the coming decades.

The available caverns on Teesside are not as high
pressure as the ones in the Humberside areas and
so capacity would not fully meet the inter-seasonal
requirements. However, the NoE region involves
providing hydrogen to Teesside. This allows easy access
to the salt fields at Seal Sands. It is envisaged that
this would provide another suitable store location for
additional inter-seasonal and/or intraday hydrogen
storage. The routing of the HTS allows this option to
be incorporated in to the scheme (see Figure 5.14).

EXISTING INTER-SEASONAL
/INTRADAY STORAGE
AT SEAL SANDS

Figure 5.14: Route map showing HTS route adjacent to existing underground salt cavity
storage at Teesside (Seal Sands)

INTER-SEASONAL
AT ALDBROUGH

Figure 5.15: Teesside industrial area
oute corridor showing HTS adjacent to inter-seasonal storage location in
Figure 5.13: R
the Humber area
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d. Injection points
As was described in the H21 Leeds City Gate report, the
design of the HTS and LHTS is premised on the new highpressure hydrogen transmission system injecting in to
the existing below 7 bar natural gas distribution system
under a conversion strategy described in Section 6.0.
The HTS is designed to connect at a new city offtake
which then feeds in to an LHTS and/or HIPS which are
routed to the existing network injection points identified
from the strategic modelling and conversion strategy.

This replicates the design basis of the existing NTS
and LTS which supplies natural gas to the below
7 bar networks. Figure 5.16 shows the locations of
these injection points for the West Yorkshire area.

e. Infill and Industrial/Power loads

KEY

HTS

LHTS

HTS/LHTS
OFFTAKES

Figure 5.16: Map of West Yorkshire showing HTS, LHTS and injection points

The preferred scenario for the NoE HTS design
and routing has been premised on the production/
storage location and the offtake points at the
major urban centres. However, as with all good
pipeline design, the HTS route has been designed
to be future proofed in terms of future connections
and capacity. Future connections include:
→→ Smaller cities and towns in the region to be
converted to hydrogen in the future with the
minimum of additional infrastructure to be built,
i.e. routed with this accommodation in mind.
→→ Adjacent industrial corridors and a number of power
stations. This allows future extension of the HTS
to supply these loads under a future conversion
programme. Alternatively, these corridors could be
designed to be part of the initial conversion and this
should be considered as part of the FEED study.

Some of the major industrial corridors and
key power stations considered as part of the
pipeline routing are shown on the map in Figure
5.17. N.B. Some of the power stations indicated
are subject to imminent decommissioning but
still represent key power grid entry nodes.
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from the strategic modelling and conversion strategy.

This replicates the design basis of the existing NTS
and LTS which supplies natural gas to the below
7 bar networks. Figure 5.16 shows the locations of
these injection points for the West Yorkshire area.

e. Infill and Industrial/Power loads

KEY

HTS

LHTS

HTS/LHTS
OFFTAKES

Figure 5.16: Map of West Yorkshire showing HTS, LHTS and injection points

The preferred scenario for the NoE HTS design
and routing has been premised on the production/
storage location and the offtake points at the
major urban centres. However, as with all good
pipeline design, the HTS route has been designed
to be future proofed in terms of future connections
and capacity. Future connections include:
→→ Smaller cities and towns in the region to be
converted to hydrogen in the future with the
minimum of additional infrastructure to be built,
i.e. routed with this accommodation in mind.
→→ Adjacent industrial corridors and a number of power
stations. This allows future extension of the HTS
to supply these loads under a future conversion
programme. Alternatively, these corridors could be
designed to be part of the initial conversion and this
should be considered as part of the FEED study.

Some of the major industrial corridors and
key power stations considered as part of the
pipeline routing are shown on the map in Figure
5.17. N.B. Some of the power stations indicated
are subject to imminent decommissioning but
still represent key power grid entry nodes.
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As an example, the Figures 5.18 and 5.19 show
the connection accessibility of the NoE HTS
route to an industrial corridor in Liverpool.
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f. Feedstock – NTS
The location of the production facilities provides
an easy connection to the NTS near Easington
terminal and therefore access to sufficient quantity
of natural gas feedstock for the proposed large
scale production facility (see Figure 5.20).
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Figure 5.18: Map showing HTS termination
point on Merseyside (red dot)
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Figure 5.17: Location of industrial corridors and power stations on the HTS route

Figure 5.19: Shows the HTS termination
and South Merseyside industrial corridor
currently considered in the Cadent Hynet
project

Figure 5.20: Map showing the extension
to HTS route corridor to accommodate
the natural gas supply to the hydrogen
production plant
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Figure 5.17: Location of industrial corridors and power stations on the HTS route

Figure 5.19: Shows the HTS termination
and South Merseyside industrial corridor
currently considered in the Cadent Hynet
project

Figure 5.20: Map showing the extension
to HTS route corridor to accommodate
the natural gas supply to the hydrogen
production plant
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g. Routing methodology
The design brief to GGP Consult Ltd was to carry out a
desk top exercise to plot a 1 km wide route corridor for
the HTS and a feasible schematic route for the LHTS.

To provide confidence in the accuracy of the HTS cost
estimate and deliverability, an assessment of the
physical obstacles and environmental constraints was
carried out on all sections of the pipeline. A detailed
example of one of these sections assessed along the
route (Section E) has been included in Figure 5.21.

LAMESLEY

TRIMDON

SEAL SANDS

SECTION E
YORK

SEAL SANDS
TERMINATION
POINT
OFFTAKE (PRS)

Figure 5.21: Full HTS route with Section E example highlighted

Figure 5.22 shows the pipeline coming north from York and
meets the proposed offtake, located south west of Trimdon.
The pipeline route branches, and heads south east towards
Seal Sands, the proposed location of potential additional
inter-seasonal storage, whilst the main pipeline continues
north towards Lamesley. Towards Seal Sands the pipeline
travels through mainly agricultural land. As the pipeline
nears the industrial area, Cowpen Marsh must be crossed.

Figure 5.22: Section E – Trimdon – Seal Sands. Approximate Length 15 km
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The termination point at Seal Sands is near an
existing natural gas above ground installation. This
will allow the pipeline to be located close to a heavy
industrial corridor and numerous high consumption
users. A pipeline inspection facility to load/unload
pipeline inspection gauges will be located at this
termination point. As the total length for this section is
15 km, a block valve site (block valves are required
to isolate sections of high pressure pipelines at
nominally 25 km intervals) will not be required.

The most significant is the crossing of the A19. The
pipeline does pass directly through a Site of Special
Scientific Interest (SSSI) site at Cowpen Marsh.

There are numerous crossings associated with this
section of the pipeline (see Table 5.6). Most notable
is crossing the River Skerne. There is one railway line
that will be crossed. There are two high density traffic
routes associated with this section of the pipeline.

This route section includes two offtakes incorporating
pigging facilities. The schedule of crossing and
environmentally sensitive areas associated with
this section of the HTS is provided in Table 5.6.

This SSSI site is unavoidable as it covers a large
area in close proximity to the Seal Sands industrial
complex. It is not feasible to try and navigate round
the site. There are no other SSSI sites that the
pipeline passes directly through, however the pipeline
does pass through several Impact Risk Zones.

CROSSINGS
#

NAME

EASTING

NORTHING

TYPE

1

River Skerne

439828

532246

River

2

Amerston Beck

442567

530420

Beck

3

A19

445101

528898

Road

4

Claxton Beck

446372

528152

Beck

5

A689

447632

527409

Road

6

Railway Line

449119

526083

Railway

7

Greatham Creek

449242

525924

Creek

8

Cowpen Marsh

449943

524993

Marsh

9

Horne Crook

450233

524617

Crook

NOTES

High Density
Traffic Route

High Density
Traffic Route

ENVIRONMENTAL
1

Pike Whin Bog

441468

533414

SSSI

Impact Risk Zone

2

Cowpen Marsh

449822

524980

SSSI

Through SSSI

3

Tees & Hartlepool
Foreshore

450666

523015

SSSI

Impact Risk Zone

Table 5.6: Details of the crossings and environmentally sensitive site within the HTS
route to Seal Sands
Whilst the suggested route corridor
proves feasibility of the construction
of the HTS, the route would be subject
to development and iteration during a
subsequent FEED study. However, this
‘conceptual’ design study allows a
quantitative analysis of the costs for
this element of the H21 NoE project.
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5.3.2 HTS capacity and linepack (intraday storage)
Linepack
The amount of gas within the system at any time
is known as ‘linepack’. The acceptable range over
which the amount of gas in the network can vary and
the ability to further compress and expand this gas
is generally referred to as ‘linepack flexibility’.

The benefit of linepack is particularly valuable in
managing supplies during high demand. When considering
the 1 in 20 peak day the following can be stated:
→→ From Section 2.0 of this report– ‘Demand’, it has been
calculated that a peak day requires 659 GWh of energy

HTS linepack is determined by calculating the volume of
gas within the HTS pipelines using a network model and
instantaneous measurements. The model will contain a
database of HTS pipeline diameters and lengths, updated
as required to accommodate changes to the network.

→→ It is calculated from Section 4.0 of this report –
‘Design’, that the maximum withdrawal rate from
inter-seasonal storage is 13.5GW (based on cavern
pressure in the middle of Winter, i.e. half way through
the Winter depletion/withdrawal process).

The HTS would be divided into pipeline sections and
the volume of gas within each section determined
by multiplication of the pipe free volume by the ratio
of the gas density at actual conditions to the gas
density at standard temperature and pressure.

→→ It is stated in Section 6.0 of this report –
‘Commissioning and Conversion’, that each hydrogen
production unit has a maximum production
capability of delivering 1.63 GW. This equates
to 9 x 1.63 = 14.67 GW for the whole production
plant. This is based on all hydrogen production
being diverted to the HTS, i.e. replacing hydrogen
with natural gas for all production plant internal
gas fired processes including the CCGT plant.

The actual gas density is computed from a standard
equation of state applying pressure, temperature and
specific gravity data. The pressure is derived from
telemetered measurements at the beginning and end of the
pipeline section, and an average network gas temperature
is applied. The specific gravity is determined from
telemetered measurements at HTS entry and exit points
(offtakes) according to a fixed mapping arrangement. The
network model then summates the calculated volume of
gas for each pipeline section to compute total HTS linepack.
The opening HTS linepack for a gas day, which is
equivalent to the closing HTS linepack for the preceding
gas day, will be the volume calculated by the network
model as close to the start of the gas day as possible2.
The actual amount of HTS linepack hydrogen gas available
to meet intraday storage is subject to the variables stated
above. However, in this report a conservative figure of
circa 25 GWh has been calculated. Any increase from
this figure would be determined during the FEED study
where operational parameters would be established.
It must also be stated that the figure of 25 GWh does
not include the linepack capacity of the LHTS which
would add circa 5% to the overall system capacity.
In the long term, once UK conversion is well
advanced, there is enormous storage potential
in the re-use of the redundant NTS and LTS for
further storage capacity at relatively low cost.

2 	

www.nationalgridgas.com (Linepack)

It can be concluded from the above that the total
potential hydrogen supply from production and interseasonal storage to meet the peak day demand is (13.5
+ 14.67) x 24 = 676 GWh, which exceeds the 659 GWh
required. It must be stated that the peak day demand
calculation is conservative and subject to future
reduction from the following factors when considering
the situation in 2035 when conversion is complete:
→→ Energy efficiency from home insulation
improvement schemes
→→ Improved boiler efficiencies
→→ Actual strategic metering data from demand
validation process required in FEED study
Therefore, it can be concluded that linepack intraday
storage of 25 GWh is not absolutely vital to maintaining
peak day supplies. However, it will provide a particularly
useful cost effective and flexible operational tool
in managing the matching of supply and demand
on a daily basis by the system operators.
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HTS capacity
When considering the further potential of the HTS for
providing additional capacity in any future expansion
of the hydrogen economy, the following exercise
was carried out. The model provided in Figure 5.23
shows the results of the NoE scenario which forms
the basis of this report, namely; all production at Hull
with a total supply at peak demand of 42.2 GW.

SECTION 05

As can be seen from Table 5.7 (working from left to
right) increasing demand on the system, and hence
the supply from Hull by 25%, the system ‘falls over’,
i.e. cannot maintain minimum 40 bar pressure at
pipeline extremity (Liverpool). By splitting the 52.8
GW production between Hull and Teesside the
40 bar minimum pressure can be achieved.

The HTS system was then modelled on a step
by step variation of unlimited production
inputs at key locations. Table 5.7 demonstrates
the results of this system modelling
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However, once we increase demand by 50% this scenario
once again ‘falls over’. Therefore it is necessary to add
production at Liverpool to restore the required minimum
pressures. The model is then re-run with increased demand
until the minimum pressure is reached. This is met at a
growth factor of three as shown in the last column of the
table and is depicted in the model shown in Figure 5.24.

Figure 5.24: HTS Pressures at growth factor 3 – Hull, Seal Sands and Liverpool supplying –
N.B. Seal Sands to Newcastle 900 mm diameter

Figure 5.23: HTS Pressures at growth factor 1 - Hull supplying

GROWTH FACTOR

1.00

1.25

1.25

1.50

1.50

2.00

2.50

3.00

Minimum pressure (bars)

55.3

36.7

47.0

23.3

71.8

65.4

56.4

43.4

Total demand (GW)

42.2

52.8

52.8

63.3

63.3

84.4

105.5

126.6

Production H2 at Hull

Y

Y

Y

Y

Y

Y

Y

Y

Production H2 at Teesside

N

N

Y

Y

Y

Y

Y

Y

Production H2 at Liverpool

N

N

N

N

Y

Y

Y

Y

Table 5.7: HTS capacity analysis - results from demand growth analysis

The conclusion that can be drawn from
the exercise above is that the HTS can
provide capacity for transporting 3x
the amount of power required by the
NoE. This could provide significant
extra energy transportation capability
for future hydrogen economy expansion,
both within and without the NoE area.
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The conclusion that can be drawn from
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extra energy transportation capability
for future hydrogen economy expansion,
both within and without the NoE area.
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HTS summary

5.3.3

The details of the HTS are provided in Table 5.8.

Further to the conceptual design work
on the HTS this Section addresses the
feasibility and routing of the LHTS.

PIPELINE
DIAMETER (MM)

PIPELINE
LENGTH (KM)

1,200

NO OF OFFTAKES

NO OF BLOCK
VALVE SITES

NO OF TEES
FOR FUTURE
CONNECTIONS

396

16

10

40

900

70

3

2

6

600

54.5

4

1

4

520.5

23

13

50

TOTAL

255

Local hydrogen transmission system (LHTS)

The function of the LHTS is to provide the link
between the HTS NoE pipeline (backbone) and the
major urban centre’s distribution system, i.e. the
intermediate and medium pressure pipeline network.
They will connect to the HTS at strategically located
offtake stations (see Figure 5.25) where the gas
will be filtered, pressure reduced and metered.

These pipelines will then be laid to the strategically located
injection points (determined from network analysis and
the conversion strategy) in to the IP/MP distribution
system. These injection points will include filtering
and pressure reduction equipment (Figure 5.33). The
assumption is that the LHTS will operate at a maximum
pressure of 40 bar but this is subject to further work in the
FEED study to optimise the working pressure range. The
benefits of the LHTS is that it provides a high pressure,
and hence high volume, feed in to the urban areas.

Table 5.8: HTS summary
Hydrogen Transmission System
(HTS) total capacity = 125 GW

Figure 5.25: Typical offtake station
This is achieved because safety restrictions
of routing a high pressure main through
urban areas are alleviated through:
→→ Lower operating pressures than the HTS
→→ Pipeline design (safety) factors can be improved
(operates at no more than 30% of the pipe’s
specified minimum yield strength)
→→ Smaller diameters, ranging from 100 mm
to 600mm, can typically be used for this
system which enables easier routing and
construction in congested urban areas.

It is worth noting that the LHTS can also provide a
degree of linepack to supplement the HTS volume to
meet peak day demand by manipulating pressures.
GGP Consult were contracted to produce a high
level routing exercise to establish feasibility and
quantify the length of LHTS required for the 7No major
urban centres to be converted in the NoE area, the
results are presented in the following sections.
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injection points (determined from network analysis and
the conversion strategy) in to the IP/MP distribution
system. These injection points will include filtering
and pressure reduction equipment (Figure 5.33). The
assumption is that the LHTS will operate at a maximum
pressure of 40 bar but this is subject to further work in the
FEED study to optimise the working pressure range. The
benefits of the LHTS is that it provides a high pressure,
and hence high volume, feed in to the urban areas.

Table 5.8: HTS summary
Hydrogen Transmission System
(HTS) total capacity = 125 GW

Figure 5.25: Typical offtake station
This is achieved because safety restrictions
of routing a high pressure main through
urban areas are alleviated through:
→→ Lower operating pressures than the HTS
→→ Pipeline design (safety) factors can be improved
(operates at no more than 30% of the pipe’s
specified minimum yield strength)
→→ Smaller diameters, ranging from 100 mm
to 600mm, can typically be used for this
system which enables easier routing and
construction in congested urban areas.

It is worth noting that the LHTS can also provide a
degree of linepack to supplement the HTS volume to
meet peak day demand by manipulating pressures.
GGP Consult were contracted to produce a high
level routing exercise to establish feasibility and
quantify the length of LHTS required for the 7No major
urban centres to be converted in the NoE area, the
results are presented in the following sections.
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Routing
The following LHTS route maps were produced for the major urban centres to be converted
under the NoE scheme N.B. York is not included because no LHTS is required.
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NoE LHTS summary

5.3.4 Hydrogen Intermediate Pressure System (HIPS)

The details of the LHTS are provided in Figure 5.9.

As part of the conversion strategy
some additional intermediate pressure
distribution pipeline (mains) infrastructure
will be required. These new mains
form an important function in enabling
hydrogen to be directed to the ideal
location for ease of sector conversion.

MAJOR URBAN
CENTRE

PIPELINE
LENGTH (KM)

NO OF INJECTION
POINTS (PRSS) IN
TO IP/MP SYSTEM

West Yorkshire

61

3

Hull

16

3

York

0

0

Tyneside

42

7

Teesside

36

7

130

17

Manchester
Liverpool
TOTAL

49

9

334

46

Table 5.9: LHTS summary

These mains would link the HTS/LHTS, via HTS/LHTSHIPS pressure reduction stations (PRSs), to the existing
MP/LP distribution system via HIPS to MP district
governor installations (low pressure PRSs) see Figure
5.35. They would typically consist of pipe diameters
between 100 and 300 mm and, because they have a
below 7 bar maximum pressure, these mains would be
typically laid in High Density Polyethylene (HDPE).
These mains would be generally installed in the
street alongside other utilities. It must be stated that
some of this HIPS infrastructure is not required for
reinforcement but to provide hydrogen to the ideal
injection point as part of the conversion strategy.
Therefore, once conversion is achieved some of these
HIPS mains will be unnecessary to meet demand but add
additional security of supply benefits to the network.

It is anticipated that the FEED study will address
a value engineering exercise to remove some of
the requirement for this new HIPS network by
using short term temporary hydrogen supplies via,
for instance, mobile bulk tankers to provide the
hydrogen necessary during the conversion process.
The HIPS distribution mains should be considered as
‘streetwork’ activities and, whilst detailed planning
is required to facilitate efficient execution, these
are relatively minor elements of the hydrogen
transportation system and would be considered
business as usual to any gas distribution network.
Across the 7No major urban areas there is limited
requirement for HIPS infrastructure. West Yorkshire
has the most to be installed, Figure 5.34 shows
the extent of the HIPS mains needed across West
Yorkshire and Table 5.10 summarises the requirements
across all major urban centres for the NoE.

West Yorkshire example

Figure 5.33: Typical pressure reduction station (PRS)
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Figure 5.34: West Yorkshire – HTS, LHTS and HIPS
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NoE LHTS summary
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As part of the conversion strategy
some additional intermediate pressure
distribution pipeline (mains) infrastructure
will be required. These new mains
form an important function in enabling
hydrogen to be directed to the ideal
location for ease of sector conversion.

MAJOR URBAN
CENTRE

PIPELINE
LENGTH (KM)

NO OF INJECTION
POINTS (PRSS) IN
TO IP/MP SYSTEM

West Yorkshire

61

3

Hull

16

3

York

0

0

Tyneside

42

7

Teesside

36

7

130

17

Manchester
Liverpool
TOTAL

49

9

334

46

Table 5.9: LHTS summary

These mains would link the HTS/LHTS, via HTS/LHTSHIPS pressure reduction stations (PRSs), to the existing
MP/LP distribution system via HIPS to MP district
governor installations (low pressure PRSs) see Figure
5.35. They would typically consist of pipe diameters
between 100 and 300 mm and, because they have a
below 7 bar maximum pressure, these mains would be
typically laid in High Density Polyethylene (HDPE).
These mains would be generally installed in the
street alongside other utilities. It must be stated that
some of this HIPS infrastructure is not required for
reinforcement but to provide hydrogen to the ideal
injection point as part of the conversion strategy.
Therefore, once conversion is achieved some of these
HIPS mains will be unnecessary to meet demand but add
additional security of supply benefits to the network.

It is anticipated that the FEED study will address
a value engineering exercise to remove some of
the requirement for this new HIPS network by
using short term temporary hydrogen supplies via,
for instance, mobile bulk tankers to provide the
hydrogen necessary during the conversion process.
The HIPS distribution mains should be considered as
‘streetwork’ activities and, whilst detailed planning
is required to facilitate efficient execution, these
are relatively minor elements of the hydrogen
transportation system and would be considered
business as usual to any gas distribution network.
Across the 7No major urban areas there is limited
requirement for HIPS infrastructure. West Yorkshire
has the most to be installed, Figure 5.34 shows
the extent of the HIPS mains needed across West
Yorkshire and Table 5.10 summarises the requirements
across all major urban centres for the NoE.

West Yorkshire example

Figure 5.33: Typical pressure reduction station (PRS)
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Figure 5.34: West Yorkshire – HTS, LHTS and HIPS
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5.4

HTS design considerations
NoE HIPS (Hydrogen Intermediate Pressure System) summary
MAJOR URBAN
CENTRE

MAINS LENGTH
(KM)

West Yorkshire

NO OF DISTRICT
GOVERNORS INJECTION
POINTS (SMALL PRSs)
IN TO MP SYSTEM

251

33*

Hull

16

4

York

26

3

Tyneside

50

10

Teesside

32

9

180

27

50

15

605

101

Manchester
Liverpool
TOTAL

*Includes 7No HIPS to 2 bar networks
Table 5.10: HIPS Summary

5.4.1 Pipeline design
specifications
This Section provides details of pipeline design
and its applicability to the HTS, the purpose of
which is to underpin the deliverability of the HTS
and elaborate on what would be undertaken
as part of the subsequent FEED study.
The safe operation of a transmission pipeline system
depends on various factors which can influence each
other. The principal risks and hazards associated with
hydrogen systems can be minimised by good engineering
design. A safe hydrogen pipeline transmission or
distribution system, including all its components, is
one that is designed considering the following:
→→ Local conditions, e.g. seismic zone, soil characteristics
→→ Applicable codes for mechanical design
(including pressure rating and wall
thickness) and installation of pipes

5.4.2 TD1 routing

In the absence of a definitive specification for a
new hydrogen transmission system, the routing
and design of the HTS and LHTS has been carried
out in the spirit of IGEM/TD/1 edition 5 (Figure
5.36) recommendations which is the established
UK specification for high pressure natural gas
pipeline design.
The significant features of applying
these recommendations are:
→→ Establishment of a 1 km wide route corridor for
the HTS to maintain a rural route and avoid close
proximity to populated areas allowing the design
factor of 0.72 (maximum operating pressure to
never cause the pipeline to exceed 72% of the
specified minimum yield strength) to be applied.

→→ Selection of metallic materials

→→ Recognition that an LHTS is required to operate at
lower pressure and reduced design factor of 0.3
(maximum operating pressure to never cause the
pipeline to exceed 30% of the specified minimum
yield strength) this allows routing through, and near
populated areas, enabling the high pressure system
to reach the distribution network injection points

→→ Selection of non-metallic materials

→→ TD1 covers pipelines operating at up to 100 bar

→→ Conditions of service with respect to fluid composition,
gas velocity, pressure, temperature and dew point

→→ UK and international laws and regulations
which apply to gas transmission pipelines
generally and hydrogen systems specifically
→→ Standards of cleanliness for service
→→ Industry codes of practice relating to hydrogen systems
→→ Hazard considerations such as
flammability of hydrogen systems3
Establishment of design specifications applicable to
hydrogen transmission pipelines would be fully examined
early in any subsequent FEED study. However, an appraisal
of design specifications is included further in this section.

Figure 5.36: IGEM/TD/1 edition 5

Figure 5.35: Typical District Governor
(DG) inside GRP enclosure
3 	

Hydrogen Pipeline Systems, IGC Doc 121/14 Author: EIGA

H21 North of England

SECTION 05

260

H21 North of England

SECTION 05

261
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HTS design considerations
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5.36) recommendations which is the established
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the HTS to maintain a rural route and avoid close
proximity to populated areas allowing the design
factor of 0.72 (maximum operating pressure to
never cause the pipeline to exceed 72% of the
specified minimum yield strength) to be applied.
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→→ Recognition that an LHTS is required to operate at
lower pressure and reduced design factor of 0.3
(maximum operating pressure to never cause the
pipeline to exceed 30% of the specified minimum
yield strength) this allows routing through, and near
populated areas, enabling the high pressure system
to reach the distribution network injection points

→→ Selection of non-metallic materials

→→ TD1 covers pipelines operating at up to 100 bar

→→ Conditions of service with respect to fluid composition,
gas velocity, pressure, temperature and dew point

→→ UK and international laws and regulations
which apply to gas transmission pipelines
generally and hydrogen systems specifically
→→ Standards of cleanliness for service
→→ Industry codes of practice relating to hydrogen systems
→→ Hazard considerations such as
flammability of hydrogen systems3
Establishment of design specifications applicable to
hydrogen transmission pipelines would be fully examined
early in any subsequent FEED study. However, an appraisal
of design specifications is included further in this section.

Figure 5.36: IGEM/TD/1 edition 5

Figure 5.35: Typical District Governor
(DG) inside GRP enclosure
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5.4.3 HTS design codes
With respect to potential hazard to public
safety, hydrogen gas is categorised under
Category ‘E’ as a flammable gas in the
European Pipeline Design Code BSEN-14161: 2011. As such, hydrogen is
classified in the highest category together
with other highly volatile and explosive
gases such as ethylene, multiphase
natural gas and liquefied petroleum gas.
In terms of public safety, hydrogen falls under a regime
wherein the location classification and population
density around the proposed route needs to be assessed
and quantified to identify the design factor for the
pipeline. Several pipeline design codes cover hydrogen
transportation systems as part of their scope, wherein
generally, the most stringent design requirements
will be applicable to hydrogen. The methodology of
design is therefore not much different from other
critical hydrocarbon (wet natural gas) systems and/or
chemical product pipelines (ethylene, propylene). For
pipeline practice in the United Kingdom a framework
of standards defining the functional specifications for
pipeline system are available and widely used, namely:
→→ BS-EN-14161 Pipeline Transportation
Systems for Oil and Gas Systems
→→ PD 8010 Part 1 Published Document (PD) – Pipeline
Systems Steel Pipelines on Land Code of Practice
→→ PD 8010 Part 3 Published Document – Steel
Pipelines on Land Guide to the application
of pipeline risk assessment to proposed
developments in the vicinity of major accident
hazard pipelines containing flammables
– Supplement to PD 8010-1 2004.
→→ IGEM TD1 & TD2 – Note: The IGEM standards are in
principle only applicable for natural gas pipelines.
Except for the IGEM standards, hydrogen gas is
specifically covered in both PDs related to onshore
pipeline systems. It is therefore considered that
hydrogen pipelines can be covered through the
normal design methodologies and safety evaluations
similar to other Category E pipeline systems.

262

5.4.4 External safety
assessment
PD 8010 Part 3 provides a method to assess
external safety around hydrogen gas pipelines.
For preliminary pipeline routing (at the feasibility
stage) the safety zone can be defined based on either
individual risk contour calculations or maintaining
a minimum proximity zone for buildings.
→→ The individual risk contours will be established
through a quantitative risk analysis for the
pipeline route based on PD 8010-3: 2009.
→→ For the proximity zone the following guidance
is provided: pipelines having a design factor not
exceeding 0.3 and a wall thickness greater than
11.91 mm, a route may be established allowing a
minimum proximity distances of 5.5 Q m between
the pipeline and occupied buildings, where Q
is defined as the substance factor which for
hydrogen is 0.45. This results in a minimum
proximity distance from occupied buildings of
approximately 2.5 m. N.B. natural gas is 3 m.
To establish the final design limits a more rigorous
risk-based assessment is required for the pipeline
route. In this case both the individual and societal risk
contours will need to be confirmed and reconciled
with the proposed pipeline route. The methodology
for the pipeline quantitative risk assessment is
in principle laid down in PD 8010-3: 2009.
The pipeline risk assessment uses statistical
data to establish the failure rate for the
pipeline system in combination with loss of
containment consequence models to determine
the risk contours along the pipeline route.
It should be noted that based on early consequence
modelling and experiments in the Netherlands, and the
output of the NaturalHy safety task group, the explosive
zones and the characteristics of a hydrogen explosion
in practice seem to be more favourable than the ones
for natural gas. The main explanation for this is that
hydrogen is less dense and disperses quicker into the
surrounding air. In short, this means that the individual
risk contours for hydrogen system are expected to be
similar to the risk contours for natural gas systems. This
might be counter intuitive for policy makers and public
opinion and is therefore subject to further investigation.
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5.4.5 Material selection

5.4.6 Velocity constraints

Carbon steel is the alloy family most
commonly used in hydrogen gas transmission
pipelines. The choice of the specific grade will
depend on many factors including the severity
of the service, availability and relative cost.

Hydrogen gas is circa one eighth the density
of natural gas. It has lower volumetric
calorific value and therefore to achieve
the same amount of energy delivery
capacity the flows will be considerably
higher in a hydrogen pipeline system.

In general, the common carbon steel piping grades
such as API 5L X52 (and lower strength grades)
and ASTM A 106 Grade B have been widely used in
hydrogen gas service with few reported problems.
This good service is attributed to the relatively low
strength of these alloys, which imparts resistance
to hydrogen embrittlement and the other brittle
fracture mechanisms. API 5L pipe is available in two
Product Specification Levels (PSL 1 and 2). PSL 2
incorporates desirable requirements, not included in
PSL 1, including minimum notch toughness energy,
maximums for tensile strength and carbon equivalent.
These requirements help ensure base metal and weld
hardness are maintained at acceptable values and
hydrogen embrittlement concerns are minimized.
Therefore, PSL 2 material is advantageous for
hydrogen piping. Further, it is recommended that
only lower strength API 5L grades (x52 or lower) be
used. API 5L PSL 2 grades meet the requirements4.
The only area of concern would be that hydrogen
has an influence on the fatigue strength (under
cyclic loading) of these steels due to the increased
crack propagation speeds. As such, it may influence
the fatigue life time expectation of the system
under certain conditions. However, this would be
acknowledged as part of the design, operation,
inspection and integrity management of these systems.
In summary, hydrogen transportation in steel
pipelines has proven to be a safe and reliable mode of
transportation. Evidence is given by the vast number
of pipelines currently in operation across the world.

To assess any detrimental effects due to this higher
velocity a review of several pipeline design codes
was conducted to establish if there is a generic limit
state, process criteria to limit velocities in gas pipeline
systems. The following pipeline design codes were
screened to determine how a maximum allowable
velocity limit in normal gas pipelines was set and
if so what would be driving this requirement:
→→ A number of pipeline design codes leave it to the
operator and do not specify a maximum gas velocity.
→→ The Norsok design code and Gasunie
specifications do specify a maximum velocity,
however this value is specified to avoid
piping vibration and/or limit noise levels. The
acceptable limits vary from 20 m/s to 60 m/s.
→→ IGEM TD-13 imposes a 40 m/s maximum velocity
limitation on above ground piping on the outlet of
a Pressure Reducing Installation (PRI). However
it is noted that this standard is developed
specifically for natural gas and not for hydrogen
which is expected to be of purer quality.
Considering that the hydrogen product is expected
to be clean and pure, in principle hydrogen velocities
may be permitted up to 60 m/s without causing
any detrimental effects to the pipeline system.
If the pipeline is internally coated then the risk of
erosional damage to the coating over the lifetime
of the pipeline would need to be evaluated.
However, this is not expected to be significant.
Other than vibrational, noise and erosional effects,
no other degradation effects specific to steel
hydrogen gas pipelines are known or identified.
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Carbon steel is the alloy family most
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it is noted that this standard is developed
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which is expected to be of purer quality.
Considering that the hydrogen product is expected
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erosional damage to the coating over the lifetime
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5.5

5.6

HTS deliverability

Planning and environmental considerations

As previously stated, the existing UK
National Transmission System (NTS)
consists of 7,600 km of high pressure
steel natural gas pipelines and 12,000 km
of Local Transmission System (LTS)
operating at between 7 and 85 bar.
This whole network has been installed over the
last 50 years. The majority of the network was
constructed from the late 1960s to the early 1980s.
The NTS consists, predominantly, of feeder pipelines
in the diameter range 600 mm to 1,200 mm.

This demonstrates that the proposal to build circa
520 km of HTS (396 km x 1,200 mm diameter/70 km
x 900 mm diameter/54.5 km x 600 mm diameter)
and 334 km of LHTS (100 to 600 mm diameter)
over a five year period is eminently feasible.
The UK has considerable experience in ‘high speed’
pipeline construction techniques. In particular, the well
established ‘pipeline spread’ technique, where pipeline
installation is carried out on a production line basis.
This involves multiple specialist crews following each
other in sequence along the pipeline route. The majority
of mechanical works are carried out above ground from
pipe ‘stringing’ through to lower & lay (see Figure 5.37)
and backfill. The speed of installation is only limited by
the rate of welding. Typically, installation rates of up to
1 km per day can be achieved by adopting this technique.

Under The Planning Act 2008, nationally
significant infrastructure projects (NSIPs)
are large scale projects falling into five
general categories (Energy; Transport;
Water; Waste Water and Waste).
1

PREAPPLICATION

Look out for information in local media and
in public places near the location of the
proposed project, such as your library.
The developer will be developing
their proposals and will consult widely.

ACCEPTANCE

The Inspectorate, on behalf of the Secretary
of State, has 28 days to decide whether the
application meets the required standards to
proceed to examination including whether the
developer’s consultation has been adequate.

PREEXAMINATION

You can now register as an interested
party; you will be kept informed of
progress and opportunities to put your case.
Inspectors will hold a Preliminary Meeting
and set the timetable for examination.
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Figure 5.37: Picture of lower & lay
In terms of available skills, the UK still possesses
design houses with the necessary skills in high
pressure gas pipeline design. These vary from small
specialist companies through to large multi-national
companies. In addition, gas pipeline construction
is still an established industry in the UK.

The whole NoE project would fall under this legislation.
In particular, the HTS and LHTS would meet the
thresholds specified under Section 20 covering Gas
Transporter Pipelines. They would be considered to be
nationally significant and require development consent
as set out in the Planning Act 2008 Regime (Figure 5.38).

can send in your comments in writing.
can request to speak at a public hearing.
Inspectorate has 6 months to carry out
examination.

DECISION

A recommendation to the relevant
Secretary of State will be issued by the
Inspectorate within 3 months.
The Secretary of State then has a further
3 months to issue a decision on the proposal.

POSTDECISION

There is the opportunity
for legal challenge.

6

Large diameter high pressure steel pipelines are being
constructed every year due to new power station
supplies, diversions due to infrastructure development,
e.g. HS2, and integrity works, e.g. land slip. Although the
skills are present in the mature UK pipeline industry,
the option of drawing on the global onshore oil & gas
pipeline industry can also be used to supplement any
shortfall in skilled managers, engineers and operatives.

Figure 5.38: The application process: The six steps5
5 	

www.hse.gov.uk

H21 North of England

SECTION 05

264

H21 North of England

SECTION 05

265

5.5

5.6

HTS deliverability

Planning and environmental considerations
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In terms of available skills, the UK still possesses
design houses with the necessary skills in high
pressure gas pipeline design. These vary from small
specialist companies through to large multi-national
companies. In addition, gas pipeline construction
is still an established industry in the UK.

The whole NoE project would fall under this legislation.
In particular, the HTS and LHTS would meet the
thresholds specified under Section 20 covering Gas
Transporter Pipelines. They would be considered to be
nationally significant and require development consent
as set out in the Planning Act 2008 Regime (Figure 5.38).
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5.7

Impact of split production
locations on the HTS
Since April 2012 the Planning Inspectorate (PINS)
has been the agency responsible for operating the
planning process for NSIPs under the Localism Act
2011 which abolished the former Infrastructure Planning
Commission (IPC). Amendments under the Localism
Act 2011 have seen some further small changes via
the Growth and Infrastructure Act 2013 which has also
enabled a further category of business or commercial
projects to use the regime. The Infrastructure Act
2015 speeds up further the planning process for
nationally significant infrastructure projects.

The implications of a split Hydrogen
Production Facility between Easington and
Teesside as a potential alternative to the
preferred scenario of a single large production
site at Easington are referred to in Section 4.0.
It was considered prudent to include an assessment
of this option and any potential impact on the
HTS. Whilst the split location would have minimal

impact on the pipeline route, the HTS was remodelled to ensure it could still meet peak
demand requirements without compression.
The network models (“Figure 5.39: Split location H2
production – HTS model impact” on page 267show
no compression is required and with source pressure
of 80 bar the requirement for dual 1,200 mm pipelines
from Easington to York has now been removed.

To facilitate a robust planning application for the
pipeline works the following activities are required
to be carried out as early in the project planning as
possible, i.e. during the FEED study. This is to mitigate
programme risk from, what can be, extensive and
prolonged legal negotiations with 3rd parties, a
major part of the development consent process:
→→ Route surveys to identify all feasible routes
→→ Land referencing, i.e. identify all
landowners affected by the works
→→ Commence land and easement
agreement negotiations
→→ 3rd parties – identify all statutory
and non-statutory consultees
→→ Carry out environmental impact assessment
on the preferred route and generate
an environmental statement

Figure 5.39: Split location H2 production – HTS model impact
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5.8

Construction programme
and commissioning
The ramifications of splitting the hydrogen production
on the HTS are summarised in Table 5.11.
PIPELINE DIAMETER
(MM)

PIPELINE LENGTH
EASINGTON ONLY
PRODUCTION (KM)

1,200

396

PIPELINE LENGTH (KM)
SPLIT LOCATION
310

900

70

70

600

54

40

Table 5.11: Split location HTS impact
→→ The pressure at the system extremitiy,
(i.e. Liverpool) is not improved
→→ The split supply gives opportunities to reduce the
quantity of 1,200 mm diameter HTS required by
removing the 95 km of dual pipeline from Hull to
York, this would reduce overall costs. However,
this must be offset by the reduced linepack
capacity of the HTS and is subject to further
analysis during any subsequent FEED study.

→→ The 14.5 km of 600 mm diameter HTS
which feeds the Teesside area would
need to be increased to 1,200mm
→→ From a security of supply perspective, there could
be additional benefits in providing a split supply
→→ There are no impacts on the LHTS or the
HIPS from a split location strategy.

The commissioning programme for
the HTrS is dependent on the project
timelines for the hydrogen production
and conversion. Fundamentally, first gas
from the Hydrogen Production Facility
will be available in the summer of 2026
and customer conversions will commence
at the start of the summer in 2028.
To meet this ambitious programme it
will be necessary to commence the
FEED study in 2019. In addition,
commitment to detail design, pipe
manufacture and land purchase is
required by mid-2022 to ensure the
construction programme can be met.

The following programme for the HTrS is
based on the following provisos:
→→ All planning approvals and land purchase in
principle can be achieved over a three year period
and therefore this process must commence in 2019
→→ Cross-country pipeline construction is carried
out between April and October to avoid as far as
possible adverse weather causing land damage
and increased cost from low productivity
→→ Pipe and equipment manufacture for the
HTS and LHTS will require lead times from
order placement of up to two years
→→ From previous experience of the NTS construction
it is reasonable to construct the 396 km of
1,200 mm diameter pipeline and associated
offtakes required over a minimum five year
period. As a rule of thumb this equates to circa
80 km per year involving 2No contractors on
2No separate pipeline ‘spreads’ of 40 km
→→ LHTS construction and associated Pressure
Reduction Stations (PRS) are based on the
requirements for the six urban centres to be
converted. N.B. York requires no LHTS
→→ HIPS construction and associated District
Governor (DG) installations are based on the
same rationale as the LHTS but includes York
→→ The conversion programme is based on conversion
teams operating in 3No areas of the NoE at any one
time (year 1 – Tyneside/West Yorkshire/Manchester)
and therefore the HTrS must be substantially
complete in all areas before 2028 to allow this
strategy to be met. The only exception is the
Manchester to Liverpool section of 900 mm pipeline
which can be scheduled to complete after 2028
due to the later conversion of the Liverpool area
As part of the FEED study, the HTrS build could
be further de-risked by amending the conversion
strategy to convert Teesside in advance of Tyneside.
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Figure 5.40: High level HTrS delivery
programme

Figure 5.40 sets out the high level programme
for delivering the HTrS and is described
further in the following sections.
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The strategy behind the HTS build programme is to
start at the Easington end. This involves starting with
a 50 km ‘spread’ only containing dual pipelines, i.e.
circa 100 km of HTS, in good pipelining conditions
prevailing in the East Riding of Yorkshire and therefore
allows contingency for pipeline construction ‘start up’
inefficiencies. It will also include the short pipeline
to the NTS connection from the production plant.
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Figure 5.41: HTS geographic locations along the route corridor
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5.9

Conclusions

PHASE
HTS PHASE 1

GEOGRAPHIC AREA

PIPELINE DETAILS

Easington to Beverley

(50 km – install – 100 km
of 1,200 mm pipeline)

HTS PHASE 2

Beverley to York

(50 km – install – 100 km
of 1,200 mm pipeline)

HTS PHASE 3

York to Trimdon to Seal Sands

(90 km of 1,200 mm pipeline +
15 km of 600 mm pipeline)

HTS PHASE 4

Trimdon to Lamesley

(39.5 km of 600 mm pipeline)

York to Knottingley to Hepworth

(26 km + 44 km of 1,200 mm pipeline)

Hepworth to Whitworth.
This phase is restricted to 36 km only due to
the degree of difficulty involved in crossing
the Peak district and West Pennine moors,
i.e. access, topography, peat and rock.

(36 km of 1,200 mm pipeline)

HTS PHASE 5

The conversion model being proposed for the
NoE is based on re-purposing the existing
natural gas <7 bar networks to hydrogen.
The requirements for the new Hydrogen
Transportation System (HTrS) in terms of the Hydrogen
Transmission System (HTS), Local Transmission
System (LHTS)and intermediate pressure mains
(HIPS) are outlined the following tables.
PIPELINE
DIAMETER (MM)

PIPELINE
LENGTH (KM)

1,200

Whitworth to Prescot
This can be delayed until after the first conversion
phase which does not extend to Liverpool in the first
few years. The productivity is again ‘throttled back’
to allow for some terrain similar to phase 5.

LHTS/HIPS PHASE 1

West Yorkshire, Tyneside and Manchester for conversion starting in 2028

LHTS/HIPS PHASE 2

Hull for conversion starting in 2030

LHTS/HIPS PHASE 3

Teesside and Liverpool starting in 2031

HIPS PHASE 4

York starting in 2033

396

16

10

40

70

3

2

6

600

54.5

4

1

4

520.5

23

13

50

Table 5.13: Hydrogen Transmission System (HTS)
MAJOR URBAN CENTRE

61

3

16

3

0

0

42

7

Teesside

By installing strategically placed block valves allows
the flexibility of the HTS system being commissioned
in phases whilst construction continues downstream.
The phasing of the LHTS and HIPS is designed to
follow on from the HTS as the new infrastructure is
installed down through the pressure tiers. This is a
more involved commissioning phase (not just charging
the pipelines with hydrogen) to commission pressure
reduction equipment and associated electrical,
instrumentation and communication equipment.
It is important to note that the above build and
commissioning schedule is based on the preferred
engineering solution of a single Hydrogen Production
Facility based at Easington. However, if during the
FEED this facility is based in Teesside or the split
location strategy is adopted the schedule will be
altered. This is not expected to have any major effect
on the project timelines and the biggest risk to project
delivery is failure to commence the FEED in 2019.

NO OF INJECTION POINTS (PRSs)
IN TO IP/MP SYSTEM

Hull
York

Table 5.12: HTrS commissioning phasing

PIPELINE
LENGTH (KM)

West Yorkshire

Tyneside

Commissioning of the pipeline system with
hydrogen will be carried out following the Hydrogen
Production Facility commissioning. This will involve
a nitrogen purge followed by hydrogen to ensure
all air is driven out of the system. This is not an
extended period. The commissioning of the HTS can
be carried out in a matter of days and weeks.

NO OF TEES FOR
FUTURE CONNECTIONS

(70 km of 900 mm pipeline).

THE LHTS AND HIPS PHASING IS BASED ON THE CONVERSION STRATEGY AND IS CARRIED OUT AS FOLLOWS:

Pre-commissioning of the pipelines involves pipeline
pigging operations where various inspection tools are
propelled through the pipeline with compressed air
to confirm cleanliness and geometry. The pipelines
will then be subject to high level pressure testing
with water to confirm integrity followed by dry air
or vacuum drying to remove all moisture. This work
will be carried out Section by Section as part of
the build phase by the contractor in accordance
with the pre-commissioning procedure.

NO OF BLOCK
VALVE SITES

900
TOTAL

HTS PHASE 6

NO OF OFFTAKES

Manchester
Liverpool
TOTAL

36

7

130

17

49

9

334

46

Table 5.14: Local Hydrogen Transmission System (LHTS)
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5.9
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with water to confirm integrity followed by dry air
or vacuum drying to remove all moisture. This work
will be carried out Section by Section as part of
the build phase by the contractor in accordance
with the pre-commissioning procedure.

NO OF BLOCK
VALVE SITES

900
TOTAL

HTS PHASE 6

NO OF OFFTAKES

Manchester
Liverpool
TOTAL

36

7

130

17

49

9

334

46

Table 5.14: Local Hydrogen Transmission System (LHTS)
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MAJOR URBAN CENTRE

SECTION 05

MAINS LENGTH (KM)

West Yorkshire

274

H21 North of England

NO OF DISTRICT GOVERNORS (SMALL PRSS)
INJECTION POINTS IN TO MP SYSTEM

251

33*

Hull

16

4

York

26

3

Tyneside

50

10

Teesside

32

9

180

27

50

15

605

101

Manchester
Liverpool
TOTAL

*Includes 7No HIPS to 2 <7 bar networks
Table 5.15: Hydrogen Intermediate Pressure System (HIPS)
To put the new infrastructure requirement in to
context, the existing West Yorkshire <7 bar network
pipeline system alone consists of a total length of
66% of the entire UK natural gas NTS/LTS combined.
Overall the UK <7 bar network is 14 times greater than
the combined NTS/LTS networks. This is why there
is an enormous benefit to the hydrogen conversion
strategy that the <7 bar network is entirely reused.

The following key conclusions can be drawn
from the analysis of the NoE HTrS:
→→ The validated network modelling carried out
confirms that the proposed HTS system design for
moving gas from point of production to points of
demand and in/out of seasonal storage is robust.
→→ The detailed routing of the HTS and the LHTS
has proven that transporting gas from the
proposed point of production and seasonal
storage to the points of demand is eminently
feasible from a constructability perspective
→→ The combined network modelling and
routing work has confirmed that the HTS can
accommodate circa 25 GWh of linepack under
the current configuration. This provide system
flexibility in meeting intraday storage.
→→ The HTS system, designed in this report, can
provide up to 125 GW capacity (up to 3x more
demand than heat alone in the NoE) using
strategically placed supply inputs for future
expansion of the hydrogen economy.
→→ Existing pipeline design standards to meet
UK requirements for a high pressure hydrogen
transmission system have been explored and
confirmed to be ‘fit for purpose’ as a basis to meet
technical, planning and safety requirements.
→→ The feasibility of installing the new hydrogen
transportation system within the timescales
laid out in this report have been assessed
and confirmed to be achievable.
→→ The option of splitting hydrogen production and
storage between Easington and Teesside has been
analysed and proven to be viable with minimal
effect on the hydrogen transportation system

SECTION 05

The following areas have been summarised that
will require addressing urgently through a FEED
study to fully confirm the hydrogen transportation
specification and progress this element of the
NoE conversion scheme in accordance with
the proposed implementation programme:
→→ Confirm proposed location for hydrogen
production and storage
→→ Confirm availability of natural gas
feedstock source and availability
→→ Finalise the pipeline design taking into
account wider UK strategic factors.
→→ Confirm hydrogen pipeline specifications
to facilitate detail design
→→ Determine operational parameters to
establish the amount of linepack available
in the high pressure (>7 bar) system
→→ Carry out further network modelling to
optimise pipeline sizing and pressures
→→ Install meters across the network to confirm ‘actual’
demand for input in to the network modelling
→→ Identify locations and land availability for the
above ground installations such as offtakes and
pressure reduction stations to be installed as
part of the hydrogen transportation system
→→ Further research in to the potential for the new
hydrogen transportation system to accommodate
and convert other major natural gas users on the
NoE region, i.e. industrial and power generation.
→→ Develop the HTS design and route to facilitate
conversion of other towns and cities in the NoE
region following the major urban centres which
forms the basis of this NoE conversion strategy
→→ Development and iteration of the ‘conceptual’
pipeline design in this report to enable
constructability e.g. geographical features,
geology, environmentally sensitive areas.
→→ Fully explore the routing of the LHTS
through semi-urban areas to optimised
positions for the IP/MP injection points
→→ Detail analysis of urban routing and location
requirement for the new HIPS infrastructure
and/or temporary hydrogen supplies to meet
the conversion strategy sector by sector
→→ Land referencing i.e. identify all
landowners affected by the works
→→ Commence land and easement
agreement negotiations

275

→→ 3rd parties – identify all statutory
and non-statutory consultees
→→ Initiate planning process including Environmental
Impact Assessment on the preferred route
and generate Environmental Statement
→→ Carry out intrusive site investigation to support
the EIA, e.g. archaeological and ecological
→→ Develop pipeline design in areas of:
•

Route drawings at 1: 10,000 scale

•

Utility information

•

Obstacle list

•

Ground information including
intrusive works, e.g. boreholes

•

Proposed crossing methods

•

Material take off – main equipment/pipe

→→ Develop offtake and pressure
reduction station design:
•

Process data sheets

•

Land footprint/location definition

•

Engineering line diagrams

•

Process and instrumentation diagrams

•

Material take off – main fittings/
equipment/pipe

→→ System control specification
→→ Develop design sufficiently to enable detail
design to be carried out on completion
→→ Establish accurate project costs
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region following the major urban centres which
forms the basis of this NoE conversion strategy
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pipeline design in this report to enable
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→→ 3rd parties – identify all statutory
and non-statutory consultees
→→ Initiate planning process including Environmental
Impact Assessment on the preferred route
and generate Environmental Statement
→→ Carry out intrusive site investigation to support
the EIA, e.g. archaeological and ecological
→→ Develop pipeline design in areas of:
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Route drawings at 1: 10,000 scale
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Utility information
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Ground information including
intrusive works, e.g. boreholes
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Proposed crossing methods
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reduction station design:
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→→ System control specification
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6.0

Commissioning
and Conversion
As with any major production plant
design it is important to understand
the process of commissioning.
In the context of H21 North of
England (NoE), hydrogen demand
is provided predominantly by the
energy required to provide heat to
customers. Therefore, an optimised
commissioning strategy needs to be
aligned to a detailed conversion
strategy. This section presents an
example of how a commission strategy
for the Hydrogen Production Facility
has been aligned to the 7 year
conversions strategy for the NoE.
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6.0

Commissioning
and Conversion
As with any major production plant
design it is important to understand
the process of commissioning.
In the context of H21 North of
England (NoE), hydrogen demand
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energy required to provide heat to
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commissioning strategy needs to be
aligned to a detailed conversion
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for the Hydrogen Production Facility
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6.1

Introduction
The graphics below explain pictorially how
this commissioning/conversion process
is undertaken which is then explained in
detail in the remainder of this section.

1,500 METRE

ASU 2900
t/d

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

O2 HEADER

ASU 2900
t/d

CONSTRUCTION AND LAYDOWN AREA

600 METRE

CO2 HEADER

H2 HEADER

As with any major production plant design it is
important to understand the process of commissioning.
A credible and robust commissioning and design
strategy is critical to achieve the objectives
of the project, key parameters include:
→→
→→

→→

Safe and reliable supply of hydrogen for
heat from 2028 (first year of conversion)
Efficient and safe construction and commissioning
at the hydrogen production facility and
inter-seasonal hydrogen storage sites with
minimum impact on the surroundings
Cost effectiveness and safe operation of the
facility and individual ATR modules during
the commissioning and conversion phase

H2 COMPRESSOR
STATION
HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL

H2 SUPPLY
AND STORAGE
(2028)

HYDROGEN
STORAGE
SITES

The hydrogen supply concept was presented
in Section 4.0 and comprises a modular
build hydrogen production facility based
on Autothermal Reformer (ATR) technology.
Specifically, the selected concept
consists of nine ATRs (9 x 1.35 GW).

OFFSITE AND
UTILITIES INCL.
SUBSTATION FOR
400 kV IMPORT

MIXING STATION AND
CONTROL ROOM

For energy production facilities, the commercial
effectiveness of the commissioning strategy will be
dictated by how closely the commissioning strategy can
be aligned to the end use demand profile, i.e. how closely
hydrogen supply can be aligned to hydrogen demand.
If the amount of end use demand can align broadly
to the available hydrogen supply, then the plant can
operate efficiently, i.e. at close to 100% capacity
from day one of commissioning. If the supply and
demand cannot be closely aligned it does not mean the
hydrogen production facility cannot be commissioned
but it does add operating costs in the early years.
This is because the plant will be operating at low
capacity and would also be likely to have periods
of partial shut down whilst demand is aligned.
In the context of H21 North of England (NoE), hydrogen
demand is provided predominantly by the energy
required to provide heat to customers. Therefore,
an optimised commissioning strategy needs to be
aligned to a detailed conversion strategy. This section
presents an example of how a commission strategy
for the Hydrogen Production Facility has been aligned
to the 7 year conversions strategy for the NoE.
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This would need to be fully validated as
part of the Front-End Engineering Design
(FEED) study, see Section 10.0.
Figure 6.1: C
ommissioning versus conversion; start position, i.e. minimum ATRs/salt
caverns commissioned
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operate efficiently, i.e. at close to 100% capacity
from day one of commissioning. If the supply and
demand cannot be closely aligned it does not mean the
hydrogen production facility cannot be commissioned
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for the Hydrogen Production Facility has been aligned
to the 7 year conversions strategy for the NoE.

HYDROGEN PIPELINE
TO EASINGTON

STORAGE

e

tl

as

wc

Ne

ld

Br

dd

Hu

s

ed

Le

rk

Yo

ll

Hu

H2 DEMAND
(COMMENCE
CONVERSION
2028)

er

st

he

nc

Ma

rd

fo

ad

fie

s
er

e

id

es

Te

l

oo

rp

ve

Li

This would need to be fully validated as
part of the Front-End Engineering Design
(FEED) study, see Section 10.0.
Figure 6.1: C
ommissioning versus conversion; start position, i.e. minimum ATRs/salt
caverns commissioned
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6.2

North of England
Conversion Strategy (2028-2035)
6.2.1 Workforce geographic
locations and rate of conversion
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When considering the Climate Change Act
obligations, the UK Government needs to
be able to execute a deliverable strategy
for huge scale decarbonisation of heat in
a comparatively short timescale to have
any tangible impact on the 2050 target.

OFFSITE AND
UTILITIES INCL.
SUBSTATION FOR
400kV IMPORT

H2 COMPRESSOR
STATION
HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL

H2 HEADER

HYDROGEN
STORAGE
SITES

STORAGE

MIXING STATION AND
CONTROL ROOM

H2 SUPPLY
AND STORAGE
(2034)

HYDROGEN PIPELINE
TO EASINGTON

=

As a result, the conversion of the NoE has been
designed to take place within a seven-year period
from 2028 to 2035. After the conversion of the
NoE as been completed, conversion of the next
areas (East Midlands, South Midlands, etc.) will be
undertaken as presented in Section 11.0 (Vision).
In Section 2.0 (Demand) it was established, using MSOA
data layered over the network maps, that there are
circa 3,813,000 meter points. Of these meter points
37,164 are non-domestic and 3,775,815 meter points
are domestic. When considering a conversion strategy
one of the key challenges is the available workforce to
undertake the appliance upgrades. For a conversion
on the scale of the NoE, it is not practical, given the
timescales, to start conversion in one location. Therefore,
a conversion strategy was developed based on a
regionally split workforce allowing conversion to take
place on three fronts in parallel. Geographically it means
the split of workforce into three geographical locations
is relatively straight forward and is shown in Figure 6.3.
It was explained in Section 2.0 that the H21 NoE
area is 13.3x the H21 Leeds City Gate area of
conversion on an energy basis. However, on a
meter point basis H21 NoE is over 14x H21 LCG.

H2 DEMAND
(AREAS
CONVERTED,
2034)

Figure 6.2: C
ommissioning versus Conversion; end position,
i.e. all ATRs/salt caverns commissioned
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To design the conversion strategy the year-by-year
conversion was based on the strategy set out in
Section 4.0 (Conversion) of the original H21 Leeds
City Gate report. This identified that a city the size
of Leeds (265,000 meter points) could be practically
converted within three years. Conversion would only
occur through the summer months to keep disruption
to a minimum and allow greater flexibility, due to
increased network robustness from reduced demand.
Working to this methodology the conversion strategy
was developed based on Table 6.1 which identifies
numbers of meter points to be converted each year.
Note 1: This conversion strategy is based on the
optimised engineering solution with a single
hydrogen production facility located at Easington.
If this were amended in a subsequent FEED study
to a split location (Teesside and Easington) the
conversion schedule could be altered accordingly
NORTH EAST WORKFORCE
Meter points:
700 K (Teesside 225 K,
Tyneside 475 K)

2

1
3

YORKSHIRE WORKFORCE
Meter points:
1,160 K (West Yorkshire
925 K, Hull 160 K, York 75 K)

NORTH WEST WORKFORCE
Meter points:
1,390 K (Manchester
900 K, Liverpool 490 K)

Note 2: In Table 6.1 in addition to domestic
meter points there are also 37,164 Industrial and
Commercial (I&C) meter points not included in
the table. These would be incorporated within the
local areas on a specific conversion schedule as
described in the original H21 Leeds City Gate report.
In the original H21 LCG project there were circa
265,000 meter points, so the conversion rate
presented in Table 6.1 gives a conversion rate of on
average 2.2x H21 LCG per year. This is equivalent
to a 2 GW of production capacity for heat per
year based on H21 LCG SMR concept which was
based on a total of 1 GW production capacity.
The hydrogen supply system needs to be able to
add an average of at least 2 GW capacity per annum
to match the demand profile for conversion.

Legend

Urban centres covered

NTS

≥ Bradford

≥ Manchester

Hydrogen transmission line

≥ Halifax

≥ Teesside (Middlesbrough)

(Below 7 bar) Distribution mains

≥ Huddersfield

≥ Tyneside (Newcastle/Gateshead)

Carbon Capture Storage (CO22)

≥ Hull

≥ Wakefield

Gas Terminal

≥ Leeds

≥ York

≥ Liverpool

Figure 6.3: Geographic workforce split

Network Conversion
Schedule

Workforce Area

1

2
3
Total

Network

Domestic
Meter points

2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904
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To design the conversion strategy the year-by-year
conversion was based on the strategy set out in
Section 4.0 (Conversion) of the original H21 Leeds
City Gate report. This identified that a city the size
of Leeds (265,000 meter points) could be practically
converted within three years. Conversion would only
occur through the summer months to keep disruption
to a minimum and allow greater flexibility, due to
increased network robustness from reduced demand.
Working to this methodology the conversion strategy
was developed based on Table 6.1 which identifies
numbers of meter points to be converted each year.
Note 1: This conversion strategy is based on the
optimised engineering solution with a single
hydrogen production facility located at Easington.
If this were amended in a subsequent FEED study
to a split location (Teesside and Easington) the
conversion schedule could be altered accordingly
NORTH EAST WORKFORCE
Meter points:
700 K (Teesside 225 K,
Tyneside 475 K)

2

1
3

YORKSHIRE WORKFORCE
Meter points:
1,160 K (West Yorkshire
925 K, Hull 160 K, York 75 K)

NORTH WEST WORKFORCE
Meter points:
1,390 K (Manchester
900 K, Liverpool 490 K)

Note 2: In Table 6.1 in addition to domestic
meter points there are also 37,164 Industrial and
Commercial (I&C) meter points not included in
the table. These would be incorporated within the
local areas on a specific conversion schedule as
described in the original H21 Leeds City Gate report.
In the original H21 LCG project there were circa
265,000 meter points, so the conversion rate
presented in Table 6.1 gives a conversion rate of on
average 2.2x H21 LCG per year. This is equivalent
to a 2 GW of production capacity for heat per
year based on H21 LCG SMR concept which was
based on a total of 1 GW production capacity.
The hydrogen supply system needs to be able to
add an average of at least 2 GW capacity per annum
to match the demand profile for conversion.

Legend

Urban centres covered
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≥ Manchester
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≥ Halifax

≥ Teesside (Middlesbrough)

(Below 7 bar) Distribution mains
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≥ York

≥ Liverpool

Figure 6.3: Geographic workforce split

Network Conversion
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0
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0
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123,182

123,182
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Liverpool

635,617
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0
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3,775,815
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Workforce size

Appliance conversion was comprehensively analysed
in the H21 Leeds City Gate project based on a small
area (Leeds, 265,000 meter points) and a three year
conversion strategy. The H21 NoE project is based
on 3.75 million meter points and a 7 year conversion
strategy. This is six times faster than the H21 LCG
project as demonstrated in the following calculation.
H21 NoE 3.74 m ÷ 7 = 530k, average number
of domestic conversions per annum.
H21 LCG 265k ÷ 3 = 88k, average number
of non-domestic conversion per annum.

Network Conversion
Schedule

Workforce
area

As a result, it is not appropriate to estimate the
workforce size for such a conversion based on a
simple meter point-based extrapolation of the H21
Leeds City Gate workforce figures. Instead, as with
the overall conversion costs (see Section 8.0), the
workforce size was calculated based on a new bottom
up assessment. This is presented in Table 6.2.

Domestic
meter points
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2034

West
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1,038,487

112,269
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168,403
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Hull

165,457

0
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62,046

62,046

41,364

0

0

York

85,813

0

0

0

0

0

45,767

40,046

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

Summer workforce total persons
(1 x plumber/house/day)

1,888

1,888

2,887

4,134

3,874

3,464

3,464

1

2
3

Network

Therefore, H21 NoE is 530 ÷ 88 = 6 times faster
than H21 LCG conversion rate based on a
credible Hydrogen Production Facility and CO2
capture and storage commissioning rate.

Total

Winter workforce total persons

944

944

1,443

2,067

1,937

1,732

1,421

Management/Administration
number of staff

153

153

234

335

314

281

230

Number of plumbers per
Manager (summers)

12

12

12

12

12

12

12

Table 6.2: Conversion workforce

285

The workforce strategy is based on an industrial
summer conversion workforce which reduces in
size to approximately half in winter to continue
with survey work. This survey work is required in
preparation for the next summer conversion period.
The key assumptions in this assessment are:

→→

Management/administrative, overhead
costs are based on 5% of the industrial
workforce cost. For 2028, this translates
to 153 staff members (see Section 8.0)

→→

On average this allows for one manager per 12
plumbers throughout the summer conversion period

→→ Total number of the industrial workforce (plumbers)
required within the summer conversion period,
180 days (6 months from April to September).
This is based on an average of one plumber
undertaking one house conversion per day. For
example, 2028 = 339,830 meter points ÷ 180
days = 1,888 plumbers for six months.

→→

On average this allows for one manager per
6 plumbers during the winter periods

→→

6.2.2

SECTION 06

In winter conversion would not be undertaken.
Surveys would be required on each property in
preparation for the following summer conversion
period. These would be undertaken by part
of the retained summer workforce and would
require approximately half the workforce. This
is equivalent to one plumber surveying an
average of two properties per day; this is highly
conservative but allows contingency for any
other activities or upfront enabling works as
required. It also ensures a significant amount
of the skilled workforce could be retained.

On average 3,000 plumbers are required per summer
conversion period and 1,500 per winter period. An
average of 240 management/administrative staff
are required throughout the conversion period. To
put the size of this workforce into context the UK
currently has 128k gas safe registered engineers
and over 250k plumbers. Additionally, during the
original conversion from towns gas to natural gas
between 1966 and 1977 at peak, (1971/72) the UK
was converting 2.3 million customers (meter points)
per year. This is four times the North of England
conversion strategy peak in 2031. Achieving this
conversion strategy is well within the UK’s capabilities.
N.B. This workforce may be able to be substantially
reduced based on the final complexity of the
appliance conversion process. Section 8.0, Project
Costs, give an indication of the current developments
in the appliance manufacturing sector.
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Workforce size
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in the H21 Leeds City Gate project based on a small
area (Leeds, 265,000 meter points) and a three year
conversion strategy. The H21 NoE project is based
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Therefore, H21 NoE is 530 ÷ 88 = 6 times faster
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Total

Winter workforce total persons

944

944

1,443

2,067

1,937

1,732

1,421

Management/Administration
number of staff

153

153

234

335

314

281

230

Number of plumbers per
Manager (summers)

12

12

12

12

12

12

12

Table 6.2: Conversion workforce

285

The workforce strategy is based on an industrial
summer conversion workforce which reduces in
size to approximately half in winter to continue
with survey work. This survey work is required in
preparation for the next summer conversion period.
The key assumptions in this assessment are:
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Management/administrative, overhead
costs are based on 5% of the industrial
workforce cost. For 2028, this translates
to 153 staff members (see Section 8.0)
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On average this allows for one manager per 12
plumbers throughout the summer conversion period
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180 days (6 months from April to September).
This is based on an average of one plumber
undertaking one house conversion per day. For
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days = 1,888 plumbers for six months.
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In winter conversion would not be undertaken.
Surveys would be required on each property in
preparation for the following summer conversion
period. These would be undertaken by part
of the retained summer workforce and would
require approximately half the workforce. This
is equivalent to one plumber surveying an
average of two properties per day; this is highly
conservative but allows contingency for any
other activities or upfront enabling works as
required. It also ensures a significant amount
of the skilled workforce could be retained.

On average 3,000 plumbers are required per summer
conversion period and 1,500 per winter period. An
average of 240 management/administrative staff
are required throughout the conversion period. To
put the size of this workforce into context the UK
currently has 128k gas safe registered engineers
and over 250k plumbers. Additionally, during the
original conversion from towns gas to natural gas
between 1966 and 1977 at peak, (1971/72) the UK
was converting 2.3 million customers (meter points)
per year. This is four times the North of England
conversion strategy peak in 2031. Achieving this
conversion strategy is well within the UK’s capabilities.
N.B. This workforce may be able to be substantially
reduced based on the final complexity of the
appliance conversion process. Section 8.0, Project
Costs, give an indication of the current developments
in the appliance manufacturing sector.
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6.3

Gas network conversion
This section explains how conversion of
such an extensive area could be practically
undertaken in the West Yorkshire area
which is highlighted on the map below.

s

d
ee

L

Gas network conversion was described
in detail in Section 4.0 (Gas Network
Conversion) of the original H21 LCG
report. For completeness, specific details
of how the West Yorkshire area could
be converted has been provided.
This is the single biggest geographic area within
the H21 NoE area of conversion and it can be
reasonably assumed that all other areas will
follow a similar process. It is recommended that
the reader familiarises themselves with the H21
LCG report Section 4.01 to aid understanding of
Section 6.3.1, Conversion of West Yorkshire.
In addition to the H21 NoE project the H21 project
team have also been managing a ‘H21 Strategic
Modelling – Major Urban Centres’ project. This
involves working with the other UK gas distribution
networks to show their network modellers how to
model hydrogen conversion within their respective
areas. The ‘H21 Strategic Modelling – Major Urban
Centres’ report is due for publication at the end
of 2018 and includes the following areas.

1

NETWORK

STUDIED FOR
HYDROGEN CONVERSION

Northern Gas Networks

West Yorkshire
(presented in this
report)
Hull
Teesside
Tyneside

Cadent

Manchester
Liverpool

Scottish and Southern
Gas Networks

Edinburgh
Bournemouth

Wales and
West Utilities

Bristol
Cardiff

Table 6.3: Areas being modelled for
hydrogen conversion in the H21 Strategic
Modelling – Major Urban Centres.

https://www.northerngasnetworks.co.uk/wp-content/uploads/2017/04/H21-Report-Interactive-PDF-July-2016.compressed.pdf

Figure 6.4: West Yorkshire area of conversion
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6.3.1 West Yorkshire
conversion strategy

6.3.2 The West Yorkshire
HP network

For the North of England project, a stepby-step conversion assessment has been
completed to explain the process required to
allow an effective conversion to take place.
This shows that conversion, even in today’s
integrated gas grid systems, is still achievable
in a similar fashion to that undertaken in the
original towns gas to natural gas conversion.

The gas distribution network map of the
West Yorkshire area is shown in Figure
6.5. The existing HP natural gas network
has been highlighted in orange; these
pipes will not be converted to hydrogen.

The final conversion strategy will need thorough
detailed analysis coupled with site surveys which
would form part of a subsequent FEED study.

289

In Figure 6.6 the current Pressure Reduction Stations
(PRS), which are the injection points to the MP system,
have been identified, i.e. all the yellow arrows. All blue
and red pipes in Figure 6.5 will be converted to hydrogen,
as these form the basis of the distribution system.

The zones of influence from specific injection points
between the Intermediate Pressure (IP)/Medium
Pressure (MP) networks and into the Low Pressure
(LP) network have been modelled to develop a
practical conversion strategy for the West Yorkshire
area (for detailed explanation on zones of influence,
see H21 LCG p115/116). The existing gas needs to
be removed and replaced with the hydrogen as per
the original towns gas to natural gas conversion.
Considering the network pressures, the process
for conversion needs to be sequential from HP
(orange) to MP (blue) to LP (red), (see Figure 6.5).
The step-by-step approach required for
network conversion is described below
starting with the HP (orange) network.

Figure 6.5: Existing West Yorkshire transmission and distribution networks
→→

Transmission - yellow - LTS.

→→

Distribution - green - IP

→→

Distribution - blue - MP

→→

Distribution - red - LP
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(PRS), which are the injection points to the MP system,
have been identified, i.e. all the yellow arrows. All blue
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between the Intermediate Pressure (IP)/Medium
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(LP) network have been modelled to develop a
practical conversion strategy for the West Yorkshire
area (for detailed explanation on zones of influence,
see H21 LCG p115/116). The existing gas needs to
be removed and replaced with the hydrogen as per
the original towns gas to natural gas conversion.
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The step-by-step approach required for
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Figure 6.6: West Yorkshire existing MP/IP injection points

The challenge is to ensure enough of these PRSs
can maintain methane supplies to areas not yet
converted whilst other PRSs are being incrementally
switched over to supplying hydrogen via the HTrS. If
all the PRSs were disconnected from the natural
gas transmission system (orange) and connected to
the HTrS at once the entire MP and subsequently LP
systems would be filled with hydrogen instantaneously.
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HP to IP/MP injection points
Existing MP main
Existing IP main

HP to IP/MP injection points
Existing MP main
Existing IP main

To convert from natural gas to hydrogen, these injection
points, known as Pressure Reductions Stations (PRSs),
need to be sequentially disconnected from the HP
natural gas network (orange) and converted via the
new hydrogen transportation system (HTrS, described
in Section 5.0). Note all the MP and LP network in its
current configuration is re-purposed to hydrogen.

H21 North of England

This would mean the entire conversion area (1,160,000
meter points) would be without gas for a considerable
amount of time (years), dependent on numbers
of gas fitters available to upgrade appliances.
For conversion to take place the complete hydrogen
pipeline system would be laid in place and
commissioned with hydrogen supplied by stage one
of the Hydrogen Production Facility, (see Section 6.6).
Once the HTrS was fully commissioned, i.e. filled with
hydrogen, conversion could begin to take place. The
new HTrS pipelines for West Yorkshire are shown in
Figure 6.7, for full details see Section 5.0. New PRSs
are shown using green arrows whilst all other PRSs
are existing which would be incrementally converted.

Figure 6.7: West Yorkshire network schematic showing new hydrogen PRSs and HTrS
To transfer a PRS from the HP natural gas (orange)
network to the new HP hydrogen network some
engineering modifications and/or temporary bypass
work maybe required. This work needs to be designed
on a site-by-site basis as part of the FEED study.
To undertake the conversion analysis the project
team assumed that the conversion will only occur
in the summer months (April to September) over a 7
year period in line with Table 6.1. This minimises the
effect on heating during low, or no demand period, i.e.
summer and an alternative provision for cooking and
hot water (where on gas) will need to be considered for
the very short change over period. 50% of the plumbing
workforce is retained over the winter period with the
focus moving from physical conversions to site surveys
of the properties to be converted in the coming years.

H21 North of England

SECTION 06

290

Figure 6.6: West Yorkshire existing MP/IP injection points

The challenge is to ensure enough of these PRSs
can maintain methane supplies to areas not yet
converted whilst other PRSs are being incrementally
switched over to supplying hydrogen via the HTrS. If
all the PRSs were disconnected from the natural
gas transmission system (orange) and connected to
the HTrS at once the entire MP and subsequently LP
systems would be filled with hydrogen instantaneously.

SECTION 06

291

HP to IP/MP injection points
Existing MP main
Existing IP main

HP to IP/MP injection points
Existing MP main
Existing IP main

To convert from natural gas to hydrogen, these injection
points, known as Pressure Reductions Stations (PRSs),
need to be sequentially disconnected from the HP
natural gas network (orange) and converted via the
new hydrogen transportation system (HTrS, described
in Section 5.0). Note all the MP and LP network in its
current configuration is re-purposed to hydrogen.

H21 North of England

This would mean the entire conversion area (1,160,000
meter points) would be without gas for a considerable
amount of time (years), dependent on numbers
of gas fitters available to upgrade appliances.
For conversion to take place the complete hydrogen
pipeline system would be laid in place and
commissioned with hydrogen supplied by stage one
of the Hydrogen Production Facility, (see Section 6.6).
Once the HTrS was fully commissioned, i.e. filled with
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engineering modifications and/or temporary bypass
work maybe required. This work needs to be designed
on a site-by-site basis as part of the FEED study.
To undertake the conversion analysis the project
team assumed that the conversion will only occur
in the summer months (April to September) over a 7
year period in line with Table 6.1. This minimises the
effect on heating during low, or no demand period, i.e.
summer and an alternative provision for cooking and
hot water (where on gas) will need to be considered for
the very short change over period. 50% of the plumbing
workforce is retained over the winter period with the
focus moving from physical conversions to site surveys
of the properties to be converted in the coming years.

H21 North of England

SECTION 06

292

H21 North of England

SECTION 06

6.3.3 The West Yorkshire MP (blue)/IP (green) network

6.3.4 The West Yorkshire LP (red) network

The MP network provides the year-toyear sectorisation to facilitate the 7 year
conversion strategy. Sectors of the MP
gas network across West Yorkshire will be
isolated using strategically placed double
block and bleed valve arrangements. Figure
6.8 shows the 7 year MP conversion areas.

The majority of customers are connected
to the LP network. This is supplied
from the MP/IP networks via district
governors. The isolation of sections of
the MP network provide the sequencing
for year-to-year conversion.

The double block and bleed valves are standard
industry best practice for isolating sectors of the
network. Many may already be in place on the
network but new MP valve arrangements will need
to be installed ahead of the conversion work.

Figure 6.8: Year-by-year MP isolation areas

The exact locations of these would require determination
during a FEED study. Design of isolation valve locations
needs to be robust enough to maintain supply through
the winter periods for both hydrogen and natural
gas areas until the entire conversion is complete.
When considering the sectoral isolation strategy
for the MP network a detailed assessment of the
number of customers isolated, and therefore the
associated workforce, is required. Conversion of
more outlying sectors (not city centres) would be
undertaken in year 1 to develop the methodology in
less interconnected and densely populated areas.
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The yearly isolation areas are achieved by physical
isolation of sections of the LP and MP networks. The
within-year isolation, i.e. week-to-week isolations
required as conversion progresses through the
summer months, are achieved by physical isolation
of incremental sections of the LP network. Figure
6.8 shows the conversion areas within the MP
network. Figure 6.9 shows the LP network (red
pipes) which this MP network is supplying.

Figure 6.9: Yearly isolation zones overlaid on the LP network
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6.8 shows the 7 year MP conversion areas.

The majority of customers are connected
to the LP network. This is supplied
from the MP/IP networks via district
governors. The isolation of sections of
the MP network provide the sequencing
for year-to-year conversion.

The double block and bleed valves are standard
industry best practice for isolating sectors of the
network. Many may already be in place on the
network but new MP valve arrangements will need
to be installed ahead of the conversion work.

Figure 6.8: Year-by-year MP isolation areas

The exact locations of these would require determination
during a FEED study. Design of isolation valve locations
needs to be robust enough to maintain supply through
the winter periods for both hydrogen and natural
gas areas until the entire conversion is complete.
When considering the sectoral isolation strategy
for the MP network a detailed assessment of the
number of customers isolated, and therefore the
associated workforce, is required. Conversion of
more outlying sectors (not city centres) would be
undertaken in year 1 to develop the methodology in
less interconnected and densely populated areas.
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The yearly isolation areas are achieved by physical
isolation of sections of the LP and MP networks. The
within-year isolation, i.e. week-to-week isolations
required as conversion progresses through the
summer months, are achieved by physical isolation
of incremental sections of the LP network. Figure
6.8 shows the conversion areas within the MP
network. Figure 6.9 shows the LP network (red
pipes) which this MP network is supplying.

Figure 6.9: Yearly isolation zones overlaid on the LP network
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SECTION 06

Starting position: all areas supplied natural gas supplied by the existing PRS

As with the original H21 LCG report a detailed
example of a 1 year conversion is provided.
The example presented focuses on the
conversion of the Garforth/Tadcaster/Wetherby
area (shown as year 2 in Figure 6.9).

IP PIPE
FROM LHTS

NEW H2 PRS

Existing injection points

Figure 6.11: Starting position

Existing injection points

EXISTING
NATURAL GAS
PRS

Figure 6.10: Example area; Garforth/
Tadcaster/Wetherby area (year 2)
When considering the optimum solution to convert this
area, several issues must be considered, including:
→→

Acceptable duration for customers to be without gas

→→

Size of conversion workforce

→→

Liquified natural gas options for maintaining
temporary supplies for short periods

→→

Number of isolations required
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Step One: 1st conversion

Step Two: 2nd conversion

Conversion notes: The new hydrogen PRS in the north
of the area is commissioned and isolation valves are
closed on the MP and LP at northern locations. One
area is converted to hydrogen fed by the new northern
hydrogen PRS whilst remaining areas are still supplied
natural gas from the current HP-MP injection point.

Conversion notes: The next set of isolation
valves are closed. Second area is converted to
hydrogen fed by the new northern hydrogen PRS
whilst remaining areas are still supplied natural
gas from the current HP-MP injection point.
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COMMISSION
NEW NORTH
H2 PRS

EXISTING
NATURAL GAS
PRS

Figure 6.13: Step Two; next area converted

Step Seven: 7th conversion
(steps 3 to 6 are continuations of Step Two up to Step Seven)
Conversion notes: All areas north of the existing
natural gas PRS are converted to hydrogen
and supplied by the new hydrogen PRS in the
north. The south is still supplied natural gas by
the existing natural gas PRS in the centre.

Figure 6.12: Step One

Figure 6.14: Step Seven
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Conversion notes: The new hydrogen PRS in the north
of the area is commissioned and isolation valves are
closed on the MP and LP at northern locations. One
area is converted to hydrogen fed by the new northern
hydrogen PRS whilst remaining areas are still supplied
natural gas from the current HP-MP injection point.
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Step Seven: 7th conversion
(steps 3 to 6 are continuations of Step Two up to Step Seven)
Conversion notes: All areas north of the existing
natural gas PRS are converted to hydrogen
and supplied by the new hydrogen PRS in the
north. The south is still supplied natural gas by
the existing natural gas PRS in the centre.

Figure 6.12: Step One

Figure 6.14: Step Seven
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Step Eight: 8th conversion

Step nine: 9th conversion

Conversion notes: Isolation valves are closed on MP
and LP at south locations. One area is converted to
hydrogen fed by the new southern hydrogen PRS
whilst remaining areas are still supplied natural
gas from the current HP-MP injection point.

Conversion notes: Next set of isolation valves
are closed. One area is converted to hydrogen
fed by the new southern hydrogen PRS whilst
remaining areas are still supplied natural gas
from the current HP-MP injection point.
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EXISTING
NATURAL GAS
PRS

Figure 6.16: Step Nine

Step Thirteen: 13th conversion, conversion complete
(steps 10 to 12 are continuations of step 9 up to step 12)

COMMISSION
NEW SOUTH
H2 PRS

Conversion notes: All areas south of the existing natural
gas PRS are converted to hydrogen and supplied by
the new hydrogen PRSs in the north and south. The
existing natural gas PRS in the centre of the area is now
converted to hydrogen and the final area converted.

Figure 6.15: Step Eight

Figure 6.17: Final position
This example shows how straight forward the
actual conversion is once the logistics have been
understood. Accurate planning means a conversion
of the NoE in a 7 year period is well within the UK’s

capabilities and the specific conversion strategy will
be confirmed as part of a subsequent FEED study.

H21 North of England

SECTION 06

298

H21 North of England

SECTION 06

Step Eight: 8th conversion
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Conversion notes: Isolation valves are closed on MP
and LP at south locations. One area is converted to
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whilst remaining areas are still supplied natural
gas from the current HP-MP injection point.

Conversion notes: Next set of isolation valves
are closed. One area is converted to hydrogen
fed by the new southern hydrogen PRS whilst
remaining areas are still supplied natural gas
from the current HP-MP injection point.
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Step Thirteen: 13th conversion, conversion complete
(steps 10 to 12 are continuations of step 9 up to step 12)
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Conversion notes: All areas south of the existing natural
gas PRS are converted to hydrogen and supplied by
the new hydrogen PRSs in the north and south. The
existing natural gas PRS in the centre of the area is now
converted to hydrogen and the final area converted.

Figure 6.15: Step Eight

Figure 6.17: Final position
This example shows how straight forward the
actual conversion is once the logistics have been
understood. Accurate planning means a conversion
of the NoE in a 7 year period is well within the UK’s

capabilities and the specific conversion strategy will
be confirmed as part of a subsequent FEED study.
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6.4

Hydrogen production and storage;
commissioning strategy
6.4.1

Hydrogen production and storage parameters

6.4.2 Scaling the hydrogen
production capacity

From Section 4.0, the following
requirements were identified for the
hydrogen production and storage facility.
ITEM

SIZE

CONFIGURATION

Hydrogen production facility

12.15 GW

9 ATR modules at 1.35 GW

Inter-seasonal storage

Working gas capacity requirement
8,052 GWh

56 caverns with
8 surface facilities

Table 6.4: Hydrogen production facility and inter-seasonal hydrogen storage parameters
1,500 METRE

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

ASU 2900
t/d

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

H2 PLANT - 1.35 GW

O2 HEADER

CONSTRUCTION AND LAYDOWN AREA

600 METRE
CO2 HEADER

OFFSITE AND
UTILITIES INCL.
SUBSTATION FOR
400kV IMPORT

H2 COMPRESSOR
STATION
HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL

H2 HEADER

Figure 6.18: Hydrogen Production Facilities (from Section 4.0)

HYDROGEN
STORAGE
SITES

STORAGE

Figure 6.19: Inter-seasonal hydrogen storage

MIXING STATION AND
CONTROL ROOM

HYDROGEN PIPELINE
TO EASINGTON

To efficiently build such a production
facility it needs to be built in a modular
format to broadly align with the conversion
strategy which will take place between
2028 and 2035, i.e. over seven years.
The conversion strategy calls for on average 2 GW
of additional production capacity per year and it
is important to phase in new hydrogen production
capacity to match this requirement annually up
to 2034, i.e. the year of the last conversions in the
North of England. Building all capacity before 2028
will be both challenging time-wise and costly from
an operating efficiency point of view as significant
production capacity will be redundant until all urban
areas have been converted into hydrogen. Hydrogen
production capacity needs to align broadly with the
conversion strategy presented in Table 6.1, based on
an average annual demand and a peak year demand
Developing a 12.15 GW hydrogen facility based on a
multi-unit configuration will require significant onsite
activities for a 10-year time frame. This will involve a
peak in activity involving 5,000-8,000 people working
on site. Commissioning and start-up is a critical
phase in the project and the development (build/
commissioning) plan is therefore based on only starting
up one unit per year. The first unit should start up at
a minimum of one, but preferably two years before
the first year of conversion within the gas networks.
This is due to the need to co-ordinate hydrogen storage,
on site power production and CO2 transport and
storage and to accommodate potential delays. This
development strategy will reduce hydrogen supply
risk significantly before introducing hydrogen to the
distribution system. The increasing annual demand
is calculated in Table 6.5, and the hydrogen unit
configurations (H2 production) are presented based on
these design considerations. Note: surplus hydrogen
and operation of the system is covered in Section 6.4.3.
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To efficiently build such a production
facility it needs to be built in a modular
format to broadly align with the conversion
strategy which will take place between
2028 and 2035, i.e. over seven years.
The conversion strategy calls for on average 2 GW
of additional production capacity per year and it
is important to phase in new hydrogen production
capacity to match this requirement annually up
to 2034, i.e. the year of the last conversions in the
North of England. Building all capacity before 2028
will be both challenging time-wise and costly from
an operating efficiency point of view as significant
production capacity will be redundant until all urban
areas have been converted into hydrogen. Hydrogen
production capacity needs to align broadly with the
conversion strategy presented in Table 6.1, based on
an average annual demand and a peak year demand
Developing a 12.15 GW hydrogen facility based on a
multi-unit configuration will require significant onsite
activities for a 10-year time frame. This will involve a
peak in activity involving 5,000-8,000 people working
on site. Commissioning and start-up is a critical
phase in the project and the development (build/
commissioning) plan is therefore based on only starting
up one unit per year. The first unit should start up at
a minimum of one, but preferably two years before
the first year of conversion within the gas networks.
This is due to the need to co-ordinate hydrogen storage,
on site power production and CO2 transport and
storage and to accommodate potential delays. This
development strategy will reduce hydrogen supply
risk significantly before introducing hydrogen to the
distribution system. The increasing annual demand
is calculated in Table 6.5, and the hydrogen unit
configurations (H2 production) are presented based on
these design considerations. Note: surplus hydrogen
and operation of the system is covered in Section 6.4.3.
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Domestic
meter points

2026

2027
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H21 North of England

2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

1

2
3
Total

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

12.15

Table 6.5: Incremental demand versus incremental hydrogen production supply

Guidance on Table 6.5
Energy demand section:
→→

→→

→→

→→

 alculations on energy demand in the Table 6.5 are
C
based on the demand criteria established in Section
2.0 as a proportionate percentage of meter points

To stay safely within referenced and proven design
the hydrogen production facility was based on a nineunit configuration at 1.35 GW capacity with internal
power production. However, as the maximum capacity
As conversion takes place in April-September, every is depending on the ATR supplier’s references and
step adds half a year in annual demand for hydrogen. experience this will be further analysed in a FEED
E.g. 0.76 GW in 2028 translates into 0.76 GW
study in the concept phase. When designing the
x 182.5 days x 24 = 3,350 GWh H2 production
commissioning strategy there are two key design
considerations, redundancy and operation.
The hydrogen production facility commissioning
shows the addition of an extra 1.35 GW ATR
module per annum starting in 2026
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Redundancy

To develop a robust and resilient hydrogen
production facility normal industry practice is
to allow for some form of spare capacity.
In the case of the H21 NoE hydrogen production facility
this would be in the form of additional ATR modules.

Within industry redundancy is
generally denoted as either:
→→

N+1 (N being the number of required modules) or

→→

Spare capacity according to (1+1/N) x N.

For the H21 NoE hydrogen production
facility design this would mean:
OPTION

SPARE
CAPACITY

H21 HYDROGEN PRODUCTION FACILITY IMPACT

FINAL DESIGN

A

N+1

9 x 1.35 GW in operation + 1 x 1.35 GW unit in standby. If one unit is stopped the stand-by unit will
start operation.

10 x 1.35 GW
ATR modules

B

(1+1/N) x N

9 x (1.35 GW x (1 + 1/9)) i.e. 9 units of 1.5 GW.
If one unit is stopped the remaining 8 units will
increase production from 1.35 GW to 1.5 GW per unit.

9 x 1.5 GW
ATR modules

Table 6.6: Industrial redundancy parameters
In general, option (a) is more expensive compared to
increasing capacity for a facility comprising multiple
units. However, in the first few years when the number of
units are small, only an N+1 philosophy is practicable. As
the plan is to start installing units two years in advance,
the N+1 option fulfils the requirement for starting supply
of hydrogen to the heat segment. Three units would be
in operation by 2028 based on a 1.35 GW configuration.
In the unlikely event of any shortfall in capacity during
the years of conversion and in full operation from 2034
the facility has options to provide additional capacity.

This would be achieved by switching the hydrogen
production facilities’ boilers and power station
(generating the facilities’ internal power) from hydrogen
to natural gas and using this additional hydrogen for
heat in the NoE. In total, this would release 1.2 GW
of additional hydrogen capacity from the power
station and 1.04 GW of hydrogen used in the process
heaters and boilers. The H21 NoE hydrogen facility
can deliver up to 13.04 GW in case of shortfall of
one ATR unit. In principle each unit has the capacity
to deliver 1.63 GW of hydrogen. This means there is
sufficient design margins and capacity in the facility
to handle any situation with one ATR out of operation.

Percentage of peak year demand is specific
to the year in question. For example, in 2028
there is 4.05 GW of available capacity and
a ‘peak year’ (based on the total amount of
converted meter points for that year) would
require 0.88 GW. Therefore in 2028 there
would be 4.05 /0.88 x 100 = 462% more
available capacity than could be required
Figure 6.20: Hydrogen Production Facility power schematic
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heat in the NoE. In total, this would release 1.2 GW
of additional hydrogen capacity from the power
station and 1.04 GW of hydrogen used in the process
heaters and boilers. The H21 NoE hydrogen facility
can deliver up to 13.04 GW in case of shortfall of
one ATR unit. In principle each unit has the capacity
to deliver 1.63 GW of hydrogen. This means there is
sufficient design margins and capacity in the facility
to handle any situation with one ATR out of operation.

Percentage of peak year demand is specific
to the year in question. For example, in 2028
there is 4.05 GW of available capacity and
a ‘peak year’ (based on the total amount of
converted meter points for that year) would
require 0.88 GW. Therefore in 2028 there
would be 4.05 /0.88 x 100 = 462% more
available capacity than could be required
Figure 6.20: Hydrogen Production Facility power schematic
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6.4.4

As shown in Table 6.7 this is more than sufficient
to handle one hydrogen unit out of operation

1

2
3

Network

Domestic
meter points

2026

2027

2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Total

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility capacity
based on emergency capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

12.15

The operational window is range within which
the plant can be operated safely without risking
damage to the equipment. This is normally defined
by the control limits and rotating equipment
surge limits and is called minimum turn-down.
From discussions with technology providers, this is in
the range of 40-50% of design capacity for each ATR unit
including hydrogen and CO2 compression. Furthermore,
the aim is also to operate the plant with highest possible
energy efficiency and performance at the design point,
i.e. 100% capacity. It is expected that the lower level for
optimum operation is approximately 80% turn-down.

Guidance on Table 6.7.

The objective during the commissioning process is to
stay within 80-100% operation point. It is beneficial
to run the individual units at constant output avoiding
swings in operation by having the inter-seasonal
hydrogen storage handle both seasonal and weekly
swings (daily swings in demand will be managed
through linepack in the HTS – see Section 5.0).

H21 NoE demand and production profile
H2 production

400
350
300

Redundancy N-1 Test:

→→

To stay within the optimum operation point will require
both good models for forecasting demand and the
required hydrogen production output and storage
operation. This would also have to consider that
hydrogen units must be stopped and started as seasonal
demand decreases from winter to summer and increases
from summer to winter. To illustrate this, the facility
operation of the hydrogen production facility and salt
caverns has been simulated against the 2014 UK gas
demand profile as shown in Figure 6.21 and Figure 6.22.

H21 NoE demand

Table 6.7: Redundancy of the H21 NoE hydrogen production facility

→→
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 ydrogen production facility capacity based
H
on emergency capacity of 1.63 GW. This
is calculated by multiplying the number
of available ATR modules by 1.63

250

 ercentage of peak year demand is specific to
P
the year in question. For example, in 2028 there
is 3.26 GW of available capacity (this is an N-1
test so we assume one of the commissioned ATR
modules isn’t operational) and a ‘peak year’ (based
on the total amount of converted meter points
for that year) would require 0.88 GW. Therefore
in 2028 there would be 3.26/0.88 x 100 = 372%
more available capacity than could be required.
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Figure 6.21: H21 NoE demand and production profile
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6.4.4

As shown in Table 6.7 this is more than sufficient
to handle one hydrogen unit out of operation

1

2
3

Network

Domestic
meter points

2026

2027

2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Total

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility capacity
based on emergency capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

12.15

The operational window is range within which
the plant can be operated safely without risking
damage to the equipment. This is normally defined
by the control limits and rotating equipment
surge limits and is called minimum turn-down.
From discussions with technology providers, this is in
the range of 40-50% of design capacity for each ATR unit
including hydrogen and CO2 compression. Furthermore,
the aim is also to operate the plant with highest possible
energy efficiency and performance at the design point,
i.e. 100% capacity. It is expected that the lower level for
optimum operation is approximately 80% turn-down.

Guidance on Table 6.7.

The objective during the commissioning process is to
stay within 80-100% operation point. It is beneficial
to run the individual units at constant output avoiding
swings in operation by having the inter-seasonal
hydrogen storage handle both seasonal and weekly
swings (daily swings in demand will be managed
through linepack in the HTS – see Section 5.0).

H21 NoE demand and production profile
H2 production

400
350
300

Redundancy N-1 Test:

→→

To stay within the optimum operation point will require
both good models for forecasting demand and the
required hydrogen production output and storage
operation. This would also have to consider that
hydrogen units must be stopped and started as seasonal
demand decreases from winter to summer and increases
from summer to winter. To illustrate this, the facility
operation of the hydrogen production facility and salt
caverns has been simulated against the 2014 UK gas
demand profile as shown in Figure 6.21 and Figure 6.22.
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is calculated by multiplying the number
of available ATR modules by 1.63
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 ercentage of peak year demand is specific to
P
the year in question. For example, in 2028 there
is 3.26 GW of available capacity (this is an N-1
test so we assume one of the commissioned ATR
modules isn’t operational) and a ‘peak year’ (based
on the total amount of converted meter points
for that year) would require 0.88 GW. Therefore
in 2028 there would be 3.26/0.88 x 100 = 372%
more available capacity than could be required.
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Inter -seasonal storage performance
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Figure 6.22: Inter-seasonal hydrogen storage performance
During winter when demand is high all nine units
will be operational; during spring units will be
taken out of operation as demand decreases until
it reaches minimum demand during summer in
which only three units will be in operation.
Each unit is operated at steady state close to 100%
design capacity to enable all changes in demand to
be handled by the inter-seasonal hydrogen storage.
The inter seasonal storage will serve
two important functions:
→→

Supporting the seasonal variation
(normally 1-2 cycle event)

→→

Weekly changes (multiple cycle events).

This analysis emphasises the importance of using salt
cavern storage characteristics for multi cycle operation.
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GWh

150
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Linepack of the HP hydrogen transmission system,
(i.e. stored energy) will meet the daily peaks. Although
this has not been factored in for this evaluation.
The benefits, both operationally and financially, i.e.
reducing the salt cavity storage required capacity,
have been appraised in Section 5.0 and will be
further explored in any subsequent FEED study.
The operational requirements driven by the heat
demand requires major turn-around maintenance
for the process units every 4 years. This is normally
a 2 to 3 month period of inspection, replacement
of equipment, catalyst, instrumentation, etc.
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Coupled with operational requirements, a total plant
operation overview has been developed to better
understand how the entire facility operates. Figure
6.23 illustrates that, of the nine units, 1-2 units operate
for only 2-3 months per year in winter when demand
is at peak (referred to as winter units), another 2-3
units operate as base load and the remaining 2-3
units flexes on and off for a few months in spring and
autumn periods when supply and storage outweighs
demand. This is technically feasible and it is possible
to switch between the different units, to take turns as
‘winter units’, enhancing the overall facility assets life.

Figure 6.23: H21 NoE hydrogen facility – operation of hydrogen units
(yellow = stopped, blue = in operation)
The minimum turn-down plays an important part
in the development and operation of the hydrogen
production facility from 2028. There will be significant
over capacity in the system until 2034. This becomes
even more pronounced in June-September when
demand is historically at a seasonal low.

H21 North of England

SECTION 06

306

H21 North of England

Inter -seasonal storage performance
To/from storage

Inter-seasonal hydrogen storage working capacity

100

2,000

50

1,500

0

1,000

GWh/d

2,500

-50

500

-100
Jan 14

0
Feb 14 Mar 14

Apr 14

May 14

Jun 14

Jul 14

Aug 14

Sep 14

Figure 6.22: Inter-seasonal hydrogen storage performance
During winter when demand is high all nine units
will be operational; during spring units will be
taken out of operation as demand decreases until
it reaches minimum demand during summer in
which only three units will be in operation.
Each unit is operated at steady state close to 100%
design capacity to enable all changes in demand to
be handled by the inter-seasonal hydrogen storage.
The inter seasonal storage will serve
two important functions:
→→

Supporting the seasonal variation
(normally 1-2 cycle event)

→→

Weekly changes (multiple cycle events).

This analysis emphasises the importance of using salt
cavern storage characteristics for multi cycle operation.
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Linepack of the HP hydrogen transmission system,
(i.e. stored energy) will meet the daily peaks. Although
this has not been factored in for this evaluation.
The benefits, both operationally and financially, i.e.
reducing the salt cavity storage required capacity,
have been appraised in Section 5.0 and will be
further explored in any subsequent FEED study.
The operational requirements driven by the heat
demand requires major turn-around maintenance
for the process units every 4 years. This is normally
a 2 to 3 month period of inspection, replacement
of equipment, catalyst, instrumentation, etc.
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Coupled with operational requirements, a total plant
operation overview has been developed to better
understand how the entire facility operates. Figure
6.23 illustrates that, of the nine units, 1-2 units operate
for only 2-3 months per year in winter when demand
is at peak (referred to as winter units), another 2-3
units operate as base load and the remaining 2-3
units flexes on and off for a few months in spring and
autumn periods when supply and storage outweighs
demand. This is technically feasible and it is possible
to switch between the different units, to take turns as
‘winter units’, enhancing the overall facility assets life.

Figure 6.23: H21 NoE hydrogen facility – operation of hydrogen units
(yellow = stopped, blue = in operation)
The minimum turn-down plays an important part
in the development and operation of the hydrogen
production facility from 2028. There will be significant
over capacity in the system until 2034. This becomes
even more pronounced in June-September when
demand is historically at a seasonal low.
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Network Conversion
Schedule
Energy Demand
H2
Production
Redundancy
N-1 Test
Minimum Demand Jun-Sep

1

Network

Domestic
Meter points

2026

2027

Minimum demand June to September

2028

2029

2030

2031

2032

2033

2034

Totals

168,403

140,336

1,038,487
165,457

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

Hull

165,457

0

0

62,046

62,046

41,364

0

0

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

2
3
Total

309

Guidance on Table 6.8

Table 6.8 below shows the minimum (JuneSeptember) demand estimated and compared
against the capacity development of the facility.
The demand for June-September is calculated
using the monthly demand factor table presented
in Section 2.4 which shows a June-September
demand factor of 53% of average demand.
Workforce
area

SECTION 06

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

→→

June to September demand at 53% of
cumulative average (GW): Calculated by
multiplying the cumulative average energy
demand in the specific year by 0.53. For
example, in 2028, 0.76x0.53 = 0.41 GW

→→

June to September demand (GWh): Demand
June to September at 53% of cumulative
average (GW) x 122 (days) x 24 (hours).

→→

Hydrogen storage first fill (GWh): 1,550
GWh this is the figure required to fill the
caverns associated with each of the 8 interseasonal salt cavern surface facilities,
i.e. 12,432 GWh/8 (see Section 4.4.2)

→→

Total hydrogen demand (GWh) = June to September
Demand (GWh) + hydrogen storage first fill (GWh)

→→

Percentage of available capacity = Total
hydrogen demand/cumulative production
capacity. For example, in 2028, 2,740 ÷ (4.05
x 122 (days) x 24 (hours) ) =23.1%

→→

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility
capacity based on emergency
capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

Jun-Sep Demand @ 53% of
cum. Average (GW)

0.41

0.81

1.43

2.32

3.15

3.89

4.50

Jun-Sep Demand (TWh)

1.19

2.37

4.19

6.78

9.22

11.39

13.18

Hydrogen storage first fill (TWh)

1.55

1.55

1.55

1.55

1.55

1.55

1.55

1.55

Total hydrogen demand (TWh)

1.55

2.74

3.92

5.74

8.33

10.77

12.94

14.73

Percentage of available capacity

19.6 %

23.1 %

24.8 %

29.0 %

35.1 %

38.9 %

40.9 %

41.4 %

Units in Operation

1 of 2

1 of 3

1 of 4

2 of 5

3 of 6

3 of 7

4 of 8

4 of 9

Surplus Hydrogen (GW)

0.82

0.42

0.01

0.74

1.20

0.37

0.98

0.37

Turndown ATR Units (%)

39

69

99

45

11

72

27

73

12.15

Table 6.8: Minimum (June-September) demand and turn-down for H21 NoE in 2028-2034

→→

From June to September the inter-seasonal hydrogen
storage will be filled with cushion gas and working
gas to full storage capacity. The amount corresponds
to 1,550 GWh and the first inter-seasonal hydrogen
storage will be filled one year in advance of start of
the conversion in 2028. The combined demand in the
period (June-September) for heat and storage first fill
increases from 26% to 42% of total available hydrogen
production capacity in the 2028-2034 period. This is
partly managed by stopping units in the low demand
period as indicated in the table. With the hydrogen
surplus (based on the remaining module(s) operating
at 100% capacity) being diverted to the inter-seasonal
storage. For example, in 2028 only 1 of 3 units is in
operation. However, even with heat and filling the interseasonal hydrogen storage it is difficult to operate the
ATR units within the optimum window of 80-100%. And
as seen from the table in some years the turn-down
is below the minimum recommended of 40-50%.
In addition to filling the inter-seasonal hydrogen
storage in low demand months there are several
other ways to mitigate the turn-down issue and
utilise the surplus hydrogen. All these options
would be explored as part of a future FEED study:

Surplus hydrogen is calculated by total capacity
of available units in the summer months (in 2028
this is 1 unit so 1.35 GW x 122 (days) x 24 (hours)
÷ 1,000 (GW to TW) – Total hydrogen demand (in
2028 this is 2.74 TWh) over the same period

→→

Injecting surplus hydrogen into existing
natural gas NTS if blending is approved.

Turndown ATR units (%): Percentage of maximum
operating capacity the ATR module(s) will
be operating at to avoid surplus hydrogen.
For 2028 this would be 100 – (0.42 ÷ 1.35
x 100) (available unit capacity) = 69%

→→

Utilise surplus hydrogen for electrical
power production (see Section 6.6)

→→

Export to other customers, for example
transport and/or industry.
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Network Conversion
Schedule
Energy Demand
H2
Production
Redundancy
N-1 Test
Minimum Demand Jun-Sep

1

Network

Domestic
Meter points

2026

2027

Minimum demand June to September

2028

2029

2030

2031

2032

2033

2034

Totals

168,403

140,336

1,038,487
165,457

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

Hull

165,457

0

0

62,046

62,046

41,364

0

0

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

2
3
Total

309

Guidance on Table 6.8

Table 6.8 below shows the minimum (JuneSeptember) demand estimated and compared
against the capacity development of the facility.
The demand for June-September is calculated
using the monthly demand factor table presented
in Section 2.4 which shows a June-September
demand factor of 53% of average demand.
Workforce
area

SECTION 06

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

→→

June to September demand at 53% of
cumulative average (GW): Calculated by
multiplying the cumulative average energy
demand in the specific year by 0.53. For
example, in 2028, 0.76x0.53 = 0.41 GW

→→

June to September demand (GWh): Demand
June to September at 53% of cumulative
average (GW) x 122 (days) x 24 (hours).

→→

Hydrogen storage first fill (GWh): 1,550
GWh this is the figure required to fill the
caverns associated with each of the 8 interseasonal salt cavern surface facilities,
i.e. 12,432 GWh/8 (see Section 4.4.2)

→→

Total hydrogen demand (GWh) = June to September
Demand (GWh) + hydrogen storage first fill (GWh)

→→

Percentage of available capacity = Total
hydrogen demand/cumulative production
capacity. For example, in 2028, 2,740 ÷ (4.05
x 122 (days) x 24 (hours) ) =23.1%

→→

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility
capacity based on emergency
capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

Jun-Sep Demand @ 53% of
cum. Average (GW)

0.41

0.81

1.43

2.32

3.15

3.89

4.50

Jun-Sep Demand (TWh)

1.19

2.37

4.19

6.78

9.22

11.39

13.18

Hydrogen storage first fill (TWh)

1.55

1.55

1.55

1.55

1.55

1.55

1.55

1.55

Total hydrogen demand (TWh)

1.55

2.74

3.92

5.74

8.33

10.77

12.94

14.73

Percentage of available capacity

19.6 %

23.1 %

24.8 %

29.0 %

35.1 %

38.9 %

40.9 %

41.4 %

Units in Operation

1 of 2

1 of 3

1 of 4

2 of 5

3 of 6

3 of 7

4 of 8

4 of 9

Surplus Hydrogen (GW)

0.82

0.42

0.01

0.74

1.20

0.37

0.98

0.37

Turndown ATR Units (%)

39

69

99

45

11

72

27

73

12.15

Table 6.8: Minimum (June-September) demand and turn-down for H21 NoE in 2028-2034

→→

From June to September the inter-seasonal hydrogen
storage will be filled with cushion gas and working
gas to full storage capacity. The amount corresponds
to 1,550 GWh and the first inter-seasonal hydrogen
storage will be filled one year in advance of start of
the conversion in 2028. The combined demand in the
period (June-September) for heat and storage first fill
increases from 26% to 42% of total available hydrogen
production capacity in the 2028-2034 period. This is
partly managed by stopping units in the low demand
period as indicated in the table. With the hydrogen
surplus (based on the remaining module(s) operating
at 100% capacity) being diverted to the inter-seasonal
storage. For example, in 2028 only 1 of 3 units is in
operation. However, even with heat and filling the interseasonal hydrogen storage it is difficult to operate the
ATR units within the optimum window of 80-100%. And
as seen from the table in some years the turn-down
is below the minimum recommended of 40-50%.
In addition to filling the inter-seasonal hydrogen
storage in low demand months there are several
other ways to mitigate the turn-down issue and
utilise the surplus hydrogen. All these options
would be explored as part of a future FEED study:

Surplus hydrogen is calculated by total capacity
of available units in the summer months (in 2028
this is 1 unit so 1.35 GW x 122 (days) x 24 (hours)
÷ 1,000 (GW to TW) – Total hydrogen demand (in
2028 this is 2.74 TWh) over the same period

→→

Injecting surplus hydrogen into existing
natural gas NTS if blending is approved.

Turndown ATR units (%): Percentage of maximum
operating capacity the ATR module(s) will
be operating at to avoid surplus hydrogen.
For 2028 this would be 100 – (0.42 ÷ 1.35
x 100) (available unit capacity) = 69%

→→

Utilise surplus hydrogen for electrical
power production (see Section 6.6)

→→

Export to other customers, for example
transport and/or industry.

H21 North of England
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Optimising commissioning utilising power generation

The power export in June-September is approximately
1,000-2,000 GWh equating to less than 2% of UK
demand in that period. It is considered that the UK
electricity grid could accommodate this amount of
energy from a low carbon source. It would also provide
income for the project in the start-up phase and
early years of production and facility development.

→→

→→
→→

→→

→→

Total hydrogen demand (TWh): Total hydrogen
for heat and storage plus hydrogen demand
for power. In 2028 2.74+3.19=5.92 GWh)
Units in operations are the number of
ATRs running over the summer period.
Total available hydrogen capacity (TWh):
Number of operational ATRs over this period
if operating at maximum capacity.
Turndown ATR units (%): Total hydrogen
demand over the period if also exporting
power divided by total available hydrogen
capacity. In 2028, (5.92/7.88) = 75%
Total hydrogen power export = Hydrogen
for power export (TWh) divided by 2, i.e.
assuming a 50% efficiency on the CCGT.

Network Conversion
Schedule

Hydrogen for power export (TWh): Hydrogen
required by the hydrogen fired CCGT when
operating at full export capacity, (i.e. 0.7 GW)
over the June to September period

Energy Demand

→→

H2
Production

When introducing the option for power export the
hydrogen facility will always be able to operate above
the minimum turndown and will most likely stay
within the optimum operation window of 80-100%
most of the time. In addition, the hydrogen fired
CCGT will operate close to 100% capacity the entire
time which enhances the efficiency of the plant.

Power export June to September

Redundancy
N-1 Test

In Table 6.9 the expected hydrogen consumption for
heat, first fill of inter seasonal storage and hydrogen
for power export is summarized from plant start
up in 2026 to 2035 (when the H21 NoE conversion
is complete and all nine units are in operation) for
the period June-September (low demand period).

Guidance on Table 6.9:

Minimum Demand Jun-Sep

The recommended option is to combine a build-up in
seasonal storage capacity with the use of hydrogen for
power generation. This gives flexibility and forms an
integral part of this overall design. It is dependent on the
ability to export power in the period from 2028-2034.

Workforce
area

Power export
in Jun-Sep

6.4.5
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1

2
3

Network

SECTION 06

Domestic
meter points

2026

2027
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2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Total

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility capacity
based on emergency capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

Jun-Sep Demand @ 53% of
cum. Average (GW)

0.41

0.81

1.43

2.32

3.15

3.89

4.50

Jun-Sep Demand (TWh)

1.19

2.37

4.19

6.78

9.22

11.39

13.18

Hydrogen storage first fill (TWh)

1.55

1.55

1.55

1.55

1.55

1.55

1.55

1.55

Total hydrogen demand (TWh)

1.55

2.74

3.92

5.74

8.33

10.77

12.94

14.73

Percentage of available capacity

19.6 %

23.1 %

24.8 %

29.0 %

35.1 %

38.9 %

40.9 %

41.4 %

Units in Operation

1 of 2

1 of 3

1 of 4

2 of 5

3 of 6

3 of 7

4 of 8

4 of 9

Surplus Hydrogen (GW)

0.82

0.42

0.01

0.74

1.20

0.37

0.98

0.37

Turndown ATR Units (%)

39

69

99

45

11

72

27

73

Hydrogen for power export (TWh)

3.64

3.19

3.19

3.19

2.73

2.73

2.28

2.28

1.82

Total hydrogen demand (TWh)

3.64

4.74

5.92

7.11

8.47

11.07

13.04

15.22

16.55

Units in Operation

1

2

2

2

3

3

4

4

5

Total available hydrogen capacity (TWh)

3.94

7.88

7.88

7.88

11.83

11.83

15.77

15.77

19.71

Turndown ATR units (%)

92

60

75

90

72

94

83

97

84

Total power export (TWh)

1.82

1.59

1.59

1.59

1.37

1.37

1.14

1.14

0.91

12.15

Table 6.9: Hydrogen demand/production and power export from H21 NoE hydrogen facility
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Optimising commissioning utilising power generation

The power export in June-September is approximately
1,000-2,000 GWh equating to less than 2% of UK
demand in that period. It is considered that the UK
electricity grid could accommodate this amount of
energy from a low carbon source. It would also provide
income for the project in the start-up phase and
early years of production and facility development.

→→

→→
→→

→→

→→

Total hydrogen demand (TWh): Total hydrogen
for heat and storage plus hydrogen demand
for power. In 2028 2.74+3.19=5.92 GWh)
Units in operations are the number of
ATRs running over the summer period.
Total available hydrogen capacity (TWh):
Number of operational ATRs over this period
if operating at maximum capacity.
Turndown ATR units (%): Total hydrogen
demand over the period if also exporting
power divided by total available hydrogen
capacity. In 2028, (5.92/7.88) = 75%
Total hydrogen power export = Hydrogen
for power export (TWh) divided by 2, i.e.
assuming a 50% efficiency on the CCGT.

Network Conversion
Schedule

Hydrogen for power export (TWh): Hydrogen
required by the hydrogen fired CCGT when
operating at full export capacity, (i.e. 0.7 GW)
over the June to September period

Energy Demand

→→

H2
Production

When introducing the option for power export the
hydrogen facility will always be able to operate above
the minimum turndown and will most likely stay
within the optimum operation window of 80-100%
most of the time. In addition, the hydrogen fired
CCGT will operate close to 100% capacity the entire
time which enhances the efficiency of the plant.

Power export June to September

Redundancy
N-1 Test

In Table 6.9 the expected hydrogen consumption for
heat, first fill of inter seasonal storage and hydrogen
for power export is summarized from plant start
up in 2026 to 2035 (when the H21 NoE conversion
is complete and all nine units are in operation) for
the period June-September (low demand period).

Guidance on Table 6.9:

Minimum Demand Jun-Sep

The recommended option is to combine a build-up in
seasonal storage capacity with the use of hydrogen for
power generation. This gives flexibility and forms an
integral part of this overall design. It is dependent on the
ability to export power in the period from 2028-2034.

Workforce
area

Power export
in Jun-Sep
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Domestic
meter points

2026

2027
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2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Total

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility capacity
based on emergency capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

Jun-Sep Demand @ 53% of
cum. Average (GW)

0.41

0.81

1.43

2.32

3.15

3.89

4.50

Jun-Sep Demand (TWh)

1.19

2.37

4.19

6.78

9.22

11.39

13.18

Hydrogen storage first fill (TWh)

1.55

1.55

1.55

1.55

1.55

1.55

1.55

1.55

Total hydrogen demand (TWh)

1.55

2.74

3.92

5.74

8.33

10.77

12.94

14.73

Percentage of available capacity

19.6 %

23.1 %

24.8 %

29.0 %

35.1 %

38.9 %

40.9 %

41.4 %

Units in Operation

1 of 2

1 of 3

1 of 4

2 of 5

3 of 6

3 of 7

4 of 8

4 of 9

Surplus Hydrogen (GW)

0.82

0.42

0.01

0.74

1.20

0.37

0.98

0.37

Turndown ATR Units (%)

39

69

99

45

11

72

27

73

Hydrogen for power export (TWh)

3.64

3.19

3.19

3.19

2.73

2.73

2.28

2.28

1.82

Total hydrogen demand (TWh)

3.64

4.74

5.92

7.11

8.47

11.07

13.04

15.22

16.55

Units in Operation

1

2

2

2

3

3

4

4

5

Total available hydrogen capacity (TWh)

3.94

7.88

7.88

7.88

11.83

11.83

15.77

15.77

19.71

Turndown ATR units (%)

92

60

75

90

72

94

83

97

84

Total power export (TWh)

1.82

1.59

1.59

1.59

1.37

1.37

1.14

1.14

0.91

12.15

Table 6.9: Hydrogen demand/production and power export from H21 NoE hydrogen facility
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6.4.6 Inter-seasonal
hydrogen storage

→→

→→

Peak month supply (GW): Peak month withdrawal
plus maximum available production capacity, i.e. all
ATRs operations. For 2028: 2.8 + 4.05 = 6.85 GW
Peak month supply N-1 (GW): Peak month
withdrawal plus maximum available production
capacity under an N-1 test, i.e. one ATR not
operational. For 2028: 2.8 + 3.26 = 6.06 GW

Network Conversion
Schedule
Energy Demand

H21 System

H2
Production

 eak month withdrawal (GW): Rate of withdrawal if
P
all working capacity was removed within one month.
For 2028: 2,013/(30(days)x24(hours)) = 2.8 GW

Redundancy
N-1 Test

→→

 ydrogen storage commissioning: Based
H
on commissioning a surface facility
with 7 associated caverns per year

Minimum Demand Jun-Sep

→→

Power export
in Jun-Sep

In the commissioning of the inter-seasonal hydrogen
storage the maximum withdrawal rate increases
from 1.4 GW to 11.18 GW in 2034. Adding the hydrogen
production capacity, the total supply capacity can be
estimated and compared to cumulative peak month
requirement (GW). As seen the peak month demand
can be met in every year in the commissioning phase
from 2028-2034 which also includes a N-1 stress test.

H2 Storage

H2
Storage

In Table 6.10 the inter-seasonal hydrogen storage
commissioning is shown adding 1,006 GWh of storage
capacity every year until 2034 when the design capacity
of 8,052 GWh is reached. It is critical that during the
conversion of the NoE (2028–2035) the inter-seasonal
hydrogen storage and hydrogen production are always
capable of providing the required peak month demand.

Guidance on Table 6.10

H21
System

Scaling-up the inter-seasonal hydrogen storage
follows the same principles as the hydrogen facility
by developing multiple sites for phased start-up
starting one year later than the first ATR, i.e. 2027,
and one year prior to first conversion year in 2028.

Workforce
area

1

2
3

Network

SECTION 06

Domestic
meter points

2026

2027
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2028

2029

2030

2031

2032

2033

2034

Totals

West
Yorkshire

1,038,487

112,269

112,269

168,403

168,403

168,403

168,403

140,336

1,038,487

Hull

165,457

0

0

62,046

62,046

41,364

0

0

165,457

York

85,813

0

0

0

0

0

45,767

40,046

85,813

Tyneside

495,801

104,379

104,379

104,379

104,379

78,284

0

0

495,801

Teesside

246,000

0

0

0

65,600

65,600

65,600

49,200

246,000

Manchester

1,108,640

123,182

123,182

184,773

184,773

184,773

184,773

123,182

1,108,640

Liverpool

635,617

0

0

0

158,904

158,904

158,904

158,904

635,617

3,775,815

339,830

339,830

519,602

744,106

697,329

623,448

511,669

3,775,815

Total

Cumulative Annual demand (TWh)

3.35

10.04

18.51

30.96

45.16

58.17

69.36

74.40

A) Average year average Demand (GW)

0.76

0.76

1.17

1.67

1.57

1.40

1.15

8.49

B) Peak year average Demand (GW)

0.88

0.88

1.34

1.92

1.80

1.61

1.32

9.74

C) Peak day Demand (GW)

3.81

3.81

5.82

8.33

7.81

6.98

5.73

42.29

Cumulative Demand Average year (GW)

0.76

1.53

2.70

4.37

5.94

7.34

8.49

Cumulative Demand Peak year (GW)

0.88

1.75

3.09

5.01

6.81

8.42

9.74

Cumulative Peak Month Demand (GW)

1.80

3.60

6.35

10.29

13.99

17.29

20.00

Hydrogen Production Facility
Commissioning (GW)

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

Cumulative production capacity (GW)

1.35

2.7

4.05

5.4

6.75

8.1

9.45

10.8

12.15

Percentage of total Peak year Demand

N/A

N/A

462%

308%

218%

162%

139%

128%

125%

Modules available

2

3

4

5

6

7

8

Hydrogen Production Facility capacity
based on emergency capacity of 1.63 GW

3.26

4.89

6.52

8.15

9.78

11.41

13.04

Percentage of total Peak year Demand

372%

279%

211%

163%

144%

136%

134%

Jun-Sep Demand @ 53% of
cum. Average (GW)

0.41

0.81

1.43

2.32

3.15

3.89

4.50

Jun-Sep Demand (TWh)

1.19

2.37

4.19

6.78

9.22

11.39

13.18

Hydrogen storage first fill (TWh)

1.55

1.55

1.55

1.55

1.55

1.55

1.55

1.55

Total hydrogen demand (TWh)

1.55

2.74

3.92

5.74

8.33

10.77

12.94

14.73

Percentage of available capacity

19.6 %

23.1 %

24.8 %

29.0 %

35.1 %

38.9 %

40.9 %

41.4 %

Units in Operation

1 of 2

1 of 3

1 of 4

2 of 5

3 of 6

3 of 7

4 of 8

4 of 9

Surplus Hydrogen (GW)

0.82

0.42

0.01

0.74

1.20

0.37

0.98

0.37

Turndown ATR Units (%)

39

69

99

45

11

72

27

73

Hydrogen for power export (TWh)

3.64

3.19

3.19

3.19

2.73

2.73

2.28

2.28

1.82

Total hydrogen demand (TWh)

3.64

4.74

5.92

7.11

8.47

11.07

13.04

15.22

16.55

Units in Operation

1

2

2

2

3

3

4

4

5

Total available hydrogen capacity (TWh)

3.94

7.88

7.88

7.88

11.83

11.83

15.77

15.77

19.71

Turndown ATR units (%)

92

60

75

90

72

94

83

97

84

Total power export (TWh)

1.82

1.59

1.59

1.59

1.37

1.37

1.14

1.14

0.91

Hydrogen Storage Commissioning (GWh)

1006.5

1006.5

1006.5

1006.5

1006.5

1006.5

1006.5

1006.5

Cumulative Storage capacity (GWh)

1006.5

2013

3019.5

4026

5032.5

6039

7045.5

8052

Peak Month Withdrawal (GW)

1.40

2.80

4.19

5.59

6.99

8.39

9.79

11.18

Peak Month Supply (GW)

6.85

9.59

12.34

15.09

17.84

20.59

23.33

Peak Month Supply N-1 (GW)

6.06

9.08

12.11

15.14

18.17

21.20

24.22

Table 6.10: Hydrogen demand/production and inter-seasonal hydrogen storage
commissioning for H21 NoE hydrogen facility
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6.4.6 Inter-seasonal
hydrogen storage

→→

→→

Peak month supply (GW): Peak month withdrawal
plus maximum available production capacity, i.e. all
ATRs operations. For 2028: 2.8 + 4.05 = 6.85 GW
Peak month supply N-1 (GW): Peak month
withdrawal plus maximum available production
capacity under an N-1 test, i.e. one ATR not
operational. For 2028: 2.8 + 3.26 = 6.06 GW

Network Conversion
Schedule
Energy Demand

H21 System

H2
Production

 eak month withdrawal (GW): Rate of withdrawal if
P
all working capacity was removed within one month.
For 2028: 2,013/(30(days)x24(hours)) = 2.8 GW

Redundancy
N-1 Test

→→

 ydrogen storage commissioning: Based
H
on commissioning a surface facility
with 7 associated caverns per year

Minimum Demand Jun-Sep

→→

Power export
in Jun-Sep

In the commissioning of the inter-seasonal hydrogen
storage the maximum withdrawal rate increases
from 1.4 GW to 11.18 GW in 2034. Adding the hydrogen
production capacity, the total supply capacity can be
estimated and compared to cumulative peak month
requirement (GW). As seen the peak month demand
can be met in every year in the commissioning phase
from 2028-2034 which also includes a N-1 stress test.

H2 Storage

H2
Storage

In Table 6.10 the inter-seasonal hydrogen storage
commissioning is shown adding 1,006 GWh of storage
capacity every year until 2034 when the design capacity
of 8,052 GWh is reached. It is critical that during the
conversion of the NoE (2028–2035) the inter-seasonal
hydrogen storage and hydrogen production are always
capable of providing the required peak month demand.

Guidance on Table 6.10

H21
System

Scaling-up the inter-seasonal hydrogen storage
follows the same principles as the hydrogen facility
by developing multiple sites for phased start-up
starting one year later than the first ATR, i.e. 2027,
and one year prior to first conversion year in 2028.

Workforce
area

1

2
3

Network

SECTION 06

Domestic
meter points

2026

2027
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2028

2029

2030

2031

2032

2033

2034

Totals
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165,457

0

0
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0

0
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0

0

0

0

0
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0

0
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0

0

0

65,600
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0

0

0
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Table 6.10: Hydrogen demand/production and inter-seasonal hydrogen storage
commissioning for H21 NoE hydrogen facility
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6.5

Project delivery
From an execution stand point, a project
of this nature and scale are within the
experience of the industry. Some recent
projects, involving refining or large
chemical complexes, are worth anywhere
between US$10.0-35.0 billion.
Top tier international contractors have a proven
track-record of managing successful execution of
complex multi-billion projects. These contractor
organisations have the expertise, systems and
planning tools to execute, control and mitigate
risks to achieve desired results consistently.
Specific to the H21 NoE project, the major risks are
considered to be integrating various large pieces of
process systems into a mega-sized hydrogen plant.
The fact that most critical pieces of process systems
and equipment of this size are in operation already in
another industrial application/process provides a high
degree of confidence that this integration risk can be
mitigated during the design and engineering phase.

6.5.1

Hydrogen production facility

A project schedule is developed based
on the following assumptions:
PHASE 1 (START POSITION):

PHASE 2-8:

Two ATRs with associated ASU

One ATR with associated ASU including additional CO2 and hydrogen compressor per year
and one additional hydrogen inter-seasonal
hydrogen storage site

All offsites and utilities for the complete
hydrogen facility
700 MW hydrogen fired CCGT and substation
Site preparation
Compressor house for CO2 and hydrogen
Hydrogen storage for one site

Table 6.11: Hydrogen production facility build schedule
1,500 METRE

H2 PLANT - 1.35 GW

H2 HEADER

ASU 2900
t/d

O2 HEADER

H2 PLANT - 1.35 GW

CO2 HEADER

ASU 2900
t/d

600 METRE

The following represents the proposed overall execution
schedule for the typical activities associated with the
engineering, procurement and construction of H21
NoE hydrogen production facility and inter-seasonal
hydrogen storage. Even though this means substantial
pre-investment in engineering and infrastructure, it is
believed to give the most cost and schedule efficient
plan with lowest execution and operational risk.

CONSTRUCTION AND LAYDOWN AREA

A detailed FEED study, incorporating a conceptual
design of the hydrogen production facility and interseasonal hydrogen storage, needs to be carried out.
This approach will allow a sound engineering basis to
be established and mitigate project risks significantly.

OFFSITE AND
UTILITIES INCL.
SUBSTATION FOR
400 kV IMPORT

H2 COMPRESSOR
STATION
HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL

Figure 6.24: Phase 1 hydrogen production facility starting configuration and layout
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Other considerations

Procurement period set to 20 months. The ASU
and compressor packages are expected to
take at least 18 months from Purchase Order
(PO). The assumption is that issue of the PO
will occur after 30% of detailed engineering

→→ Transportation of ASU could take up to 2
months depending on the logistic challenges.

→→

5 months have been assumed for precommissioning and commissioning in
all, but expected to be completed 2-3
months after construction completion

→→

It is assumed mechanical completion for some
areas or disciplines may be ahead of others
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Based on the hydrogen production facilities and
the salt cavern requirements a realistic and
robust schedule that can meet the H21 NoE
conversion plan is as follows Figure 6.25.

6.5.3 Inter-seasonal hydrogen storage
For the NoE, multiple hydrogen storage sites
must be developed in parallel to the hydrogen
production facility to support the commissioning
strategy, connections to the HTS and interseasonal hydrogen storage requirement.
Multiple caverns must be drilled, leached and
commissioned in parallel and expected time to startup after FEED is approximately 6 years. The leaching
of salt caverns is the most time demanding part of
developing the inter-seasonal hydrogen storage and it
is important to emphasise that leaching can take up
to 7 years depending on geological factors. For that
reason, re-purposing of existing salt caverns used
for natural gas storage should be considered. Based
on the storage requirement identified in Table 6.10.
It is essential that the FEED study
starts in 2019 to allow commissioning
of the first set of salt caverns by 2026
in line with the hydrogen production
facilities commissioning schedule.

Figure 6.25: H21 NoE hydrogen facility and inter-seasonal hydrogen storage schedule
The H21 NoE study will present a technically feasible
concept and be the starting point for developing a
business case and major design consideration. The
FEED phase will commence by screening several options
with respect to location, capacity and commissioning
strategy. This will result in a recommendation to
proceed with the most promising options and include
a site-specific design basis and feasible design.
This will lead into a conceptual design developing a
detailed technical basis which will be the starting
point initiating procurement and final definition of
the project. In parallel permitting activities should
be conducted and finalised in the FEED phase.
Following the FEED phase a potential Engineering
Period Contractor (EPC) will be contracted to develop
a basic engineering package which will form the basis
for negotiating a final EPC contract. The EPC for the
hydrogen facility is expected to be about 40-44 months
and the inter-seasonal hydrogen storage 60 month.
However, four caverns are expected be in operation at
the same time as the hydrogen production facility.
A 24-month period for commissioning and
running in operation is critical in order to have
fully operational and robust Hydrogen Production
Facility plant and inter-seasonal hydrogen storage
in operation when the conversion starts in 2028.
The subsequent hydrogen unit and storage sites
will be phased in during conversion from 202834. All time critical work should be done in the
FEED phase therefore the project execution can
be fast-tracked. This also allows for flexibility
in case of delays in the conversion activities.
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commissioned in parallel and expected time to startup after FEED is approximately 6 years. The leaching
of salt caverns is the most time demanding part of
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is important to emphasise that leaching can take up
to 7 years depending on geological factors. For that
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in line with the hydrogen production
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concept and be the starting point for developing a
business case and major design consideration. The
FEED phase will commence by screening several options
with respect to location, capacity and commissioning
strategy. This will result in a recommendation to
proceed with the most promising options and include
a site-specific design basis and feasible design.
This will lead into a conceptual design developing a
detailed technical basis which will be the starting
point initiating procurement and final definition of
the project. In parallel permitting activities should
be conducted and finalised in the FEED phase.
Following the FEED phase a potential Engineering
Period Contractor (EPC) will be contracted to develop
a basic engineering package which will form the basis
for negotiating a final EPC contract. The EPC for the
hydrogen facility is expected to be about 40-44 months
and the inter-seasonal hydrogen storage 60 month.
However, four caverns are expected be in operation at
the same time as the hydrogen production facility.
A 24-month period for commissioning and
running in operation is critical in order to have
fully operational and robust Hydrogen Production
Facility plant and inter-seasonal hydrogen storage
in operation when the conversion starts in 2028.
The subsequent hydrogen unit and storage sites
will be phased in during conversion from 202834. All time critical work should be done in the
FEED phase therefore the project execution can
be fast-tracked. This also allows for flexibility
in case of delays in the conversion activities.
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6.6

Improving efficiency of hydrogen
for heat and power production
The H21 NoE project has been developed
based on providing decarbonised heating in
the form of hydrogen. However, throughout
the project it became increasingly evident
that such a large-scale energy project should
consider the opportunity for a wider strategy.
Whilst there are obvious opportunities for hydrogen
usage in transport these are dictated by vehicle take
up over time. The project team wanted to explore the
potential for a large scale (GW) opportunity to help offset
the requirement to ‘turn-down’ hydrogen production
in summer and/or reduce inter-seasonal storage.
The clearest opportunity was the potential to divert
the hydrogen supply in summer (when heat demand
is low) to a hydrogen powered CCGT (combined
cycle gas turbine power station), i.e. to produce
electricity. This would allow maximised operation
of the hydrogen production facility to provide large
amounts of clean centralised electricity during summer,
spring and autumn months. This is also a strategy
that is technically feasible today and has a readymade customer base, i.e. the UK electricity grid.
Hydrogen for heat is recognised by a high season
(winter) where all production capacity is utilised
and a low season (summer) where only 1/3 of the
hydrogen capacity is utilised. The surplus capacity in
the summer and partly during spring and autumn is a
potential clean hydrogen source for other segments,
i.e. industry, transport and power. Consideration was
given to the power segment to explore the potential
for synergies with renewable, i.e. offshore wind for
NoE. The results of this analysis are presented below,
and it is highly recommended that this strategy be
further considered in a subsequent FEED study.

Technology readiness of hydrogen
fired CCGTs
Hydrogen is a costlier fuel than natural
gas, so it should be converted into power
with the highest possible efficiency.
Combined Cycle Gas Turbines (CCGT)
are the most efficient technology for
large scale thermal power plants.
They are called combined cycle because they use a Gas
Turbine (GT) combined with a steam based bottoming
cycle. The steam bottoming cycle uses the large waste
energy from a GT to produce steam and extra power
in a steam turbine. In a modern CCGT power plant
efficiencies above 60% (LHV) can be achieved, which
is much higher than efficiencies in pure steam power
plants. By comparison coal-based steam power plants
typically have a maximum efficiency around 47.5%.
To take advantage of the superior efficiency of CCGT,
power plants which integrate coal gasification and
CCGT technology have already been built. These
Integrated Gasification Combined Cycle (IGCC)
plants can have hydrogen rich fuel gases and have
contributed to the development and experience
for gas turbines burning hydrogen rich fuel gases.
Suppliers like Siemens, General Electric (GE) and
Mitsubishi Hitachi Power Systems have extensive
experience in this area over more than 30 years.
Equinor, Vattenfall and Gasunie signed a Memorandum
of Understanding (MoU) in July 2017 to evaluate
the possibilities of converting Vattenfall’s gas
power plant Magnum in the Netherlands into
a hydrogen-powered plant. The potential CO2
emission reduction is 4 million tonnes of CO2 per
year. Mitsubishi Hitachi Power Systems (MHPS) is
the supplier of the original gas power plant and will
retrofit the CCGT from natural gas to hydrogen.

Figure 6.26: The Magnum power plant in Netherlands
The Magnum power plant is currently running on natural
gas but was originally intended to be an IGCC. The
power plant therefore has technical features which
makes it suitable for conversion to high hydrogen
fuel gas. These features include the gas turbine type
and boiler design with extra space for NOx removal
equipment. The HTS (see Section 5.0) passes several
potential power plant sites with both existing gas
turbines (CCGT), e.g. Saltend and South Humber Bank,
or former coal power plant sites currently planning to
install new CCGT plant, i.e. Drax and Eggborough, see
Figure 6.27. A new UK CCGT project could be considered
and developed as hydrogen ready similar to Magnum.
This would form a critical offtake from the H21 NoE
hydrogen production facility during the summer
and provide a significant amount of clean power.

319

H21 North of England

SECTION 06

318

H21 North of England

SECTION 06

6.6

Improving efficiency of hydrogen
for heat and power production
The H21 NoE project has been developed
based on providing decarbonised heating in
the form of hydrogen. However, throughout
the project it became increasingly evident
that such a large-scale energy project should
consider the opportunity for a wider strategy.
Whilst there are obvious opportunities for hydrogen
usage in transport these are dictated by vehicle take
up over time. The project team wanted to explore the
potential for a large scale (GW) opportunity to help offset
the requirement to ‘turn-down’ hydrogen production
in summer and/or reduce inter-seasonal storage.
The clearest opportunity was the potential to divert
the hydrogen supply in summer (when heat demand
is low) to a hydrogen powered CCGT (combined
cycle gas turbine power station), i.e. to produce
electricity. This would allow maximised operation
of the hydrogen production facility to provide large
amounts of clean centralised electricity during summer,
spring and autumn months. This is also a strategy
that is technically feasible today and has a readymade customer base, i.e. the UK electricity grid.
Hydrogen for heat is recognised by a high season
(winter) where all production capacity is utilised
and a low season (summer) where only 1/3 of the
hydrogen capacity is utilised. The surplus capacity in
the summer and partly during spring and autumn is a
potential clean hydrogen source for other segments,
i.e. industry, transport and power. Consideration was
given to the power segment to explore the potential
for synergies with renewable, i.e. offshore wind for
NoE. The results of this analysis are presented below,
and it is highly recommended that this strategy be
further considered in a subsequent FEED study.

Technology readiness of hydrogen
fired CCGTs
Hydrogen is a costlier fuel than natural
gas, so it should be converted into power
with the highest possible efficiency.
Combined Cycle Gas Turbines (CCGT)
are the most efficient technology for
large scale thermal power plants.
They are called combined cycle because they use a Gas
Turbine (GT) combined with a steam based bottoming
cycle. The steam bottoming cycle uses the large waste
energy from a GT to produce steam and extra power
in a steam turbine. In a modern CCGT power plant
efficiencies above 60% (LHV) can be achieved, which
is much higher than efficiencies in pure steam power
plants. By comparison coal-based steam power plants
typically have a maximum efficiency around 47.5%.
To take advantage of the superior efficiency of CCGT,
power plants which integrate coal gasification and
CCGT technology have already been built. These
Integrated Gasification Combined Cycle (IGCC)
plants can have hydrogen rich fuel gases and have
contributed to the development and experience
for gas turbines burning hydrogen rich fuel gases.
Suppliers like Siemens, General Electric (GE) and
Mitsubishi Hitachi Power Systems have extensive
experience in this area over more than 30 years.
Equinor, Vattenfall and Gasunie signed a Memorandum
of Understanding (MoU) in July 2017 to evaluate
the possibilities of converting Vattenfall’s gas
power plant Magnum in the Netherlands into
a hydrogen-powered plant. The potential CO2
emission reduction is 4 million tonnes of CO2 per
year. Mitsubishi Hitachi Power Systems (MHPS) is
the supplier of the original gas power plant and will
retrofit the CCGT from natural gas to hydrogen.

Figure 6.26: The Magnum power plant in Netherlands
The Magnum power plant is currently running on natural
gas but was originally intended to be an IGCC. The
power plant therefore has technical features which
makes it suitable for conversion to high hydrogen
fuel gas. These features include the gas turbine type
and boiler design with extra space for NOx removal
equipment. The HTS (see Section 5.0) passes several
potential power plant sites with both existing gas
turbines (CCGT), e.g. Saltend and South Humber Bank,
or former coal power plant sites currently planning to
install new CCGT plant, i.e. Drax and Eggborough, see
Figure 6.27. A new UK CCGT project could be considered
and developed as hydrogen ready similar to Magnum.
This would form a critical offtake from the H21 NoE
hydrogen production facility during the summer
and provide a significant amount of clean power.
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Most of the vendors of large gas turbines have burners,
mainly diffusion type, that can burn hydrogen rich fuel
gas, but a challenge is that these burner types will
produce NOx. Dilution of fuel gas with inert gases like
N2/H2O/CO2 and cooling of the flame with water/steam
injection can be used to moderate flame temperature
and NOx formation. In addition, post combustion NOx
removal technologies, for example Selective Catalytic
Reduction (SCR), can be used to further remove NOx
to comply with emission legislations. GE performed
burner testing for Equinor for combustion of hydrogen
20 years ago in relation to a 1,300 MW (1.3 GW) precombustion project called Hydrokraft. The tests
showed that the concept was feasible, however a
large amount of dilution of the hydrogen was used.
Dilution of the hydrogen, and cooling of the flame will
give an efficiency penalty, and burner development for
hydrogen combustion is important to mitigate this loss.
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Since combustion of hydrogen in CCGTs can be
a promising technology for CO2 free power, there
have been several government funded research
programs working on the development of low-NOx
on hydrogen burners for GTs. The main motivation/
goal has been to develop new burners with low NOx
emissions working with no or little diluents and a
CCGT efficiency similar to operation on natural gas.

DRAX POWER STATION

Several promising concepts have been developed
and tested, but there is still development and testing
to complete to provide commercial concepts. The
development cost can be high, and the current market
for low NOx hydrogen fired GTs needs to be developed.
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Figure 6.27: Location of power plants
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The new large H-class gas power plants, with CCGT
efficiency of 60%+, have ‘Can Annular’ individual
combustion chambers, which should simplify testing
of new low-NOx hydrogen burners. So as the hydrogen
market is developed, for example as part of the H21
NoE project or across different global markets, the
large GT vendors should be in a good position to
finalise the required technology. Until the low NOx
hydrogen GT has been developed, current IGCC
technology combined with post combustion NOx
removal technologies is the preferred alternative. The
IGCC experience and technology can be an important
building block on the way to a future with large efficient
low NOx CCGT plants operating on pure hydrogen.
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The capital cost of hydrogen fired CCGT is only expected
to be 5-10% higher compared to a natural gas based
CCGT mainly from installation of additional NOx
removal systems. Retrofit of existing CCGT is technical
possibly, mainly of those provided by GE and MHPS, and
comprises replacing burners, fuel supply system and
upgrading instrumentation and safety systems. The
cost is approximately 15-20% of the CCGT base cost.
Start-up and ramp-up would have to be done by use
of natural gas, however it is expected as experience is
gained that start-up could be done using hydrogen fuel.
Compared to a hydrogen fuel cell a hydrogen fired
CCGT offers important advantage besides being
better or on par on energy efficiency. These include:
→→

Long lifetime with no significant
degradation, i.e. above 20 years

→→

Lowest cost per kW installed capacity

→→

Production of AC power (grid type)
compared to DC power from fuel cells

→→

Large scale – GW class compared
to KW class for fuel cells

→→

Doesn’t require high purity hydrogen, i.e. lower cost
hydrogen and less vulnerable to contamination
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Most of the vendors of large gas turbines have burners,
mainly diffusion type, that can burn hydrogen rich fuel
gas, but a challenge is that these burner types will
produce NOx. Dilution of fuel gas with inert gases like
N2/H2O/CO2 and cooling of the flame with water/steam
injection can be used to moderate flame temperature
and NOx formation. In addition, post combustion NOx
removal technologies, for example Selective Catalytic
Reduction (SCR), can be used to further remove NOx
to comply with emission legislations. GE performed
burner testing for Equinor for combustion of hydrogen
20 years ago in relation to a 1,300 MW (1.3 GW) precombustion project called Hydrokraft. The tests
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large amount of dilution of the hydrogen was used.
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have been several government funded research
programs working on the development of low-NOx
on hydrogen burners for GTs. The main motivation/
goal has been to develop new burners with low NOx
emissions working with no or little diluents and a
CCGT efficiency similar to operation on natural gas.
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The new large H-class gas power plants, with CCGT
efficiency of 60%+, have ‘Can Annular’ individual
combustion chambers, which should simplify testing
of new low-NOx hydrogen burners. So as the hydrogen
market is developed, for example as part of the H21
NoE project or across different global markets, the
large GT vendors should be in a good position to
finalise the required technology. Until the low NOx
hydrogen GT has been developed, current IGCC
technology combined with post combustion NOx
removal technologies is the preferred alternative. The
IGCC experience and technology can be an important
building block on the way to a future with large efficient
low NOx CCGT plants operating on pure hydrogen.
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The capital cost of hydrogen fired CCGT is only expected
to be 5-10% higher compared to a natural gas based
CCGT mainly from installation of additional NOx
removal systems. Retrofit of existing CCGT is technical
possibly, mainly of those provided by GE and MHPS, and
comprises replacing burners, fuel supply system and
upgrading instrumentation and safety systems. The
cost is approximately 15-20% of the CCGT base cost.
Start-up and ramp-up would have to be done by use
of natural gas, however it is expected as experience is
gained that start-up could be done using hydrogen fuel.
Compared to a hydrogen fuel cell a hydrogen fired
CCGT offers important advantage besides being
better or on par on energy efficiency. These include:
→→

Long lifetime with no significant
degradation, i.e. above 20 years

→→

Lowest cost per kW installed capacity

→→

Production of AC power (grid type)
compared to DC power from fuel cells

→→

Large scale – GW class compared
to KW class for fuel cells

→→

Doesn’t require high purity hydrogen, i.e. lower cost
hydrogen and less vulnerable to contamination
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6.6.1 Annual potential of hydrogen fired CCGT – H21 NoE concept

The starting point for analysis is the selected H21
NoE hydrogen production facility (see Section 4.0)
concept of nine ATR units with a total installed
capacity of 12.15 GW or 291.6 GWh/d (12.15 x 24).

Modelling a base load operation at maximum capacity,
i.e. all ATRs operating all year, generates a production
profile for hydrogen excess after subtracting hydrogen
for heat demand and hydrogen injection and withdrawal
from the inter-seasonal storage. (see Figure 6.28)
shows the simulated result of NoE demand.
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Figure 6.28: Excess hydrogen for NoE concept of 12.15 GW
installed capacity base load operation
As expected the excess hydrogen curve profile
resembles the seasonal demand curve offset by 6
months with a peak of approximately 200-220 GWh/d,
(i.e. a heat demand of circa 80 GWh/d subtracted from
the available daily capacity of 291.6 GWh/d (291.6
= 210GWh/d). Hence, potential power production
capacity peaks during the summer season, when the
heating demand is low and drops towards the winter
season where no excess hydrogen is available.
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This indicates that, assuming an efficiency of the
CCGT of 50% HHV, a peak power potential of circa
105 GWh/d, (i.e. 210GWh/d/2). This is equal to an
installed capacity of 4.38 GW (105/24 hours). This
excess hydrogen capacity was converted into potential
power production assuming an efficiency of the
CCGT of 50% HHV including production for 2 GW and
4 GW power plants respectively (see Figure 6.29).

For the following analysis the
electricity consumption in the H21
NoE was assumed to be 1/8 of total
UK consumption or approximately
35,000-40,000 GWh per year.

To determine the potential for hydrogen power
production via CCGT the first step is to understand the
theoretical potential for power production in H21 NoE.
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Jan 16

Jul 16

1,000

Figure 6.29: Potential power production from excess hydrogen capacity including daily
power output from a 2 GW and 4 GW power plant respectively
The solid green area in the graph equals the total
power production. From Figure 6.29 the total annual
production potential can be estimated (the size of the
solid blue area) which is presented in Table 6.12 against
the hydrogen demand across the NoE for each specific
YEAR

year. A potential power production of 14,000-19,000 GWh
could be obtained in the H21 NoE based on the 20132016 period, which is equal to 50% of NoE annual
power consumption (assumed to be between 35,00040,000 GWh per annum).

2013

2014

2015

2016

AVERAGE

Annual power
production,
GWh

13,730

18,580

16,720

15,890

16,230

Monthly
peak, GWh/d

104

105

104

110

106

Table 6.12: Theoretic potential for power production in H21 NoE design case
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concept of nine ATR units with a total installed
capacity of 12.15 GW or 291.6 GWh/d (12.15 x 24).

Modelling a base load operation at maximum capacity,
i.e. all ATRs operating all year, generates a production
profile for hydrogen excess after subtracting hydrogen
for heat demand and hydrogen injection and withdrawal
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shows the simulated result of NoE demand.
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As expected the excess hydrogen curve profile
resembles the seasonal demand curve offset by 6
months with a peak of approximately 200-220 GWh/d,
(i.e. a heat demand of circa 80 GWh/d subtracted from
the available daily capacity of 291.6 GWh/d (291.6
= 210GWh/d). Hence, potential power production
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heating demand is low and drops towards the winter
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This indicates that, assuming an efficiency of the
CCGT of 50% HHV, a peak power potential of circa
105 GWh/d, (i.e. 210GWh/d/2). This is equal to an
installed capacity of 4.38 GW (105/24 hours). This
excess hydrogen capacity was converted into potential
power production assuming an efficiency of the
CCGT of 50% HHV including production for 2 GW and
4 GW power plants respectively (see Figure 6.29).

For the following analysis the
electricity consumption in the H21
NoE was assumed to be 1/8 of total
UK consumption or approximately
35,000-40,000 GWh per year.

To determine the potential for hydrogen power
production via CCGT the first step is to understand the
theoretical potential for power production in H21 NoE.
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power output from a 2 GW and 4 GW power plant respectively
The solid green area in the graph equals the total
power production. From Figure 6.29 the total annual
production potential can be estimated (the size of the
solid blue area) which is presented in Table 6.12 against
the hydrogen demand across the NoE for each specific
YEAR

year. A potential power production of 14,000-19,000 GWh
could be obtained in the H21 NoE based on the 20132016 period, which is equal to 50% of NoE annual
power consumption (assumed to be between 35,00040,000 GWh per annum).

2013

2014

2015

2016

AVERAGE

Annual power
production,
GWh

13,730

18,580

16,720

15,890

16,230

Monthly
peak, GWh/d

104

105

104

110

106

Table 6.12: Theoretic potential for power production in H21 NoE design case
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6.6.2 The interaction with offshore wind –
H21 NoE preferred design
Noting potential for scaling offshore
wind in the UK it was thought prudent to
analyse how a hydrogen powered CCGT
can complement UK offshore wind in the
longer term for UK electrical generation.
The analysis focused on a scenario whereby offshore
wind could cover 50% of the electricity demand in
H21 NoE, approximately 17,000-19,000 GWh.
The annual profile for wind-based generation of this
17,000-19,000 GWh figure was based on Equinor
operational data from wind parks at Sheringham
and Dudgeon. This was adjusted for an expected
future higher net capacity factor of 47% (the net
capacity factor is the percentage of a year when
the wind park is running at full capacity, i.e. 0.47 x
8,760 hours = 4,117 hours at full capacity (5.3 GW).

SECTION 06

(A typical offshore wind power supply profile versus
the North of England power demand. N.B.: The wind
profile is taken from the Sheringham Shoal Equinor
windfarm in the UK and scaled to match the NoE supply.)

Using this data future wind power production and an
electrical demand profile was generated (see Figure
6.30). In this scenario it can be seen in the graph
that there will be some short periods of curtailment
(where the blue lines of supply are in excess of the
red line of demand). The curtailment will increase
with increased offshore share, i.e. if we go beyond
50% share more power would be curtailed increasing
the cost of power. The total installed wind park
capacity for this scenario would need to be in the
region of 5.3 GW. The Equinor and SSE Doggerbank
project (not yet built), 130-200 km off the coast at
east coast Yorkshire is 4.8 GW covering 8,660 km2.
For this case about 16,500 GWh needs to be covered
by other clean sources, i.e. the areas on Figure
6.30 where the blue line is below the orange.

MWh/d
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A shortfall in electrical power supplied by offshore
wind versus electric demand in NoE could be
calculated by subtracting the offshore wind power
availability (turquoise in Figure 6.30) from the
electrical power demand (orange in Figure 6.30).
This generates a shortfall in demand curve which
can be compared against the available hydrogen
power see Figure 6.29 and Figure 6.31 below.
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Figure 6.31: Shortfall in electrical power demand provided by offshore wind when
compared with available hydrogen power from CCGT GWh/d
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The total amount of power which could be provided
by the H21 NoE hydrogen production facility can
be calculated by subtracting the green from blue
in Figure 6.31. This calculation shows that for a
4 GW hydrogen powered CCGT with a potential for
producing between 14,000-19,000 GWh (4GWx24x365)
approximately 9,500-12,700 GWh of that could be
produced by hydrogen when it is not required for heat.

In total this means that the H21
NoE project, if coupled with a 4 GW
hydrogen powered CCGT and offshore
wind park of 5.3 GW, could provide
up to 75-80% of H21 NoE electricity
demand as well as decarbonising
heat, i.e. 17,000-19,000 GWh from
wind plus 9,500-12,700 GWh from H2
CCGT = 26,500-31,700 GWh of a required
35,000-40,000 GWh of annual demand.
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future higher net capacity factor of 47% (the net
capacity factor is the percentage of a year when
the wind park is running at full capacity, i.e. 0.47 x
8,760 hours = 4,117 hours at full capacity (5.3 GW).
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(A typical offshore wind power supply profile versus
the North of England power demand. N.B.: The wind
profile is taken from the Sheringham Shoal Equinor
windfarm in the UK and scaled to match the NoE supply.)

Using this data future wind power production and an
electrical demand profile was generated (see Figure
6.30). In this scenario it can be seen in the graph
that there will be some short periods of curtailment
(where the blue lines of supply are in excess of the
red line of demand). The curtailment will increase
with increased offshore share, i.e. if we go beyond
50% share more power would be curtailed increasing
the cost of power. The total installed wind park
capacity for this scenario would need to be in the
region of 5.3 GW. The Equinor and SSE Doggerbank
project (not yet built), 130-200 km off the coast at
east coast Yorkshire is 4.8 GW covering 8,660 km2.
For this case about 16,500 GWh needs to be covered
by other clean sources, i.e. the areas on Figure
6.30 where the blue line is below the orange.
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A shortfall in electrical power supplied by offshore
wind versus electric demand in NoE could be
calculated by subtracting the offshore wind power
availability (turquoise in Figure 6.30) from the
electrical power demand (orange in Figure 6.30).
This generates a shortfall in demand curve which
can be compared against the available hydrogen
power see Figure 6.29 and Figure 6.31 below.
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Figure 6.31: Shortfall in electrical power demand provided by offshore wind when
compared with available hydrogen power from CCGT GWh/d
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The total amount of power which could be provided
by the H21 NoE hydrogen production facility can
be calculated by subtracting the green from blue
in Figure 6.31. This calculation shows that for a
4 GW hydrogen powered CCGT with a potential for
producing between 14,000-19,000 GWh (4GWx24x365)
approximately 9,500-12,700 GWh of that could be
produced by hydrogen when it is not required for heat.

In total this means that the H21
NoE project, if coupled with a 4 GW
hydrogen powered CCGT and offshore
wind park of 5.3 GW, could provide
up to 75-80% of H21 NoE electricity
demand as well as decarbonising
heat, i.e. 17,000-19,000 GWh from
wind plus 9,500-12,700 GWh from H2
CCGT = 26,500-31,700 GWh of a required
35,000-40,000 GWh of annual demand.
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6.6.3 The interaction with offshore wind – H21 NoE alternative
hydrogen production scenarios (H21 XL)

With a CO2 footprint of the hydrogen
of 14.47 g/kWh (see Section 9.0), the
emission from the hydrogen fired CCGT
would be at 50% efficiency (HHV) (14.47 g/
kWh x 2 = 28.9 g/kWh). Combining with
offshore wind, assuming a CO2 footprint
of 0 g/kWh, the total combined emission
from offshore wind and hydrogen fired
CCGT for H21 NoE would be 10-12 g/
kWh (hydrogen CCGT provides 33-40%
of the total mix). Table 6.13 shows
how the total power for NoE could be
supplied based on 2013-16 data set.

In Section 4.2 alternative hydrogen production
and storage scenarios were presented. These
showed that when increasing the capacity of
hydrogen production for heat the demand for
inter-seasonal hydrogen storage decreased.

Figure 6.33 shows the potential power production
capacity for all cases presented in Section 4.2, assuming
a CCGT energy efficiency of 50%. Similar to the H21
NoE design case of 12.15 GW the potential installed
CCGT capacity was assessed and key data, such as
hydrogen fired CCGT on-stream factor and theoretic
annual power production, are presented in Table 6.14.

Hydrogen CCGT Power production versus NoE power demand

YEAR

2013

2014

2015

2016

AVERAGE

Demand, GWh

39,790

37,780

36,250

35,420

37,300

Offshore wind production, GWh

17,920

18,080

18,970

16,700

17,900

CCGT on hydrogen, GWh

9,570

12,670

9,710

9,690

10,400

Other flexible low carbon
power sources, GWh

12,300

7,030

7,570

9,030

9,000

Peak demand case
Case D

GWh/d

H21 North of England

Case A

Case B

Case E

Case C

NoE power demand

200

150

Table 6.13: NoE power production
Presented against the 2013-16 data series shown
in Figure 6.32, it is clear to see how a combination
of offshore wind coupled with hydrogen CCGT
power in summer can provide 75-80% of all power

demand with no modification to the hydrogen
production facility for the H21 NoE project. The
green in the graph shows the shortfall which would
need to be supplied by other low carbon sources.
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Table 6.14: NoE hydrogen production options versus power production from excess
‘summer’ hydrogen.
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6.6.3 The interaction with offshore wind – H21 NoE alternative
hydrogen production scenarios (H21 XL)

With a CO2 footprint of the hydrogen
of 14.47 g/kWh (see Section 9.0), the
emission from the hydrogen fired CCGT
would be at 50% efficiency (HHV) (14.47 g/
kWh x 2 = 28.9 g/kWh). Combining with
offshore wind, assuming a CO2 footprint
of 0 g/kWh, the total combined emission
from offshore wind and hydrogen fired
CCGT for H21 NoE would be 10-12 g/
kWh (hydrogen CCGT provides 33-40%
of the total mix). Table 6.13 shows
how the total power for NoE could be
supplied based on 2013-16 data set.

In Section 4.2 alternative hydrogen production
and storage scenarios were presented. These
showed that when increasing the capacity of
hydrogen production for heat the demand for
inter-seasonal hydrogen storage decreased.

Figure 6.33 shows the potential power production
capacity for all cases presented in Section 4.2, assuming
a CCGT energy efficiency of 50%. Similar to the H21
NoE design case of 12.15 GW the potential installed
CCGT capacity was assessed and key data, such as
hydrogen fired CCGT on-stream factor and theoretic
annual power production, are presented in Table 6.14.
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Table 6.14: NoE hydrogen production options versus power production from excess
‘summer’ hydrogen.
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Case D was selected to demonstrate a ‘step-out’
from the base case (case B) to further examine the
potential of excess hydrogen. The reason is that
this case in the period 2013-16 required minimum
inter-seasonal hydrogen storage to support heat.
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This scenario is referred to as ‘H21 XL’. Following the
same methodology as described previously a curve
of available hydrogen power for a 7 GW CCGT was
compared against the power shortage supplied from
5.3 GW offshore wind farm to H21 NoE Figure 6.34.
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Figure 6.34: Shortfall in electrical power demand provided by offshore wind when
compared with available hydrogen power from a 7 GW CCGT GWh/d

Therefore, the combined hydrogen
CCGT and offshore wind solution could
deliver 33,000-35,000 GWh of total
annual electricity demand (35,00040,000 GWh) in NoE (equal to 90-95% of
total demand). The remaining 2,0003,000 GWh could be delivered by other
low carbon sources resulting in a
CO2 emission factor of 14.47 g/kWh.
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In this scenario available power will exceed the
need in the summer more frequently than in the
previous scenario. However more hydrogen power
will be available during the winter period in case
of a shortfall in offshore wind production. The
simulation showed that 16,690 GWh of the available
37,200 GWh of hydrogen CCGT production potential
could be used to supplement offshoqre wind, i.e.
the amount required to supplement the shortfall in
electric power demand provided by offshore wind.
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In more winters with unfavourable weather conditions,
such as the winter of 2013 with low wind power
production (not a very windy winter) and high demand
for hydrogen heat (a very cold winter) more power
is required from other sources, i.e. interconnectors
and batteries. In addition, more than 20,000 GWh
capacity is still available for export or other UK
based usage, i.e. surplus energy from both wind and
the hydrogen CCGT that exceeds power demand.

Figure 6.35: H21 NoE delivered power from offshore wind, hydrogen fired CCGT, natural
gas fired CCGT and other green flexible sources based on case D hydrogen facility
capacity of 17 GW.
If a H21 XL option was selected in
the FEED study with a summer power
generation capability it would remove
75% of the required inter-seasonal
hydrogen storage requirement, i.e. from
8,052 GWh storage to 2,164 GWh storage.
This would save significant cost on
the H21 NoE system and also improve
constructability removing the largest
element of delivery risk, i.e. the salt
cavern storage requirement timescales.
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CO2 emission factor of 14.47 g/kWh.

Offshore wind production

SECTION 06

120,000

160,000

In this scenario available power will exceed the
need in the summer more frequently than in the
previous scenario. However more hydrogen power
will be available during the winter period in case
of a shortfall in offshore wind production. The
simulation showed that 16,690 GWh of the available
37,200 GWh of hydrogen CCGT production potential
could be used to supplement offshoqre wind, i.e.
the amount required to supplement the shortfall in
electric power demand provided by offshore wind.

H21 North of England

MWh/d

H21 North of England

In more winters with unfavourable weather conditions,
such as the winter of 2013 with low wind power
production (not a very windy winter) and high demand
for hydrogen heat (a very cold winter) more power
is required from other sources, i.e. interconnectors
and batteries. In addition, more than 20,000 GWh
capacity is still available for export or other UK
based usage, i.e. surplus energy from both wind and
the hydrogen CCGT that exceeds power demand.

Figure 6.35: H21 NoE delivered power from offshore wind, hydrogen fired CCGT, natural
gas fired CCGT and other green flexible sources based on case D hydrogen facility
capacity of 17 GW.
If a H21 XL option was selected in
the FEED study with a summer power
generation capability it would remove
75% of the required inter-seasonal
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6.7

Commissioning and conversion conclusions
6.6.4 H21 NoE and hydrogen
CCGTs conclusion

Conversion of the gas distribution networks

The system designed in H21 NoE could have huge
potential to support decarbonisation of power across
the NoE which would be entirely complementary
to a scaling renewables strategy for the UK.

Three district workforces based in Yorkshire, the
North East and the North West would be required
to undertake the conversion of the NoE over a 7 year
period. These workforces would collectively employ
an average of 3,000 gasfitters per summer.

To achieve this no fundamental change is required to the
H21 NoE system, hydrogen production facility, interseasonal hydrogen storage and hydrogen transmission
system. The only additional infrastructure is the
conversion and/or development of a new hydrogen
CCGT which is an independent investment asset.
However, it is highly recommended that a combined
heat and power strategy is taken forward into a future
FEED study. This will ensure the options to optimise
the overall system design to provide the UK with a
holistic picture, for example reduction in inter-seasonal
hydrogen storage, are considered. Increasing the size
of the hydrogen production facility and decreasing the
size of the inter-seasonal hydrogen storage has the
potential to save CAPEX and OPEX. It will also provide
significantly more benefit in terms of net carbon savings,
increase the energy of the overall system (ATRs are
not turned off in summer) and ultimately reduce the
cost of the hydrogen by increasing the customer base.
If the H21 NoE system were used to
provide centralised power generation,
assuming a CO2 emission factor of
14.47 g/kWh for the clean hydrogen,
the electricity will be 29g/kWh, i.e.
below the UK 2050 target of 50 g/kWh.

Within the NoE area there are 3,813,000 meter points.

The rate of conversion would be equivalent to
circa 2 x H21 LCG per annum split across the three
workforce areas, conversion occurs in parallel
at any one time in three different areas.

To put the size of this workforce into context the UK
currently has 128,000 gas safe registered engineers
and over 250,000 plumbers. Additionally, during the
original conversion from towns gas to natural gas
between 1966 and 1977 at peak (1971/72) the UK
was converting 2.3 million customers (meter points)
per year, effectively four times the North of England
conversion strategy peak. Achieving this conversion
strategy is well within the UK’s capabilities.

Commissioning the hydrogen production and storage facilities
The production facility has been designed
to be modular build adding one ATR module
unit per annum from 2026 up to 2034.

Inter-seasonal hydrogen storage can
be built incrementally in line with the
conversion and commissioning strategy.

Using this strategy excess hydrogen production in the
early years can be managed via inter-seasonal hydrogen
storage, turn-down of individual units, or the preferred
solution of exporting as power to the UK electric grid.

However, the first set of salt caverns would
be in place by 2026 with the remainder
phased in through the following years.
A project the scale of H21 NoE project is the
experience of the industry. Some recent projects,
involving refining or large chemical complexes, are
worth anywhere between US$ 10-35 billion.

H21 NoE heat and power opportunity
→→ There is a very significant opportunity to
use the surplus hydrogen in summer (when
heat demand is low) to generate 30-50% of
the NoE electrical requirements through
hydrogen fired CCGT power stations.
→→ This strategy could be adopted in conjunction with
scaling renewables in the form of offshore wind.
→→

Further development of Doggerbank (Forewind)
could deliver 37,000 GWh in the NoE area. This
would cover about 50% of current electric demand.
As wind is also seasonal, i.e. a lot more in winter
months, diverting the surplus hydrogen in summer
to power generation is a perfect strategy for
decarbonising electricity throughout the year.

→→

Adopting a combined strategy for heat and power
for H21 NoE would result in several benefits:
•

A more efficient use of the hydrogen
production facility as ATRs would not need
to be turned down/off as frequently

•

A reduction in inter-seasonal hydrogen storage
up to 75% depending on the final output
capacity of the hydrogen production facility.

•

A complementary energy supply strategy
whereby annual demand for electricy
is met by a combination of intermittent
generation from offshore wind and flexible
generation from hydrogen CCGTs
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FEED requirements
→→ The 7 year conversion strategy needs
detailed design and survey work to:

→→

•

Identify isolation valve locations and
finalise a sector isolation strategy

•

Finalise the 7 year conversion strategy

•

Identify the type, location and quantity of
industrial and commercial customers

•

Design the conversion strategy for existing
PRS conversion from natural gas to hydrogen

•

Finalise the strategy for new PRS connections
and/or temporary hydrogen and/or natural gas
supplies required to facilitate conversion

•

Develop a more detailed conversion
workforce strategy including training
timescales, management and location

•

Develop a detailed appliance requirement
profile to align to the conversion strategy

Confirm the hydrogen production facility design
in the context of commissioning including:
•

Finalise the location, (e.g. single
point or split location)

•

Optimised ATR modular build capacities

•

Redundancy requirements during
and post commissioning

•

Identify power export potential
from the hydrogen production
facility during commissioning

•

Confirm the ongoing operating philosophy
to minimise turn-down/shut-down

•

Finalise line pack capacity (as part of the
HTS design) and consider the ability to offset
storage requirements during commissioning

•

Confirm power generation strategy,
i.e. use of hydrogen CCGTs

→→

Inter-seasonal hydrogen storage – confirm a
detailed timeline and commissioning programme for
the inter-seasonal hydrogen storage requirements

→→

Fully explore the opportunity for heat and
power supply from the hydrogen production
facility for the H21 NoE concept, i.e. H21 XL
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This section provides a comprehensive
overview of CCS technology and
its credibility in the context
of H21 North of England (NoE).
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7.1

Introduction
This section describes a possible set
of concepts and solutions to transport
and permanently store the CO2 captured
from the H21 NoE hydrogen facility.
These Carbon Capture and Storage (CCS)
technologies are therefore an essential
component of the H21 NoE concept.
The H21 NoE project will require CO2 storage at 1520 Mtpa level or around 600 Mt in total over a 2535 year time frame. This is considered technically
possible both in the UK Southern North Sea and
offshore Norway, potentially using multiple storage
sites and multiple injection well solutions.

The actual storage site studies performed for the H21
NoE project are early-phase evaluations based on
available public (mainly) access datasets. Further work
will be required to develop more detailed reservoir
models and hence reduce geological uncertainties.
The Equinor CO2 Transport and Storage (T&S) team
concentrated on two alternative offshore regions
for permanent geological CO2 storage, illustrated
with the map in Figure 7.1. These were:
→→ The Southern North Sea (SNS) of the UK
Continental Shelf (UKCS), close to the
assumed location of the onshore hydrogen
plant in the Humber/Easington area
→→ The Northern North Sea of the Norwegian
Continental Shelf (NCS) in the Southern Troll area.

Both are well explored and documented as attractive
potential areas for CO2 storage. On the UK side, a
set of three separate Bunter Formation closures
and one depleted gas field were selected1 as good
and well documented sites for this study. On the
NCS side attractive storage formations are well
documented in the Southern Troll area as part an
ongoing Norwegian CCS project development, with
potential storage sites identified in the same area.
The objective has been to identify, outline and
quantify T&S solutions among others, which are
technically viable (however, not necessarily ‘the
best’) or optimised at this stage. These solutions
should therefore be pursued in coming phases of
the project, including other options which would be
part of a subsequent Front-End Engineering Design
(FEED) study, see Section 10.0 (Next Steps).
The CO2 transport and storage concepts have been
integrated with the hydrogen production facility as
far as possible at this stage. The presented concepts
are based on selected and available technologies.
However, whilst the H21 NoE project would represent
the world’s largest CCS scheme, it is only an order
of magnitude larger than other schemes. This is
not outside the realms of technical confidence.

It is believed that a storage solution can be developed
in time for a start-up of injection in 2026, but this
will require early involvement from UK or Norwegian
Governments with regards to access to acreage for
offshore storage. In the Clean Growth Strategy, the UK
Government has stated its ambition is to have “the
option to deploy CCUS at scale during the 2030s”. The
Committee on Climate Change (CCC) state in their 2018
Progress Report to Parliament2 that the UK will need
to store at least 60, and potentially well over 100 Mt
CO2 each year by 2050, if it is to meet the 2050 target
under the Climate Change Act. This is why the CCC
recommends that the first CCUS cluster is operational by
2026, with approximately 10 Mt CO2 stored each year by
2030, on the path to at least 20 Mt CO2 per year by 2035.
The H21 NoE project has the
potential to single-handedly deliver
a CCUS solution in line with
the recommendations from the UK
Committee on Climate Change (CCC).

The outcome of a feasibility study of this
kind could form a basis for decisions to
proceed with further work, i.e. the FEED.
The overall conclusion at this
stage is that the storage concept
is technically feasible, giving a
good basis for progressing the H21
NoE project to the next stage.

Figure 7.1: The upstream part of the H21
NoE scenario, including H2 plant and CO2
transport and storage options

1	  Assisted by the British geo-consultants Pale Blue Dot Energy and Axis Well Technology
2	  Committee on Climate Change, 2018. Reducing UK emissions - 2018 Progress Report Parliament
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possible both in the UK Southern North Sea and
offshore Norway, potentially using multiple storage
sites and multiple injection well solutions.

The actual storage site studies performed for the H21
NoE project are early-phase evaluations based on
available public (mainly) access datasets. Further work
will be required to develop more detailed reservoir
models and hence reduce geological uncertainties.
The Equinor CO2 Transport and Storage (T&S) team
concentrated on two alternative offshore regions
for permanent geological CO2 storage, illustrated
with the map in Figure 7.1. These were:
→→ The Southern North Sea (SNS) of the UK
Continental Shelf (UKCS), close to the
assumed location of the onshore hydrogen
plant in the Humber/Easington area
→→ The Northern North Sea of the Norwegian
Continental Shelf (NCS) in the Southern Troll area.

Both are well explored and documented as attractive
potential areas for CO2 storage. On the UK side, a
set of three separate Bunter Formation closures
and one depleted gas field were selected1 as good
and well documented sites for this study. On the
NCS side attractive storage formations are well
documented in the Southern Troll area as part an
ongoing Norwegian CCS project development, with
potential storage sites identified in the same area.
The objective has been to identify, outline and
quantify T&S solutions among others, which are
technically viable (however, not necessarily ‘the
best’) or optimised at this stage. These solutions
should therefore be pursued in coming phases of
the project, including other options which would be
part of a subsequent Front-End Engineering Design
(FEED) study, see Section 10.0 (Next Steps).
The CO2 transport and storage concepts have been
integrated with the hydrogen production facility as
far as possible at this stage. The presented concepts
are based on selected and available technologies.
However, whilst the H21 NoE project would represent
the world’s largest CCS scheme, it is only an order
of magnitude larger than other schemes. This is
not outside the realms of technical confidence.

It is believed that a storage solution can be developed
in time for a start-up of injection in 2026, but this
will require early involvement from UK or Norwegian
Governments with regards to access to acreage for
offshore storage. In the Clean Growth Strategy, the UK
Government has stated its ambition is to have “the
option to deploy CCUS at scale during the 2030s”. The
Committee on Climate Change (CCC) state in their 2018
Progress Report to Parliament2 that the UK will need
to store at least 60, and potentially well over 100 Mt
CO2 each year by 2050, if it is to meet the 2050 target
under the Climate Change Act. This is why the CCC
recommends that the first CCUS cluster is operational by
2026, with approximately 10 Mt CO2 stored each year by
2030, on the path to at least 20 Mt CO2 per year by 2035.
The H21 NoE project has the
potential to single-handedly deliver
a CCUS solution in line with
the recommendations from the UK
Committee on Climate Change (CCC).

The outcome of a feasibility study of this
kind could form a basis for decisions to
proceed with further work, i.e. the FEED.
The overall conclusion at this
stage is that the storage concept
is technically feasible, giving a
good basis for progressing the H21
NoE project to the next stage.

Figure 7.1: The upstream part of the H21
NoE scenario, including H2 plant and CO2
transport and storage options

1	  Assisted by the British geo-consultants Pale Blue Dot Energy and Axis Well Technology
2	  Committee on Climate Change, 2018. Reducing UK emissions - 2018 Progress Report Parliament
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7.1.2 CCS questions and answers

AOI

Area of Interest

BC

Bunter Closure

CO2 PLUME

The dispersing volume of CO2 in the geological formation

COP

Cessation of Production

EOR

Enhanced Oil Recovery. CO2 EOR involved injecting CO2
to increase oil production from mature oil fields.

GEOLOGICAL
STRUCTURE

A geological structure, or physical trap, is a
physical subsurface feature that has been defined
geologically and geophysically and that contains
physically trapped fluids. Examples include anticlines,
fault blocks and stratigraphic traps.

N/G

Net to Gross

SALINE AQUIFER

The CCS Directive uses the term ‘saline aquifer’ for deep
saline formations. In many regions of the world, the technical
definition of aquifer refers to a porous rock medium that
contains formation water that can be extracted at the surface.
Hence the term, saline aquifer, when it refers to deep
saline formations, is considered by many geologists to be an
incorrect technical term, and for many farmers, the aquifer
is their potable groundwater resource. In fields such as
petroleum geology, aquifer is sometimes defined as any water
bearing portion of a petroleum reservoir. The term leads to
considerable confusion and public relations problems when
groundwater stakeholders mistakenly believe that geological
storage of CO2 is deliberately targeting storage of CO2
into the potable groundwater system. Thus, the term deep
saline reservoir or saline formation is often a preferred
technical term to use, being described as where formation
water is not fresh, hence containing non-potable water.

STORAGE COMPLEX

H21 North of England

Some key questions and answers3 are
included in this section to help the reader
understand more about storing CO2.

Because CCS can achieve significant CO2 emission
reductions, it is considered a key option within the
portfolio of approaches required to reduce greenhouse
gas emissions. CCS technology involves three
major steps listed and illustrated in Figure 7.2.

CCS – what is it?
Carbon Capture and Storage (CCS), which is sometimes
called carbon capture and sequestration, prevents
large amounts of Carbon Dioxide (CO2) from being
released into the atmosphere. The technology involves
capturing CO2 produced by large industrial plants,
compressing it for transportation and then injecting
it deep into a rock formation at a carefully selected
and safe site, where it is permanently stored.

CO2 COMPRESSION
AND EXPORT

→→ Capture: The separation of CO2 from other
gases produced at large industrial process
facilities such as coal and natural gas power
plants, steel mills and cement plants
→→ Transport: Once separated, the CO2 is compressed
and transported, usually via pipelines, to
a suitable site for geological storage
→→ Storage: CO2 is injected into deep underground
rock formations, often in excess of 1 km depth.

CO2 TRANSPORT
SHIPPING OPTIONS
LCO2

HYDROGEN PLANT

CO2 CAPTURE

SUB-SEA INJECTION
TEMPLATES/WELLHEADS

PIPELINE
(VARIOUS ROUTINGS)

Means the storage site and surrounding geological domain
which can have an effect on overall storage integrity and
security; that is, secondary containment formations.

STORAGE SITE

Means a defined volume area within a geological
formation used for the geological storage of CO2 and
associated surface and injection facilities

TVDSS

True Vertical Depth Sub Sea

Table 7.1: Carbon Capture and Storage section definitions

DEEP GEOLOGICAL
FORMATIONS

CO2 STORAGE

Figure 7.2: Carbon Capture, Transport and
Storage (CCTS)

3	 www.globalccsinstitute.com/understanding-ccs/what-is-ccs
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7.1.2 CCS questions and answers
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included in this section to help the reader
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Because CCS can achieve significant CO2 emission
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portfolio of approaches required to reduce greenhouse
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it deep into a rock formation at a carefully selected
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Storage (CCTS)

3	 www.globalccsinstitute.com/understanding-ccs/what-is-ccs
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Storing carbon dioxide (CO2) emissions produced by
human activity underground helps address climate
change by keeping this greenhouse gas out of the
atmosphere. This is not a new or emerging technology,
it is happening now. In fact, the current CO2 capture
capacity is nearly 40 million tonnes per year (Mtpa).
There are also numerous geological systems that
naturally contain CO2 and have stored it for millennia.
In addition, the oil and gas industry has used CO2
for decades for enhanced oil recovery (EOR).
There are many similar geological systems throughout
the world that are capable of storing centuries’
worth of CO2 captured from industrial processes
and retaining it for millennia. Although geological
storage of gases occurs naturally and has been used
safely by industry for many decades, it remains a
challenge to describe this process to the public.
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How does geological storage of
CO2 work?
Geological storage involves injecting CO2 captured
from industrial processes into rock formations
deep underground, thereby permanently
removing it from the atmosphere. Typically,
the following geological characteristics are
associated with effective storage sites:
→→ Rock formations have enough millimetresized voids, or pores, to provide the
capacity to store the CO2
→→ Pores in the rock are sufficiently connected, a
feature called permeability, to accept the amount
of CO2 at the rate it is injected, allowing the CO2
to move and spread out within the formation
→→ An extensive cap rock or barrier at the top of
the formation to contain the CO2 permanently.
Figure 7.3 shows a general sketch of how
geological storage of CO2 works.

CO2 INJECTION
WELLS

There are many regions globally that have formations
with these characteristics; most are found in extensive
geological features called sedimentary basins.
Almost all oil and gas production is associated with
sedimentary basin. The types of geological formations
that trap oil and gas (and also naturally occurring CO2)
include sandstones, limestones and dolomites similar
to those that make good CO2 storage reservoirs.
It is these natural geological characteristics, the ones
that resulted in oil and gas being trapped for millions
of years before they were discovered, that make secure
geological storage of CO2 such a viable option for
greenhouse gas mitigation. Many coal deposits are also
associated with sedimentary basins. Coal-fired power
plants, which are a significant source of CO2 emissions,
can sometimes be co-located near storage sites. In
other instances, and for other industries, suitable
storage locations may be considerable distances away.
Important CO2 storage options include:
→→ Deep saline formations, referring to any
saline water bearing formation (the water can
range from slightly brackish to many times
the concentration of seawater, but is usually
non-potable). The saline formation is naturally
sealed by a caprock for permanent storage.
→→ Coal-bed methane, in which CO2 is injected into
coal beds to exchange CO2 with methane. CO2
binds to the coal and is stored permanently.
Currently, this type of storage is in the research
phase, with no operational projects.

ROCK PORES

CREST OF
STRUCTURE

→→ CO2 enhanced oil recovery (EOR), which
involves injecting CO2 to increase oil
production from mature oil fields.
GOOD QUALITY
SAND

SANDSTONE
ROCK PORES

SECTION 07

→→ Depleted oil or gas fields that are no longer
economic for oil or gas production. These have
established trapping and storage characteristics.
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How is CO2 injected underground and
why does it stay there?
Once captured, the CO2 is compressed into a fluid almost
as dense as water and pumped down through a well into
a porous geological formation. The pores in underground
formations are initially filled with a fluid – either oil,
gas, or salty water. Whilst most existing CCS projects
utilise storage associated with EOR, future deployment
of CCS will increasingly require storage in deep saline
aquifers. These have wider geographical distribution and
larger capacity in comparison to oil and gas reservoirs.
Because injected CO2 is slightly more buoyant than
the salty water that co-exists within the storage
reservoir, a portion of the CO2 will migrate to the top
of the formation. This becomes structurally trapped
beneath the impermeable cap rock that acts as a
seal. In most natural systems, there are numerous
barriers between the reservoir and the surface.
Some of the trapped CO2 will slowly start to dissolve
into the saline water and become trapped indefinitely
(called solution trapping). Another portion may become
trapped in tiny pore spaces (referred to as residual
trapping). The ultimate trapping process involves
dissolved CO2 reacting with the reservoir rocks to form
a new mineral. This process, called mineral trapping,
may be relatively quick or very slow, but effectively
locks the CO2 into a solid mineral permanently.

Is underground storage of CO2 safe?
Industrial-scale pilots, and research-scale storage
projects already inject several million tonnes
of CO2 annually into deep saline formations,
demonstrating that injection is safe and effective.
EOR projects, where CO2 storage occurs incidentally,
have also been operating safely for decades.
This record has been validated by the work of
intergovernmental and industry partnerships,
research programs, and stakeholder networks.
No significant safety, health or environmental
impacts have been documented from existing
CCS projects. The EOR industry has an excellent
safety record over four decades of operation.
An international ISO standard for geological
storage of CO2 was released in 20174 .

Figure 7.3: Geological storage of CO2

4	  ISO 27914:2017 Carbon dioxide capture, transportation and geological storage - Geological storage
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How does geological storage of
CO2 work?
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WELLS
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→→ Depleted oil or gas fields that are no longer
economic for oil or gas production. These have
established trapping and storage characteristics.
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why does it stay there?
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How do we know that it works?

7.1.1 CCS development status and maturity

The oil and natural gas industry has more than 40 years’
experience of injecting almost one billion tonnes of CO2
into geological reservoirs to increase oil production.
This is called CO2 EOR. The CO2 is usually injected into
the reservoir under pressure in a liquid or dense phase.
This allows it to mix with the oil and make the oil flow
more easily, ultimately producing more oil. The CO2
oil mixture is brought to the surface, where the CO2
separates from the oil, and is recaptured for re-injection.
Through this recycling process, all the CO2 used will
eventually remain in the reservoir indefinitely at the
end of the oil field’s life (called incidental storage).
In this way, large quantities of CO2 can be stored
underground – safely, securely, and for a very long time.

Currently, there are 18 large-scale CCS facilities
in operation globally6 . Most of these operations
involve CO2 storage associated with CO2 EOR
(Enhanced Oil Recovery) injection, but only four

with CO2 injection for permanent storage in saline
aquifers. Among these are the Equinor operated
Sleipner (Figure 7.4) and Snøhvit fields7, which
each separate and inject nearly 1 Mtpa CO2.

How much CO2 can be stored
underground?
The United Nations Intergovernmental Panel
on Climate Change (IPCC) estimates the world’s
potential capacity at two trillion tonnes, although
it may possess ‘much larger potential ’5.
More recent and focused studies in North America,
Europe, Australia and elsewhere have shown that in
many regions there is centuries’ worth of CO2 geological
storage potential in saline formations and oil and
gas reservoirs. The proximity of CO2 sources and
suitable geological storage sites will vary according
to a number of factors. Many regions and sources will
have a variety of convenient storage options, whilst
others may need to invest in more significant transport
systems. In certain regions, limited storage options
may restrict the potential for CCS deployment’.
The selection and characterisation of individual
storage sites is one of the most expensive and timeconsuming components in the early stages of a
CCS project. The potential need for long lead-time
data acquisition like seismic and exploration wells
can add years to a development plan, which is why
it must be considered early. For more information
regarding the storage maturation timeline and the
urgency to progress, see Section 10.0. Storage is
also one of the most closely scrutinised aspects of
CCS by the public, and experience has shown that
early stakeholder management will be important.

Figure 7.4: The Sleipner CCS Project
in Norway, which started in 1996, has
captured over 17 Mt of CO2 and stored it
safely underground (Photograph Kjetil
Alsvik/Equinor©)

CO2 capture and storage technology is already being
deployed around the world. This is well timed for the H21
NoE aspirations and in Norway a ‘new phase’ of CCS is
underway with plans to develop and build a CCS
infrastructure with European potential. The Norwegian
plan is now progressing into the last study phase (Front
End Engineering Design) before final investment
decision, is to have a CO2 storage sink. This is so large it
also can accommodate CO2 from sources of emissions in
other European countries as well as from the initially
planned Norwegian industrial capture projects. The
project aims to be in operation by 2023. Equinor is
contracted for the CO2 Transportation and CO2 Storage
scope of the project, with Shell and Total as partners for
the Storage part of the value chain. Figure 7.5 shows the
Norwegian plan (image from Gassnova).

6	  GCCSI, 2018: www.globalccsinstitute.com/projects/large-scale-ccs-projects
5	  IPCC, 2005 Special Report on Carbon Dioxide Capture and Storage: Summary for Policymakers

7	  See more info on Sleipner and Snøhvit experiences in www.equinor.com/en/what-we-do/new-energy-solutions.html
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The selection and characterisation of individual
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can add years to a development plan, which is why
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deployed around the world. This is well timed for the H21
NoE aspirations and in Norway a ‘new phase’ of CCS is
underway with plans to develop and build a CCS
infrastructure with European potential. The Norwegian
plan is now progressing into the last study phase (Front
End Engineering Design) before final investment
decision, is to have a CO2 storage sink. This is so large it
also can accommodate CO2 from sources of emissions in
other European countries as well as from the initially
planned Norwegian industrial capture projects. The
project aims to be in operation by 2023. Equinor is
contracted for the CO2 Transportation and CO2 Storage
scope of the project, with Shell and Total as partners for
the Storage part of the value chain. Figure 7.5 shows the
Norwegian plan (image from Gassnova).

6	  GCCSI, 2018: www.globalccsinstitute.com/projects/large-scale-ccs-projects
5	  IPCC, 2005 Special Report on Carbon Dioxide Capture and Storage: Summary for Policymakers

7	  See more info on Sleipner and Snøhvit experiences in www.equinor.com/en/what-we-do/new-energy-solutions.html

H21 North of England

SECTION 07

344

H21 North of England

SECTION 07

345

Figure 7.5: Norwegian CCS aspirations (Gassnova)
In terms of overall project maturity, onshore CO2
capture linked with offshore CO2 storage can be
considered as mature technology at the 1 Mtpa scale,
but currently not implemented at the 10+ Mtpa scale.
These larger-scale projects would be ‘first-of-a-kind’
projects at that scale. However, they are considered
to be within industrial experience and references
when it comes to actual reservoir injection. There
are several natural gas injection projects currently
injecting gas volumes equivalent to a 10+ Mtpa
CCS project. Managing large-scale projects that
combines known and references technologies in
new value chains is part of normal practise for an
oil and gas company and the industry in general.

Equinor operates two offshore injection sites where
CO2 is separated from natural gas and injected into
saline reservoirs. The Sleipner CCS project started in
1996 and Snøhvit started injecting in 2008. Today more
than 22 million tonnes of CO2 have been captured and
stored safely. Both sites have provided very valuable
experience in operating full-chain CO2 capture and
storage projects. This experience continues to be highly
relevant for planning future projects, including detailed
knowledge of CO2 injection well design, reliability
metrics and performance criteria. The Snøhvit case
also involves design and operation of a 150 km CO2
pipeline connected to two subsea CO2 injector wells.
A key part of this experience, important for stakeholder
engagement in these pioneering projects, has been
the use of geophysical (seismic) and downhole
(pressure/temperature) sensing. This provides
essential monitoring of the storage sites (Figure 7.6),
optimisation of the injection programmes and assurance
to the public of safe storage. These operational case
histories are widely reported in the public domain8,9,10,
although detailed operational experience remains
proprietary to the Operator and License partners.

8	  Furre, A. K., Eiken, O., Alnes, H., Vevatne, J. N., & Kiær, A. F. (2017). 20 years
of monitoring CO2-injection at Sleipner. Energy Procedia, 114, 3916-3926.
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Figure 7.6: Overview of CO2 storage site monitoring activities at the Sleipner and
Snøhvit CCS projects
In terms of operational reservoir injection
experience, Equinor injects both water and
natural gas to their hydrocarbon reservoirs on a
daily basis to ensure optimum production.
The annual rate of natural gas
injection in all Equinor-operated
oilfields on the NCS is around 35 Gsm3/
year. Converted to an equivalent mass
of CO2 this would be nearly 65 Mt per
year. The Oseberg field has the largest
offshore gas-injection in Equinor,
injecting a gas volume equivalent to
a CO2 mass of nearly 18 Mt a year.
An overview of CO2 and gas injection rates
in Equinor is given in Table 7.2.
Combining Equinor’s 40 years of offshore
oil and gas operational experience,
technologies and solution with more than
20 years of experience from injecting
and storing CO2 forms the basis for safe
and long-term CO2 storage for H21 NoE.
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Figure 7.5: Norwegian CCS aspirations (Gassnova)
In terms of overall project maturity, onshore CO2
capture linked with offshore CO2 storage can be
considered as mature technology at the 1 Mtpa scale,
but currently not implemented at the 10+ Mtpa scale.
These larger-scale projects would be ‘first-of-a-kind’
projects at that scale. However, they are considered
to be within industrial experience and references
when it comes to actual reservoir injection. There
are several natural gas injection projects currently
injecting gas volumes equivalent to a 10+ Mtpa
CCS project. Managing large-scale projects that
combines known and references technologies in
new value chains is part of normal practise for an
oil and gas company and the industry in general.

Equinor operates two offshore injection sites where
CO2 is separated from natural gas and injected into
saline reservoirs. The Sleipner CCS project started in
1996 and Snøhvit started injecting in 2008. Today more
than 22 million tonnes of CO2 have been captured and
stored safely. Both sites have provided very valuable
experience in operating full-chain CO2 capture and
storage projects. This experience continues to be highly
relevant for planning future projects, including detailed
knowledge of CO2 injection well design, reliability
metrics and performance criteria. The Snøhvit case
also involves design and operation of a 150 km CO2
pipeline connected to two subsea CO2 injector wells.
A key part of this experience, important for stakeholder
engagement in these pioneering projects, has been
the use of geophysical (seismic) and downhole
(pressure/temperature) sensing. This provides
essential monitoring of the storage sites (Figure 7.6),
optimisation of the injection programmes and assurance
to the public of safe storage. These operational case
histories are widely reported in the public domain8,9,10,
although detailed operational experience remains
proprietary to the Operator and License partners.

8	  Furre, A. K., Eiken, O., Alnes, H., Vevatne, J. N., & Kiær, A. F. (2017). 20 years
of monitoring CO2-injection at Sleipner. Energy Procedia, 114, 3916-3926.
9	  Eiken, O., Ringrose, P., Hermanrud, C., Nazarian, B., Torp, T. A., & Høier, L. (2011). Lessons learned
from 14 years of CCS operations: Sleipner, In Salah and Snøhvit. Energy Procedia, 4, 5541-5548.
10	  Hansen, O., Gilding, D., Nazarian, B., Osdal, B., Ringrose, P., Kristoffersen, J. B., ... & Hansen, H. (2013).
Snøhvit: The history of injecting and storing 1 Mt CO2 in the fluvial Tubåen Fm. Energy Procedia, 37, 3565-3573.

Figure 7.6: Overview of CO2 storage site monitoring activities at the Sleipner and
Snøhvit CCS projects
In terms of operational reservoir injection
experience, Equinor injects both water and
natural gas to their hydrocarbon reservoirs on a
daily basis to ensure optimum production.
The annual rate of natural gas
injection in all Equinor-operated
oilfields on the NCS is around 35 Gsm3/
year. Converted to an equivalent mass
of CO2 this would be nearly 65 Mt per
year. The Oseberg field has the largest
offshore gas-injection in Equinor,
injecting a gas volume equivalent to
a CO2 mass of nearly 18 Mt a year.
An overview of CO2 and gas injection rates
in Equinor is given in Table 7.2.
Combining Equinor’s 40 years of offshore
oil and gas operational experience,
technologies and solution with more than
20 years of experience from injecting
and storing CO2 forms the basis for safe
and long-term CO2 storage for H21 NoE.

H21 North of England

SECTION 07

346

H21 North of England

SECTION 07

347

7.2

CO2 capture at the
Hydrogen Production Facility
CO2
INJECTION
(Mtpa)

EQUIVALENT
CO2 MASS
(Mtpa)

GAS INJECTION
RATE (BILLION
SM3/YEAR)

ANNUAL RATE OF GAS INJECTION IN THE LARGEST
OFFSHORE GAS-INJECTION PROJECT (OSEBERG)

17.9

9.7

ANNUAL RATE OF GAS INJECTION IN ALL
EQUINOR-OPERATED OILFIELDS (NCS)

64.8

MAXIMUM HISTORICAL ANNUAL CO2 INJECTION
RATE IN A SINGLE WELL (SLEIPNER)

1.01

CUMULATIVE CO2 INJECTED OFFSHORE
NORWAY (BY END 2017)

22.19

Section 4.0 provided details of the hydrogen
production facility for the H21 NoE concept.
This was based on 9 times 1.35 GW Auto
Thermal Reformers (ATRs) modular
configuration as shown in Figure 7.7.
1,500 METRE
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t/d
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t/d
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t/d
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Table 7.2: Comparison in CO2 and gas injection rates in Equinor oil and gas field
operations on the Norwegian Continental Shelf (NCS). Gas injection figures are
converted to equivalent CO2 mass as an illustrative comparison (assuming standard
surface conditions).

CONSTRUCTION AND LAYDOWN AREA

~35

H2 HEADER

Figure 7.7: H21 NoE hydrogen production
Facility
The CO2 is captured as a product of the hydrogen
production and will, after compression, enter a
common CO2 header for despatch to the CO2 export
facility. There it will be dried and pumped to 300 barg
and sent into the CO2 export pipeline. Section 3.0
set out the technical options for capturing carbon
dioxide as part of the Auto Thermal Reforming (ATR)
hydrogen production process for a 1.35 GW plant.
For completeness within this section the preferred
option identified in section 3.0 is summarised below.

OFFSITE AND
UTILITIES INCL.d
SUBSTATION FOR
400 kV IMPORT

H2 COMPRESSOR
STATION

HYDROGEN FIRED
700 MW CCGT

CO2 EXPORT
TERMINAL
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7.2.1 H21 NoE hydrogen production and CO2 capture
ATRs can achieve exceptionally high (+94%) capture
rates with a high pressure CO2 capture which can
be incorporated into the plant design. Of the four
options identified in section 3.0 the preferred
conceptual solution is presented schematically
in Figure 7.8. This would need to be designed in
detail as part of the FEED study. All elements
are based on established technologies with
known referenced performance parameters.
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The high temperature in the ATR reactor is an advantage
as almost all the methane is converted to CO and
H2. This allows for a high CO2 capture rate as most
of the CO can be converted to CO2 in the water gas
shift section. The high temperature also allows for
operating the reformer at high pressure. This is an
advantage if hydrogen must be delivered at a high
pressure as is the case for the H21 NoE concept.
The technical details associated with the complete
9 times ATR hydrogen production facility are
summarised in Table 7.3 taken from section 4.0.
H21 NOE HYDROGEN FACILITY PERFORMANCE

Figure 7.8: ATR option 2: Oxygen fired ATR
with Gas Heated Reformer (GHR) and syngas
high pressure CO2 capture (ATR+GHR HP CC)
This is a traditional ATR based process where mainly
all heat is being recovered by generating steam. For the
design concept a Gas Heated Reformer (GHR) is installed
in parallel. This is a well-known concept that improves
overall energy efficiency and reduces total cost.
All CO2 can be generated at high pressure which makes
it more efficient to capture than if it is being released
at low pressure in a steam reformer fluegas. The ATR
is significantly more compact than a traditional SMR,
but a large oxygen plant will be needed. Single train
configuration up to 1.5 GW hydrogen will be possible.

Hydrogen production (MWHHV)

12,150

CO2 capture (%)

94.2

CO2 footprint (g/kWh)

14.4

CO2 avoided (%)

92.0

Efficiency (% HHV)

74.7

NG consumption (MWHHV)

16,200

H2 based power need (MW)

675

CO2 export (t/h)

2,827

H2 purity (%)

98.3

H2 export pressure (barg)

80

Oxygen production (t/d)

26,110

Desalinated water (m3/h)

1,434

Table 7.3: Hydrogen Production Facility
technical details
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7.3

CO2 transport, injection and
storage design parameters
To develop a CO2 transport and storage solution for
the H21 NoE project it was necessary to make some
key assumptions, namely total storage capacity
needed, injection rate, and also the anticipated
build-up rate, i.e. when the CO2 becomes available
from the hydrogen production facilities.

The main study option is pipeline transport
of captured CO2 fully integrated with the
H21 NoE hydrogen production facility
located at Easington with direct delivery
to the proposed storage sites offshore.

There are large seasonal swings in the CO2 delivery
profile (due to the seasonal demand for heat) as
shown in Section 2.0, 4.0 and 6.0, see Table 7.4.
Based on the monthly load factors (see section
2.4), it was possible to estimate the month-bymonth CO2 injection on an hourly basis.
MONTH

UNIT

JAN

FEB

MAR

APR

MAY

JUN

JUL

AUG

SEP

OCT

NOV

DEC

Month demand

Twh

9.79

9.79

8.92

6.44

4.65

3.53

2.91

3.1

3.72

5.45

7.68

8.61

Required
output

GW

13,16

14,57

11,99

8,95

6,25

4,91

3,91

4,16

5,16

7,33

10,67

11,58

Load factors

%

155%

171%

141%

105%

73%

58%

46%

49%

61%

86%

125%

136%

Units in
operation

Num #

9

9

8

7

5

4

4

4

4,9

6

7

8

H2 plant
production

GW

12,2

12,2

10,8

9,5

6,8

5,4

5,4

5,4

6,6

8,1

9,5

10,8

Interseasonal
storage
withdrawal

GW

1,0

2,4

1,2

-0,5

-0,5

-0,5

-1,5

-1,2

-1,4

-0,8

1,2

0,8

Storage
monthly
withdrawal/
injection

TWh

751,4

1612,2

885,4

-360,0

-372,0

-352,0

-1108,6

-922,6

-1033,0

-572,9

878,4

580,3

Hourly CO2
storage
transport and
injection
rate

t/hr

2827,0

2827,0

2512,9

2198,8

1570,6

1256,4

1256,4

1256,4

1534,4

1884,7

2198,9

2512,9

Table 7.4: Monthly load factors, estimated
production capacity and month hourly CO2
transport and injection rate

As seen from the table, the transport and injection
system must be able to accommodate rates ranging
between 1,300 t/hr and 2,800 t/hr once the H21
NoE conversion is completed (2035). The maximum
CO2 T&S requirement coincides with the hydrogen
production facility operating at maximum capacity
(12.15 GW) which occurs in January and February.
Therefore, the design rates for the CO2 T&S
infrastructure is the CO2 export design
rate of 2,827 tonnes per hour (t/h).

As seen from Table 7.3 the amount of CO2 captured
is 2,827 t/h when producing 12.15 GWh(HHV). This
is equal to a specific capture rate (tonnes/GW) of
2,827 t/h/12.15 GWh(HHV) = 232.67 tonnes/GWh(HHV).
Based on average year (74.45 TWh of hydrogen
supplied to H21 NoE) 17.32 million tonnes of CO2 will
be captured, transported and stored (74,450 GWh x
232.67 tonnes = 17,320,048 tonnes or 17.3 Mtpa).
Based on the demand for the period 2013 to 2016 and
the peak year demand it is possible to estimate the
amount of CO2 to be stored for the different years.

YEAR

2013

2014

2015

2016

2013-2016
AVERAGE

PEAK DEMAND

Average year hourly
demand (MW)

9,019

8,127

8,288

8,537

8,493

9,736

Average year demand (TWh)

79.01

71.19

72.62

74.99

74.45

85.12

CCS requirements (Mtpa)

18.4

16.6

16.9

17.4

17.3

19.8

Table 7.5: Annual CCS requirements and corresponding heat demand
To estimate the required CO2 storage capacity a CO2
capture profile was developed using the monthly load
factor and the H21 NoE commissioning schedule
described in section 6. The CO2 capture profile was used
as a basis for the transport and storage studies and
shown in Figure 7.9. Starting in 2028 there is a 7 year
build-up during 2028-35 towards an annual average of
17.3 Mtpa with a peak year close to 20 Mtpa, and an
accumulated volume of stored CO2 during 2028-2060
of 516 Mt. It should be noted, however, that there are
storage solutions that can be technically matured and
be ready for first injection earlier than this delivery
profile indicates, should this be deemed necessary.
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NoE conversion is completed (2035). The maximum
CO2 T&S requirement coincides with the hydrogen
production facility operating at maximum capacity
(12.15 GW) which occurs in January and February.
Therefore, the design rates for the CO2 T&S
infrastructure is the CO2 export design
rate of 2,827 tonnes per hour (t/h).
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is 2,827 t/h when producing 12.15 GWh(HHV). This
is equal to a specific capture rate (tonnes/GW) of
2,827 t/h/12.15 GWh(HHV) = 232.67 tonnes/GWh(HHV).
Based on average year (74.45 TWh of hydrogen
supplied to H21 NoE) 17.32 million tonnes of CO2 will
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To estimate the required CO2 storage capacity a CO2
capture profile was developed using the monthly load
factor and the H21 NoE commissioning schedule
described in section 6. The CO2 capture profile was used
as a basis for the transport and storage studies and
shown in Figure 7.9. Starting in 2028 there is a 7 year
build-up during 2028-35 towards an annual average of
17.3 Mtpa with a peak year close to 20 Mtpa, and an
accumulated volume of stored CO2 during 2028-2060
of 516 Mt. It should be noted, however, that there are
storage solutions that can be technically matured and
be ready for first injection earlier than this delivery
profile indicates, should this be deemed necessary.
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This section outlines the CO2 Transportation
& Storage (T&S) concept proposed for the
NoE project. The technical details have
been developed by Equinor utilising some
of the world’s leading professionals.

Additional support for the UK storage options was
given by Pale Blue Dot Energy and Axis Well Technology.
Both companies are experts with extensive knowledge
and experience of CCS in the UK (including their work
in the Strategic UK CO2 Storage Appraisal Project11).
An appraisal of the UKCS and NCS has been undertaken
to ascertain the credibility of both respective
continental shelves in the context of CO2 storage
based on the 516 million tonnes storage capacity. The
two CO2 T&S concepts are illustrated in Figure 7.10.

0

Figure 7.9: H21 NoE CO2 capture profile used for CO2 T&S studies

The H21 NoE concept could be the key justification
of large-scale CO2 Transport & Storage (T&S)
infrastructure in the UK. This would not only benefit
decarbonisation of gas but CO2 from other CCUS/CO2
chains and sources around the North Sea (for example
Teesside) could also benefit and be fed into the same
PARAMETER

T&S system. Ensuring the CCS T&S infrastructure is
sufficiently designed for wider strategic UK benefits
would be considered part of a subsequent FEED study,
see Section 10.0 (Next Steps). Table 7.6 summarises
the key CO2 transport, injection and storage design
parameters used in the technical analysis.

UNIT

H2 plant Location
(close to shore)

UK-UKCS CASE/NCS CASE
Humber area/Easington

CO2 capture
(max CO2 transport and injection rate)

t/hr

2,827

CO2 delivery pressure

barg

300

CO2 storage capacity required

Mt

516

Table 7.6: Summary of CO2 design parameters

Figure 7.10: CO2 T&S evaluation concepts

Two main areas for offshore North Sea geological CO2
storage were identified to demonstrate a ‘proof of
concept’ solution for the initial phase of the project:
→→ South east part of the UK Continental Shelf (UKCSSNS), 120-160 km off the coast from the onshore UK
H2 plant, primarily in the Bunter sandstone aquifer
→→ The northern part of the North Sea at the
Norwegian Continental Shelf (NCS), in the
Southern Troll area, 850 km north east of
the UK coast from the same UK H2 plant

11	 www.eti.co.uk/programmes/carbon-capture-storage/uk-storage-appraisal-project
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This section outlines the CO2 Transportation
& Storage (T&S) concept proposed for the
NoE project. The technical details have
been developed by Equinor utilising some
of the world’s leading professionals.

Additional support for the UK storage options was
given by Pale Blue Dot Energy and Axis Well Technology.
Both companies are experts with extensive knowledge
and experience of CCS in the UK (including their work
in the Strategic UK CO2 Storage Appraisal Project11).
An appraisal of the UKCS and NCS has been undertaken
to ascertain the credibility of both respective
continental shelves in the context of CO2 storage
based on the 516 million tonnes storage capacity. The
two CO2 T&S concepts are illustrated in Figure 7.10.
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Figure 7.9: H21 NoE CO2 capture profile used for CO2 T&S studies
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7.4.1 UK continental shelf
UKCS CO2 storage potential
The UKCS has one of the largest potentials for CO2
storage in Europe. More than 500 potential CO2 storage
sites have previously been mapped across the offshore
UK sector. Information about these storage sites can be
found in the CO2 Stored database12 which was originally
developed as part of the UK Storage Appraisal Project
(UK SAP)13, commissioned and funded by the ETI in 2009.
The majority of the storage units are in three major
regions; the Central and Northern North Sea (C-NNS), the
Southern North Sea (SNS) and in the East Irish Sea (EIS).

The UK SAP estimated that the UK has a total theoretical
storage capacity of 78 Gt (78 thousand million tonnes)
where most of this capacity resides in saline aquifers,
see Figure 7.11. The location of the mapped UK storage
structures and 50 largest point source CO2 emitters
is shown in Figure 7.12. It can clearly be seen that
the SNS is a natural place to start the first UK CCS
infrastructure projects due to the potential storage
structures’ proximity to shore and large emission
sources in the UK. The SNS and Humber region has
a large potential to also serve as a storage hub for
other European projects with a strategic position
close to both the Netherlands and Germany.

Figure 7.12: Location of UK storage units
and largest 50 point source CO2 emitters14
Figure 7.11: UK regional breakdown of storage potential (CO2 stored)

The UK has previously completed three FEED studies
for offshore CO2 storage as part of four larger, full-chain
CCS-projects (Kingsnorth, Longannet, White Rose and
Peterhead). Information from these projects are already,
or will soon be, available in the public domain15. The
storage studies were for storage sites called Hewett,
Goldeneye and Endurance, and complement the
CO2 Stored database with additional analysis of the
potential performance of these CO2 storage sites. The
Hewett and Endurance sites are both located in the
UK SNS, and the work performed on these sites will
complement the initial studies in this H21 NoE project.

12	 www.co2stored.co.uk/home/index

14	  Bentham et al./Energy Procedia 63 (CO2Stored)

13	 www.eti.co.uk/programmes/carbon-capture-storage/uk-storage-appraisal-project

15	  15 https://www.gov.uk/government/collections/carbon-capture-and-storage-knowledge-sharing
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Screening of options – UK SNS
For this study, with a preferred option of hydrogen
production in the Humber area, it was decided to
concentrate on potential UK storage sites in the
Southern North Sea (SNS). An area with a pre-existing
hydrocarbon industry and therefore a necessary
database for mapping. According to the CO2 Stored
database, the UK SNS has a theoretical storage
potential of 15 Gt in saline aquifers and gas fields.
Several UK studies have looked at the SNS for
CO2 storage with varying degrees of technical
maturity. This includes the two afore-mentioned
major Bunter Sandstone storage sites that have

356

been evaluated to FEED level during the UK CCS
Commercialisation Programme (Hewett depleted
gas field and Endurance saline aquifer). Neither
of these sites studied CO2 injection rates of more
than 2 Mtpa. Therefore more work will be needed to
verify their injection potential for larger volumes.
The key reservoir formations of the SNS are shown
in Figure 7.13, with regions of gas fields and saline
aquifers highlighted. The main reservoir formations
of interest for CO2 storage in this study are the
Bunter and Leman sandstones. This is because
these formations are near to the coast and have
extensive available evaluation information.
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The SNS was screened for suitable CO2 storage sites
that could potentially meet the required storage profile
indicated by Figure 7.9 and could be taken forward
for scoping work. Based on existing knowledge from
previous work, it was anticipated that the required
peak CO2 injection rate of 2,800 t/hr could not be
handled by a single geological structure, and that at
least two separate structures would be needed. Two
groups of storage sites were selected for the study:
→→ Group 1 in the northern part of the
basin: Bunter Closure 36 and 40
→→ Group 2 in the southern part of the basin: Bunter
Closure 3 and Viking A (depleted gas field)
A map showing the location of the studied
storage sites is shown in Figure 7.14.
It was expected that these site groups could
be co-developed with the potential for shared
infrastructure providing a reasonable portfolio
in terms of geography, site type and risk.
Many other potentially excellent sites exist in the
SNS. However, the selected sites represent stores
that could be matured in the time frame available
for this early scoping project to serve as a proof of
concept for the storage requirements. Additional
technical work is recommended to further de-risk the
selected sites and other SNS stores going forward.
This should be undertaken as part of a subsequent
FEED study, see section 10.0 (Next Steps).
The main objective of the study was to identify and
quantify key qualities and uncertainties of these
selected sites, especially related to injectivity
properties and technical storage capacity.

Figure 7.13: Southern North Sea ‘Fairway
Map’, with UK sites studied in this
project (PBD, 2017)
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Selected UK SNS storage sites
Bunter Closure 3 (BC3), Bunter Closure 36 (BC36) and
Bunter Closure 40 (BC40) are all structural closures
within the Lower Triassic Bunter Sandstone Formation
of the Bacton Group. Initially, it was decided to review
the Viking A gas field for potential co-development
with the nearby BC3. The reservoir of the Viking A site
is Permian Leman sandstone which lies deeper than
the Triassic Bunter Sandstone. Being a depleted gas
field, it represents a different type of storage site than
the Bunter saline aquifer structures. In general, the
largest CO2 storage capacity in the North Sea resides
within saline aquifers but large potential can also be
found in depleted oil and/or gas fields. It was therefore
decided to include a depleted field case in the study to
clarify some of the uncertainties and risks that could
be looked further into during a later project stage.
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The main storage site parameters for the studied Bunter formation structures are given in Table 7.7.
The study showed that a combined development of
BC36, BC40 and BC3 could meet the requirements set
out in this screening project. The Viking A field could also
provide useful storage resources in the future but at a
higher development cost than the Bunter structures.
Viking A is a depleted gas field and as injection would
be into a low pressure reservoir, heating would likely
be required to avoid any phase changes in the wells.
The BC36 and BC40 sites are located 50 km apart
in the Silver Pit Basin (Quads 43 and 44 of the UK
sector of the SNS), 100-150 km off the Yorkshire
coast (see Figure 7.13 above). The BC3 site is situated
55 km south of BC36, approximately 85 km north
east of the Norfolk coast, and sits predominantly in
Block 49/17. Figure 7.14 shows the location of these
structures relative to nearby gas producing fields
with Carboniferous, Permian and Bunter reservoirs.

PARAMETER

BC36

BC40

BC3

COMMENTS

Model

BC36+BC40
Fairway model

BC36+BC40
Fairway model

BC3 Site model

Reference to
reservoir model
dataset used

Net pore volume
(million m3)

2,613

1,412

1,988

Total reservoir
pore space
within the
structural trap

Average porosity
(fraction)

0.22

0.22

0.17

Pore space
fraction in the
reservoir rock

Average net to
gross (fraction)

0.82

0.66

0.67

Fraction of
sandstone in
the reservoir
interval

Average
permeability (mD)

172

173

60

Flow property of
the reservoir
rock enabling
CO2 movement
(in milliDarcy units)

Height of crest
above closure (m)

594

229

425

Height of dome
structure (trap)

Depth to
crest (m)

1,173

1,539

1,080

Depth to top of
dome structure
(shallowest
point)

Maximum migration
depth (m)

1,768

1,768

1,506

Deepest point
of injected CO2

Factor
controlling
maximum pressure

Fracture
pressure limit

Safe containment

Safe containment

Factor that
defines technical
storage resource

Technical storage
resource (Mt)

328

250

140

‘Practical’ CO2
storage capacity
(based on
injection period
and rates)

CO2 density (t/m3)

0.78

0.78

0.78

Density of CO2
at reservoir
conditions

Storage
efficiency (%)

16

23

9

Percentage of
pore volume
filled with CO2

Figure 7.14: BC3, BC36 and BC40 location
relative to nearby gas fields (PBD, 2017)

Table 7.7: Overview of Bunter storage site parameters
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BC36 has been studied in detail as part of the
Strategic UK CCS Appraisal study carried out in 2015.
For this study, the dynamic model was downloaded
from the ETI website and used to validate the 2015
results and run additional forecast sensitivities.
Details of the 2015 model build can be found
in D10 Bunter Storage Development Plan16.
As part of the 2015 UK SAP study an uncertainty
assessment was performed from which there were
significant learnings. BC36 is a structural dome within
the Bunter aquifer system. Being a relatively tall and
high-curvature structure, the pressure build-up is
fast during the injection period. Consequently, the
injection is stopped early before the fracture pressure
is reached in the site. Any development assumptions
or subsurface uncertainties that impact the rate of
pressure build up will therefore impact the inventory
that can be injected into the site. Development
decisions regarding well placement and injection rate
require careful consideration and optimisation.
It is clear from the modelling
results that higher injection rates
lead to a more rapid pressure build
up and a reduced injected inventory.
This important trade-off between CO2
injection rate and ultimate CO2 storage
capacities is something that must be
taken into careful consideration when
commissioning the CO2 T&S solution.
Simulation results showed that a yearly injection
rate of 6 Mtpa could give a storage capacity of
433 Mt CO2 in BC36 (72 years of injection). If the
average yearly injection rate was increased to 10
Mtpa, the fracture pressure would be reached a
lot sooner (after 37 years) resulting in a reduced
storage capacity, in this case 328 Mt.

16	  PBDE and Axis WT b, 2016
17	  UK SAP project
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BC40 is a lower curvature structure than BC36 which
will allow the pressure to dissipate faster than in
BC36. This leads to a maximum injection control to be
a function of safe containment rather than reaching
the overburden fracture pressure, as is the case for
BC36. Selecting the appropriate injection strategy
with regards to the number and placement of wells as
well as injection rates will have a large impact on the
storage capacity of BC40 (and similar structures).
The technical storage resource
according to this study, with a yearly
injection of 12 Mtpa, is circa 250 Mt.
Injecting more CO2 or at higher rates will lead to a risk of
CO2 migrating laterally out of the structure. Conversely,
if the injection rate is lower one could potentially
store as much as 900 Mt CO2 in the same structure.
It should be noted that the storage capacity numbers
above stem from simulation runs on individual
geological simulation models built for the Bunter
Closure 36 (existing model17) and Bunter Closure 40
storage sites (new model created for H21 NoE project).
In addition, it was also decided to make a new and
larger reservoir model covering both structures as
pressure interference between neighbouring injection
sites is expected to impact the injection performance
of the individual sites. The larger model, called the
Bunter Fairway Model (Figure 7.15), was used to
assess the combined development of the sites with
simultaneous injection into each site. The colour scale
in the figure is related to depth below mean sea level.

Figure 7.15: Fairway model area (top
Bunter sandstone depth map)
As with the northern sites, BC36 and BC40, geological
models were also used to assess the BC3 site
performance. No simulation models are publicly
available over the BC3 site, therefore, a new model
was built specifically for the H21 NoE project.
The BC3 site consists of two structural highs that
can be used to store CO2, BC3 North and BC3 South.
These structural highs have very different geometries
which proved to significantly impact the modelled
injection performance at each location. The highest
risk of CO2 migrating beyond the model boundary and
out of the structure is in the north and north west
boundaries of BC3 North. Further work is needed to
fully understand the risk and uncertainties associated
with the structural definition and the amount of CO2
that can be safely stored within the structure. This
would need to be undertaken as part of a subsequent
FEED study, see Section 10.0 (Next Steps).
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Other activities in the SNS area
UK SNS is an area with high activities within offshore
wind, existing oil and gas and licensing of new acreages
for exploration. This is critical to consider when maturing
the CO2 storage sites in the UK SNS as this can require
time and resources for negotiating agreements for CCS
activities both during commissioning and operation.

Offshore wind
A map of Crown Estate Agreements and
Licenses is shown in Figure 7.17.

Figure 7.16: BC3 and Viking A Site Area
Numerous well locations were assessed to maximise
the CO2 injection into the BC3 site. A four-well
development from a single drill site was assumed
for most of this testing. A case was also run to try to
maximise the storage area, with four wells drilled
from four separate drill sites. The modelling showed
that the maximum field injection rate is less than
7 Mtpa and that 140 Mt is considered the maximum
amount that could safely be contained within the
BC3 structure with the assumed injection rates.

Overall, the results were very promising and showed
that the three Bunter sites are potentially able
to accommodate the full seasonal CO2 inventory.
The simulations also revealed that both BC36 and
BC40 performed better than expected from the
scoping values given in the CO2 Stored database. In
the injection scenario described in Figure 7.29.
The accumulated injected mass of CO2 is 229 Mt for
BC36, 248 Mt for BC40, and 139 Mt for BC3, summing up
to a total amount of 616 Mt over the 32 year period, is
100 Mt more than the 516 Mt CCS design requirements.
Figure 7.17: Crown Estate Agreements and
Licenses (adapted from OGA) – green areas
are the potential windfarm locations

There are no planned windfarm developments near
any of the sites studied in this scope of work as
seen on the map in Figure 7.17. Fishing and shipping
activities should be fully considered with future
development planning. A protection philosophy would
be produced for any future CO2 storage development to
identify and minimise any risks (e.g. dropped anchors
on CO2 infrastructure). This type of risk mitigation
activity is already in place for natural gas subsea
pipelines. It is understood that the Endurance CO2
Storage Lease area and license are still active.
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Other activities in the SNS area
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Offshore wind
A map of Crown Estate Agreements and
Licenses is shown in Figure 7.17.

Figure 7.16: BC3 and Viking A Site Area
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to accommodate the full seasonal CO2 inventory.
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BC40 performed better than expected from the
scoping values given in the CO2 Stored database. In
the injection scenario described in Figure 7.29.
The accumulated injected mass of CO2 is 229 Mt for
BC36, 248 Mt for BC40, and 139 Mt for BC3, summing up
to a total amount of 616 Mt over the 32 year period, is
100 Mt more than the 516 Mt CCS design requirements.
Figure 7.17: Crown Estate Agreements and
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are the potential windfarm locations

There are no planned windfarm developments near
any of the sites studied in this scope of work as
seen on the map in Figure 7.17. Fishing and shipping
activities should be fully considered with future
development planning. A protection philosophy would
be produced for any future CO2 storage development to
identify and minimise any risks (e.g. dropped anchors
on CO2 infrastructure). This type of risk mitigation
activity is already in place for natural gas subsea
pipelines. It is understood that the Endurance CO2
Storage Lease area and license are still active.
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Oil and Gas activities

UKCS, the next steps

SNS Oil and Gas activities are shown in Figure 7.18, with yellow indicating existing licenses and
pink indicating the 30th Licensing Round blocks on offer (Oil and Gas Authority, 2017).

An H21 NoE development project of BC3, BC36 and
BC40 is the most encouraging scenario considered
so far. This combination of sites together with an
additional Bunter structure offers a good possibility
of being able to service the full seasonal profile,
although this would be challenging if a restricted
aquifer or low permeability case was encountered.

Risk and uncertainty management
The work completed in this Storage identification
phase has illuminated some of the key uncertainties
regarding both subsurface characterisation and
development design options. Further work will
be required with a more complete definition and
optimisation of the selected sites. This would
form part of the Storage site planning (evaluation)
phase should the project be developed further.
Some key focus areas for a future phase will be:
→→ Reservoir quality: There are key aspects of reservoir
quality characterisation which could be further
refined with more detailed analysis, including a
review of all local well information. This includes
refining aspects such as permeability magnitude,
porosity mapping and porosity – permeability
relationships, layering and overall vertical
permeability. In addition revisiting the issues of
relative permeability and the data from the new
Endurance data set. The variation of Halite cement
may be informed by more quantitative seismic
analysis using attributes or acoustic impedance.

Figure 7.18: SNS Oil and Gas activities (Oil and Gas Authority, 2017)
Bunter Closure 36 sits above the deeper Carboniferous
Schooner Gas Field, which is currently producing and
operated by Faroe Petroleum. The Schooner field is
expected to cease production in 2021. Viking A was
operated by ConocoPhillips and ceased production
in 1991. However, the broader Viking area is still
producing with cessation expected to occur in the early
2020s. The Viking field sits under Bunter Closure 3.
Engagement with the current operators is recommended
to fully understand the cessation of production timeline
and ensure that abandonment of the current production
well stock is done with future CO2 storage in mind.
Progression of CO2 storage leasing and licensing can
be made whilst petroleum licensing is still in place if
the support of the petroleum licensee is obtained.

Allowing some time for commercial negotiations
in the project time plan is recommended.
Note: In May 2018 the blocks covering BC40
were offered to Actis Oil and Gas Ltd.
The Bunter sandstone represents a vast CO2 storage
resource accessible from the east coast of England.
It is likely to be a storage target for several projects in
the future. The Endurance (5/42) site has been studied
extensively during the UK’s CCS Commercialisation
Programme and has received an Agreement for Lease18
from The Crown Estate (highlighted in Figure 7.17).
Due to the likely connectivity of the Bunter sandstone
aquifer, further modelling work should be carried
out to understand the impact that the Endurance
development could have on this project, and vice-versa.

18	 www.thecrownestate.co.uk/energy-minerals-and-infrastructure/carbon-capture-and-storage/
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→→ Detailed depth conversion is important across
these steeply dipping structures with their
overburden intervals. This will materially
impact issues such as spill point depth and
location which are critical to maintaining
containment under any injection scenario.
→→ The hydraulic characteristics of the connected
aquifer and the potential for interference between
adjacent injection sites must be considered in
much more detail, especially in the Northern
sites near to the Endurance storage site. There
may be options to optimise the timing of pressure
management facilities subject to the injection start
date relative to other sites. In effect, the first mover
in the area could gain a ‘hydraulic advantage’.
→→ Engineering challenges: Combining a Bunter
development with a deeper development
of a highly depleted Leman sandstone site,
such as Viking A presents significantly more
engineering challenges and may require a
platform approach for such a development.
If the H21 NoE sites are to be further evaluated
there may be a case for an early focused well
appraisal to clarify some of the key issues
that impact both BC3, BC36 and BC40. Design
of a full site appraisal programme would be
part of the next phase of this project.
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Schooner Gas Field, which is currently producing and
operated by Faroe Petroleum. The Schooner field is
expected to cease production in 2021. Viking A was
operated by ConocoPhillips and ceased production
in 1991. However, the broader Viking area is still
producing with cessation expected to occur in the early
2020s. The Viking field sits under Bunter Closure 3.
Engagement with the current operators is recommended
to fully understand the cessation of production timeline
and ensure that abandonment of the current production
well stock is done with future CO2 storage in mind.
Progression of CO2 storage leasing and licensing can
be made whilst petroleum licensing is still in place if
the support of the petroleum licensee is obtained.

Allowing some time for commercial negotiations
in the project time plan is recommended.
Note: In May 2018 the blocks covering BC40
were offered to Actis Oil and Gas Ltd.
The Bunter sandstone represents a vast CO2 storage
resource accessible from the east coast of England.
It is likely to be a storage target for several projects in
the future. The Endurance (5/42) site has been studied
extensively during the UK’s CCS Commercialisation
Programme and has received an Agreement for Lease18
from The Crown Estate (highlighted in Figure 7.17).
Due to the likely connectivity of the Bunter sandstone
aquifer, further modelling work should be carried
out to understand the impact that the Endurance
development could have on this project, and vice-versa.
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sites near to the Endurance storage site. There
may be options to optimise the timing of pressure
management facilities subject to the injection start
date relative to other sites. In effect, the first mover
in the area could gain a ‘hydraulic advantage’.
→→ Engineering challenges: Combining a Bunter
development with a deeper development
of a highly depleted Leman sandstone site,
such as Viking A presents significantly more
engineering challenges and may require a
platform approach for such a development.
If the H21 NoE sites are to be further evaluated
there may be a case for an early focused well
appraisal to clarify some of the key issues
that impact both BC3, BC36 and BC40. Design
of a full site appraisal programme would be
part of the next phase of this project.
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Screening of Options – Northern North Sea

NCS CO2 storage potential
The UK and Norway have a long history of collaboration
related to oil and gas activities in the North Sea. A wider
international deployment of CCS would position the
North Sea as an attractive area for CO2 storage. The UK
and Norway would benefit from continued collaboration
and the H21 NoE could be the first step in this direction.

SECTION 07

Together with the UK, the offshore Norway sector
has the largest potential for offshore CO2 storage in
Europe. The Norwegian Petroleum Directorate (NPD)
has mapped CO2 storage sites offshore of Norway.
They have made this information publicly available19.
In the Norwegian sector of the North Sea the NPD
has estimated a theoretical CO2 storage capacity of
67 Gt, with additional large storage capacities in the
Norwegian Sea and the Barents Sea, see Figure 7.19.

As the North Sea is a prolific petroleum basin,
there is a large degree of overlap between areas
with CO2 storage potential and areas being used for
hydrocarbon production and exploration Figure 7.20.
This potential conflict of interest can be regarded

as dynamic with different interests potentially
competing for the same acreage. Other industries,
like fishing and offshore wind, also need to be
considered when screening for potential storage
sites. It should be noted that these are considerations
that must be taken for all projects in the UK.

Norwegian shelf CO2 storage resources
Saline aquifers

Oil & Gas fields
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Figure 7.19: Regional breakdown of Norwegian CO2 storage potential (NPD)

Figure 7.20: A
rea of interest, with existing hydrocarbon licenses in grey
(NPD, March 2018)

Internal Equinor projects have mapped potential
areas for CO2 storage offshore of Norway, further
supporting the NPD conclusions of huge CO2 storage
potentials. In all these cases, practical factors such
as access to resources may constrain the actual
storage volume available, but the potential is clear.

19	  CO2 Storage Atlas Norwegian Continental Shelf (NPD, 2014)

Norway is currently developing a new full-scale CCS
project20 due to be in operation by 2022-23 according
to current plans. The project partners are now
doing conceptual studies with investment decision
planned for 2019. The present plan is to capture CO2
from industrial sites, transport the CO2 by ship to an
onshore terminal west of Bergen, and then send the
CO2 in an offshore pipeline to a storage location on
the Horda Platform near the giant Troll Field, (see
Figure 7.21). Equinor is developing the transport
and storage solution for the project with Shell and
Total as partners in the storage development.
20	 www.gassnova.no/en/full-scale
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Internal Equinor projects have mapped potential
areas for CO2 storage offshore of Norway, further
supporting the NPD conclusions of huge CO2 storage
potentials. In all these cases, practical factors such
as access to resources may constrain the actual
storage volume available, but the potential is clear.

19	  CO2 Storage Atlas Norwegian Continental Shelf (NPD, 2014)

Norway is currently developing a new full-scale CCS
project20 due to be in operation by 2022-23 according
to current plans. The project partners are now
doing conceptual studies with investment decision
planned for 2019. The present plan is to capture CO2
from industrial sites, transport the CO2 by ship to an
onshore terminal west of Bergen, and then send the
CO2 in an offshore pipeline to a storage location on
the Horda Platform near the giant Troll Field, (see
Figure 7.21). Equinor is developing the transport
and storage solution for the project with Shell and
Total as partners in the storage development.
20	 www.gassnova.no/en/full-scale
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Figure 7.21: The planned Norwegian full-scale CCS project
The Norwegian CCS project is planning to inject CO2
into sandstones belonging to the Viking Group. The
sandstones make up a huge aquifer which has been
named the Sognefjord Delta aquifer in the NPD CO2
Storage Atlas. The potential storage reservoir covers the
entire Horda Platform, an area of 4000 km2. According
to the NPD CO2 Storage Atlas the Sognefjord Delta
aquifer has a theoretical storage capacity of 18 Gt. In the
same area there are also additional, deeper, sandstone
reservoirs that can provide a large storage capacity
including the well-studied Johansen and Cook Formation
aquifers21. The Johansen and Cook Formations are also
being considered as a possible first injection target.

For this H21 NoE project the proposed storage solution
is to utilise the same sandstone formation as is being
targeted in the Norwegian full-scale CCS project.
Primarily the Viking Group sandstones of the Sognefjord
Delta aquifer. Many potential injection locations exist
and many geological structures can be utilised for
storage. Due to existing hydrocarbon production in
the Troll field, the present plan (proof of concept) is to
target first injection into Smeaheia, a separate fault
block east of the Troll East field, see Figure 7.22.

Figure 7.22: Map of the Southern Troll region east of the Troll East field (Goldsmith22)
Smeaheia South is in this study regarded to include the Gamma and Theta structures,
and the area immediately downdip of these.

Smeaheia South
The Horda Platform west of Bergen has many potential
sites that could be suitable for CO2 storage. For this
early-phase study it was decided to focus on the
Gamma structure Figure 7.22 on the Smeaheia fault
block, a structure 20 km south of the Alpha structure
that is currently one of the storage targets for the
Norwegian CCS project. For future reference, the
proposed initial storage area for H21 NoE will be called
Smeaheia South, whereas the area studied for the
Norwegian CCS project will be referred to as Smeaheia
North. The Gamma structure is located on block 32/4
and 32/7, 40 km west of the Norwegian coast.
The studied solution in this phase is to keep the
injection separate from the aforementioned Norwegian
CCS project without any sharing of infrastructure (like
pipelines or wells) or geological storage structures.

21	 www.sciencedirect.com/science/article/pii/S0264817216300216

However, it should be noted that information sharing
between the projects will be very relevant. Knowledge
gained from the Norwegian CCS project should be
utilised as much as possible. Sharing of infrastructure is
also something that should be looked into further in the
next phases of the H21 NoE project, i.e. the FEED study.
One important thing to notice is that the Gamma
structure is currently covered by a hydrocarbon
production licence, PL921, which was recently
awarded (February 2018). This further illustrates
the dynamic realities that must be considered in
project development, where timing and access to
acreage can be crucial. The PL921 license (Equinor
Energy AS, DNO Norge AS, Petoro AS) has committed
to drilling an exploration well in 2019. The demand
from the Norwegian Petroleum Directorate was
that this well should be compatible with future CO2
storage. This also means that important data for
storage site appraisal can become available.

22	  Exploration potential east of the Troll Field, offshore Norway, after dry well 32/4-1, P.J. Goldsmith, 2000
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Figure 7.21: The planned Norwegian full-scale CCS project
The Norwegian CCS project is planning to inject CO2
into sandstones belonging to the Viking Group. The
sandstones make up a huge aquifer which has been
named the Sognefjord Delta aquifer in the NPD CO2
Storage Atlas. The potential storage reservoir covers the
entire Horda Platform, an area of 4000 km2. According
to the NPD CO2 Storage Atlas the Sognefjord Delta
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same area there are also additional, deeper, sandstone
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including the well-studied Johansen and Cook Formation
aquifers21. The Johansen and Cook Formations are also
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targeted in the Norwegian full-scale CCS project.
Primarily the Viking Group sandstones of the Sognefjord
Delta aquifer. Many potential injection locations exist
and many geological structures can be utilised for
storage. Due to existing hydrocarbon production in
the Troll field, the present plan (proof of concept) is to
target first injection into Smeaheia, a separate fault
block east of the Troll East field, see Figure 7.22.

Figure 7.22: Map of the Southern Troll region east of the Troll East field (Goldsmith22)
Smeaheia South is in this study regarded to include the Gamma and Theta structures,
and the area immediately downdip of these.

Smeaheia South
The Horda Platform west of Bergen has many potential
sites that could be suitable for CO2 storage. For this
early-phase study it was decided to focus on the
Gamma structure Figure 7.22 on the Smeaheia fault
block, a structure 20 km south of the Alpha structure
that is currently one of the storage targets for the
Norwegian CCS project. For future reference, the
proposed initial storage area for H21 NoE will be called
Smeaheia South, whereas the area studied for the
Norwegian CCS project will be referred to as Smeaheia
North. The Gamma structure is located on block 32/4
and 32/7, 40 km west of the Norwegian coast.
The studied solution in this phase is to keep the
injection separate from the aforementioned Norwegian
CCS project without any sharing of infrastructure (like
pipelines or wells) or geological storage structures.

21	 www.sciencedirect.com/science/article/pii/S0264817216300216

However, it should be noted that information sharing
between the projects will be very relevant. Knowledge
gained from the Norwegian CCS project should be
utilised as much as possible. Sharing of infrastructure is
also something that should be looked into further in the
next phases of the H21 NoE project, i.e. the FEED study.
One important thing to notice is that the Gamma
structure is currently covered by a hydrocarbon
production licence, PL921, which was recently
awarded (February 2018). This further illustrates
the dynamic realities that must be considered in
project development, where timing and access to
acreage can be crucial. The PL921 license (Equinor
Energy AS, DNO Norge AS, Petoro AS) has committed
to drilling an exploration well in 2019. The demand
from the Norwegian Petroleum Directorate was
that this well should be compatible with future CO2
storage. This also means that important data for
storage site appraisal can become available.

22	  Exploration potential east of the Troll Field, offshore Norway, after dry well 32/4-1, P.J. Goldsmith, 2000
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As an operator of the neighbouring Troll Field and as
the company leading the storage development for the
Norwegian full-scale CCS project, Equinor has a lot
of internal knowledge to support the validity of future
large-scale CO2 storage on the Horda platform. This
knowledge has been used to produce the geological
models needed for reservoir simulations of CO2 injection.
The injectivity of the Sognefjord Delta Aquifer is
expected to be very good. Therefore, fewer injection
wells might be needed compared to projects in the UK
sector. The expected injectivity is 4-5 Mtpa per well,
(potentially even as high as 7 Mtpa) with an appropriate
well layout (long, deviated or horizontal injector). As the
reservoir is expected to be in pressure communication
with the Troll field, the reservoir is likely to be depleted
with no need for further brine producers (even in the
case of large-scale CO2 injection from multiple projects).
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Preliminary simulations have been run, injecting
20 Mtpa for 30 years, resulting in a total injected CO2
volume of 600 Mt. The required injection rate was met
by the use of three horizontal subsea injection wells.
More simulations will be run focusing on an optimum
well layout with regards to plume movement.
Figure 7.23 shows a top view of the CO2 plume from the
reservoir simulator. The left image shows the amount
of CO2 at the top of the Sognefjord Fm reservoir at end
of injection, i.e. after injection of 600 Mt of CO2 over
a period of 30 years (2022-2052). The middle image
shows how much CO2 has migrated to the top of the
reservoir 100 years after injection stop. The right image
shows the CO2 plume at top reservoir 250 years after
injection has ended. Figure 7.23 shows that most of the
CO2 is contained within two geological structures, the
Gamma and Sigma structure. Reservoir simulations,
like the one shown in the Figure 7.23 below, are relevant
for predicting plume movement and hence, the area
needed for both storage licensing and monitoring.
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Other activities in the Northern
North Sea area
A map of NPD Agreements and Licenses was shown in
Figure 7.20 (NPD 2018). As previously mentioned, the
PL921 license currently covers most of the Smeaheia
South area targeted in this study. The unlicensed
area immediately north of PL921 is expected to be
awarded as a CO2 injection and storage license for
the Norwegian full-scale CCS project. At the time
of writing (March 2018) no license is in place.
There are no planned windfarm developments
in the vicinity of the site studied in this scope
of work, as seen on the map in Figure 7.20.
Fishing and shipping activities should be fully
considered with future development planning and a
protection philosophy produced for any future CO2
storage development to identify and minimise any
risks (e.g. dropped anchors on CO2 infrastructure).
The Norwegian location offers less
potential conflict of interest and in
that perspective offers less commercial
risk and potential delays for the
project development of H21 NoE. It could
therefore serve as a potential back-up
to the preferred UK SNS storage sites.

Figure 7.23: Example simulations for storage at Smeaheia South: CO2 plume at end of
injection (2052), 100 and 250 years after injection of 600 Mt CO2
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7.5

CO2 transport and injection
The CO2 transport and injection concepts include
a chain of technical facilities aligned with the
selected transport distances, CO2 volumes, storage
reservoir characteristics, required number and
location of injection wells and subsea facilities
generically illustrated in Figure 7.24:

CO2 COMPRESSION
AND EXPORT

CO2 TRANSPORT
SHIPPING OPTIONS
LCO2

HYDROGEN PLANT

CO2 CAPTURE

SUB-SEA INJECTION
TEMPLATES/WELLHEADS

PIPELINE
(VARIOUS ROUTINGS)

DEEP GEOLOGICAL
FORMATIONS

CO2 STORAGE

Figure 7.24: Main components of the
outlined T&S concept
CO2 injection sites were, as previously described,
considered in the United Kingdom and Norwegian
continental shelves (UKCS/NCS). The pipeline
transported CO2 is delivered directly to installed
subsea wellheads at the appropriate UK (or
Norwegian) continental shelf storage sites. It is then
injected into the selected geological formations.
The injection wells could alternatively be completed
and operated from wellhead platforms providing more
flexibility and lower costs during operations. Such
solutions would probably be more appropriate in the
shallow waters of the UKCS sector. Platform options
were not studied in the previous phase of the project but
should be studied as a possible solution in the FEED.
The subsea well facilities concept is
generically illustrated in Figure 7.25.

Figure 7.25: Subsea wellhead and pipeline facilities
Technical simulations have been carried out to
dimension pipeline lengths and capacities for
the H21 NoE scenario, i.e. equivalent to 2,827 t/
hr. The pipeline system has also been analysed
with respect to seasonal swing in captured CO2.
The following sections list key information about
the pipeline, wells and subsea facilities required
for the H21 NoE project. Also included, are some
sensitivity volume scenarios for the UKCS and NCS
storage alternatives respectively. These concepts are
technically possible, however not optimised, solutions.

For the H21 NoE project the following layout,
see Figure 7.26 for the selected CO2 pipeline
and storage systems has been assumed for
the UKCS based CO2 storage option:
→→ Four 4 slot integrated template
systems (ITS) with manifolds
→→ Use of 12 wellhead slots (XMT)
→→ 12 subsea wells drilled to target zone
→→ 215 km pipeline, carbon steel, 26 inch diameter
→→ 215 km standard umbilical with centre line for MEG
→→ 73 m water depth
→→ Umbilical rock dumped, with pipeline
exposed due to large diameter
→→ Landfall near Easington
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Figure 7.26: UK-UKCS chain-simple plot
For the H21 NoE project the following layout (Figure 7.27)
for the selected CO2 pipeline and storage systems has
been assumed for the NCS based CO2 storage alternative:

→→ Standard umbilical with centre line
for MEG from Kollsnes, 60 km

BC3
2 WELLS
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In the context of the H21 NoE requirements, CO2 by
ship may be used in addition to pipeline transport of
CO2 for capacity peak shaving and to transport CO2
from additional sources not connected to the transport
pipeline. Ship transport with CO2 is an alternative to
pipeline transport or coexist with pipeline transport.
Direct offshore injection of CO2 from ship is an
option. This solution can be combined with a CO2
pipeline system. CO2 transport by ships will require
infrastructure for loading and off-loading CO2. Temporary
storage facilities for CO2 may also be required as
loading may not be available 100% of the time.

375

The potential for CO2 ship transport should be
considered in a subsequent FEED study. This should
specifically consider hydrogen capacity increases
and commissioning CO2 storage capacity timelines.
Considerations should also be given to the upcoming
Norwegian CCS projects identified in Section 7.4.2
and the potential for joining up strategies with the
H21 NoE ambitions. Figure 7.28 is an illustration of
what a liquid CO2 receiving facility could look like.

→→ 300 m water depth
→→ Umbilical rock dumped, pipeline
exposed due to large diameter

→→ Two four-slots, one dual-slot integrated
template systems (ITS) with manifolds

→→ It is assumed that the umbilical will be
placed in an existing landfall at Kollsnes.

→→ Use of 6 wellhead slots (XMT)
→→ 6 subsea wells drilled to target zone
→→ 845 km pipeline, carbon steel, 32 inch diameter

KOLLSNES
EASINGTON, UK

20km

845km

SOUTHERN TROLL AREA
6 WELLS
Figure 7.27: UK-NCS chain - simple plot

CO2 transportation by ship
CO2 transport by ship is not part of the design basis
for the concept solutions chosen for Easington to BC3,
BC40 and BC36 case or for the Easington to Smeaheia
case. CO2 transport by ship is, however, an alternative
for small volume cases to avoid the significant CAPEX
of a transport pipeline with associated infrastructure.

Figure 7.28: Norwegian CCS project CO2 receiving facility
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7.6

Commissioning
The subsurface studies performed to date suggest that
more than one geological structure will be required to
meet the planned CO2 storage requirements of the N21
NoE project. There are many potential storage structures
that can be developed in the UK and Norwegian sectors
of the North Sea. The different storage locations
have a varying degree of technical maturity and data
availability. Some options might also be affected by
current hydrocarbon licenses. The storage structures will
therefore have different maturation requirements before
they are fully qualified for injection. It is believed that
the technically most matured sites can be ready for first
injection by 2026. Others can come on stream after a few
years when needed to accommodate the CO2 volumes
delivered by the stepwise build-up of the hydrogen
production facility. A potential build-up of the studied
storage structures in the UK SNS is shown in Figure 7.29.

Commissioning of the CO2 transport and storage solution
must be done in parallel with the commissioning
of the hydrogen production facility, inter-seasonal
storage and conversion schedule. The objective is
to develop the CO2 T&S infrastructure with a startup in 2026 when the first hydrogen production unit
is put into operation with a 2 year run in phase.
Due to the expected 7 year ramp up of CO2 injection
from 2028 to 2035 it was assumed that one site with
two initial injection wells would be developed first.
Then gradually increase the injection rate and number
of wells. BC36, being the technically most mature
of the three sites, could be developed at the first
phase, but other development solutions will also be
possible. The BC36 target injection rate is 8 Mtpa,
achieved with a four well solution. As more CO2 would
become available for storage, the BC40 structure
could be developed as a second phase with injection
starting in 2031, 3 years after BC36 start-up. The
modelling showed that 6 injection wells would be
needed in BC40. To meet the remainder of the injection
requirement, BC3 would have to be developed by
2034 giving a simultaneous maximum injection rate
of 2827 t/h into the three sites, see Figure 7.29.

The geological work performed to date has revealed
that large-scale CO2 storage in the 10-20 Mtpa range
will require several geological storage structures in the
SNS. Being a mature petroleum basin, the likelihood of
some sort of overlap with existing petroleum operations
and licenses must be considered highly likely. This will
not necessarily cause any technical problems, and
there could even be potential upsides with regards to
data availability and possible re-use of infrastructure.

At the same time, the commercial and regulatory issues
to be addressed can add further pressure on a stressed
timeline and is something to keep in mind when entering
the next phase. A generic timeline for different CO2
storage development projects is shown in Figure 7.30.
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Figure 7.30: Asset transition interactions (IEAGHG Technical Report, July 2018)
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An assessment of the technical and
commercial maturity of the potential
sites will have to be made to ensure
that selected sites can be developed
in line with the required project
timeline and decision gates of the NoE
project. The work to date suggests
that the first SNS storage site(s) can
be ready for first injection by 2026.
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Figure 7.29: BC36, BC40 and BC3 combined development with seasonal load injection
forecast
Figure 7.31: CO2 T&S development timeline

After the revised screening and feasibility study it is
advised to consider how the selected storage sites
will be commissioned, i.e. will they all be matured
and ready for first injection in 2026. Alternatively
is it preferred to delay the following sites in line
with the expected sequential built-out of hydrogen
production facilities (similar to what is planned for
the hydrogen cavern storage), see Figure 7.31.
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Figure 7.31: CO2 T&S development timeline

After the revised screening and feasibility study it is
advised to consider how the selected storage sites
will be commissioned, i.e. will they all be matured
and ready for first injection in 2026. Alternatively
is it preferred to delay the following sites in line
with the expected sequential built-out of hydrogen
production facilities (similar to what is planned for
the hydrogen cavern storage), see Figure 7.31.
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7.7

Conclusions
A detailed assessment has been undertaken by Equinor
into the viability of CCS associated with the H21 NoE
CCS requirements. This would require scaling up of CO2
transport and storage facilities to 2,827 t/h CO2 by 2035
with a total CO2 storage capacity of 516 million tonnes.

Whilst the H21 NoE project would
represent the world’s largest CCS
scheme it is only an order of magnitude
larger than other schemes which is
not outside the realms of technical
confidence. This is possible on both UK
and Norwegian continental shelves.
This section has covered the assessment of CO2
transport and storage based on CO2 capture
at the hydrogen production facility as defined
in Section 4.0 depicted in Figure 7.32.

CO2 COMPRESSION
AND EXPORT

7.7.1 UKCS Transport and Storage
For a UK continental shelf CCS scheme, there are many
potentially excellent sites which exist in the Southern
North Sea. However, the selected sites (BC3, BC40 and
BC36) represent stores which could be matured in the
time frame available for this early scoping project to
serve as a proof of concept for the storage requirements.
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Figure 7.33: H21 NoE, SNS CO2 storage
locations
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Figure 7.34: UK-UKCS chain — simple plot

Figure 7.32: Carbon capture, transport and storage

If these UK sites are to be further evaluated, there
may be a case for an early focused appraisal well to
clarify some of the key issues that impact both BC36
and BC40. Design of a full site appraisal programme
would be part of the next phase of this project.

From UK government perspective development
of CCS project of this scale on the UKCS would
generate significant UK based jobs and would
support the decarbonisation of other sectors.
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7.7.2 NCS Transport and Storage
The Southern Troll region east of the Troll East field has
been used in this study as a proof of concept for storing
the H21 NoE CO2 volumes. The Southern Troll area in this
study includes the Gamma and Theta structures, and
the area immediately downdip of these, see Figure 7.35.

A summary of key characteristics of the selected
H2 CO2 chain are listed in the following table:
DATA

UNIT
Location (close
to shore)

CO2 PIPELINE
CO2 STORAGE
Figure 7.35: H21 NoE, NCS CO2 storage locations

KOLLSNES
20km

845km

UK-NCS CASE

Easington

Easington

GW (HHV)

12.15

12.15

CO2 capture

t/hr

2,827

2,827

CO2 delivery pressure

barg

300

300

Connecting H2 plant
and CO2 pipeline

Connecting H2 plant
and CO2 pipeline

H2 plant to store
- distance

km

120+40+55

845

Diameter (ID)

inch

22

30

Material

Carbon steel

Carbon steel

Site location

BC40, BC36 & BC3

Smeaheia South

Water depth

m

73

300

Reservoir depth

m

1,000-1,700

1,200-2,000

Storage injectors

no of wells 12

6

Injectivity
(depending on
well design)

Mtpa/well

1-3

2-7

Accumulated storage
over 32 yrs

Mt

516

516

4 x 4-slot units

2 x 4-slot ,
1 x 2-slot units

Well-head/subsea
templates

Table 7.8: H21 NoE CO2 transport, injection and storage concept design summary
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Figure 7.36: UK-NCS chain – simple plot
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7.7.3 Key data summary – CO2 Transport and Storage

H2 PLANT

For the Norwegian continental shelf, the proposed
storage solution is to utilise the same sandstone
formation as is being targeted in the Norwegian
full-scale CCS project, the Viking Group sandstones
of the Sognefjord Delta aquifer. Many potential
injection locations exist and many geological
structures can be utilised for storage.
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7.7.4 FEED requirements
This initial study has been done as a ‘proof of concept’
to demonstrate a credible solution for the large-scale
CO2 storage needed for the H21 NoE project. The
analysis of the four studied sites in the UK has given
increased confidence in the SNS storage potential. It
has also shown that static and dynamic factors such
as geometrical shape of the Bunter structures and
the planned injection rates will have a large impact
on the ultimate technical storage capacity. The study
also highlights the need for more than one structure to
meet the required capacity and injection potential.
Moving forward, it is advised to expand the analysis
to include additional storage structures in the SNS.
This will utilise the new knowledge to assess the
results in previous projects like the existing UK FEED
studies for Endurance and Hewett, the UK Storage
Appraisal Project, and the CO2 stored database.
CO2 Storage key activities:
→→ Data overview and collection
→→ Storage complex definition
→→ Permitting study including geo-hazard
study, risk and uncertainty analysis, etc.
→→ Seismic interpretation, fault seal
study, rock and fluid properties
→→ Overburden evaluation, static
and dynamic modelling
→→ Well placement strategy and MMV plan
→→ Planning of appraisal well and
seismic data collection

CO2 transport and injection activities:
→→ Screening and selection of location for CO2 landfall
→→ Landfall concept, pipeline dimension and routing
→→ Permitting and EIA
→→ Requirements of sand control, inflow
control and zonal isolation
→→ Requirements of chemical
injection and well clean-up
→→ Well deliverability/injectivity, including
maximum (and minimum) flow rates
→→ Flowing and shut-in wellhead conditions
(pressure, temperature)
→→ Fluid sampling and sand management,
including design sand rate
→→ Requirements to operation of downhole and
wellhead chokes (producers, injectors)
→→ Requirements for well routing flexibility
A northern led development project of BC36 and
BC40 is the most encouraging scenario considered
so far. This combination of sites together with an
additional Bunter structure offers a good possibility
of being able to service the full seasonal profile.
Although, this would be challenging if a restricted
aquifer or low permeability case was encountered.
The northern led option also affords a more
significant area development incorporating other
Bunter closures, including the southern BC3 site.
Further development of the Norwegian back-up
solution for storage is also recommended, as this
can be cost competitive with a UK storage solution
for the large volumes considered in this study.
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→→ Seismic interpretation, fault seal
study, rock and fluid properties
→→ Overburden evaluation, static
and dynamic modelling
→→ Well placement strategy and MMV plan
→→ Planning of appraisal well and
seismic data collection

CO2 transport and injection activities:
→→ Screening and selection of location for CO2 landfall
→→ Landfall concept, pipeline dimension and routing
→→ Permitting and EIA
→→ Requirements of sand control, inflow
control and zonal isolation
→→ Requirements of chemical
injection and well clean-up
→→ Well deliverability/injectivity, including
maximum (and minimum) flow rates
→→ Flowing and shut-in wellhead conditions
(pressure, temperature)
→→ Fluid sampling and sand management,
including design sand rate
→→ Requirements to operation of downhole and
wellhead chokes (producers, injectors)
→→ Requirements for well routing flexibility
A northern led development project of BC36 and
BC40 is the most encouraging scenario considered
so far. This combination of sites together with an
additional Bunter structure offers a good possibility
of being able to service the full seasonal profile.
Although, this would be challenging if a restricted
aquifer or low permeability case was encountered.
The northern led option also affords a more
significant area development incorporating other
Bunter closures, including the southern BC3 site.
Further development of the Norwegian back-up
solution for storage is also recommended, as this
can be cost competitive with a UK storage solution
for the large volumes considered in this study.
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This section sets out all the
costs associated with H21 North
of England; these include
Capital Expenditure (CAPEX) and
Operational Expenditure (OPEX).

These include:
→→ Hydrogen Production Facility (Technical
details, see Section 4.0 and 6.0)
→→ Inter-Seasonal Hydrogen
Storage (Technical Details,
See Section 4.0 and 6.0)
→→ CO2 Transportation and Storage –
(Technical Details, see Section 7.0)
→→ Hydrogen Transportation System
(Technical Details, see Section 5.0)
→→ Gas Distribution Network Enabling
Works (Based on H21 LCG)

S
HT

→→ Appliance Conversion (new analysis)
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8.1

8.2

Overview

H21 North of England CAPEX costs

All the costs in this section are specific to the
H21 North of England (NoE) design, and are
not simple extrapolations from Section 3.0.

The CAPEX costs for the H21 NoE
project are shown in Figure 8.2 and are
explained in further detail thereafter.

The overall costs of H21 NoE are
summarised in Figure 8.1.

CAPEX
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£24 M
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ADDITIONAL ENERGY COST FOR HYDROGEN PRODUCTION FACILITY

Figure 8.1: H21 NoE project cost summary schematic
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Figure 8.2: H21 NoE CAPEX costs
The H21 NoE project is a robust engineering project
based on an end to end design using technology that
works today. When comparing any alternative, all the
above areas should be considered on an identical scale,
technology readiness, guaranteed constructability
and timescale basis. This system can provide 101
TWh in total, (i.e. 12.15 x 24 x 365 x 95% (reduction
for maintenance of ATR units)) including the 85 TWh
required to decarbonise heat in the area defined by H21
NoE by 2035. An explanation of costs associated with
the CAPEX elements of the project are provided below.
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8.2.1 Cost of natural gas connection
(included within the Hydrogen Production Facility costs)
Due to the location of the Hydrogen Production
Facility the connection to the National Transmission
System (NTS) is relatively simple. It would include a
connection/offtake and short length of high pressure
natural gas pipeline. This is included in the ‘owners
cost’ element of the Hydrogen Production Facility
(HPF) costs set out below and is estimated at circa
£44 m. This is a common activity in the UK gas industry
and costs are based on gas industry quotations.

8.2.2 Cost of Hydrogen
Production Facility (HPF) (£8,520m)
To develop the cost for the HPF, Equinor used their
internal cost estimation methodology aligned with
information and studies from leading suppliers of
ATR based hydrogen production plants. All the cost
components have been estimated at a detailed level
using experience from Equinor and wider industry
‘mega projects’ referred to as ‘experience factors’.
Estimates would be firmed up as part of the future
FEED study. The cost for the H21 NoE Hydrogen
Production Facility are summarised in Table 8.1.
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12.15 GW H2
EXPORT (£M)

TOTAL H2
FACILITY
COST (£M)

COMMENT

Equipment

1,664

Tanks, heat exchangers, reactors, pumps, compressors,
heaters, vessels, towers, valves and monitors, etc.

Bulk

1,145

Piping, electrical cables, pipe racks,
buildings, fire protection, insulation

Indirects

312

Temporary facilities

Construction

1,851

Physical installation on site of bulk and
equipment material, modules construction,
site preparation, foundations

Home office

99

Engineering work by EPC

CMT

145

Commissioning, spares, transport and
freight of equipment and bulk

Power plant
(including substation)

550

The 700 MW Hydrogen Production Facility power plant

Other

64

Catalyst and chemicals

SUB TOTAL EPC

5,830

Owners cost

880

Tie-in with existing infrastructure, e.g. power and
natural gas, access to site, additional civil work, road
and paved areas and other items not included in EPC scope

Project management

292

Equinor project management, follow-up of
suppliers/contracts and procurement

Insurance

175

Insurance

Contingency

1,343

Allows for additional unforeseen costs/cost uncertainty

TOTAL PROJECT COST

8,520

Table 8.1: Hydrogen Production Facility CAPEX costs
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Cost of inter-seasonal hydrogen storage (£1,991m)

CAPEX estimates have been developed based on
experience from the existing UK operational gas
storage site in Aldbrough (which Equinor part
own alongside SSE); in particular, the subsurface
work. In addition, quotations from suppliers on
critical equipment, compressors, heat exchangers,
wells, metering and valves have been used to
establish an estimate for the surface unit. A typical
hydrogen storage project using salt caverns will
comprise the elements identified in Table 8.2.

Assuming the cost is equal to the cost of the
natural gas required to produce the amount of
hydrogen (to be used for the cushion gas) the cost
can be estimated as follows assuming a natural
gas price of £23/MWh (BEIS 2035 forecast):

There will be a need for approximately 4.4 TWh of
cushion gas (see Section 4.5), i.e. the gas that is always
retained in the cavern to maintain its integrity.

4,368,000 MWh (total cushion gas) ÷ 74.7% (efficiency
of Hydrogen Production Facility) x £23/MWh =
£134,500,000 (£134.5 m). The total investment cost
for the inter-seasonal hydrogen storage is based
on the analysis above. No assumption has been
included for the learning curve effects or cost
reduction associated with developing multiple
identical sites. The total CAPEX is estimated to
£1,857m (excluding cushion gas) with the following
breakdown excluding cost of land and permitting.

ITEM

CAPEX (£M)

COMMENT

Site service

134.4

Site service: site preparation works, site
facilitating works, energy supplies

Subsurface work

497.8

Drilling and workover operations, snubbing
operations, leaching plant and leaching operation

Water supply/return/disposal

62.2

Water supply and disposal

Surface processing unit

773.9

Surface processing unit

SUB TOTAL EPC

1,468.2

Management

123.4

Project management and engineering services

Owners cost and insurance

86.4

Tie-in to the Hydrogen Transmission System,
additional civil work and site preparation

Contingency

178.9

TOTAL CAPEX

1,856.9

Cushion gas

134.5

TOTAL CAPEX + CUSHION GAS

1,991.4

8.2.4

CO2 Transport & Storage (£1,340m)

CAPEX costs for CO2 Transport and Storage
(T&S) are split into two key areas, pipeline/
subsea facilities and wells/drilling.

Carbon transport —
pipeline and subsea facilities
The following methods and assumptions are
used in estimating the CO2 T&S costs:
→→

Cost numbers are generated by an
internal estimation tool1

→→

A standard 30% contingency is used in the
Norway case, and 35% in UK case due to technical
uncertainty related to the long umbilical

→→

Landfall cost and onshore control room
(including subsea related topside control
equipment) are added separately

→→

N.B. The UK cases include umbilical length of
between 120-235 km. This is a very long distance
and it is advised to do a more detailed assessment
of the feasibility in the next phase. The same
pipeline diameter is used for all pipe segments as
a simplification. However, it is likely that infield
pipe size will be smaller than the gas transport
pipe from shore. All pipeline diameters are
uncertain due to the undefined infield facility
layout and placement of wells/templates.

Environmental, insurance and decommissioning

The gas that is retained in the salt cavern
at all times to maintain its integrity

Table 8.2: CAPEX costs inter-seasonal hydrogen storage

1
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CO2 storage — wells/drilling
→→

SECTION 08

The cost breakdowns below illustrate the CAPEX
comparison between the UKCS and NCS schemes

Estimated drilling costs are based on
updated North Sea reference data across
UK Continental Shelf (UKCS) and Norwegian
Continental Shelf (NCS) sectors

393

.

UK T&S CAPEX UKCS versus NCS storage

£m
1,800

→→

Assumes 12 wells drilled in the UKCS
case and 6 wells in the NCS case

→→

Well costs also reflect the specific site and
reservoir characteristics at the actual UKCS
and NCS stores. This includes water and
reservoir depths, well location/configurations
and drilling paths as outlined in Table 8.3

Wells/drilling
Subsea facilities
Pipeline &
umbilical

1,200

BRONNTYPE

WATER
DEPTH (M)

RIG

STEP
OUT (M)

DRILLED
METRES

TVD (M)

RESERVOIR
SECTION

CAPEX
PER WELL
($M)

#1 NCS

300

Semisub

3,000

3,775

1,735

300 m horizon

62

#2 NCS

300

Semisub

1,200

2,400

1,735

300 m horizon

48

#3 UK

73

JackUp

3,000

3,745

1,800

200 m slanted

62

Landfall & onshore
controls

600

0

Table 8.3: Injection well characteristics

UK-UKCS

In Section 7.0, two options for CO2 transportation and
storage were presented on the UKCS and NCS. For
the purposes of the overall estimate for H21 NoE, the
UKCS option will be carried forward. However, both
estimates are presented side-by-side for completeness
in Table 8.4. Overall CAPEX includes pipeline, subsea
facilities and drilling of wells. This is estimated at
approximately £1.3bn and £1.6bn respectively.

Based on these criteria and the scenarios
presented in Section 7.0, the costs for the
selected storage and transport solution have
been generated. These costs are categorised
as class ‘A’ estimates, with undefined accuracy
including 30-35% contingency add-ons. Storage
estimates only include costs during development
and active operations, i.e. no pre-development or
post-operation monitoring costs are included.
CAPEX

UK-UKCS (£M)

UK-NCS (£M)

Landfall and onshore controls

14

14

Pipeline and umbilical

581

1,204

Subsea facilities

202

115

Wells/drilling

543

271

SUM

1,340

1,603

Table 8.4: CO2 Transport & Storage CAPEX costs

UK-NCS

Figure 8.3: T&S CAPEX breakdown (2018 prices)

For the H21 NoE project the UKCS
scenario has been taken forward for
the overall project cost analysis.
Therefore, the total CAPEX cost of CO2
transport and storage is £1,340m.
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For the H21 NoE project the UKCS
scenario has been taken forward for
the overall project cost analysis.
Therefore, the total CAPEX cost of CO2
transport and storage is £1,340m.
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Hydrogen transportation system (£3,427m)

Northern Gas Networks (NGN) have developed the
cost build up for the hydrogen transportation system
based on UK historical costs for pipeline and pressure
reduction station construction. They include all pipeline
works from the Hydrogen Production Facility and
inter-seasonal hydrogen storage delivering at 80 bar.
They also cover all the pipeline works and associated
offtakes, valves and pressure reduction stations
from the supply points to the injection points into the
existing below 7 bar distribution networks for the major
urban centres to be converted under this scheme.

In terms of scheme development, the HTrS design
is based on the routing detailed in Section 5.0 and
includes pipe sizing based on the network analysis.
The LHTS is less defined but for the basis of this
cost analysis an average pipe diameter of 300 mm is
assumed. The costs in Table 8.5 also include planning
approval costs and provision for valve arrangements to
cater for future expansion of the HTS to accommodate
future industrial loads and infill for other towns and
cities. The key technical parameters which underpin
the costs are summarised in the following table.

ACTIVITY

COST
(£M)

COMMENT

Design

231.8

Detailed design of the overall HTrS

Legal costs

94.1

Cost associated with land
acquisition/wayleaves, etc.

Project management

300

Project management for the design,
build and commissioning activity

Commissioning

100

Physical ties-in, connections
and purging activity

SUB TOTAL HTRS (DESIGN/
PLANNING (CAPEX))

725.87

HTS/LHTS
Pipeline materials

789.2

Materials associated with the pipeline,
e.g. steel pipe,linebends, valves,
Pipeline Inspection Gauge (PIG)
launch/reception facilities, etc.

PRS materials

544

Mechanical materials associated with
Pressure Reduction Stations (PRS)

Pipeline build

664.4

Construction costs

PRS build

391

Construction costs

SUB TOTAL HTS/LHTS (CAPEX)

2,388.64

HIP
HIPS pipeline (lay rate including
materials, install and reinstate, £0.5 m/km)

302.5

Installation of hydrogen intermediate
pressure pipelines/mains

New District Governors (DG) HIPS/MP/LP

10.1

Design and installation of DGs
including all land and legal costs, etc.

SUB TOTAL HIPS (CAPEX)

312.6

OVERALL TOTAL CAPEX HTRS

3,427

N.B. CONTINGENCY IS INCLUDED
WITHIN THE COST BUILD UP
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8.2.6 Intraday storage (£0)
The Hydrogen Transmission System provides an
enormous amount of daily storage, calculated to be
circa 25 GWh. On a peak day, 659 GWh (see Section
2.0, Demand) of heat is required. This is provided
by a combination of linepack capacity, hydrogen
production and output from the inter-seasonal
hydrogen storage. Therefore, no additional costs
are required for intraday storage for the project.

Gas distribution network
modifications (£143m)
The costs associated with gas distribution network
enabling works are based on two specific areas.
Firstly, strategic reinforcement to maintain the 1 in 20
peak demand2 conditions post hydrogen conversion3.
Secondly, conversion sectorisation, this includes
installation of strategic isolation valves and/or district
governors to allow sectorisation of the urban areas (see
Section 6.3). This enables conversion with the least
disruption for customers, i.e. minimising time ‘off gas’.
To provide robust network enabling costs for H21 NoE a
detailed analysis has been undertaken on all the major
urban areas by NGN and Cadent. Analysis for total
peak demand and annual demand is comprehensive
(within the parameters of available data quality, see
Section 2.0). Figures for strategic reinforcement and
conversion sectorisation have been generated by direct
extrapolation (based on meter points) from the H21 LCG
figures for these activities. The cost for gas distribution
enabling works are presented in Table 8.6 and Table 8.7.
It is essential that these costs are
allowed as part of the next regulatory
price control allowance (2021 to 2026)
to avoid any delay in conversion.
These works can be considered no
regrets investment as they improve the
energy security and safe operation
of the network operating on natural
gas. Critically, they are essential
to allow hydrogen conversion to take
place and, whilst the costs are
marginal in the context of H21 NoE
(0.6% of total project value), the
logistics and time required makes
starting these works a priority.

Table 8.5: HTrS CAPEX costs

2 For extensive details on conversion sectorisation see H21 LCG Section 4.0
3 For extensive details on reinforcement see H21 LCG Section 3.0
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cost build up for the hydrogen transportation system
based on UK historical costs for pipeline and pressure
reduction station construction. They include all pipeline
works from the Hydrogen Production Facility and
inter-seasonal hydrogen storage delivering at 80 bar.
They also cover all the pipeline works and associated
offtakes, valves and pressure reduction stations
from the supply points to the injection points into the
existing below 7 bar distribution networks for the major
urban centres to be converted under this scheme.

In terms of scheme development, the HTrS design
is based on the routing detailed in Section 5.0 and
includes pipe sizing based on the network analysis.
The LHTS is less defined but for the basis of this
cost analysis an average pipe diameter of 300 mm is
assumed. The costs in Table 8.5 also include planning
approval costs and provision for valve arrangements to
cater for future expansion of the HTS to accommodate
future industrial loads and infill for other towns and
cities. The key technical parameters which underpin
the costs are summarised in the following table.
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(£M)

COMMENT

Design

231.8

Detailed design of the overall HTrS

Legal costs

94.1

Cost associated with land
acquisition/wayleaves, etc.

Project management

300

Project management for the design,
build and commissioning activity

Commissioning

100

Physical ties-in, connections
and purging activity

SUB TOTAL HTRS (DESIGN/
PLANNING (CAPEX))

725.87

HTS/LHTS
Pipeline materials

789.2

Materials associated with the pipeline,
e.g. steel pipe,linebends, valves,
Pipeline Inspection Gauge (PIG)
launch/reception facilities, etc.

PRS materials

544

Mechanical materials associated with
Pressure Reduction Stations (PRS)

Pipeline build

664.4

Construction costs

PRS build

391

Construction costs

SUB TOTAL HTS/LHTS (CAPEX)

2,388.64

HIP
HIPS pipeline (lay rate including
materials, install and reinstate, £0.5 m/km)

302.5

Installation of hydrogen intermediate
pressure pipelines/mains

New District Governors (DG) HIPS/MP/LP

10.1

Design and installation of DGs
including all land and legal costs, etc.

SUB TOTAL HIPS (CAPEX)

312.6

OVERALL TOTAL CAPEX HTRS

3,427

N.B. CONTINGENCY IS INCLUDED
WITHIN THE COST BUILD UP
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8.2.6 Intraday storage (£0)
The Hydrogen Transmission System provides an
enormous amount of daily storage, calculated to be
circa 25 GWh. On a peak day, 659 GWh (see Section
2.0, Demand) of heat is required. This is provided
by a combination of linepack capacity, hydrogen
production and output from the inter-seasonal
hydrogen storage. Therefore, no additional costs
are required for intraday storage for the project.

Gas distribution network
modifications (£143m)
The costs associated with gas distribution network
enabling works are based on two specific areas.
Firstly, strategic reinforcement to maintain the 1 in 20
peak demand2 conditions post hydrogen conversion3.
Secondly, conversion sectorisation, this includes
installation of strategic isolation valves and/or district
governors to allow sectorisation of the urban areas (see
Section 6.3). This enables conversion with the least
disruption for customers, i.e. minimising time ‘off gas’.
To provide robust network enabling costs for H21 NoE a
detailed analysis has been undertaken on all the major
urban areas by NGN and Cadent. Analysis for total
peak demand and annual demand is comprehensive
(within the parameters of available data quality, see
Section 2.0). Figures for strategic reinforcement and
conversion sectorisation have been generated by direct
extrapolation (based on meter points) from the H21 LCG
figures for these activities. The cost for gas distribution
enabling works are presented in Table 8.6 and Table 8.7.
It is essential that these costs are
allowed as part of the next regulatory
price control allowance (2021 to 2026)
to avoid any delay in conversion.
These works can be considered no
regrets investment as they improve the
energy security and safe operation
of the network operating on natural
gas. Critically, they are essential
to allow hydrogen conversion to take
place and, whilst the costs are
marginal in the context of H21 NoE
(0.6% of total project value), the
logistics and time required makes
starting these works a priority.

Table 8.5: HTrS CAPEX costs

2 For extensive details on conversion sectorisation see H21 LCG Section 4.0
3 For extensive details on reinforcement see H21 LCG Section 3.0
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Strategic reinforcements

H21 North of England

NETWORK

DOMESTIC METER
POINTS

LP REINFORCEMENT REQUIREMENTS.
(BASED ON EXTRAPOLATION OF H21
LCG @ 265 K METER POINTS) (£)

Reference

H21 LCG

265,000

£5,000,000

1

West Yorkshire

1,038,487

£19,594,094

Hull

165,457

£3,121,830

York

85,813

£1,619,113

NETWORK

DOMESTIC
METER
POINTS

LP
ISOLATIONS
(NUMBER OF
VALVES), UNIT
COST £3,200

MP ISOLATIONS
(NUMBER OF
VALVES), UNIT
COST £6,600

DISTRICT GOVERNORS
AND ASSOCIATED
CONNECTIONS,
(NUMBER OF DGS)
UNIT COST £50,000

Reference

H21 LCG

26 5,000

750

170

30

1

West Yorkshire

1,038,487

2939

666

118

Hull

165,457

468

106

19

York

85,813

243

55

10

Tyneside

495,801

1403

318

56

Tyneside

495,801

£9,354,736

Teesside

246,000

696

158

28

Teesside

246,000

£4,641,509

Manchester

1,108,640

3138

711

126

Manchester

1,108,640

£20,917,736

Liverpool

635,617

1799

408

72

Liverpool

635,617

£11,992,774

Total units

10,686

2,422

427

TOTALS

£3,775,815

£71,241,792

Total cost

£34,196,060

£15,986,658

£21,372,538

OVERALL TOTAL COST

£71,555,256

2

2

3

3

Table 8.6: Gas network enabling works: strategic reinforcement CAPEX costs

397

WORKFORCE
AREA

Costs are based on existing network costs for these standard street works activities extrapolated from
H21 LCG.
WORKFORCE AREA

SECTION 08

Conversion sectorisation

Table 8.7: Gas network enabling works: conversion sectorisation CAPEX costs

It is important that a full conversion strategy,
including consideration of workforce size, customer
time without gas, temporary supplies, etc. would
be undertaken as part of a potential FEED study.
Costs are based on existing network standard street
works activity. Key assumptions are listed below:

Total costs for distribution network minor
modifications are summarised in Table 8.8 below:

→→
→→

Medium Pressure (MP) isolations — one third
already exist, a conservative assumption
Detailed analysis during the H21 LCG project
network revealed that 25-30 new permanent DGs
and associated mains connections are required to
facilitate additional sector isolations. This figure
has been used to extrapolate (based on meter
points) DG numbers for the other urban centres

→→

Average LP and MP double block and bleed
isolations have been priced by NGNs commercial
department at £3,200 and £6,600 respectively. The
average LP isolation is on a smaller diameter main.

→→

No account has been taken for installation of
these valves as part of the ongoing industry iron
mains replacement works. This would provide
a considerable cost reduction opportunity

ITEM

COST

Strategic reinforcement

£71,241,792

Conversion sectorisation

£71,555,256

TOTAL COSTS

£142.8M

Table 8.8: Distribution network minor modifications
These costs are not included in the
overall project costs as they are low
regrets costs which should be included
within Cadent and NGNs respective GD2/
GD3 business plans for execution between
2021-26 and 2026-31 respectively.
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Strategic reinforcements

H21 North of England
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POINTS
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LCG @ 265 K METER POINTS) (£)
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265,000

£5,000,000

1
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1,038,487

£19,594,094

Hull

165,457

£3,121,830

York

85,813

£1,619,113

NETWORK
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METER
POINTS
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ISOLATIONS
(NUMBER OF
VALVES), UNIT
COST £3,200

MP ISOLATIONS
(NUMBER OF
VALVES), UNIT
COST £6,600

DISTRICT GOVERNORS
AND ASSOCIATED
CONNECTIONS,
(NUMBER OF DGS)
UNIT COST £50,000

Reference

H21 LCG

26 5,000

750

170

30

1

West Yorkshire

1,038,487

2939

666

118

Hull

165,457

468

106

19

York

85,813

243

55

10

Tyneside

495,801

1403

318

56

Tyneside

495,801

£9,354,736

Teesside

246,000

696

158

28

Teesside

246,000

£4,641,509

Manchester

1,108,640

3138

711

126

Manchester

1,108,640

£20,917,736

Liverpool

635,617

1799

408

72

Liverpool

635,617

£11,992,774

Total units

10,686

2,422

427

TOTALS

£3,775,815

£71,241,792

Total cost

£34,196,060

£15,986,658

£21,372,538

OVERALL TOTAL COST

£71,555,256

2

2

3

3

Table 8.6: Gas network enabling works: strategic reinforcement CAPEX costs

397

WORKFORCE
AREA

Costs are based on existing network costs for these standard street works activities extrapolated from
H21 LCG.
WORKFORCE AREA
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Table 8.7: Gas network enabling works: conversion sectorisation CAPEX costs

It is important that a full conversion strategy,
including consideration of workforce size, customer
time without gas, temporary supplies, etc. would
be undertaken as part of a potential FEED study.
Costs are based on existing network standard street
works activity. Key assumptions are listed below:

Total costs for distribution network minor
modifications are summarised in Table 8.8 below:

→→
→→

Medium Pressure (MP) isolations — one third
already exist, a conservative assumption
Detailed analysis during the H21 LCG project
network revealed that 25-30 new permanent DGs
and associated mains connections are required to
facilitate additional sector isolations. This figure
has been used to extrapolate (based on meter
points) DG numbers for the other urban centres

→→

Average LP and MP double block and bleed
isolations have been priced by NGNs commercial
department at £3,200 and £6,600 respectively. The
average LP isolation is on a smaller diameter main.

→→

No account has been taken for installation of
these valves as part of the ongoing industry iron
mains replacement works. This would provide
a considerable cost reduction opportunity

ITEM

COST

Strategic reinforcement

£71,241,792

Conversion sectorisation

£71,555,256

TOTAL COSTS

£142.8M

Table 8.8: Distribution network minor modifications
These costs are not included in the
overall project costs as they are low
regrets costs which should be included
within Cadent and NGNs respective GD2/
GD3 business plans for execution between
2021-26 and 2026-31 respectively.
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8.2.7 Appliance Conversion (£7,500 m)

H21 LCG 265 k ÷ 3 = 88 k, average number
of domestic conversions per annum.
Therefore, H21 NoE is 530 ÷ 88 = 6 times faster
than H21 LCG conversion rate based on a
credible Hydrogen Production Facility and carbon
capture and storage commissioning rate.
Consequently, it is not appropriate to estimate the
cost for such a conversion based on a simple meter
point based extrapolation of the H21 LCG figures.
As demonstrated in Section 6.2.2, with the correct
planning this conversion rate is well within the
capabilities of the UK. It requires an average of 3,000
plumbers (gas fitters) per annum from the UK’s current
250,000 workforce. During the original conversion
from towns gas to natural gas between 1966 and
1977, at peak (1971/72), the UK was converting
2.3 million customers (meter points) per year. This
is four times the NoE conversion strategy rate.
The H21 NoE conversion costs have been
recalculated from first principles and these are
set out in detail in the following section.

Network Conversion
Schedule

All costs have been calculated based on the conversion
schedule set out in Section 6.0. This gives an annual
costs and overall total cost. The annual cost may
vary if, during a future Front-End Engineering
Design (FEED) study, the conversion schedule alters.
However, the overall costs should remain broadly
the same based on this estimating methodology.

1

This workforce may be able to be substantially
reduced based on the simplicity of the appliance
conversion process. This will be largely dependent on:
→→

Developments in the hydrogen
appliance design, see Figure 8.4

→→

Final number of appliances which could be dictated
by short, medium and long term government
policy. For example, a continuing trend towards
electric cooking in domestic properties

→→ The level of organic replacement to
hydrogen ready appliances for each future
conversion phase (see Vision, Section 11).
The Hy4Heat programme is due for completion in 2021
and is providing funding to the appliance manufacturing
industry for commercial development of hydrogen
appliances. This will provide more evidence of conversion
costs in the home which will be further confirmed in
a subsequent live trial in 2022/23 (subject to funding).
This live trial will involve physical conversion of a small
area of UK gas network (maybe 300 houses) and the
associated appliance upgrades. The estimated costs for
H21 NoE domestic conversion are set out in Table 8.9.

Domestic Converison
Labour Costs

H21 NoE 3.74 m ÷ 7 = 530 k, average number
of domestic conversions per annum.

Domestic conversion costs

Domestic Converison
Materials Costs

Appliance conversion was comprehensively
analysed in the H21 LCG project based on a small
area (Leeds, 265 k meter points) and a three year
conversion strategy. The H21 NoE project is based
on 3.78 million meter points and a 7 year conversion
strategy. This is 6 times faster than the H21 LCG
project as demonstrated in the calculation below:

AREA

SECTION 08

NETWORK

2028
(K)

2029
(K)

399

2030
(K)

2031
(K)

2032
(K)

2033
(K)

2034
(K)

D
 OMESTIC
METER POINTS
TOTAL

West Yorkshire

112

112

168

168

168

168

140

1,038

Hull

0

0

62

62

41

0

0

165

York

0

0

0

0

0

46

40

86

Tyneside

104

104

104

104

78

0

0

496

Teesside

0

0

0

66

66

66

49

246

Manchester

123

123

185

185

185

185

123

1,109

Liverpool

0

0

0

159

159

159

159

636

Total

340

340

520

744

697

623

512

A) Summer workforce total persons
(1 plumber/house/day)

1,888

1,888

2,887

4,134

3,874

3,464

2,843

B) Summer workforce cost
at £300pd (£m)

102

102

156

223

209

187

154

2
3

1,133

C) Winter workforce total persons

944

944

1,443

2,067

1,937

1,732

1,421

D) Winter workforce cost
at £300pd (£m)

51

51

78

112

105

94

77

566

TOTAL INDUSTRIAL LABOUR (£m)

153

153

234

335

314

281

230

1,699

E) SUB TOTAL Management/
Admin at 5% (£m)

8

8

12

17

16

14

12

85

F) Management/Adminstration
number of staff (average £45kpa)

153

153

234

335

314

281

230

G) Number of plumbers per
manager (summer)

12

12

12

12

12

12

12

SUB TOTAL: ALL LABOUR (£m)

161

161

246

352

329

295

242

H) Total number of boilers required

339,830

339,830

519,602

744,106

697,329

623,448

511,669

1,784

I) Total boiler costs (£m)

170

170

260

372

349

312

256

J) Total number of other appliances

169,915

169,915

259,801

372,053

348,665

311,724

255,834

K) Total other appliance costs (£m)

85

85

130

186

174

156

128

944

SUB TOTAL: MATERIALS (£m)

255

255

390

558

523

468

384

2,832

4,155

4,155

6,355

910

8,523

762

626

4,616

Total domestic appliance
conversion costs (£m)

1,888

Table 8.9: Domestic conversion costs

Domestic conversion labour costs
(rows A to D)
A: Total number of the industrial workforce (plumbers)
required within the summer conversion period, 180
days (6 months; from April to September). This is based
on an average of one plumber undertaking one house
conversion per day. For example, 339,830 meter points ÷
180 days = 1,888 plumbers for six months in year 2028.
B: The cost for the summer industrial workforce is based
on a day rate of £300 per day. The workforce would be
a combination of permanent staff (see C below) and
contract plumbers who are engaged for this period
only. This is similar to the REPEX workforce today.

C: In winter, conversion would not be undertaken.
Surveys would be required on properties in preparation
for the following summer conversion period. These would
be undertaken by part of the retained summer workforce
and would require approximately half the manpower.
This is equivalent to one plumber surveying an average
of two properties per day; this is highly conservative but
allows contingency for any other activities or upfront
enabling works as required. It also ensures a significant
amount of the skilled workforce could be retained.
D: The cost for the winter industrial workforce is
based on a day rate of £300 per day. The workforce
being predominantly permanent staff.
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8.2.7 Appliance Conversion (£7,500 m)

H21 LCG 265 k ÷ 3 = 88 k, average number
of domestic conversions per annum.
Therefore, H21 NoE is 530 ÷ 88 = 6 times faster
than H21 LCG conversion rate based on a
credible Hydrogen Production Facility and carbon
capture and storage commissioning rate.
Consequently, it is not appropriate to estimate the
cost for such a conversion based on a simple meter
point based extrapolation of the H21 LCG figures.
As demonstrated in Section 6.2.2, with the correct
planning this conversion rate is well within the
capabilities of the UK. It requires an average of 3,000
plumbers (gas fitters) per annum from the UK’s current
250,000 workforce. During the original conversion
from towns gas to natural gas between 1966 and
1977, at peak (1971/72), the UK was converting
2.3 million customers (meter points) per year. This
is four times the NoE conversion strategy rate.
The H21 NoE conversion costs have been
recalculated from first principles and these are
set out in detail in the following section.

Network Conversion
Schedule

All costs have been calculated based on the conversion
schedule set out in Section 6.0. This gives an annual
costs and overall total cost. The annual cost may
vary if, during a future Front-End Engineering
Design (FEED) study, the conversion schedule alters.
However, the overall costs should remain broadly
the same based on this estimating methodology.

1

This workforce may be able to be substantially
reduced based on the simplicity of the appliance
conversion process. This will be largely dependent on:
→→

Developments in the hydrogen
appliance design, see Figure 8.4

→→

Final number of appliances which could be dictated
by short, medium and long term government
policy. For example, a continuing trend towards
electric cooking in domestic properties

→→ The level of organic replacement to
hydrogen ready appliances for each future
conversion phase (see Vision, Section 11).
The Hy4Heat programme is due for completion in 2021
and is providing funding to the appliance manufacturing
industry for commercial development of hydrogen
appliances. This will provide more evidence of conversion
costs in the home which will be further confirmed in
a subsequent live trial in 2022/23 (subject to funding).
This live trial will involve physical conversion of a small
area of UK gas network (maybe 300 houses) and the
associated appliance upgrades. The estimated costs for
H21 NoE domestic conversion are set out in Table 8.9.

Domestic Converison
Labour Costs

H21 NoE 3.74 m ÷ 7 = 530 k, average number
of domestic conversions per annum.

Domestic conversion costs

Domestic Converison
Materials Costs

Appliance conversion was comprehensively
analysed in the H21 LCG project based on a small
area (Leeds, 265 k meter points) and a three year
conversion strategy. The H21 NoE project is based
on 3.78 million meter points and a 7 year conversion
strategy. This is 6 times faster than the H21 LCG
project as demonstrated in the calculation below:

AREA
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697,329

623,448

511,669

1,784

I) Total boiler costs (£m)

170

170

260

372

349

312

256

J) Total number of other appliances

169,915

169,915

259,801

372,053

348,665

311,724

255,834

K) Total other appliance costs (£m)

85

85

130

186

174

156

128

944

SUB TOTAL: MATERIALS (£m)

255

255

390

558

523

468

384

2,832

4,155

4,155

6,355

910

8,523

762

626

4,616

Total domestic appliance
conversion costs (£m)

1,888

Table 8.9: Domestic conversion costs

Domestic conversion labour costs
(rows A to D)
A: Total number of the industrial workforce (plumbers)
required within the summer conversion period, 180
days (6 months; from April to September). This is based
on an average of one plumber undertaking one house
conversion per day. For example, 339,830 meter points ÷
180 days = 1,888 plumbers for six months in year 2028.
B: The cost for the summer industrial workforce is based
on a day rate of £300 per day. The workforce would be
a combination of permanent staff (see C below) and
contract plumbers who are engaged for this period
only. This is similar to the REPEX workforce today.

C: In winter, conversion would not be undertaken.
Surveys would be required on properties in preparation
for the following summer conversion period. These would
be undertaken by part of the retained summer workforce
and would require approximately half the manpower.
This is equivalent to one plumber surveying an average
of two properties per day; this is highly conservative but
allows contingency for any other activities or upfront
enabling works as required. It also ensures a significant
amount of the skilled workforce could be retained.
D: The cost for the winter industrial workforce is
based on a day rate of £300 per day. The workforce
being predominantly permanent staff.
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Management/administrative,
overhead costs (rows E to G)
E: The overhead requirement is estimated at 5% of the
total industrial workforce costs per annum. For example,
£152,923,610 x 5% = £7,646,181 in the year 2028.
F: As a check on the quantities of management/
administrative staff required for the year and
assuming an average salary of £45 k and a 10%
overhead. For example, Overhead = £7,646,181
x 10% = £765 k, Number of staff = (£7,464,181 £765,000) ÷ 45,000 = 153 in the year 2028.
G: As an additional check how many managerial/
administrative staff are required per plumber (at peak
plumber numbers, i.e. summer). In year 2028, 1,888
(A) ÷153 (F) = 12 plumbers per staff member for the
conversion period. This is a reasonable figure for any
industrial workforce management structure. N.B. This
is an annual workforce. Therefore, in winter, this would
be equivalent to one member of staff per 6 plumbers.
Total domestic conversion labour
costs = £1,784,072,588 (£1,784 m)

Domestic conversion materials costs
(rows H to K)
H: It has been assumed that every house has a boiler.
I: The material costs for the boiler have been assumed
to be £500 per boiler. This is considered highly
conservative noting the scale of procurement and these
costs would be based on ‘at the factory door’ prices.
Furthermore, no account has been made for numbers
of hydrogen ready boilers installed in the years prior to
conversion (e.g. new build properties or replacement
to existing) which would have minimal material costs.
J: It has been assumed that on average there will
be one more appliance, in addition to the boiler, per
house. This is a figure which could be reduced over
time both organically by switches to electric cooking/
hobs and/or with effective government policy.
K: The average material costs for this additional
appliance (fire, cooker or hob, etc.) have been estimated
at £500 per appliance. Such appliances could
require total replacement (new appliance) or parts to
modify the burners. The Hy4Heat programme should
provide more evidence on this in the near future.
Total domestic conversion materials
costs = £2,831,861,250 (£2,832 m)
Total domestic conversion costs
= £4,615,933,838 (£4,616 m)
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8.2.8 Non-domestic
(industrial and commercial)
conversion costs
In the H21 NoE project there are 37,164 nondomestic meter points (see Section 2.0); these can
be industrial and/or commercial meter points. To
calculate the costs for non-domestic meter points
the detailed methodology from H21 LCG was used.
From the BEIS data presented in Section 2.3.2, the
percentage split in annual usage across the H21 NoE
was 49,915 GWh domestic and 28,278 GWh nondomestic. This is a 64% and 36% split respectively.
Scaling this up to a ‘peak year annual demand’ of
85,120 GWh, non-domestic usage based on the
same proportional split would be 30,783 GWh.
This is a peak year average hourly demand of
3.5 GW (30,783 GWh ÷ 8,760 hours per year)
for non-domestic usage across the NoE.
From the detailed analysis set out in H21 LCG
(Section 5.2) the following figures were carried
forward for use in the H21 NoE analysis:
→→

A unit cost of £30,000 is required for
non-domestic below 200 kW sites

→→

A unit cost of £125,000 is required
for non-domestic large users

→→ The split between non-domestic users below 200 kW
and large users defined in the H21 LCG report
will be used on the same proportionate basis
The full analysis is set out in Table 8.10 with
a description thereafter where required.
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ITEM

BELOW 200 KW
METER POINTS

A) Non-domestic meter points
by user capacity (#)

2,999

127

B) Meter points by
user capacity (%)

96%

4%

C) Annual usage (GWh)

759

1,568

D) Annual demand by
user capacity (%)

33%

67%

E) Unit cost of conversion
by user capacity (£)

£30,000

£1,250,000

F) TOTAL COST OF CONVERSION
I&C USERS (£)

£89,970,000

£158,750,000

G) Number of non-domestic meter
points by user capacity (#)

35,654

1,510

H) Total cost of conversion
by user capacity (£)

£1,069,624,146

£1,887,327,255

I) Annual demand by
user capacity (GWh)

10,036

20,747

J) Average annual hourly demand
by I&C user capacity (GW)

1.15

2.37

K) Check (average cost per kW)

MW SCALE
METER POINTS

TOTALS (£)

£248,720,000

£2,956,951,401

797

Table 8.10: Non-domestic conversion costs
A: Non-domestic meter points from H21 LCG.
B: The proportionate split between below 200 kW
and large users of the total 3,126 meter points.
C: From page 151 of the H21 LCG report total
annual usage by non-domestic user type.
D: Percentage of annual energy usage
(C) by non-domestic user type.
E: Unit cost of conversion for non-domestic
user type (from page 152 H21 LCG report).
F: Total cost of conversion for H21 LCG
non-domestic users (A x E).

G: Non-domestic meter types by capacity for H21 NoE.
This is calculated based on the percentage split in H21
LCG (row B) times total non-domestic meter points in
H21 NoE. For example, for below 200 kW users 37,164
(total non-domestic meter points) x 96% = 35,654
H: Total costs of conversion by nondomestic user type (E x G).
I: Total annual usage by non-domestic user type. For
example, for below 200 kW users 30,783 (total nondomestic annual demand) x 33% = 10,036 GWh
J: Average hourly demand. For example, for below
200 kW users, 10,036 ÷ 8,760 (hours per year)
K: This is the average cost per kilowatt to upgrade large
industrial users across the NoE (row H divided by row J).
N.B. The current cost per kilowatt for a new build CCGT
is £505/kW, so this cost at £797 kW is exceptionally
conservative and likely to be significantly cheaper.
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overhead costs (rows E to G)
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Table 8.10: Non-domestic conversion costs
A: Non-domestic meter points from H21 LCG.
B: The proportionate split between below 200 kW
and large users of the total 3,126 meter points.
C: From page 151 of the H21 LCG report total
annual usage by non-domestic user type.
D: Percentage of annual energy usage
(C) by non-domestic user type.
E: Unit cost of conversion for non-domestic
user type (from page 152 H21 LCG report).
F: Total cost of conversion for H21 LCG
non-domestic users (A x E).

G: Non-domestic meter types by capacity for H21 NoE.
This is calculated based on the percentage split in H21
LCG (row B) times total non-domestic meter points in
H21 NoE. For example, for below 200 kW users 37,164
(total non-domestic meter points) x 96% = 35,654
H: Total costs of conversion by nondomestic user type (E x G).
I: Total annual usage by non-domestic user type. For
example, for below 200 kW users 30,783 (total nondomestic annual demand) x 33% = 10,036 GWh
J: Average hourly demand. For example, for below
200 kW users, 10,036 ÷ 8,760 (hours per year)
K: This is the average cost per kilowatt to upgrade large
industrial users across the NoE (row H divided by row J).
N.B. The current cost per kilowatt for a new build CCGT
is £505/kW, so this cost at £797 kW is exceptionally
conservative and likely to be significantly cheaper.
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Total non-domestic conversion costs
= £2,956,951,401 (£2,957 m)

GRTgaz provided the H21 team with evidence of the
cost of this conversion which involves the same work
as a natural gas to hydrogen conversion. In France, the
Commission De Regulation De L’Energie (CRE) (the
French regulator), published a study into the costs of
conversion. This study was benchmarked against the
more established L-gas to H-gas conversion programme
in Germany to allow the costs of conversion to be
implemented in the GRTgaz tariffs, i.e. using regulatory
business plans to fund the conversion. The study can be
found at: https://www.cre.fr/Documents/Deliberations/

Hydrogen
Demonstration Boiler

Demonstrating Feasibility
Worcester’s Hydrogen Demonstration Boiler is a
prototype appliance built to show that domestic
hydrogen boilers are technically feasible.
While the external appearance is identical, inside the
appliance new burner and flame detection technology
is used to maintain a stable hydrogen flame. Although
new to domestic heating, this technology is well
proven in other applications and is very robust.

The demo boiler is externally identical to the Greenstar CDi
Classic natural gas boiler and can run on both hydrogen
and natural gas

Full-Load Gross Heat Input

30 kW

ErP Space Heating Efficiency Class A
Dimensions (h, w, d) [mm]

760 x 440 x 360

Specification – Natural Gas and 100% Hydrogen
The Demonstration Boiler can burn either natural gas
or 100% hydrogen.
Hydrogen Ready
The key to a successful conversion will be the
introduction of hydrogen technology through the
natural replacement of appliances.
We are working towards “hydrogen ready” appliances
which can burn natural gas and be converted quickly
and simply using a small kit of parts.

Natural
Hydrogen
flamesGas
are invisible to Carbon-Free
the naked eye.Gas
Methane (CH4)

Hydrogen (H2)

Instead of the familiar blue hue, the red glow of hot
surfaces is visible through the flame.
Like-for-Like Replacement
The Hydrogen Demonstration Boiler delivers the same
heat output in the same space envelope and with the
same control and user interaction as conventional
natural gas boilers.
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Additionally, since the launch of H21 LCG the H21 team
have had extensive interaction with international
gas operators. These include Open Grid Europe and
GRTgaz from Germany and France, respectively.
Interestingly, in both Germany and France, there
are recent or planned conversion programmes
between two gases. These are ‘Low gas’ (with a
low energy value, ‘L-gas’) to ‘High gas’ (with a high
energy value ‘H-gas’) both versions of natural gas.

Since the launch of the H21 LCG report in 2016 there
have been significant developments in the appliance
manufacturing of specifically 100% hydrogen boilers.
These developments have the potential to dramatically
reduce the cost of hydrogen conversion over time. This
would be achieved through the organic upgrade of
natural gas boilers to hydrogen ready boilers which could
be accelerated through effective government policy. A
case study is provided by Worcester Bosch in Figure
8.4 on their latest 100% hydrogen boiler development.

Hydrogen boilers offer the
opportunity to decarbonise heat
using existing infrastructure,
homes and lifestyles
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Avis/conversion-zone-nord-de-la-france-gaz-h
This study found the cost of conversion for
high pressure end users was between €2 k and
€150 k, with an average of €10 k. This was for
changing elements like injectors, emission control,
adjustment of gas turbines for CCGT, etc.
For low pressure users, who are the
consumers that would be converted in
the H21 NoE project, the following
costs were confirmed. It is worth
noting that the extent of the works
would need to be validated for direct
comparison with hydrogen conversion.
However, these costs could be considered
the aspiration for a UK hydrogen
conversion and would add enormous
savings to the conversion costs if they
could be even partially achieved.

ITEM

COST IN €

Project management

52-80

Inventory and adaption

175-235 (based on 95% of equipment needing adaption)

Post conversion checks

190-340 based on a 10% control rate

TOTAL COST PER CUSTOMER

417-655 (CIRCA £370-580 PER HOUSE)

Table 8.11: L-gas to M-gas domestic conversions costs per customer
Appliance conversion summary
SECTOR

COST TO CONVERT

Domestic conversion

£4,615,933,838

I&C conversion

£2,928,523,200

TOTAL

£7,544,457,038

Table 8.12: H21 NoE end user conversion costs
Paving the Way
Worcester is developing the technology for hydrogenready boilers. The demo boiler is the first step on the
pathway to clean heat using carbon-free gas.

The water, gas, electricity and control connections are
identical, as are the flue and condensate drain.

Figure 8.4: Worcester Bosch hydrogen boiler

Total cost of appliance conversion
for H21 NoE has been assessed
to be circa £7,500 m
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Total non-domestic conversion costs
= £2,956,951,401 (£2,957 m)
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This study found the cost of conversion for
high pressure end users was between €2 k and
€150 k, with an average of €10 k. This was for
changing elements like injectors, emission control,
adjustment of gas turbines for CCGT, etc.
For low pressure users, who are the
consumers that would be converted in
the H21 NoE project, the following
costs were confirmed. It is worth
noting that the extent of the works
would need to be validated for direct
comparison with hydrogen conversion.
However, these costs could be considered
the aspiration for a UK hydrogen
conversion and would add enormous
savings to the conversion costs if they
could be even partially achieved.
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COST IN €

Project management

52-80

Inventory and adaption

175-235 (based on 95% of equipment needing adaption)

Post conversion checks

190-340 based on a 10% control rate

TOTAL COST PER CUSTOMER

417-655 (CIRCA £370-580 PER HOUSE)

Table 8.11: L-gas to M-gas domestic conversions costs per customer
Appliance conversion summary
SECTOR

COST TO CONVERT

Domestic conversion

£4,615,933,838

I&C conversion

£2,928,523,200

TOTAL

£7,544,457,038

Table 8.12: H21 NoE end user conversion costs
Paving the Way
Worcester is developing the technology for hydrogenready boilers. The demo boiler is the first step on the
pathway to clean heat using carbon-free gas.

The water, gas, electricity and control connections are
identical, as are the flue and condensate drain.

Figure 8.4: Worcester Bosch hydrogen boiler

Total cost of appliance conversion
for H21 NoE has been assessed
to be circa £7,500 m
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8.3

H21 NoE OPEX costs
8.2.9

The OPEX costs for H21 NoE are
shown in Figure 8.6 and are explained
in further detail thereafter.

H21 NoE CAPEX summary

The total CAPEX costs, excluding carbon capture
and storage at this point, associated with the
H21 NoE project are summarised in Table 8.13.
ITEM

£24 M

OPEX

COST (£M)

Natural gas connection

£0 (included in cost of HPF)

Hydrogen Projection Facility (HPF)

8,520

Inter-seasonal hydrogen storage

1,991

Hydrogen transportation system

3,427

Carbon transport and storage

1,340

Appliance conversion

7,500

TOTAL

22,778

CARBON TRANSPORT
AND STORAGE
(2,830 t/h)

APPLIANCE
CONVERSION

NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT

Table 8.13: H21 NoE CAPEX Summary

H21 NoE CAPEX

DOMESTIC
APPLIANCES

£8,520
£7,500
INTER-SEASONAL
STORAGE
(8,052 GWh)

OPEX

£0

£285 M

£63 M

INTRADAY
STORAGE
(25 GWh)

£3.0 M

£0

COMMERCIAL
HEAT

£0

£0

£3,427
£580 M

£1,991

£1,340

Figure 8.6: H21 NoE OPEX costs

£0
Natural
gas
connection

Hydrogen
Production
Facility

Inter-seasonal
Hydrogen
CO2 transport
storage
transportation and storage
system

Figure 8.5: H21 NoE CAPEX costs

ADDITIONAL ENERGY COST FOR HYDROGEN PRODUCTION FACILITY

Appliance
conversion

H21 NoE is a robust engineering project based on end
to end design using proven technology. When comparing
any alternative, all the above areas should be considered
on an identical scale, technology readiness, guaranteed
buildability and identical timescales basis, i.e.
decarbonising 85 TWh of heat within the NoE by 2035. An
explanation of costs associated with the OPEX elements
of the project are provided in the following section.
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Natural gas connection
(£0 pa)
The natural gas connection is a relatively short
length of high pressure gas pipeline. Like any new
short connection any additional operating costs are
considered negligible and would be absorbed into
the business as usual practices of the UK’s National
Transmission System. There are no additional costs
associated with the Natural Gas Connection.

8.3.1 Hydrogen Production
Facility (£285 mpa)
Operating cost
The hydrogen production facility is a self-contained
plant generating its own power from an onsite power
plant fuelled by hydrogen. An indicative OPEX figure has
been developed based on a bottom up assessment of
operational activities. This figure has been developed
by Equinor with input from KBR and an amount of
synergies have been assumed for items such as a
shared control room for the ‘mega’ plant. It is further
assumed that technical staff within maintenance,
general services, etc. are shared with the interseasonal hydrogen storage. The plant, when fully
operational, i.e. all nine 1.5 GW ATR modules built and
operational in 2035, will require the following labour:

407

DAYTIME

SHIFT

Senior

6

0

Managing Director (1), Production Manager (1), Maintenance Manager (1), Technical
Services Manager (1), Finance & Marketing Manager (1), Personnel and Admin Manager (1)

6

Operation

20

Plant Head (4), Plant Engineers (8), Chief Supervisor (8)

20

Shift Supervisors (24), DCS Operators (36), Field Operators (144)

TOTAL
6
6

204

224
20

204

204

33

149

Maintenance

116

Head of Maintenance Disciplines (7), Maintenance Engineers (14),
Planners and logistics (6), Discipline Supervisors (7)

34

34

Rotary Mechanical

10

10

Static Mechanical

16

Instrument — DCS

8

Instrument — Field

12

8

20

Electrical — SS Operation

6

8

14

Electrical — Maintenance

8

8

Civil

6

6

Workshops

12

12

CAD Drawings Administration

4

4

Tech services

52

24

76

Head of Sections (4), Project Engineers (8), Process Engineers (8), Safety
Engineers (1), Fire Technicians (8), Environment Engineer (1), Inspection
Engineers (4), Inspection Technicians (8), Lab Officer/Chief (1),

43

8

51

Security Personnel

1

12

13

Laboratory Technicians

8

12

20

Finance and marketing

30

0

30

Head of Section (3), Accounting (6), Internal Auditor (1), Procurement (5),
Warehouse and Stores (10), Marketing Specialist (2), Sales Specialist (3)

30

Personnel

22

Head of Section (1), HR and Personnel Staffs (5), Administration Staffs
(4), IS Support (5), Secretary/Personal Assistants/Clerical (7)

22

TOTAL

246

Technicians

Table 8.14: Workforce requirement for the Hydrogen Production Facility
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8.3.2 Inter-seasonal hydrogen storage (£63 mpa)

In addition to manning costs there will be an element
of ongoing materials to undertake maintenance
and for the general operation of the site.

To establish the operational cost for the inter-seasonal
hydrogen storage the annual cycling, operational
philosophy and maintenance has to be considered.

Costs are summarised in Table 8.15.
ITEM

HYDROGEN FACILITY (£)

COMMENT

Manning numbers

500

Per Table 8.14

Manning cost

30,000,000

Average annual manning cost at
£60,000 per person per year

Maintenance

170,000,000

2% of total CAPEX covering repairs,
replacement of equipment, etc.

Operation

22,500,000

Catalyst and chemicals replacement every
4 years. C&C cost per plant is £10.4 m,
i.e., £2.5 m x 9 ATR units: £22.5 m/year

Miscellaneous

12,500,000

Welfare, external services, visitor
centre, waste disposal cost, etc.

Contingency (20%)

50,000,000

To cover such items as local taxes and
community/social responsibility

TOTAL

285,000,000

First the inter-seasonal hydrogen storage will
operate with multiple cycles (30-50) per year and
with variable injection and withdrawal rates. This
puts significant stress on the surface facility
equipment and higher cost is assumed compared to
a hydrogen facility operating at steady conditions.
Operation philosophy is based on one common control
centre for all eight cavern sites. This reduces manning
significantly. Further, technical support, warehouse and
spares can be shared with the Hydrogen Production
Facility. This significantly reduces manning cost and
staffing based on an 8 hour shift would require 4 x 6
operators. Including day time personnel of six, the total
workforce would be 30. Additionally, the facility will
consume power during injection and cooling. The annual
consumption will depend on the seasonal variation,
i.e. cold winter. In Table 8.16 the hydrogen injected
into storage is shown with the corresponding power
requirement based on the 2013 to 2016 UK heat demand
profiles adjusted to the NoE demand characteristics.

Table 8.15: Total annual operating cost for the Hydrogen Production Facility

YEAR

2013

2014

2015

2016

AVERAGE

Note: this cost does not include the cost of Natural gas/
hydrogen production efficiency which is covered below.

Hydrogen injection, GWh

5,798

1,367

3,157

2,337

3,165

Power, MWh/year

99,700

23,500

54,300

40,200

54,400

Total annual operating and maintenance
costs for the Hydrogen Production
Facility is £285 mpa (excluding
cost of the natural gas).

Table 8.16: H21 NoE annual hydrogen injection into storage and associated power
requirement
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First the inter-seasonal hydrogen storage will
operate with multiple cycles (30-50) per year and
with variable injection and withdrawal rates. This
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equipment and higher cost is assumed compared to
a hydrogen facility operating at steady conditions.
Operation philosophy is based on one common control
centre for all eight cavern sites. This reduces manning
significantly. Further, technical support, warehouse and
spares can be shared with the Hydrogen Production
Facility. This significantly reduces manning cost and
staffing based on an 8 hour shift would require 4 x 6
operators. Including day time personnel of six, the total
workforce would be 30. Additionally, the facility will
consume power during injection and cooling. The annual
consumption will depend on the seasonal variation,
i.e. cold winter. In Table 8.16 the hydrogen injected
into storage is shown with the corresponding power
requirement based on the 2013 to 2016 UK heat demand
profiles adjusted to the NoE demand characteristics.

Table 8.15: Total annual operating cost for the Hydrogen Production Facility

YEAR

2013

2014

2015

2016

AVERAGE

Note: this cost does not include the cost of Natural gas/
hydrogen production efficiency which is covered below.

Hydrogen injection, GWh

5,798

1,367

3,157

2,337

3,165

Power, MWh/year

99,700

23,500

54,300

40,200

54,400

Total annual operating and maintenance
costs for the Hydrogen Production
Facility is £285 mpa (excluding
cost of the natural gas).

Table 8.16: H21 NoE annual hydrogen injection into storage and associated power
requirement
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CO2 transport and storage (£24 mpa)

The following methods and assumptions are
used in estimating the CO2 T&S costs.
O&M

UK-UKCS

UK-NCS

Pipeline and umbilical

£m/yr

4

8

Subsea systems

£m/yr

3

2

Wells/drilling

£m/yr

13

7

Personnel, overhead, insurance

£m/yr

4

5

SUM

£M/YR

24

21

Table 8.18: H21 NoE; UKCS and NCS T&S CAPEX and O&M breakdown (2018-prices)
The cost breakdowns below illustrate the OPEX
comparison between the UKCS and NCS schemes.
Based on an average power requirement of
54,400 MWh per annum for all inter-seasonal
hydrogen storage requirement, this is equal to
0.0544 TWh/74.45 TWh (average year annual demand)
= 0.073% of total hydrogen supplied. Assuming a
future electricity price of £60/MWh (based on BEIS)
the annual electricity cost would be £3,264,000.

CO2 T&S O&M UKCS versus NCS storage
£m/pa (2018)

25

Personnel, overhead
and insurance
Wells/drilling

20

For the H21 NoE project, 8 surface facilities will be
required and the total operating costs for the interseasonal hydrogen storage is set out in Table 8.17.

Subsea systems
Pipeline & umbilical

15
WBS

Hydrogen storage (£)

Workforce numbers

30

Maintenance @ 5% of surface facility
CAPEX (see Table 8.2) (0.05 x £775 m)

38,750,000

Manning cost @ 60 k per year x 30 staff

1,800,000

Operation including power, services and misc

12,000,000

Contingency (20%)

10,500,000

TOTAL

63,050,000

Table 8.17: Inter-seasonal hydrogen storage, annual OPEX costs
Total annual operating cost for
the inter-seasonal hydrogen
storage is £63 mpa

10

5

0
UK-UKCS

Figure 8.7: T&S O&M breakdown (2018-prices)

UK-NCS
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Hydrogen transportation system (£2.84mpa)

Once constructed and commissioned the hydrogen
transportation system will incur ongoing operation
and maintenance costs. An assessment has been
made of the likely operational and maintenance costs
associated with the scheme. The maintenance regime
adopted for the hydrogen transportation system and
the associated infrastructure will be determined by
legislation. Certain components of the system will be
subject to inspection regimes specified in legislation,
such as the Gas Safety Management Regulations
(GMSR), Pressure System Safety Regulations (PSSR)
and Pipeline Safety Regulations (PSR). The table below
details the likely operation and maintenance costs.
HTRS OPEX

£M/YR

NOTES

Control Room

0

Assumed incorporated into one of the
UK gas existing control rooms.

Management and
Administration

0.3

Additional Control Room staff: Control Room Manager +
P/L Manager + Supervision/Admin = 6 people @ £50 k/yr

Routine Inspection

0.25

2 Operatives + equipment + Competent Person

OLI Runs

0.225

HTS and LHTS, 30 sections @ £75 k per
section = £2.25 m - every 10 years

AGI Maintenance

1.56

6 teams @ £1 k/day full time

Facilities

0.25

Facility provision for remote staff

Sub total

2.585

Contingency

0.26

GRAND TOTAL

2.84

Table 8.19: HTrS operating costs

10% of total
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8.3.5 Intraday storage (£0 pa)
As the intraday storage is provided by the hydrogen
transportation system there are no additional costs.

8.3.6 Gas distribution
network modifications (£0 pa)
There are no additional costs associated with the
distribution networks above those already undertaken.

8.3.7 Appliance
conversion (£0 pa)
There are no ongoing costs for appliance conversion.

413

8.3.8 Energy cost for Hydrogen
Production Facility (£580 mpa)
The most significant ongoing cost of the Hydrogen
Production Facility is the fuel cost associated
with the production of the hydrogen and carbon
capture, i.e. the fuel which is not converted to
hydrogen (the plants efficiency). This is difficult to
calculate based on the fluctuating costs of natural
gas. Therefore, the value has been calculated
based on the BEIS 2035 gas price projection of
£23/MWh. The calculation is set out as follows.
Plant efficiency 74.7%
→→

Natural gas price 2035 £23/MWh

→→ Total amount of natural gas used in an average
year = (74.45 TWh H2 ÷ 0.747) = 99.67 TWh
→→ The additional natural gas consumption is
99.67 TWh – 74.45 TWh = 25.22 TWh
→→

Resulting in additional annual natural gas cost of
25,220,000 MWh x £23/MWh = £579.6 million

→→ Total annual gas cost is 99,670,000 MWh
x 23 £/MWh = £ 2,292.4 million
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8.4

Summary of costs
8.3.9

The total OPEX and CAPEX costs for H21
NoE are summarised in Figure 8.9.

H21 NoE OPEX Summary

The total OPEX costs associated with the H21
NoE Project are summarised in Table 8.15.
ITEM

COST (£MPA) POST 2035 (ONCE CONVERSION
AND COMMISSIONING IS COMPLETE)

Natural gas connection

0

Hydrogen Production Facility

285

Inter-seasonal hydrogen storage

63

Carbon transport and storage

24

Hydrogen transportation system

3

Gas network enabling works

0

Appliance conversion

0

SUB TOTAL

375

Additional energy cost for
Hydrogen Production Facility

580

TOTAL

955

CAPEX

£1,340 M

OPEX

£24 M

CARBON TRANSPORT
AND STORAGE
(2,830 t/h)

APPLIANCE
CONVERSION

NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT

Table 8.20: H21 NoE: Annual OPEX and energy cost summary

H21 NoE OPEX

DOMESTIC
APPLIANCES

£580m
INTER-SEASONAL
STORAGE
(8,052 GWh)

£285m

H21 NoE OPEX

Hydrogen
Production
Facility

£24m

Inter-seasonal
Carbon
hydrogen
transport
storage
and storage

Figure 8.8: H21 NoE OPEX costs
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Figure 8.9: OPEX and CAPEX costs for H21 NoE
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Figure 8.9: OPEX and CAPEX costs for H21 NoE

H21 North of England

SECTION 08

416

H21 North of England

SECTION 08

417

8.5

Cost profiles and whole life costs/
H21 LCG comparison
ITEM

CAPEX (£M)

OPEX (£MPA) POST 2035 (ONCE CONVERSION
AND COMMISSIONING IS COMPLETE)

Natural gas connection

0 (included n HPF)

0

Hydrogen Production Facility (HPF)

8,520

285

Inter-seasonal hydrogen storage

1,991

63

Carbon transport and storage

1,340

24

Hydrogen transportation system

3,427

3

Appliance conversion

7,500

0

The overall cost profile for the CAPEX spend
is provided below as well as a comparison
of spend against the original H21 LCG
project to show the economies of scale
delivered by H21 NoE. The forecast cost
spend has been aligned to the delivery
programme which is set out in Figure 8.10
and described in more detail in Section 10.0.
ALL THE TIMELINES
2019

2020

2021

2022

2023

2024

2025

2026

2027

Key
Project
Milestones

2028

2029

2030

2031

2032

22,778

Additional energy cost for
Hydrogen Production Facility

N/A

TOTAL

22,778

375
580
(total annual gas cost is £2,292 m)

Hydrogen
Production
Facilty
Development

NOE FULLY
CONVERTED

DESIGN & ENGINEERING

HSE, EIA AND PERMITTING

BUILD UNITS 1&2 AND CCGT
POWER PLANT

PROCUREMENT

SCREENING
LOCATION HPF

BUILD UNIT 3

BUILD UNIT 5 TO 9 INCLUSIVE & COMMISSION

BUILD UNIT 4 & COMMISSION

DESIGN BASIS
FEASIBILITY
STUDY
HPF CONCEPT STUDY

955

CIVIL AND CONSTRUCTION
CONCEPT STUDY
3D CAD MODELLING

Table 8.21: H21 NoE total CAPEX and OPEX costs

Inter-seasonal
Hydrogen Storage
Development

SCREENING
LOCATION

FEASIBILITY
STUDY

DESIGN & ENGINEERING
BUILD STORAGE SITE #1
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8.5

Cost profiles and whole life costs/
H21 LCG comparison
ITEM

CAPEX (£M)

OPEX (£MPA) POST 2035 (ONCE CONVERSION
AND COMMISSIONING IS COMPLETE)

Natural gas connection

0 (included n HPF)

0

Hydrogen Production Facility (HPF)

8,520

285

Inter-seasonal hydrogen storage

1,991

63

Carbon transport and storage

1,340

24

Hydrogen transportation system

3,427

3

Appliance conversion

7,500

0

The overall cost profile for the CAPEX spend
is provided below as well as a comparison
of spend against the original H21 LCG
project to show the economies of scale
delivered by H21 NoE. The forecast cost
spend has been aligned to the delivery
programme which is set out in Figure 8.10
and described in more detail in Section 10.0.
ALL THE TIMELINES
2019

2020

2021

2022

2023

2024

2025

2026

2027

Key
Project
Milestones

2028

2029

2030

2031

2032

22,778

Additional energy cost for
Hydrogen Production Facility

N/A

TOTAL

22,778

375
580
(total annual gas cost is £2,292 m)

Hydrogen
Production
Facilty
Development

NOE FULLY
CONVERTED

DESIGN & ENGINEERING

HSE, EIA AND PERMITTING

BUILD UNITS 1&2 AND CCGT
POWER PLANT

PROCUREMENT

SCREENING
LOCATION HPF

BUILD UNIT 3

BUILD UNIT 5 TO 9 INCLUSIVE & COMMISSION

BUILD UNIT 4 & COMMISSION

DESIGN BASIS
FEASIBILITY
STUDY
HPF CONCEPT STUDY
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The spend profile will be confirmed as part of a
FEED study (see Section 10.0) but an indication
has been provided below. This includes the £250 m
FEED costs which would be delivered over the next
3 years subject to funding being made available.
YEAR

Costs per annum are presented in Table 8.22
and the spend profile graph thereafter:

COST (£M)

NOTES

2019/20

50

FEED (see Section 10.0)

2020/21

76

FEED (see Section 10.0)

2021/22

124

FEED (see Section 10.0)

FEED SUB TOTAL

250

2022/23

149

Design and Build

2023/24

481

Design and Build

2024/25

1,622

Design and Build

2025/26

2,193

Design and Build

2026/27

1,733

Design and Build

2027/28

1,782

Build/Commission

2028/29

2,513

Build/Commission

2029/30

2,503

Build/Commission

2023/31

2,330

Build/Commission

2031/32

2,615.5

Build/Commission

2032/33

2,146

Build/Commission

2033/34

1,578.5

Build/Commission

2034/35

1,132

Build/Commission

CAPEX SUB TOTAL

22,778

Table 8.22: H21 NoE CAPEX breakdown by year
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Economies of scale when compared to H21 LCG

The original H21 LCG study was based on conversion of
a comparatively small area when considered against
H21 NoE. As with any large project, the associated
costs savings which are realised through scale can be
significant; this is the case with hydrogen conversion.
H21 NoE is 13.3 times larger than H21 LCG on a peak
demand basis and 14.2 times larger on a domestic
meter point number basis. This is set out in Table 8.23.
PEAK DEMAND (GW)

DOMESTIC METER POINTS

H21 LCG

3

0.265

H21 NoE

42

3.77

Scaling factor

13.3

14.2

Table 8.23: Difference in scale between H21 LCG and H21 NoE
Using these factors, it is possible to work out
the economies of scale which can be achieved
by H21 NoE. These are set out in Table 8.24.
CAPEX (£M)

OPEX (£M)

COMMENT

H21 LCG (£m)

2,054

139

Carbon transport and storage CAPEX
was not included in H21 LCG costs

H21 LCG scaled by energy

27,318

1,849

N/A

H21 LCG scaled by meter points

29,221

1,977

N/A

H21 NoE (£m)

21,438

955

Carbon transport and storage CAPEX
omitted from H21 NoE costs as
this was not included in H21 LCG

% Saving by energy

22

48

% saving by meter point

27

52

H21 NoE CAPEX profile

£m/pa

Production

Storage

CCS

HTS

LHTS

HIPS

Conversion

4,000

3,000

Table 8.24: Economies of scale H21 LCG versus H21 NoE

2,000

1,000
FEED study
0
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Figure 8.11: CAPEX spend profile

The H21 NoE project provides an average
CAPEX saving of 25% and an average OPEX
saving of circa 50% per meter point or
unit of energy when compared against
the H21 LCG project costs. Economies
of scale would be greater prolific if
factoring in CCS, see Section 11.0.
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significant; this is the case with hydrogen conversion.
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demand basis and 14.2 times larger on a domestic
meter point number basis. This is set out in Table 8.23.
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Using these factors, it is possible to work out
the economies of scale which can be achieved
by H21 NoE. These are set out in Table 8.24.
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H21 LCG (£m)

2,054
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was not included in H21 LCG costs
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H21 NoE (£m)

21,438

955

Carbon transport and storage CAPEX
omitted from H21 NoE costs as
this was not included in H21 LCG
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Figure 8.11: CAPEX spend profile

The H21 NoE project provides an average
CAPEX saving of 25% and an average OPEX
saving of circa 50% per meter point or
unit of energy when compared against
the H21 LCG project costs. Economies
of scale would be greater prolific if
factoring in CCS, see Section 11.0.
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8.6

Additional costs of the split
Hydrogen Production Facility
The H21 NoE project has been based on
an optimised engineering solution with
one 12.15 GW Hydrogen Projection Facility
(HPF) located at Easington. However, as
described in Section 4.6, a split HPF strategy
should also be explored as part of the
FEED study. This will consider other wider
UK strategic factors. The main differences
between a split and single strategy are:

→→ Two Hydrogen Production Facilities generating
a combined output of 12.15 GW
→→ The additional carbon transport infrastructure to
transport the captured CO2 to the CO2 storage sites

8.6.1 Hydrogen Production Facility:
(33% Teesside, 67% Easington, see Section 4.6)
8.1 GW H2
EXPORT (£M)

EASINGTON TOTAL
H2 FACILITY COST

TEESSIDE TOTAL H2
FACILITY COST

TOTAL COST OF
DUAL PLANT
FACILITY*

TOTAL COST SINGLE
H2 PRODUCTION
PLANT

Equipment

1,122

576

1,698

1,664

Bulk

775

399

1,174

1,145

Indirects

211

108

319

312

Construction

1,258

651

1,909

1,851

Home office

68

35

103

99

CMT

99

51

150

145

Power plant
(including
substation)

423

269

692

550

Other

44

23

67

64

EPC (£m)

4,000

2,112

6,112

5,830

Owners cost

636

340

976

880

Project management

200

106

306

292

Insurances

120

64

184

175

Contingency

927

491

1,418

1,343

TOTAL PROJECT COST

5,883

3,113

8,996

8,520

This is shown diagrammatically in Figure 8.12.

ADDITIONAL
HPF

ADDITIONAL
200 KM 16 INCH
PIPELINE

Table 8.25: HPF split location CAPEX costs
*Compression of hydrogen to storage is not included.

Figure 8.12: H21 NoE split Hydrogen Production Facility strategy
As with any project, building two sites will incur
additional costs in both the CAPEX requirement
and ongoing OPEX. The additional costs associated
with the HPF and the CO2 transport and storage
are set out in Section 8.6.1 and 8.6.2.

The hydrogen facility CAPEX cost increases from
£8,520m to £9,000m for a split location solution,
i.e. an increase in costs of £500m. In addition, the
ongoing OPEX will also be significantly increased.
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Figure 8.12: H21 NoE split Hydrogen Production Facility strategy
As with any project, building two sites will incur
additional costs in both the CAPEX requirement
and ongoing OPEX. The additional costs associated
with the HPF and the CO2 transport and storage
are set out in Section 8.6.1 and 8.6.2.

The hydrogen facility CAPEX cost increases from
£8,520m to £9,000m for a split location solution,
i.e. an increase in costs of £500m. In addition, the
ongoing OPEX will also be significantly increased.
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8.7

H21 NoE, a wider energy strategy
(H21 NoE XL)
8.6.2

CO2 transportation

The CAPEX costs associated with the additional
infrastructure between Teesside (33% H2
production) and Easington (66% H2 production).
CAPEX (£M)

SPLIT LOCATION –
33% TEESSIDE AND 66% EASINGTON

100% EASINGTON ONLY

Landfall and onshore controls

24

14

Pipeline and Umbilical

881

581

Subsea facilities

202

202

Wells/drilling

541

541

TOTAL

1,647

1,337

Table 8.26: CAPEX estimate of CO2 transport and storage for split location versus
Easington
N.B. This is based on there being no established CO2
transport and storage at either location before the
onset of H21 NoE. To assess the additional costs the
project team have assumed the same storage locations,
i.e. BC36, BC40 and BC3 (see Section 7.0). The main
change is a slightly smaller dimensioned pipeline
from Easington to BC40, i.e. 22 inch and a new 200
km 16 inch pipeline from the Teesside area to BC40.
The CO2 transport and storage CAPEX costs
increase by approximately £300m.

As discussed in detail in Section 6.6 the
H21 NoE project has been developed based
on providing decarbonised heating in the
form of hydrogen. However, throughout
the project it became increasingly evident
that such a large-scale energy project
should consider the opportunity for a wider
strategy. Bulk availability of hydrogen allows
opportunities for decarbonisation of industrial
clusters, centralised and decentralised
power generation and for usage by the
transport sector. The concept, referred to
as H21 NoE XL, comprises the following
main design parameters compared to H21
NoE design (Table 8.27). This is equivalent
to case D described in Section 4.2.
DESIGN PARAMETERS

UNIT

H21 NOE

H21 NOE XL

Hydrogen Production Facility capacity

GW

12.15

16.99

Inter-seasonal hydrogen storage capacity

TWh

8,052

2,164

CO2 T&S capacity

t/h

2,827

3,953

Annual hydrogen supplied to heat

TWh

74.5

74.5

Annual hydrogen supplied for other consumers

TWh

(26.6)

66.9

Total available annual energy

TWh

101

141

HTrS

GW

125

125

8.6.3 Total additional costs split location

Table 8.27: Major design parameters for H21 NoE and H21 NoE XL

The total CAPEX increase for a split
Hydrogen Production Facility are:

In the current H21 NoE project supplying additional
surplus hydrogen to other customers is not
included, but the potential of 26.6 TWh is shown
for clarity and is taken from Section 6.6.

→→

Additional CAPEX Hydrogen
Production Facility = £500 m

→→

Additional CAPEX carbon
transport and storage = £300 m

Total additional CAPEX for a
split Hydrogen Production Facility
strategy = circa £800m
OPEX costs will also significantly increase.

As seen from Table 8.28 by adopting a wider strategy
and increasing the capacity of the Hydrogen Production
Facility a significant reduction in inter-seasonal
hydrogen storage capacity can be achieved. The CO2
transport and storage capacity will increase proportional
to the capacity of the Hydrogen Production Facility.

The maximum output from the inter-seasonal hydrogen
storage and hydrogen production facility given by
the peak requirements will be maintained therefore
no changes in the HTrS is needed. H21 NoE XL is
designed to deliver 141 TWh of hydrogen versus H21
NoE of 101 TWh (including additional customers).
Based on adopting the same unit cost as estimated
for H21 NoE it is possible to estimate the CAPEX (see
Table 8.28) and OPEX (Table 8.29) for H21 NoE XL.
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increase by approximately £300m.

As discussed in detail in Section 6.6 the
H21 NoE project has been developed based
on providing decarbonised heating in the
form of hydrogen. However, throughout
the project it became increasingly evident
that such a large-scale energy project
should consider the opportunity for a wider
strategy. Bulk availability of hydrogen allows
opportunities for decarbonisation of industrial
clusters, centralised and decentralised
power generation and for usage by the
transport sector. The concept, referred to
as H21 NoE XL, comprises the following
main design parameters compared to H21
NoE design (Table 8.27). This is equivalent
to case D described in Section 4.2.
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16.99

Inter-seasonal hydrogen storage capacity
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8,052
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CO2 T&S capacity
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2,827

3,953
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Total available annual energy
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8.6.3 Total additional costs split location

Table 8.27: Major design parameters for H21 NoE and H21 NoE XL

The total CAPEX increase for a split
Hydrogen Production Facility are:

In the current H21 NoE project supplying additional
surplus hydrogen to other customers is not
included, but the potential of 26.6 TWh is shown
for clarity and is taken from Section 6.6.

→→

Additional CAPEX Hydrogen
Production Facility = £500 m

→→

Additional CAPEX carbon
transport and storage = £300 m

Total additional CAPEX for a
split Hydrogen Production Facility
strategy = circa £800m
OPEX costs will also significantly increase.

As seen from Table 8.28 by adopting a wider strategy
and increasing the capacity of the Hydrogen Production
Facility a significant reduction in inter-seasonal
hydrogen storage capacity can be achieved. The CO2
transport and storage capacity will increase proportional
to the capacity of the Hydrogen Production Facility.

The maximum output from the inter-seasonal hydrogen
storage and hydrogen production facility given by
the peak requirements will be maintained therefore
no changes in the HTrS is needed. H21 NoE XL is
designed to deliver 141 TWh of hydrogen versus H21
NoE of 101 TWh (including additional customers).
Based on adopting the same unit cost as estimated
for H21 NoE it is possible to estimate the CAPEX (see
Table 8.28) and OPEX (Table 8.29) for H21 NoE XL.
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H21 NOE

H21 North of England

UNIT

DESIGN PARAMETERS

CAPEX
(£M)

UNIT COST
(£/UNIT)

DESIGN
PARAMETERS

CAPEX (£M)

H2 plant capacity

GW

12,15

8,520

701,2

16.99

11,914

H2 storage
capacity

TWh

8,052

1,991

247,3

2,164

535

CO2 T&S capacity

t/h

2827

1,340

0.5

3,953

1,874

Annual hydrogen
supplied to heat

TWh

74,5

7,500

100,7

74.5

7,500

Annual hydrogen
supplied for
other consumers

TWh

HTrS

GW

125

3,427

27,4

125

3,427

TOTAL

TWH

101,1

22,788

225

141

25,250

0.0

0.0

66.9

Table 8.28: CAPEX estimate of H21 NoE XL based on H21 NoE unit cost
As seen from Table 8.28 the CAPEX increases from
£22,788 m to £25,250 m equal £2,462 m. However,
as the production increases by 40 TWh (141-101)
the additional investment is equivalent to £62/
MWh (£2,462 m/40,000,000 MWh) for total available
annual production. This should be compared to the
specific investment cost for H21 NoE at £225/MWh
(£22,788 m/101,000,000 MWh) for total available
annual production or approximately £306/MWh
(£22,788 m/74,450,000 MWh) for annual heat supply only.
When considering a wider energy strategy
the H21 NoE XL system CAPEX is £179/
MWh (£25,250 m/141,000,000 MWh) compared
to £225/MWh on a total available annual
production basis. This is equivalent
to a 20% (179/225) CAPEX saving.
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H21 NoE XL - OPEX

H21 NOE XL

26,6

SECTION 08

UNIT

H21 NOE

H21 NOE XL

DESIGN
PARAMETERS

OPEX (£M)

UNIT COST
(£/UNIT)

DESIGN
PARAMETERS

OPEX (£M)

H2 plant capacity

GW

12,15

285

23.5

16,99

399

H2 storage capacity

TWh

8,052

63

7.8

2,164

17

CO2 T&S capacity

t/h

2827

24

0.0

3953

34

Annual hydrogen
supplied to heat

TWh

74,5

0

0.0

74,5

0

Annual hydrogen
available for
other consumers

TWh

26,6

0

0.0

66,9

0

HTrS

GW

120

3

0.0

120

3

101

375

3.7

141

452

135,4

3,113.2

23.0

189.3

4,351

0

TOTAL PRODUCTION
Gas supply for
Hydrogen Production
Facility

TWh

Table 8.29: OPEX estimate of H21 NoE XL based on H21 NoE unit cost
OPEX savings of 15% can be obtained
predominantly because of the 75%
reduction in the inter-seasonal
hydrogen storage. The H21 NoE OPEX is
approximately £3.7/MWh whereas the
H21 NoE XL will be £3.2/MWh (£452m
÷ 141,000,000 MWh). For the increased
hydrogen production of 40 TWh the
additional OPEX is £77 m (£452 m £375 m) resulting in a specific OPEX
of £1.9/MWh (£77 m/40,000,000 MWh).
The specific energy cost is given by the natural gas
price and energy efficiency of the hydrogen production
facility and will remain the same for both H21 NoE
and H21 NoE XL. The impact on hydrogen unit cost
will be further analysed in Section 9.0 (Finance).
A significant OPEX and CAPEX saving
can be achieved by a wider deployment
strategy and this should be within
the scope of the future FEED study.
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UNIT

DESIGN PARAMETERS

CAPEX
(£M)

UNIT COST
(£/UNIT)

DESIGN
PARAMETERS

CAPEX (£M)

H2 plant capacity

GW

12,15

8,520
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16.99

11,914

H2 storage
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TWh

8,052

1,991

247,3

2,164

535

CO2 T&S capacity

t/h

2827

1,340

0.5

3,953

1,874

Annual hydrogen
supplied to heat

TWh

74,5

7,500

100,7

74.5

7,500

Annual hydrogen
supplied for
other consumers

TWh

HTrS

GW

125

3,427

27,4

125

3,427

TOTAL

TWH

101,1

22,788

225

141

25,250

0.0

0.0

66.9

Table 8.28: CAPEX estimate of H21 NoE XL based on H21 NoE unit cost
As seen from Table 8.28 the CAPEX increases from
£22,788 m to £25,250 m equal £2,462 m. However,
as the production increases by 40 TWh (141-101)
the additional investment is equivalent to £62/
MWh (£2,462 m/40,000,000 MWh) for total available
annual production. This should be compared to the
specific investment cost for H21 NoE at £225/MWh
(£22,788 m/101,000,000 MWh) for total available
annual production or approximately £306/MWh
(£22,788 m/74,450,000 MWh) for annual heat supply only.
When considering a wider energy strategy
the H21 NoE XL system CAPEX is £179/
MWh (£25,250 m/141,000,000 MWh) compared
to £225/MWh on a total available annual
production basis. This is equivalent
to a 20% (179/225) CAPEX saving.
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OPEX savings of 15% can be obtained
predominantly because of the 75%
reduction in the inter-seasonal
hydrogen storage. The H21 NoE OPEX is
approximately £3.7/MWh whereas the
H21 NoE XL will be £3.2/MWh (£452m
÷ 141,000,000 MWh). For the increased
hydrogen production of 40 TWh the
additional OPEX is £77 m (£452 m £375 m) resulting in a specific OPEX
of £1.9/MWh (£77 m/40,000,000 MWh).
The specific energy cost is given by the natural gas
price and energy efficiency of the hydrogen production
facility and will remain the same for both H21 NoE
and H21 NoE XL. The impact on hydrogen unit cost
will be further analysed in Section 9.0 (Finance).
A significant OPEX and CAPEX saving
can be achieved by a wider deployment
strategy and this should be within
the scope of the future FEED study.
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8.8

Conclusions
8.8.1

Overall project costs

The overall project costs for H21 NoE
are set out in Figure 8.13.
CAPEX

£1,340 M

OPEX

£24 M

CARBON TRANSPORT
AND STORAGE
(2,830 t/h)

APPLIANCE
CONVERSION

ITEM

CAPEX (£M)

OPEX (£MPA) POST 2035 (ONCE CONVERSION
AND COMMISSIONING IS COMPLETE)

Natural gas connection

0 (included
in HPF)

0

Hydrogen Projection Facility (HPF)

8,520

285

Inter-seasonal hydrogen storage

1,991

63

Carbon transport and storage

1,340

24

Hydrogen transportation system

3,427

3

Appliance conversion

7,500

0

Sub total

22,778

373

Additional energy cost for
Hydrogen Production Facility

N/A

580 (total annual gas cost is £2,292m)

TOTAL

22,778

955

Table 8.30: H21 NoE total project costs (CAPEX and OPEX)
NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT

The spend profile will be confirmed as part of a
FEED study (see Section 10.0) but an indication
has been provided below. This includes the £250 m
FEED costs which would be delivered over the next
3 years subject to funding being made available.
Costs per annum are presented in Figure 8.14.

H21 NoE CAPEX profile

DOMESTIC
APPLIANCES

£m/pa

Production

INTER-SEASONAL
STORAGE
(8,052 GWh)

INTRADAY
STORAGE
(25 GWh)

COMMERCIAL
HEAT

Storage

CCS

HTS

LHTS

HIPS

Conversion

4,000

3,000

2,000

CAPEX

£0

£8,520 M

£1,991 M

£3,427 M

£0

£143 M

£7,500 M

OPEX

£0

£285 M

£63 M

£3.0 M

£0

£0

£0

1,000
FEED study
0

£580 M

ADDITIONAL ENERGY COST FOR HYDROGEN PRODUCTION FACILITY

2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030 2031 2032 2033 2034

Figure 8.14: CAPEX spend profile
Figure 8.13: H21 NoE overall project costs
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8.8.2 Economies of scale when
compared to H21 LCG
The H21 NoE project is 13.3 and 14.2 times larger
than the original H21 LCG project on an energy and
meter point basis respectively. H21 NoE provides a
CAPEX saving of 25% and an OPEX saving of circa 50%
when compared against the H21 LCG project costs.

8.8.3 A split Hydrogen
Production Facility
A split Hydrogen Production Facility between Easington
and Teesside would cost circa £800 m more than a
single site location. This is based on an increase in
costs associated with the two Hydrogen Production
Facilities of £500 m and of £300 m for the additional
CO2 transportation infrastructure. However, these are
purely project costs and they do not account for the
economic benefit to the UK (jobs) from such a strategy
or other factors such as energy security which would
need to be considered as part of a future FEED study.

8.8.4 H21 NoE, a wider energy
strategy (H21 NoE XL)
A wider energy strategy was considered referred
to as H21 NoE XL. In this instance a much larger
production facility is established resulting in
significantly less inter-seasonal hydrogen storage. In
this scenario excess hydrogen is diverted to other
users during the summer months, (e.g. hydrogen
CCGT). This strategy can provide significant savings
on a £/MWh basis of 20% CAPEX and 15% OPEX.
Such a strategy should be within the
scope of the future FEED study.
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This section covers two critical
elements for H21 NoE. Firstly,
finance including the principles
of a regulatory finance model, the
wholesale unit cost of hydrogen
and the associated impact on the UK
gas customers bill. Secondly, the
carbon footprint of the H21 NoE
system including a detailed analysis
of the Scope 1, 2 and 3 emissions.

The finance aspect of the section
focuses predominantly on the cost
of hydrogen and associated impact
on the customers gas bill. It
also includes the following:
→→ The basis of the financial
model and assumptions
→→ Principles of regulatory finance
→→ Key elements of the recommended
finance model
→→ Analysis of the wholesale
unit cost of hydrogen

S

HT

→→ The impact on the UK customers
annual gas bill
→→ The end of the iron mains replacement
programme and the associated
impact on the UK gas customers
→→ Impact of future CO2 prices
→→ CO2 transport and storage costs

Potential for additional
reductions in costs associated
with the H21 NoE XL and H21 Max
strategies (see Section 11.0)
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This section covers two critical
elements for H21 NoE. Firstly,
finance including the principles
of a regulatory finance model, the
wholesale unit cost of hydrogen
and the associated impact on the UK
gas customers bill. Secondly, the
carbon footprint of the H21 NoE
system including a detailed analysis
of the Scope 1, 2 and 3 emissions.

The finance aspect of the section
focuses predominantly on the cost
of hydrogen and associated impact
on the customers gas bill. It
also includes the following:
→→ The basis of the financial
model and assumptions
→→ Principles of regulatory finance
→→ Key elements of the recommended
finance model
→→ Analysis of the wholesale
unit cost of hydrogen

S

HT

→→ The impact on the UK customers
annual gas bill
→→ The end of the iron mains replacement
programme and the associated
impact on the UK gas customers
→→ Impact of future CO2 prices
→→ CO2 transport and storage costs

Potential for additional
reductions in costs associated
with the H21 NoE XL and H21 Max
strategies (see Section 11.0)
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9.1

Finance
9.1.1 Financial model basis and assumptions
Gas bill cost breakdown
A typical UK customer’s gas bill can be broken down
in segments relating to different cost sources such
as networks costs, operating costs, taxation etc.
Figure 9.1 shows the breakdown of an average UK
domestic gas bill taken from the OFGEM website
which amounts to £750 per gas customer per annum.

Wholesale cost is the largest segment (39% in
2018) and represents the cost of gas which in
2018 was £20.6 MWh1. The costs have been broken
down into £/MWh based on an average domestic
customer using 14,200 kWh per annum.

%

COST
(£)

COST
(£/MWH)

Wholesale costs

39.0%

292.61

20.61

Networks cost

25.4%

190.65

13.43

Environmental & social
obligation costs

1.4%

10.13

0.71

Other direct costs

1.2%

9.00

0.63

Operating costs

19.6%

146.81

10.34

Supplier pre-tax margin

8.7%

65.10

4.58

VAT

4.8%

35.70

2.51

TOTAL

100%

750.00

52.80

2018 NATURAL GAS BILL

£750pa

£780pa

As the gas price is a major contributor to the gas bill, the
future gas bill breakdown to customers will vary with
the natural gas price. BEIS’ central scenario for 2035
forecasts the cost of natural gas to be
£23/MWh. This is the natural gas price which has
been used for future gas bill calculations for H21 NoE.
Figure 9.2 shows the future gas bill breakdown
using the 2035 wholesale price projection and will
be used as the reference case against a future gas
bill when introducing hydrogen from H21 NoE.

COST
(£/MWH)

Wholesale costs

41.9%

326.60

23.00

Networks cost

24.2%

189.07

13.31

Environmental & social
obligation costs

1.3%

9.95

0.70

Other direct costs

1.1%

8.85

0.62

Operating costs

18.5%

144.38

10.17

Supplier pre-tax margin

8.2%

64.00

4.51

VAT

4.8%

37.14

2.62

TOTAL

100%

780.00

54.93

To determine the unit cost of hydrogen, or indeed
the potential increase in gas bills, consideration
needs to be given to the appropriate financing
method and ownership models when applied across
the H21 NoE system. To establish an appropriate
finance model the following series of factual
considerations and ethical assumptions around
a conversion to hydrogen have been proposed:
→→

Current gas customers in the UK do not pay
for natural gas, they are billed on calorific
value and pay for energy in the same way
electricity customers pay for energy

→→

Conversion to hydrogen has the same
fundamental driver as the establishment of
renewable energy and/or new nuclear, i.e. to
meet UK Government climate obligations

→→

As with new electricity generation, the costs of the
electricity are socialised (either in bills or taxes)
they are not based on post codes, i.e. if you live
near a new nuclear power plant your bill will not
decrease or increase based on your location. Instead
the costs are socialised across all customers

→→

Source: OFGEM

COST
(£)

Figure 9.2: Average annual gas bill using BEIS’ 2035 natural gas price projection

Figure 9.1: August 2018 average annual domestic gas bill

1 	

%

2035 NATURAL GAS BILL

Hydrogen conversion will be mandated and carried
out incrementally over time, potentially starting
with H21 NoE. As such it is not appropriate for
customers in converted areas to be the sole
contributors to the hydrogen system costs

→→

Gas customers’ bills should not be affected
by the post code they live in. In an identical
way to electric customers’ bills – all gas
customers are energy customers

→→

Upgrading of appliances in areas converted could
be perceived as a benefit to those customers.
However, this may not be the opinion of the
customers in question if their specific bill increases
to recover the costs. For example, a customer in a
mandated conversion area could reasonably say
they don’t want a mandated ‘upgrade’ if it affects
their personal energy bill more than someone not
mandated to convert. Indeed, they could have
only recently upgraded their own appliances.
Socialisation for the appliance’s conversion costs
is still appropriate as the conversion is required
to meet government obligations for the benefit of
the UK. Post codes should not affect the bills

→→ The current gas industry billing system is
appropriate to manage this transition as it
is based on energy, not the type of gas
It is important not to think of
different types of gas having different
costs. The individual customers gas
bills are not based on gas type, they
are based on energy. As such, it is
the mechanisms to distribute the
cost that are important, not the
type of gas the customer is using.
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method and ownership models when applied across
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finance model the following series of factual
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Current gas customers in the UK do not pay
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Hydrogen conversion will be mandated and carried
out incrementally over time, potentially starting
with H21 NoE. As such it is not appropriate for
customers in converted areas to be the sole
contributors to the hydrogen system costs

→→

Gas customers’ bills should not be affected
by the post code they live in. In an identical
way to electric customers’ bills – all gas
customers are energy customers

→→

Upgrading of appliances in areas converted could
be perceived as a benefit to those customers.
However, this may not be the opinion of the
customers in question if their specific bill increases
to recover the costs. For example, a customer in a
mandated conversion area could reasonably say
they don’t want a mandated ‘upgrade’ if it affects
their personal energy bill more than someone not
mandated to convert. Indeed, they could have
only recently upgraded their own appliances.
Socialisation for the appliance’s conversion costs
is still appropriate as the conversion is required
to meet government obligations for the benefit of
the UK. Post codes should not affect the bills

→→ The current gas industry billing system is
appropriate to manage this transition as it
is based on energy, not the type of gas
It is important not to think of
different types of gas having different
costs. The individual customers gas
bills are not based on gas type, they
are based on energy. As such, it is
the mechanisms to distribute the
cost that are important, not the
type of gas the customer is using.
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Principles of regulatory finance

H21 NoE would be a fully aligned major infrastructure
development with a long asset life time and a potential
monopoly position. The regulatory ownership model is an
appropriate model to use for project financing. However,
in the future new hydrogen capacity could be developed
based on the same principles as the power sector
with industrial players and competitive bidding, etc.

To attract investment, they need an appropriate
revenue stream to both pay back their capital
investment and allow them to earn a return whilst
their investment is tied up, as well as for operational
costs. This is the core principle underpinning the
regulatory financing model adopted for many regulated
infrastructure and utility providers in the UK.

In regulatory financing, asset investment
companies make long term capital investments
to build and maintain their infrastructure – such
as gas transmission and distribution assets.

The regulated ownership model comprises different
areas in the supply chain impacting the customers
annual gas bill, for H21 NoE the different regulatory
asset ownership structure is shown in Figure 9.3.

1
NTS ownership

2
New hydrogen
regulated asset

CARBON TRANSPORT
AND STORAGE
(2,830 t/h)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

1: NTS ownership – part of the existing Gas
Transmission regulatory contract (National
Grid) and socialised over all gas customers.
2: New hydrogen regulated asset – all capital
investments and operational costs including
the hydrogen production facility, inter-seasonal
hydrogen storage, CCS, hydrogen transportation
system and appliances, are socialised over all gas
customers. Financing these assets as a regulated
asset utilising the regulatory finance structure
will allow the benefits of regulatory finance and
likely the smallest possible impact in customers’
bills. It also allows costs to be appropriately
socialised in line with the ethical assumptions.

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT
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3: Existing GDN ownership – cost associated with
preparation of the Gas Distribution Networks
(GDN), i.e. conversion sectorisation and strategic
reinforcement (£143 m for H21 NoE) will be managed
within individual GDN business plans (for example
Northern Gas Networks/Cadent for H21 NoE). This
would be managed under existing regulatory contracts
and would be socialised across customers covered
by the specific GDN. For H21 NoE, this work needs
to be undertaken in the next price control period and
would have negligible impact on gas customers’ bills.

New gas bill after hydrogen conversion
Total UK gas demand is circa 900 TWh as shown in Table
9.1. 540 TWh is related to the LDZ network (below 7 bar) a
large part of which is covered by the H21 NoE conversion.

2
New hydrogen
regulated asset

APPLIANCE
CONVERSION

NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

SECTION 09

DUKES 2016 (TWH)

COMMENT

LDZ

540

UK gas network usage
(311 TWh domestic, 229 TWh non-domestic
(commercial and industrial))

Industry

40

Iron and steel, non-ferrous, mineral and chemicals

Power

271

Major power producers

Total

851

Total demand excluding Oil & Gas

Oil &
Gas

50

Oil and gas extraction

TOTAL

901

TOTAL DEMAND

DOMESTIC
APPLIANCES

Table 9.1: UKs gas demand distribution (DUKES 2016)

2
New hydrogen
regulated asset

INTER-SEASONAL
STORAGE
(8,052 GWh)

INTRADAY
STORAGE
(25 GWh)

3
Existing GDN
ownership

COMMERCIAL
HEAT

H21 NoE will convert 13.8% of the UK’s below 7 bar
gas demand (74.45 TWh/540 TWh). The split between
domestic consumption and non-domestic consumption
is 64/36% respectively (see Section 8.7.1). Therefore,

H21 NoE will provide deep decarbonisation of 15.3%
of domestic demand (47.5 ÷ 311) and 11.7% of nondomestic (industrial and commercial) demand
(26.9 ÷ 229). This is summarised in Table 9.2. (See
Section 8.0 for domestic/non-domestic percentage split)

DUKES 2016 (TWH)

H21 NoE

RATIO

Domestic

311

47.5 (64%)

15.3 %

Non-domestic

229

26.9 (36%)

11.7 %

Total

540

74.45

13.8 %

Figure 9.3: Regulated ownership model

Table 9.2: H21 NoE share of UKs gas demand (DUKES 2016)
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£837pa

COST
(£)

COST
(£/MWH)

Wholesale costs

326.60

23.00

Hydrogen costs

z

y

Networks cost

188.63

13.28

Environmental & social
obligation costs

9.95

0.70

Other direct costs

8.85

0.62

Operating costs

144.38

10.17

Supplier pre-tax margin

64.00

4.51

37.1+0.05*Z

2.6+0.05*Y

TOTAL

780 +
(0.05*Z+Z)

54.9 +
(0.05*Y)

Figure 9.4: Components of the new gas bill post hydrogen conversion

N.B.2: The total bill post hydrogen conversion equals
the original £780pa bill (based on BEIS 2035 prices)
plus the additional costs associated with the hydrogen
regulated asset ‘hydrogen cost’ plus the additional VAT.

The finance model developed for H21 NoE is based on
a simplified regulatory finance model the premise of
which is set out in the following section. The hydrogen
costs on the gas bill (see Figure 9.4 ‘Z’) constitute
the additional costs associated with H21 NoE. This
comprises all H21 NoE CAPEX, OPEX and energy costs
(fuel for the Hydrogen Production Facility) socialised
over all UK customers. It is calculated by adding
the new wholesale unit price for all gas customers
then subtracting the wholesale cost of natural gas
(£23 MWh) to show the additional costs for the new
regulated hydrogen asset, the ‘hydrogen cost’.
New wholesale gas price (100% customers)
= (H2 x 13.8%) + (CH4 x 86.2%)

VAT

N.B.1: Y is the hydrogen unit price socialised over all UK
customers and Z is the annual hydrogen costs within
the bill. The calculation at the bottom is based on an
increase on base price VAT at 5% of the Y/Z figures.
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9.1.3 Finance model key elements

The new gas bill breakdown post hydrogen conversion
when compared to today’s bill will include an additional
hydrogen component to cover the ‘new hydrogen
regulated asset’. This will be socialised across all
customers in the same way the National Transmission
System costs are currently socialised. Under this
methodology a future gas bill for UK customers
would be based on the following components.

2035 NEW GAS BILL (INCLUDING H21 NoE)

SECTION 09

N.B. In the equation H2 represents the wholesale unit
price of hydrogen as calculated in the NPV model, CH4
represents the wholesale unit price of natural gas.
Hydrogen costs (Y) (£/MWh) = New wholesale gas
price – natural gas wholesale gas price (£23/MWh)

Hydrogen price estimation
To estimate the ‘new’ gas bill when H21 NoE is fully
converted the cost impact from H21 NoE must be
determined, i.e. the cost of hydrogen including
appliance replacements. To be transparent the Net
Present Value model has been used to estimate the
hydrogen price and how much the different parts in
the supply chain contribute to the price and the impact
on the gas bill. The results have been benchmarked
against the more complex and advanced NGN
financial regulatory model to ensure the results are
acceptable. Effectively the model presented in this
section can be considered directionally accurate
as the basis for a regulatory finance model. The
results broadly align with a fully detailed regulatory
finance model and all its intricacies. The reason for
presenting the results in this simplified model is to
ensure the methodology can be fully understood.

Net Present Value (NPV) model
In finance, the Net Present Value (NPV) is a
measurement of surplus or deficit calculated by
subtracting the present value of cash outflows
(investments and operational costs) from the present
value of cash inflows (income) over a period of time. The
NPV model is based on the principle that money now
is more valuable than money later on, i.e. future values
(outflows and inflows) in the NPV model are brought
back to today’s value. In practical terms, it’s a method
of calculating return on investment for a project or
expenditure. To estimate a hydrogen price that covers
the project costs for H21 NoE, the NPV is set to zero, i.e.
WACC is seen as the internal rate of return of the project.

WACC
The Weighted Average Cost of Capital (WACC), commonly
referred to as the firm’s cost of capital, is the rate that
a company is expected to pay on average to its security
holders (both debt and equity) to finance its assets. The
WACC represents the minimum return that a company
must earn to satisfy its providers of capital. Different
sources of finance are expected to generate different
returns and the relative weights of each component
of the capital structure are what comprise the WACC.
For regulated assets such as the H21 NoE in a
regulated ownership model the WACC is projected
at 3.4% (current projected gas distribution network
WACC) and is used to estimate a hydrogen price
which will give a 3.4% return on the investment, i.e.
sufficient to pay its sources of finance. The WACC is
based on a mix of loans at fixed rate and a share of
equity capital from owners of the regulatory asset
with an expected rate of return on their investment.
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Depreciation

Tax

CAPEX and OPEX input data

Assets lose some of their value over time. To compensate
for this loss of value caused by depreciation, it can
be written off as an expense each year until the end
of its lifetime. Appliances are estimated to have a
depreciation period (useful life) of 10 years while
other components such as the Hydrogen Production
Facility, inter-seasonal hydrogen storage, CO2 transport
and storage and hydrogen transportation system are
estimated to have an average depreciation period of
45 years in line with other gas transportation assets.

NGN corporate tax for the hydrogen price estimation is
set to 17%. The tax rate will be 17% from 2020, however
it is currently at 19%. Accounting profit and taxable
profit will not be the same, because adjustments are
made to accounting profit in line with legislation to
ensure all receipts and expenses are treated uniformly
by companies in arriving at taxable profits (which aims
to ensure all companies pay tax on a similar basis).

CAPEX and OPEX costs are based on details set
out in Section 8.0. The CAPEX spend profile is set
out in Figure 9.5 whereby capital investments
in design and build start in 2023 culminating in
commissioning ending in 2034. Operations start
in 2026 and conversion to hydrogen start rolling
out in 2028, OPEX gradually builds up from 2026
to the ongoing maximum OPEX value in 2034.

Future gas and emission prices
Natural gas and CO2 prices affect the hydrogen price
as well as the comparison between future gas bills. For
future prices, BEIS’ central projections for 2035 has
been used to estimate the hydrogen price in H21 NoE.
To avoid any further uncertainties the price has been
used as a constant throughout the asset’s lifetime.

H21 NoE CAPEX profile
Production

£m/pa

Depreciation method used most commonly for gas
network operators is the Sum-of-the-Years’ Digits
(SYD) method. SYD is an accelerated method for
calculating asset’s depreciation. The method takes
the asset’s expected lifetime and adds the digits
for each year (1 + 2 + 3 + … + 45 = 1,035) and each
digit is then divided by the sum to determine the
percentage of depreciation for that year (Year 1: 45 ÷
1,035 = 4.35%, Year 2: 44/1,035 = 4.25%) reaching a
cumulative 100% at the end of the asset’s lifetime.
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For natural gas, BEIS projects a natural
gas price of £23/MWh (central)

Storage

CCS

HTS

LHTS
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Conversion
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Figure 9.5: Combined CAPEX profile
OPEX’s gradual build up is based on the
final OPEX set out in Table 9.3.
ITEM

OPEX (£MPA) POST 2035
(ONCE CONVERSION AND COMMISSIONING IS COMPLETE)

Natural gas connection

0

Hydrogen Projection Facility (HPF)

285

Inter-seasonal hydrogen storage

63

Carbon transport and storage

24

Hydrogen transportation system

3

Appliance conversion

0

TOTAL OPEX

375

Table 9.3: OPEX input data
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Table 9.3: OPEX input data

→→

Revenue hydrogen (£m) – revenue from hydrogen
calculated from annual hydrogen production
and the hydrogen unit price. In year 2070 this
would be 74,450 GWh x £50.69/MWh= £3,774 m

→→

Gas cost (£m) – based on natural gas
cost of £23/MWh and calculated from gas
consumption. In year 2070 this would be
99,665 GWh x £23/MWh ÷ 1,000 = £2,292 m

→→

Regulatory depreciation (£m) – depreciated
over the assets lifetime using Sum-of-the-Years’
Digits (SYD) method commonly used in gas
distribution sector. Average 45 years for major
investments and 10 years for appliances
OPEX (£m) – operational cost with gradual rollout
until final OPEX in 2034 described in Section 8.0

→→

Investment appliances (£m) – total CAPEX
spend in appliances distributed to year of
investment, i.e. cost distributed to number of
meter points converted each year (Section 6.4.2)

→→

Net invest (£m) – net investments after depreciation
of assets. In year 2070 the depreciation is £52 m,
therefore net investment is £0 m - £52 m = -£52 m

→→

Cash flow (£m) – cash flow for each year. Cash
flow = net income – net investment. For year
2070 this is £875 m – (-£52 m) = £927 m. Due
to cash flow using the net income figure, net
income is adjusted so that it is not reduced by
depreciation expense, i.e. depreciation expense
amount is added back to the cash flow

→→

WACC – 3.4%, described in Section 9.1.3

→→

NPV – set to zero, i.e. WACC is seen as the internal
rate of return and used to estimate a hydrogen
unit price sufficient to pay its sources of finance

→→

Hydrogen unit price (£/MWh H2) – cost per
unit hydrogen, based on all data input

DEPRECIATION
(£M)

GAS COST (£M)

CASH FLOW
(£M)

Gas consumption (GWh) – Hydrogen Production
Facility has a 74.4% efficiency, i.e. it consumes
(1 ÷ 0.747) = 133% natural gas for each
energy unit hydrogen produced. In year 2070
the hydrogen consumption is 74,450 GWh
and the resulting natural gas consumption
is 74,450 ÷ 0.747 = 99,665 GWh

Investment (£m) – total CAPEX spend distributed
to year of investment based on spend profile
in Figure 9.5 (Section 9.1.3). In year 2070 no
investment is expected and the CAPEX is £0 m

NET INVEST
(£M)

→→

→→

DEPRECIATION
(£M)

Annual hydrogen production (GWh) – new
capacities are installed each year from
2026-2034, as described in Section 6.4.2

Net income (£m) – income after tax. In year 2070
this would be £1,055 m - £179 m = £875 m
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Discount rate
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NPV

0.00

Corporation Tax

Table 9.4: Hydrogen costs estimation

17%

INVESTMENT
APPLIANCES
(£M)

2023
2024

OPEX (MI)

INVESTMENT
(£M)

→→

→→

0
21

NET INCOME
(£M)

Guidance on Table 9.4 hydrogen price estimation.

→→ Tax (£m) – 17% corporate tax of the net income,
described in Section 9.1.3. In year 2070
this would be 0.17 x £1,055 m = £179 m
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TAX
(£M)

Table 9.4 shows the wholesale cost for hydrogen
(currently 39% of the customer’s bill) from £23/
MWh to £50.69/MWh. This is calculated in the
spreadsheet as the price required to allow full
reconciliation of CAPEX and OPEX costs, and
the fuel costs for the hydrogen production, over
the 45 year depreciation period (10 years for
appliances) with a WACC of 3.4% and tax at 17%.

Net income before tax (£m) – income from revenue
hydrogen subtracted by gas cost, depreciation and
OPEX. In year 2070 the income is £3,774 m and the
expenses are gas cost of £2,292 m, depreciation of
£52 m and OPEX of £375 m, therefore net income
before tax is 3,774 – 2,292 – 52 – 375 = £1,055 m

YEAR

SECTION 09

NET INCOME
BEFORE
TAX (£M)

It is important to note that this is the unit cost
(wholesale) of the hydrogen but IS NOT the price of the
gas customers on hydrogen will pay, as described in
Section 9.1.3. This figure is used to then calculate the
new overall gas price socialised across all customers.

→→

H21 North of England

REVENUE
HYDROGEN (£M)

Hydrogen costs and customer bill impact

Table 9.4 shows the estimation of total hydrogen
unit cost for H21 NoE. CAPEX includes the Hydrogen
Production Facility, inter-seasonal hydrogen storage,
HTrS, appliances and CO2 transport and storage.
Due to different depreciation periods investment in
appliances is treated in a separate spend profile with
10 years depreciation. OPEX cost includes the same
sources as CAPEX and is based on final OPEX in Section
8.0, gradually building up to 2034 at full capacity.

→→
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GAS
CONSUMPTION
(GWH)

9.1.4

SECTION 09

ANNUAL
HYDROGEN
PRODUCTION
(GWH)

H21 North of England

Hydrogen unit price

50.69

£/MWh HHV

→→

Revenue hydrogen (£m) – revenue from hydrogen
calculated from annual hydrogen production
and the hydrogen unit price. In year 2070 this
would be 74,450 GWh x £50.69/MWh= £3,774 m

→→

Gas cost (£m) – based on natural gas
cost of £23/MWh and calculated from gas
consumption. In year 2070 this would be
99,665 GWh x £23/MWh ÷ 1,000 = £2,292 m

→→

Regulatory depreciation (£m) – depreciated
over the assets lifetime using Sum-of-the-Years’
Digits (SYD) method commonly used in gas
distribution sector. Average 45 years for major
investments and 10 years for appliances
OPEX (£m) – operational cost with gradual rollout
until final OPEX in 2034 described in Section 8.0

→→

Investment appliances (£m) – total CAPEX
spend in appliances distributed to year of
investment, i.e. cost distributed to number of
meter points converted each year (Section 6.4.2)

→→

Net invest (£m) – net investments after depreciation
of assets. In year 2070 the depreciation is £52 m,
therefore net investment is £0 m - £52 m = -£52 m

→→

Cash flow (£m) – cash flow for each year. Cash
flow = net income – net investment. For year
2070 this is £875 m – (-£52 m) = £927 m. Due
to cash flow using the net income figure, net
income is adjusted so that it is not reduced by
depreciation expense, i.e. depreciation expense
amount is added back to the cash flow

→→

WACC – 3.4%, described in Section 9.1.3

→→

NPV – set to zero, i.e. WACC is seen as the internal
rate of return and used to estimate a hydrogen
unit price sufficient to pay its sources of finance

→→

Hydrogen unit price (£/MWh H2) – cost per
unit hydrogen, based on all data input

DEPRECIATION
(£M)

GAS COST (£M)

CASH FLOW
(£M)

Gas consumption (GWh) – Hydrogen Production
Facility has a 74.4% efficiency, i.e. it consumes
(1 ÷ 0.747) = 133% natural gas for each
energy unit hydrogen produced. In year 2070
the hydrogen consumption is 74,450 GWh
and the resulting natural gas consumption
is 74,450 ÷ 0.747 = 99,665 GWh

Investment (£m) – total CAPEX spend distributed
to year of investment based on spend profile
in Figure 9.5 (Section 9.1.3). In year 2070 no
investment is expected and the CAPEX is £0 m

NET INVEST
(£M)

→→

→→

DEPRECIATION
(£M)

Annual hydrogen production (GWh) – new
capacities are installed each year from
2026-2034, as described in Section 6.4.2

Net income (£m) – income after tax. In year 2070
this would be £1,055 m - £179 m = £875 m
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Table 9.4: Hydrogen costs estimation

17%

INVESTMENT
APPLIANCES
(£M)

2023
2024

OPEX (MI)

INVESTMENT
(£M)

→→

→→

0
21

NET INCOME
(£M)

Guidance on Table 9.4 hydrogen price estimation.

→→ Tax (£m) – 17% corporate tax of the net income,
described in Section 9.1.3. In year 2070
this would be 0.17 x £1,055 m = £179 m

441

TAX
(£M)

Table 9.4 shows the wholesale cost for hydrogen
(currently 39% of the customer’s bill) from £23/
MWh to £50.69/MWh. This is calculated in the
spreadsheet as the price required to allow full
reconciliation of CAPEX and OPEX costs, and
the fuel costs for the hydrogen production, over
the 45 year depreciation period (10 years for
appliances) with a WACC of 3.4% and tax at 17%.

Net income before tax (£m) – income from revenue
hydrogen subtracted by gas cost, depreciation and
OPEX. In year 2070 the income is £3,774 m and the
expenses are gas cost of £2,292 m, depreciation of
£52 m and OPEX of £375 m, therefore net income
before tax is 3,774 – 2,292 – 52 – 375 = £1,055 m

YEAR

SECTION 09

NET INCOME
BEFORE
TAX (£M)

It is important to note that this is the unit cost
(wholesale) of the hydrogen but IS NOT the price of the
gas customers on hydrogen will pay, as described in
Section 9.1.3. This figure is used to then calculate the
new overall gas price socialised across all customers.

→→

H21 North of England

REVENUE
HYDROGEN (£M)

Hydrogen costs and customer bill impact

Table 9.4 shows the estimation of total hydrogen
unit cost for H21 NoE. CAPEX includes the Hydrogen
Production Facility, inter-seasonal hydrogen storage,
HTrS, appliances and CO2 transport and storage.
Due to different depreciation periods investment in
appliances is treated in a separate spend profile with
10 years depreciation. OPEX cost includes the same
sources as CAPEX and is based on final OPEX in Section
8.0, gradually building up to 2034 at full capacity.

→→
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Hydrogen
price breakdown
£50.69/MWh
1.29
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CO₂ T&S
HTrS

4.07

Appliances

2.20

Inter-seasonal storage

10.02

7.80

Hydrogen
Production Facility

Additional
natural gas
consumption
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Based on a cost of capital (WACC) of 3.4% and a
corporation tax rate of 17% the total wholesale
hydrogen unit price breakdown is set out in Figure 9.6.

H21 North of England

%

COST
(£)

COST
(£/MWH)

Wholesale costs

39.0%

326.60

23.00

Hydrogen costs

6.6%

55.01

3.82

New wholesale gas price (100% customers)
= (H2 x 13.8%) + (CH4 x 86.2%)

Networks cost

22.5%

188.63

13.28

New wholesale gas price (100% customers)
= (50.69 x 13.8%) + (23 x 86.2%)

Environmental &
social obligation
costs

1.2%

9.95

0.70

Other direct costs

1.1%

8.85

0.62

Therefore

Operating costs

17.2%

144.38

10.17

Hydrogen costs (£/MWh) =
New wholesale gas price (£26.8/MWh) –
natural gas wholesale gas price (£23/MWh)

Supplier pre-tax
margin

7.6%

64.00

4.51

VAT

4.8%

39.87

58.87

TOTAL

100.00%

837.29

58.87

As described in 9.1.2 this wholesale hydrogen
unit price is used as an input for estimating H21
NoE impact on customers’ annual gas bill, i.e.:

New wholesale gas price
(100% customers) = £26.8/MWh

Hydrogen costs (£/MWh) = 3.8
Natural gas price

£/MWh H2

Figure 9.6: Hydrogen unit price breakdown
(wholesale cost)
Total hydrogen unit price = £50.69/MWh H2

443

2035 NEW GAS BILL (INCLUDING H21 NoE)

Hydrogen costs (£/MWh) = 26.8 - 23

23.00

SECTION 09

The additional cost to pay for a UK
customer (called the hydrogen costs) is
£3.82/MWh (excluding VAT) and
£4.01/MWh (including VAT). The new UK
customer gas bill post H21 NoE, at peak
in 2034 and ignoring other factors (see
9.1.7), is set out in Figure 9.7.

£837pa
Figure 9.7: New gas bill

This means that H21 NoE, if financed
using this methodology, would only add
a maximum of 7% to the UK gas customers
annual bill, i.e. £837 ÷ £780 (gas bill
as projected in 2035 excluding H21 NoE).
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Based on a cost of capital (WACC) of 3.4% and a
corporation tax rate of 17% the total wholesale
hydrogen unit price breakdown is set out in Figure 9.6.
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(£)

COST
(£/MWH)

Wholesale costs

39.0%

326.60

23.00

Hydrogen costs

6.6%

55.01

3.82

New wholesale gas price (100% customers)
= (H2 x 13.8%) + (CH4 x 86.2%)

Networks cost

22.5%

188.63

13.28

New wholesale gas price (100% customers)
= (50.69 x 13.8%) + (23 x 86.2%)

Environmental &
social obligation
costs

1.2%

9.95

0.70

Other direct costs

1.1%

8.85

0.62

Therefore

Operating costs

17.2%

144.38

10.17

Hydrogen costs (£/MWh) =
New wholesale gas price (£26.8/MWh) –
natural gas wholesale gas price (£23/MWh)

Supplier pre-tax
margin

7.6%

64.00

4.51

VAT

4.8%

39.87

58.87

TOTAL

100.00%

837.29

58.87

As described in 9.1.2 this wholesale hydrogen
unit price is used as an input for estimating H21
NoE impact on customers’ annual gas bill, i.e.:

New wholesale gas price
(100% customers) = £26.8/MWh

Hydrogen costs (£/MWh) = 3.8
Natural gas price

£/MWh H2

Figure 9.6: Hydrogen unit price breakdown
(wholesale cost)
Total hydrogen unit price = £50.69/MWh H2
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2035 NEW GAS BILL (INCLUDING H21 NoE)

Hydrogen costs (£/MWh) = 26.8 - 23

23.00

SECTION 09

The additional cost to pay for a UK
customer (called the hydrogen costs) is
£3.82/MWh (excluding VAT) and
£4.01/MWh (including VAT). The new UK
customer gas bill post H21 NoE, at peak
in 2034 and ignoring other factors (see
9.1.7), is set out in Figure 9.7.

£837pa
Figure 9.7: New gas bill

This means that H21 NoE, if financed
using this methodology, would only add
a maximum of 7% to the UK gas customers
annual bill, i.e. £837 ÷ £780 (gas bill
as projected in 2035 excluding H21 NoE).
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REPEX programme – impact on annual gas bill

The iron mains replacement programme, commonly
called the REPEX program, is the HSE mandated
work being undertaken across the UK replacing the
gas distribution below seven bar metallic mains with
polyethylene. This programme of works started in 2000
and is due to end in 2032. After this date UK customers
will start to see savings on the gas distribution network
element of their bill. The most significant savings will be
up to 2052 and savings thereafter will still continue, but
at a much slower rate. This is because the early years of
the programme have already been paid off by 2045 (i.e.
the 45 year depreciation lifetime of the first assets).

Total savings from 2032 until 2052 on the gas
distribution element of the UK customers bill is circa
35% by 2035, see Table 9.5. ‘Network costs’ only account
for 25% of the current bill (shown in Figure 9.1) and of
this circa 15-17% is attributable to gas networks and
circa 8% to the National Transmission System. This
means network cost savings of 35% for gas networks
contributes to an overall 5-6% saving on total gas bill
by 2052 (i.e. 35% of 15% of the bill = 5%). Table 9.5
shows in 2045 the overall gas bill impact is forecast
to be 95.37% of today’s gas bill. After 2052 0.5%
yearly savings is assumed, i.e. ‘at much slower rate’.

YEAR

2032

2033

2034

2035

2036

2037

2038

Total gas bill reduction

100.00%

99.94%

99.60%

99.27%

98.93%

98.32%

97.98%

Network cost savings

0%

0.24%

1.38%

1.38%

1.39%

2.48%

1.41%

YEAR

2039

2040

2041

2042

2043

2044

2045

Total gas bill reduction

97.63%

97.29%

96.95%

96.62%

96.29%

95.96%

95.37%

Network cost savings

1.41%

1.39%

1.38%

1.37%

1.36%

1.35%

2.38%

YEAR

2046

2047

2048

2049

2050

2051

2052

Total gas bill reduction

95.04%

94.71%

94.38%

94.07%

93.76%

93.46%

93.17%

Network cost savings

1.36%

1.36%

1.34%

1.29%

1.26%

1.23%

1.20%

Table 9.5: Savings from end of REPEX programme (provided by NGN)
With electrical generation the cost of electricity is
socialised. The same applies for current gas customers
in the UK who pay for energy, not type of gas. Taking
into account the reduction in bill associated with
the REPEX programme and the increase in bill
associated with the socialisation of H21 NoE costs
the incremental impact on customers’ average
annual gas bill has been illustrated in Figure 9.8.
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Gas bill: Regulated asset model
Straight line natural gas bill

Natural gas bill (£/year)

New gas bill (£/year)

£900

£800

£700

£600
2025

2030

2035

2040

2045

2050

2055

2060

2065

2070

Figure 9.8: New gas bill compared with 2018 gas bill and reference bill
This shows that H21 NoE would
have a maximum impact in gas
bills of 7% in 2034 dropping
back to 2018 levels by 2050.
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REPEX programme – impact on annual gas bill

The iron mains replacement programme, commonly
called the REPEX program, is the HSE mandated
work being undertaken across the UK replacing the
gas distribution below seven bar metallic mains with
polyethylene. This programme of works started in 2000
and is due to end in 2032. After this date UK customers
will start to see savings on the gas distribution network
element of their bill. The most significant savings will be
up to 2052 and savings thereafter will still continue, but
at a much slower rate. This is because the early years of
the programme have already been paid off by 2045 (i.e.
the 45 year depreciation lifetime of the first assets).

Total savings from 2032 until 2052 on the gas
distribution element of the UK customers bill is circa
35% by 2035, see Table 9.5. ‘Network costs’ only account
for 25% of the current bill (shown in Figure 9.1) and of
this circa 15-17% is attributable to gas networks and
circa 8% to the National Transmission System. This
means network cost savings of 35% for gas networks
contributes to an overall 5-6% saving on total gas bill
by 2052 (i.e. 35% of 15% of the bill = 5%). Table 9.5
shows in 2045 the overall gas bill impact is forecast
to be 95.37% of today’s gas bill. After 2052 0.5%
yearly savings is assumed, i.e. ‘at much slower rate’.

YEAR

2032

2033

2034

2035

2036

2037

2038

Total gas bill reduction

100.00%

99.94%

99.60%

99.27%

98.93%

98.32%

97.98%

Network cost savings

0%

0.24%

1.38%

1.38%

1.39%

2.48%

1.41%

YEAR

2039

2040

2041

2042

2043

2044

2045

Total gas bill reduction

97.63%

97.29%

96.95%

96.62%

96.29%

95.96%

95.37%

Network cost savings

1.41%

1.39%

1.38%

1.37%

1.36%

1.35%

2.38%

YEAR

2046

2047

2048

2049

2050

2051

2052

Total gas bill reduction

95.04%

94.71%

94.38%

94.07%

93.76%

93.46%

93.17%

Network cost savings

1.36%

1.36%

1.34%

1.29%

1.26%

1.23%

1.20%

Table 9.5: Savings from end of REPEX programme (provided by NGN)
With electrical generation the cost of electricity is
socialised. The same applies for current gas customers
in the UK who pay for energy, not type of gas. Taking
into account the reduction in bill associated with
the REPEX programme and the increase in bill
associated with the socialisation of H21 NoE costs
the incremental impact on customers’ average
annual gas bill has been illustrated in Figure 9.8.
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Gas bill: Regulated asset model
Straight line natural gas bill

Natural gas bill (£/year)

New gas bill (£/year)
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Figure 9.8: New gas bill compared with 2018 gas bill and reference bill
This shows that H21 NoE would
have a maximum impact in gas
bills of 7% in 2034 dropping
back to 2018 levels by 2050.
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9.2

Sensitivity to future CO2 prices

2017

2018

2019

2020

2021

2022

2023

2024

2025

CO2 PRICE (£/TONNE)

22

21

21

21

22

22

22

22

24

YEAR

2026

2027

2028

2029

2030

2031

2032

2033

2034

CO2 PRICE (£/TONNE)

23

31

33

33

36

48

59

70

82

YEAR

2035

2036

2037

2038

2039

2040

2041

2042

2043

CO2 PRICE (£/TONNE)

93

105

116

128

139

151

158

165

172

YEAR

2044

2045

2046

2047

2048

2049

2050

CO2 PRICE (£/TONNE)

180

187

194

201

209

216

223

Table 9.6: BEIS guidance on CO2 price
The guidance provides CO2 prices only until 2050.
Therefore, the CO2 price is set as being constant
from 2050 and beyond in the sensitivity analysis.
Regardless of where in the supply chain the CO2
price is paid, it is still likely to affect the gas bill.
If BEIS CO2 price projections were to occur the
impact on the gas bill with and without the H21
NoE project has been shown in Figure 9.9.

As only 13.8% of the UK’s customer base would be
using hydrogen from 2034 and onwards, both bills will
increase substantially although the gas bill including
13.8% hydrogen will be cheaper than natural gas by 2041.

Gas bill: Regulated asset model with CO2 tax
Natural gas bill

Gas bill (£)

YEAR

BEIS have developed a future prognosis for CO2 prices
to evaluate the effect for new technologies, value
chains and future scenarios. Also, the general trend
in larger companies is to evaluate project economics
robustness against a future CO2 tax. Therefore a
CO2 price sensitivity analysis was conducted for
H21 NoE based on the BEIS’ guidance set out.

New gas bill

1,240
1,140
1,040
940
840
740
2025

2030

2035

2040

2045

2050

2055

2060

2065

2070

2075

2080

Figure 9.9: Gas bill with CO2 price estimation from BEIS
If all the UK were to convert to hydrogen by 2034,
i.e.100% hydrogen share, a very simplified illustration,
which has been based on the same financial model and
assumptions as for H21 NoE, is set out in Figure 9.10.

The increase in gas bill attributable to hydrogen
is circa 7% (see Section 9.1.4) without a CO2 price.
With a CO2 price this drops to a maximum of 2.3%
in 2034 before declining to minus 1.6% in 2050.

Whilst it is appreciated that it is not practical to
convert the whole of the UK to hydrogen by 2034, this
illustration shows that higher shares of hydrogen
in the system gives significant benefits in terms
of CO2 prices, and a substantially lower gas bill.

Gas bill: Regulated with CO2 tax 100% UK
Gas bill (£)

A carbon tax or CO2 price is a way to stimulate the
transition towards a low carbon energy system. In
2005 the EU launched an emission trading scheme
called EU ETS which was set up with this purpose. It
allowed companies to trade their emission reduction
with other companies. EU ETS is mainly for large
emitters and currently domestic heat is not part of the
scheme, but other mechanisms such as carbon tax on
the natural gas wholesale price could be envisaged.

Natural gas bill

New gas bill

1,240
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840

740
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2050

2055

2060

2065

2070

2075

2080

Figure 9.10: Gas bill with 100% hydrogen conversion across the UK incorporating CO2
price estimations from BEIS
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9.2

Sensitivity to future CO2 prices

2017

2018

2019

2020

2021

2022

2023

2024

2025

CO2 PRICE (£/TONNE)
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21
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22

22

22

22

24

YEAR

2026

2027

2028

2029

2030

2031

2032

2033

2034

CO2 PRICE (£/TONNE)

23

31
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33

36

48

59

70

82

YEAR

2035

2036

2037

2038

2039

2040

2041

2042

2043

CO2 PRICE (£/TONNE)

93

105

116

128

139

151

158

165

172

YEAR

2044

2045

2046

2047

2048

2049

2050

CO2 PRICE (£/TONNE)

180

187

194

201

209

216

223

Table 9.6: BEIS guidance on CO2 price
The guidance provides CO2 prices only until 2050.
Therefore, the CO2 price is set as being constant
from 2050 and beyond in the sensitivity analysis.
Regardless of where in the supply chain the CO2
price is paid, it is still likely to affect the gas bill.
If BEIS CO2 price projections were to occur the
impact on the gas bill with and without the H21
NoE project has been shown in Figure 9.9.

As only 13.8% of the UK’s customer base would be
using hydrogen from 2034 and onwards, both bills will
increase substantially although the gas bill including
13.8% hydrogen will be cheaper than natural gas by 2041.

Gas bill: Regulated asset model with CO2 tax
Natural gas bill

Gas bill (£)

YEAR

BEIS have developed a future prognosis for CO2 prices
to evaluate the effect for new technologies, value
chains and future scenarios. Also, the general trend
in larger companies is to evaluate project economics
robustness against a future CO2 tax. Therefore a
CO2 price sensitivity analysis was conducted for
H21 NoE based on the BEIS’ guidance set out.
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Figure 9.9: Gas bill with CO2 price estimation from BEIS
If all the UK were to convert to hydrogen by 2034,
i.e.100% hydrogen share, a very simplified illustration,
which has been based on the same financial model and
assumptions as for H21 NoE, is set out in Figure 9.10.

The increase in gas bill attributable to hydrogen
is circa 7% (see Section 9.1.4) without a CO2 price.
With a CO2 price this drops to a maximum of 2.3%
in 2034 before declining to minus 1.6% in 2050.

Whilst it is appreciated that it is not practical to
convert the whole of the UK to hydrogen by 2034, this
illustration shows that higher shares of hydrogen
in the system gives significant benefits in terms
of CO2 prices, and a substantially lower gas bill.

Gas bill: Regulated with CO2 tax 100% UK
Gas bill (£)

A carbon tax or CO2 price is a way to stimulate the
transition towards a low carbon energy system. In
2005 the EU launched an emission trading scheme
called EU ETS which was set up with this purpose. It
allowed companies to trade their emission reduction
with other companies. EU ETS is mainly for large
emitters and currently domestic heat is not part of the
scheme, but other mechanisms such as carbon tax on
the natural gas wholesale price could be envisaged.

Natural gas bill
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Figure 9.10: Gas bill with 100% hydrogen conversion across the UK incorporating CO2
price estimations from BEIS
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9.3

NET INVEST
(£M)

CASH FLOW
(£M)

DEPRECIATION
(£M)

INVESTMENT
(£M)

NET INCOME
(£M)

TAX
(£M)

DEPRECIATION
(£M)

NET INCOME
BEFORE TAX
(£M)

OPEX
(£M)

CO2 T&S
COST (£M)

17.3

96

24

18

54

9

45

0

18

-18

74,450

17.3

96

24

17

55

9

46

0

17

-17

63

2061

74,450

17.3

96

24

15

57

10

47

0

15

-15

62

74,450

17.3

96

24

14

58

10

48

0

14

-14

62

74,450

17.3

96

24

13

59

10

49

0

13

-13

62

2064

74,450

17.3

96

24

11

61

10

50

0

11

-11

62

2065

74,450

17.3

96

24

10

62

11

51

0

10

-10

61

2066

74,450

17.3

96

24

9

63

11

53

0

9

-9

61

54

0

7

-7

61

11

55

0

6

-6

61

-3

260

3

257

-259

2069

74,450

17.3

96

24

5

67

11

56

0

5

-5

61

-2

-12

290

14

276

-288

2070

74,450

17.3

96

24

4

69

12

57

0

4

-4

60

-32

-5

-26

210

27

183

-210

2071

74,450

17.3

96

24

2

70

12

58

0

2

-2

60

35

-42

-7

-35

113

35

78

-113

2072

74,450

17.3

96

24

2

70

12

58

0

2

-2

60

9

39

-38

-6

-31

113

39

74

-105

2073

74,450

17.3

96

24

1

71

12

59

0

1

-1

60

19

11

43

-35

-6

-29

103

43

60

-89

2074

74,450

17.3

96

24

1

71

12

59

0

1

-1

60

33

14

47

-28

-5

-23

80

47

33

-57

2075

74,450

17.3

96

24

0

72

12

59

0

0

0

60

-23

2076

74,450

17.3

96

24

0

72

12

60

0

0

0

60

19

2077

74,450

17.3

96

24

0

72

12

60

0

0

0

60

31

2078

74,450

17.3

96

24

0

72

12

60

0

0

0

60

48

2079

74,450

17.3

96

24

0

72

12

60

0

0

0

60

68

2080

74,450

17.3

96

24

0

72

12

60

0

0

0

60

3.4%

OPEX

1.48

£/Tonnes

3.77

£/Tonnes

-3

-1

2025

0

0.0

0

0

14

-14

2026

0

0.0

0

5

27

2027

0

0.0

0

7

2028

8270

1.9

11

2029

15,000

3.5

2030

25,300

5.9

51
69
85
96
96

17
20
22
24
24

49
50
50
51
50

-15
-1
13
22
22

-2
0
2
4
4

-12
-1
10
18
18

INVESTMENT
(£M)

11

66

TAX
(£M)

65

OPEX
(£M)

CASH FLOW
(£M)

2062
2063

NET INVEST
(£M)

DEPRECIATION
(£M)

NET INCOME
(£M)

NET INCOME
BEFORE TAX
(£M)

DEPRECIATION
(£M)

74,450

2060

6

3

17.3

63

2059

7

0

74,450

63

24

0

2035

-19

24

0.0

17.3

19

96

0

74,450

0

96

2024

2034

44

17.3

0

15.3

9

17.3

0

65,900

53

74,450

0

2033

19

74,450

0

12.5

24

2068

0

53,700

96

2067

0

2032

17.3

-70

0.0

9.3

74,450

70

0

39,900

2058

0

2023

2031

YEAR

70

CO2 T&S
COST (£M)

CO2 CAPTURED
(MILL TPA)

YEAR

ANNUAL HYDROGEN
PRODUCTION (GWH)

The cost of transporting and
storing CO2 for H21 NoE in UKCS is
estimated to be £5.54/tonne.

CO2 CAPTURED
(MILL TPA)

The costs associated with CO2 transport and storage
This is based on the same financing methodology
have been incorporated into the wholesale hydrogen
to that set out for the hydrogen cost, i.e. an NPV
price analysis set out in Table 9.4. However, it was
model based on a regulated asset with a 45-year
considered useful to show the specific contribution to
depreciation period and WACC at 3.4%. The NPV is
the overall hydrogen price (£50.69/MWh, see Section
set to zero and the WACC is seen as the internal rate
9.7.2) attributable to the CO2 transport and storage costs. of return of the project Table 9.7 sets out the model.

ANNUAL HYDROGEN
PRODUCTION (GWH)

CO2 transport and storage cost

60
30
30
20
0

49
50
50
51
50

11
-20
-20
-31
-50

2036

74,450

17.3

96

24

49

23

4

19

0

49

-49

68

Discount rate

2037

74,450

17.3

96

24

47

25

4

20

0

47

-47

68

NPV

0.00

CAPEX

2038

74,450

17.3

96

24

46

26

4

22

0

46

-46

68

Corp tax

17.00%

Tax

0.29

£/Tonnes

2039

74,450

17.3

96

24

45

27

5

23

0

45

-45

67

CO2 T&S COST

5.54

£/TONNES

2040

74,450

17.3

96

24

43

29

5

24

0

43

-43

67

2041

74,450

17.3

96

24

42

30

5

25

0

42

-42

67

2042

74,450

17.3

96

24

41

31

5

26

0

41

-41

67

2043

74,450

17.3

96

24

39

33

6

27

0

39

-39

66

2044

74,450

17.3

96

24

38

34

6

28

0

38

-38

66

2045

74,450

17.3

96

24

37

35

6

29

0

37

-37

66

2046

74,450

17.3

96

24

35

37

6

30

0

35

-35

66

2047

74,450

17.3

96

24

34

38

6

31

0

34

-34

66

2048

74,450

17.3

96

24

33

39

7

33

0

33

-33

65

2049

74,450

17.3

96

24

31

41

7

34

0

31

-31

65

2050

74,450

17.3

96

24

30

42

7

35

0

30

-30

65

2051

74,450

17.3

96

24

29

43

7

36

0

29

-29

65

2052

74,450

17.3

96

24

27

45

8

37

0

27

-27

64

2053

74,450

17.3

96

24

26

46

8

38

0

26

-26

64

2054

74,450

17.3

96

24

25

47

8

39

0

25

-25

64

2055

74,450

17.3

96

24

23

49

8

40

0

23

-23

64

2056

74,450

17.3

96

24

22

50

8

41

0

22

-22

64

2057

74,450

17.3

96

24

21

51

9

43

0

21

-21

63

Table 9.7: CO2 Transport and Storage cost estimation
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9.3

NET INVEST
(£M)

CASH FLOW
(£M)

DEPRECIATION
(£M)

INVESTMENT
(£M)

NET INCOME
(£M)

TAX
(£M)

DEPRECIATION
(£M)

NET INCOME
BEFORE TAX
(£M)

OPEX
(£M)

CO2 T&S
COST (£M)

17.3

96

24

18

54

9

45

0

18

-18

74,450

17.3

96

24

17

55

9

46

0

17

-17

63

2061

74,450

17.3

96

24

15

57

10

47

0

15

-15

62

74,450

17.3

96

24

14

58

10

48

0

14

-14

62

74,450

17.3

96

24

13

59

10

49

0

13

-13

62

2064

74,450

17.3

96

24

11

61

10

50

0

11

-11

62

2065

74,450

17.3

96

24

10

62

11

51

0

10

-10

61

2066

74,450

17.3

96

24

9

63

11

53

0

9

-9

61

54

0

7

-7

61

11

55

0

6

-6

61

-3

260

3

257

-259

2069

74,450

17.3

96

24

5

67

11

56

0

5

-5

61

-2

-12

290

14

276

-288

2070

74,450

17.3

96

24

4

69

12

57

0

4

-4

60

-32

-5

-26

210

27

183

-210

2071

74,450

17.3

96

24

2

70

12

58

0

2

-2

60

35

-42

-7

-35

113

35

78

-113

2072

74,450

17.3

96

24

2

70

12

58

0

2

-2

60

9

39

-38

-6

-31

113

39

74

-105

2073

74,450

17.3

96

24

1

71

12

59

0

1

-1

60

19

11

43

-35

-6

-29

103

43

60

-89

2074

74,450

17.3

96

24

1

71

12

59

0

1

-1

60

33

14

47

-28

-5

-23

80

47

33

-57

2075

74,450

17.3

96

24

0

72

12

59

0

0

0

60

-23

2076

74,450

17.3

96

24

0

72

12

60

0

0

0

60

19

2077

74,450

17.3

96

24

0

72

12

60

0

0

0

60
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2078

74,450

17.3

96

24

0

72

12
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0

0

0

60

48

2079
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17.3

96

24

0

72

12
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0

0

0

60

68

2080

74,450

17.3

96

24

0

72

12

60

0

0

0

60

3.4%

OPEX

1.48

£/Tonnes

3.77

£/Tonnes

-3

-1

2025

0

0.0

0

0

14

-14

2026

0

0.0

0

5

27

2027

0

0.0

0

7

2028

8270

1.9

11

2029

15,000

3.5

2030

25,300

5.9

51
69
85
96
96

17
20
22
24
24

49
50
50
51
50

-15
-1
13
22
22

-2
0
2
4
4

-12
-1
10
18
18

INVESTMENT
(£M)

11

66

TAX
(£M)

65

OPEX
(£M)

CASH FLOW
(£M)

2062
2063

NET INVEST
(£M)

DEPRECIATION
(£M)

NET INCOME
(£M)

NET INCOME
BEFORE TAX
(£M)

DEPRECIATION
(£M)

74,450

2060

6

3

17.3

63

2059

7

0

74,450

63

24

0

2035

-19

24

0.0

17.3

19

96

0

74,450

0

96

2024

2034

44

17.3

0

15.3

9

17.3

0

65,900

53

74,450

0

2033

19

74,450

0

12.5

24

2068

0

53,700

96

2067

0

2032

17.3

-70

0.0

9.3

74,450

70

0

39,900

2058

0

2023

2031

YEAR

70

CO2 T&S
COST (£M)

CO2 CAPTURED
(MILL TPA)

YEAR

ANNUAL HYDROGEN
PRODUCTION (GWH)

The cost of transporting and
storing CO2 for H21 NoE in UKCS is
estimated to be £5.54/tonne.

CO2 CAPTURED
(MILL TPA)

The costs associated with CO2 transport and storage
This is based on the same financing methodology
have been incorporated into the wholesale hydrogen
to that set out for the hydrogen cost, i.e. an NPV
price analysis set out in Table 9.4. However, it was
model based on a regulated asset with a 45-year
considered useful to show the specific contribution to
depreciation period and WACC at 3.4%. The NPV is
the overall hydrogen price (£50.69/MWh, see Section
set to zero and the WACC is seen as the internal rate
9.7.2) attributable to the CO2 transport and storage costs. of return of the project Table 9.7 sets out the model.

ANNUAL HYDROGEN
PRODUCTION (GWH)

CO2 transport and storage cost

60
30
30
20
0

49
50
50
51
50

11
-20
-20
-31
-50

2036

74,450

17.3

96

24

49

23

4

19

0

49

-49

68

Discount rate

2037

74,450

17.3

96

24

47

25

4

20

0

47

-47

68

NPV

0.00

CAPEX

2038

74,450

17.3

96

24

46

26

4

22

0

46

-46

68

Corp tax

17.00%

Tax

0.29

£/Tonnes

2039

74,450

17.3

96

24

45

27

5

23

0

45

-45

67

CO2 T&S COST

5.54

£/TONNES

2040

74,450

17.3

96

24

43

29

5

24

0

43

-43

67

2041

74,450

17.3

96

24

42

30

5

25

0

42

-42

67

2042

74,450

17.3

96

24

41

31

5

26

0

41

-41

67

2043

74,450

17.3

96

24

39

33

6

27

0

39

-39

66

2044

74,450

17.3

96

24

38

34

6

28

0

38

-38

66

2045

74,450

17.3

96

24

37

35

6

29

0

37

-37

66

2046

74,450

17.3

96

24

35

37

6

30

0

35

-35

66

2047

74,450

17.3

96

24

34

38

6

31

0

34

-34

66

2048

74,450

17.3

96

24

33

39

7

33

0

33

-33

65

2049

74,450

17.3

96

24

31

41

7

34

0

31

-31

65

2050

74,450

17.3

96

24

30

42

7

35

0

30

-30

65

2051

74,450

17.3

96

24

29

43

7

36

0

29

-29

65

2052

74,450

17.3

96

24

27

45

8

37

0

27

-27

64

2053

74,450

17.3

96

24

26

46

8

38

0

26

-26

64

2054

74,450

17.3

96

24

25

47

8

39

0

25

-25

64

2055

74,450

17.3

96

24

23

49

8

40

0

23

-23

64

2056

74,450

17.3

96

24

22

50

8

41

0

22

-22

64

2057

74,450

17.3

96

24

21

51

9

43

0

21

-21

63
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9.4

H21 NoE a wider energy strategy:
H21 NoE XL
Guidance on Table 9.7 CO2 transport
and storage cost estimation
→→

Annual hydrogen production (GWh) – new
capacities are installed each year from
2026-2034, as described in Section 6.4.2

→→

CO2 captured (Mtpa) – million tonnes of CO2
captured each year from hydrogen production
facility requiring transport and storage.
Calculated from 94% capture rate. 17.3 million
tonnes CO2 captured annually from 2034

→→

CO2 T&S cost (£m) – cost of transporting and
shipping the amount of captured CO2 each
year. Calculated from CO2 T&S unit cost. In
year 2070 this would be 17,300,000 Mtpa
x £5.54/tonne = £ 96,000,000

→→

Operation (£m) – operational expenditure
gradually building up towards final
implementation in 2034. OPEX from Section 8.0

→→

Depreciation (£m) – depreciated over the assets
lifetime using Sum-of-the-Years’ Digits (SYD)
method commonly used in gas distribution sector.
Average 45 years described in Section 9.2.6

→→

Net income before tax (£m) – income from transport
and storage (CO2 T&S cost) subtracted by operation
and depreciation. In year 2070 income is £96 m and
expenses is operation £24 m and depreciation £4 m,
thus net income before tax is 96 – 24 - 4 = £69 m

→→ Tax (£m) – 17% corporate tax, described
in Section 9.1.4. In year 2070 this
would be 0.17 x £69 m = £12 m
→→

Net income (£m) – income after tax. In year
2070 this would be £69 m - £12 m = £57 m

→→

Investment (£m) – investment based on CAPEX
spend profile Figure 9.5 (Section 9.1.3). In year 2070
no investment is expected and CAPEX is £0 m

→→

Net invest (£m) – net investments after depreciation
of assets. In year 2070 the depreciation is £4 m,
thus net investment is £0 m - £4 m = - £4 m

→→

Cash flow (£m) – CO2 transport and storage cash
flow for each year. Cash flow = Net income – Net
invest. For year 2070 this is £57 m - (- £4 m) =
£61 m (£60 m due to roundings). This is due
to cash flow using the net income figure, net
income is adjusted so that it is not reduced by
depreciation expense, i.e. depreciation expense
amount is added back to the cash flow

→→

WACC – 3.4%, described in Section 9.1.3

→→

NPV – set to zero, i.e. WACC is seen as the
internal rate of return of the project and used
to estimate a CO2 transport and storage price
sufficient to pay its sources of finance

→→

OPEX, CAPEX and tax (£/tonne) – cost of
OPEX, CAPEX and tax distributed with the
NPV model and total captured CO2

→→

CO2 T&S cost (£/tonne) – the cost of transporting
and storing CO2 for H21 NoE in UKCS, distributed
with the NPV model and total cost and captured CO2.

→→

CO2 T&S cost (£/MWh H2) – cost given
in per MWh hydrogen produced

The H21 XL scenario (see Section 6.6 and 8.7) uses a
much larger capacity Hydrogen Production Facility
(for H21 NoE this is from 12.15 GW to 16.99 GW) and
therefore a much smaller inter-seasonal hydrogen
storage capacity (for H21 NoE this is from 8,052 TWh
to 2,164 TWh). Much more hydrogen is available on
an annual basis from the larger Hydrogen Production
Facility; this additional production would be used in
hydrogen CCGT’s for centralised electricity generation.

Estimates for H21 NoE XL are based on the same
methodology as described for H21 NoE in Section
9.1. Based on the 20% CAPEX and 15% OPEX
savings provided by this strategy the hydrogen price
incorporating the hydrogen production facility, interseasonal hydrogen storage, CO2 transport and storage,
HTrS and appliance conversion has been estimated
as well as the corresponding impact in the gas bill.

Hydrogen costs
The hydrogen unit cost has been estimated using
the same method as Table 9.4 hydrogen unit
cost estimation. This results in a hydrogen unit
price breakdown as shown in Figure 9.11.

Hydrogen
price breakdown

£45.30/MWh
0.80
2.31

CO₂ T&S
HTrS

4.07
0.29

Appliances
Inter-seasonal storage

7.03

Hydrogen
Production Facility

7.80

Additional
natural gas
consumption

23.00

Natural gas price

£/MWh H2
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H21 NoE a wider energy strategy:
H21 NoE XL
Guidance on Table 9.7 CO2 transport
and storage cost estimation
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Annual hydrogen production (GWh) – new
capacities are installed each year from
2026-2034, as described in Section 6.4.2

→→

CO2 captured (Mtpa) – million tonnes of CO2
captured each year from hydrogen production
facility requiring transport and storage.
Calculated from 94% capture rate. 17.3 million
tonnes CO2 captured annually from 2034

→→

CO2 T&S cost (£m) – cost of transporting and
shipping the amount of captured CO2 each
year. Calculated from CO2 T&S unit cost. In
year 2070 this would be 17,300,000 Mtpa
x £5.54/tonne = £ 96,000,000

→→

Operation (£m) – operational expenditure
gradually building up towards final
implementation in 2034. OPEX from Section 8.0

→→

Depreciation (£m) – depreciated over the assets
lifetime using Sum-of-the-Years’ Digits (SYD)
method commonly used in gas distribution sector.
Average 45 years described in Section 9.2.6

→→

Net income before tax (£m) – income from transport
and storage (CO2 T&S cost) subtracted by operation
and depreciation. In year 2070 income is £96 m and
expenses is operation £24 m and depreciation £4 m,
thus net income before tax is 96 – 24 - 4 = £69 m

→→ Tax (£m) – 17% corporate tax, described
in Section 9.1.4. In year 2070 this
would be 0.17 x £69 m = £12 m
→→

Net income (£m) – income after tax. In year
2070 this would be £69 m - £12 m = £57 m

→→

Investment (£m) – investment based on CAPEX
spend profile Figure 9.5 (Section 9.1.3). In year 2070
no investment is expected and CAPEX is £0 m

→→

Net invest (£m) – net investments after depreciation
of assets. In year 2070 the depreciation is £4 m,
thus net investment is £0 m - £4 m = - £4 m

→→

Cash flow (£m) – CO2 transport and storage cash
flow for each year. Cash flow = Net income – Net
invest. For year 2070 this is £57 m - (- £4 m) =
£61 m (£60 m due to roundings). This is due
to cash flow using the net income figure, net
income is adjusted so that it is not reduced by
depreciation expense, i.e. depreciation expense
amount is added back to the cash flow

→→

WACC – 3.4%, described in Section 9.1.3

→→

NPV – set to zero, i.e. WACC is seen as the
internal rate of return of the project and used
to estimate a CO2 transport and storage price
sufficient to pay its sources of finance

→→

OPEX, CAPEX and tax (£/tonne) – cost of
OPEX, CAPEX and tax distributed with the
NPV model and total captured CO2

→→

CO2 T&S cost (£/tonne) – the cost of transporting
and storing CO2 for H21 NoE in UKCS, distributed
with the NPV model and total cost and captured CO2.

→→

CO2 T&S cost (£/MWh H2) – cost given
in per MWh hydrogen produced

The H21 XL scenario (see Section 6.6 and 8.7) uses a
much larger capacity Hydrogen Production Facility
(for H21 NoE this is from 12.15 GW to 16.99 GW) and
therefore a much smaller inter-seasonal hydrogen
storage capacity (for H21 NoE this is from 8,052 TWh
to 2,164 TWh). Much more hydrogen is available on
an annual basis from the larger Hydrogen Production
Facility; this additional production would be used in
hydrogen CCGT’s for centralised electricity generation.

Estimates for H21 NoE XL are based on the same
methodology as described for H21 NoE in Section
9.1. Based on the 20% CAPEX and 15% OPEX
savings provided by this strategy the hydrogen price
incorporating the hydrogen production facility, interseasonal hydrogen storage, CO2 transport and storage,
HTrS and appliance conversion has been estimated
as well as the corresponding impact in the gas bill.

Hydrogen costs
The hydrogen unit cost has been estimated using
the same method as Table 9.4 hydrogen unit
cost estimation. This results in a hydrogen unit
price breakdown as shown in Figure 9.11.
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H21 Max
Total hydrogen unit price = £45.30/MW. This is
over 10% (45.30 ÷ 50.69) saving on the H21 NoE
price which is based on a heat only strategy. This
is a saving that would be passed on directly to
the customers’ bills as set out Figure 9.12.

Section 11 provides a scenario ‘H21 Max’. This shows
the potential impact of scaling hydrogen production
based on deliverable annual increases in capacity.
In this H21 Max scenario 1,087,063 GWh of hydrogen
is available by 2050. It is assumed this will replace
all current (2016) natural gas, i.e. 850,000 GWh
therefore leaving 237,063 GWh for transport.

As with H21 NoE (heat only) the new gas bill, based
on the H21 NoE XL strategy, peaks in 2034 at
£825/MWh (versus £837 for H21 NoE, heat only).
Breakdown of the new gas bill is set out below.
%

COST
(£)

COST
(£/MWH)

Wholesale costs

39.6%

326.60

23.00

Hydrogen costs

5.3%

43.59

3.07

Networks cost

22.9%

188.63

13.28

Environmental &
social obligation
costs

1.2%

9.95

0.70

Other direct costs

1.1%

8.85

0.62

Operating costs

17.5%

144.38

10.17

Supplier pre-tax
margin

7.8%

64.00

4.51

VAT

4.8%

39.30

2.77

TOTAL

100.00%

825.31

58.12

NEW GAS BILL (H21 NoE XL)

£837pa

Figure 9.12: New annual gas bill for H21 NoE XL
This results in an increase in the
annual customers’ gas bill of 6% (at
peak in 2034) after all investments
are made, compared to the 2035
reference gas bill of £780 and
H21 NoE of £837 for heat only.

In 2016 consumption of diesel and petrol in UK
road transport amounted to 36.7 million tonnes or
466 TWh (12.7 kWhHHV/kg) and a total CO2 emission
of 117.4 million tonnes (3.2 kg CO2/kg).
Assuming a hydrogen fuel cell vehicle is twice as
energy efficient compared to a diesel/gasoline vehicle
233 TWh of hydrogen will be needed for the entire UK
road transport. Therefore H21 Max would also enable
a complete decarbonisation of UK road transport.
As throughput for the HTrS and gas distribution
networks increase to supply the hydrogen to all these
end users the unit costs of hydrogen will significantly
decrease. This is because the current customer
base would increase as a result of the additional
throughput. This would have a beneficial impact on
individual customers gas bills as costs associated
with the new hydrogen infrastructure would be
socialised over a much larger customer base.
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based on deliverable annual increases in capacity.
In this H21 Max scenario 1,087,063 GWh of hydrogen
is available by 2050. It is assumed this will replace
all current (2016) natural gas, i.e. 850,000 GWh
therefore leaving 237,063 GWh for transport.
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Figure 9.12: New annual gas bill for H21 NoE XL
This results in an increase in the
annual customers’ gas bill of 6% (at
peak in 2034) after all investments
are made, compared to the 2035
reference gas bill of £780 and
H21 NoE of £837 for heat only.

In 2016 consumption of diesel and petrol in UK
road transport amounted to 36.7 million tonnes or
466 TWh (12.7 kWhHHV/kg) and a total CO2 emission
of 117.4 million tonnes (3.2 kg CO2/kg).
Assuming a hydrogen fuel cell vehicle is twice as
energy efficient compared to a diesel/gasoline vehicle
233 TWh of hydrogen will be needed for the entire UK
road transport. Therefore H21 Max would also enable
a complete decarbonisation of UK road transport.
As throughput for the HTrS and gas distribution
networks increase to supply the hydrogen to all these
end users the unit costs of hydrogen will significantly
decrease. This is because the current customer
base would increase as a result of the additional
throughput. This would have a beneficial impact on
individual customers gas bills as costs associated
with the new hydrogen infrastructure would be
socialised over a much larger customer base.
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9.6

Carbon footprint of
H21 North of England
The overriding imperative for any natural gas to hydrogen
conversion programme must be a net reduction in
emissions of CO2 and other greenhouse gases. This
must be expressed as their CO2 equivalent in line
with the Kyoto Protocol, but quantifying this can be
complex. When comparing the carbon emissions of
any production or service, it is vital to compare like
with like and to define the boundary conditions in
a coherent fashion. Commonly, CO2 emissions are
compared at three different levels. For meaningful
discussions it is vital to understand the concept
behind these. Without this, society and governments
can make the wrong decisions. The three levels are:
→→

→→

→→

Scope 1 Emissions associated with the
production of hydrogen and burning of
the hydrogen fuel
The main emissions from the H21 system will be
from the process heaters and boiler in the hydrogen
facility and from burning of the 98.3% hydrogen
fuel mixture by the end user. For the selected ATR
concept (see Section 3.0 and 4.0), the carbon balance
can be calculated and from this a CO2 footprint
of 14.4 g/kWhH2HHV was estimated at the ATR.

H21 NoE hydrogen facility performance

Comment

Hydrogen production (MWHHV)

12,150

Capacity of the Hydrogen Production Facility

Carbon capture (%)

94.2

As per Section 4.0

CO2 footprint (g/kWh)

14.4

This includes direct emissions from flue
gases and power generation (7 g/kWh, see
Section 4.0) not captured in the carbon
capture system of the Hydrogen Production
Facility and the carbon emissions from
the hydrogen burnt by end users, i.e.
hydrogen only at 98.3% purity. (7.4 g/kWh).

Scope 1: These are direct emissions within the
system boundary of the end user and hydrogen
production facilities. From stationary plant they
are usually evaluated as g/kWh of fuel. For natural
gas they are typically 183.6 g CO2/kWhNGHHV2.

Carbon avoided (%)

92.0

Efficiency (%-HHV)

74.7

Scope 2: Typically allows for the CO2
emissions for additional energy inputs to the
system such as electricity from the grid

Efficiency of the Hydrogen Production
Facility (see Section 3.0 and 4.0)

Natural gas consumption (MWHHV)

16,200

Natural gas consumption required
to produce 12.15 GW hydrogen

H2 based power need (MW)

675

Internal power provided by the
integrated onsite hydrogen CCGT (fuelled
by the hydrogen from the ATR)

CO2 export (t/h)

2,827

CO2 flow rate per hour when facility
is operating at 12.15 GW

H2 purity (%)

98.3

Percentage hydrogen exported from the
Hydrogen Production Facility. Other
key elements include 0.6% methane, 0.7%
carbon monoxide with the remaining trace
elements being nitrogen and argon.

H2 export pressure (bar)

80

The pressure at the outlet of the
Hydrogen Production Facility

Oxygen production (t/d)

26,110

The required oxygen supply for
the Hydrogen Production Facility
when operating at 12.15 GW

Desalinated water (m3/h)

1,434

The required water supply for the
Hydrogen Production Facility ATR
reaction when operating at 12.15 GW

Scope 3: Includes all emissions outside the system
boundary which do not fall within the Scope 1 and
2 definitions. An example of this is supply chain
emissions, e.g. emissions associated with producing
and transport natural gas to the system boundary.

Scope 1+2 emissions will directly
affect UK carbon targets

Includes the efficiency loss in the
carbon balance, i.e. the additional
‘fuel’ required to produce the hydrogen
and capture the carbon dioxide

Table 9.8: H21 system performance (from Section 4.0)
The current UK distribution system is recognised for
very low methane leakage and the positive effect of
converting to hydrogen is not accounted for. In countries
with high methane leakage in the distribution system
a 100% conversion from natural gas to hydrogen could
contribute to significant greenhouse gas reductions.
2 BEIS Greenhouse gas reporting: conversion factors 2018 https://www.gov.uk/
government/publications/greenhouse-gas-reporting-conversion-factors-2018
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9.6

Carbon footprint of
H21 North of England
The overriding imperative for any natural gas to hydrogen
conversion programme must be a net reduction in
emissions of CO2 and other greenhouse gases. This
must be expressed as their CO2 equivalent in line
with the Kyoto Protocol, but quantifying this can be
complex. When comparing the carbon emissions of
any production or service, it is vital to compare like
with like and to define the boundary conditions in
a coherent fashion. Commonly, CO2 emissions are
compared at three different levels. For meaningful
discussions it is vital to understand the concept
behind these. Without this, society and governments
can make the wrong decisions. The three levels are:
→→

→→

→→

Scope 1 Emissions associated with the
production of hydrogen and burning of
the hydrogen fuel
The main emissions from the H21 system will be
from the process heaters and boiler in the hydrogen
facility and from burning of the 98.3% hydrogen
fuel mixture by the end user. For the selected ATR
concept (see Section 3.0 and 4.0), the carbon balance
can be calculated and from this a CO2 footprint
of 14.4 g/kWhH2HHV was estimated at the ATR.

H21 NoE hydrogen facility performance

Comment

Hydrogen production (MWHHV)

12,150

Capacity of the Hydrogen Production Facility

Carbon capture (%)

94.2

As per Section 4.0

CO2 footprint (g/kWh)

14.4

This includes direct emissions from flue
gases and power generation (7 g/kWh, see
Section 4.0) not captured in the carbon
capture system of the Hydrogen Production
Facility and the carbon emissions from
the hydrogen burnt by end users, i.e.
hydrogen only at 98.3% purity. (7.4 g/kWh).

Scope 1: These are direct emissions within the
system boundary of the end user and hydrogen
production facilities. From stationary plant they
are usually evaluated as g/kWh of fuel. For natural
gas they are typically 183.6 g CO2/kWhNGHHV2.

Carbon avoided (%)

92.0

Efficiency (%-HHV)

74.7

Scope 2: Typically allows for the CO2
emissions for additional energy inputs to the
system such as electricity from the grid

Efficiency of the Hydrogen Production
Facility (see Section 3.0 and 4.0)

Natural gas consumption (MWHHV)

16,200

Natural gas consumption required
to produce 12.15 GW hydrogen

H2 based power need (MW)

675

Internal power provided by the
integrated onsite hydrogen CCGT (fuelled
by the hydrogen from the ATR)

CO2 export (t/h)

2,827

CO2 flow rate per hour when facility
is operating at 12.15 GW

H2 purity (%)

98.3

Percentage hydrogen exported from the
Hydrogen Production Facility. Other
key elements include 0.6% methane, 0.7%
carbon monoxide with the remaining trace
elements being nitrogen and argon.

H2 export pressure (bar)

80

The pressure at the outlet of the
Hydrogen Production Facility

Oxygen production (t/d)

26,110

The required oxygen supply for
the Hydrogen Production Facility
when operating at 12.15 GW

Desalinated water (m3/h)

1,434

The required water supply for the
Hydrogen Production Facility ATR
reaction when operating at 12.15 GW

Scope 3: Includes all emissions outside the system
boundary which do not fall within the Scope 1 and
2 definitions. An example of this is supply chain
emissions, e.g. emissions associated with producing
and transport natural gas to the system boundary.

Scope 1+2 emissions will directly
affect UK carbon targets

Includes the efficiency loss in the
carbon balance, i.e. the additional
‘fuel’ required to produce the hydrogen
and capture the carbon dioxide

Table 9.8: H21 system performance (from Section 4.0)
The current UK distribution system is recognised for
very low methane leakage and the positive effect of
converting to hydrogen is not accounted for. In countries
with high methane leakage in the distribution system
a 100% conversion from natural gas to hydrogen could
contribute to significant greenhouse gas reductions.
2 BEIS Greenhouse gas reporting: conversion factors 2018 https://www.gov.uk/
government/publications/greenhouse-gas-reporting-conversion-factors-2018
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Scope 2 Emissions include the
electrical consumption for
inter-seasonal hydrogen storage
Since the hydrogen facility is designed with internal
power production, these emissions are already
included in the Scope 1 emissions of 14.4 g/kWh. It
should be noted that if power was imported to the
facility, the emissions would increase by between
2.5 and 5 g/kWh based on a grid emission factor
of 50 g/kWh (UK 2050 target) and 100 g/kWh (UK
2030 target) respectively – see Section 3.8.2.
The annual power consumption for interseasonal hydrogen storage was estimated to
be 0.054 TWh for an average annual hydrogen
production of 74.45 TWh (see Section 8.2.3).

In the analysis of Scope 2 emissions, it is assumed that
the UK will meet the target set by BEIS of 100 g/kWh
in 2030 and 50 g/kWh in 2050. This results in a Scope
2 emission of 0.073 g/kWh (0.054 TWh x 100 g/kWh ÷
74.45 TWh) in 2030 dropping to 0.036 g/kWh in 2050.
The Scope 1+2 emission impacts the
UK carbon budget directly and these
are summarised in Table 9.9. Scope 3
emissions, covered in Table 9.10
are outside the UK carbon budget
and are subject to more debate and
conjecture than Scope 1+2 emissions.

Scope of emissions

H21 NoE system based
on 2018 UK mix (g/kWh)

Natural gas (g/kWh)

% Reduction in
emissions

Scope 1

14.40

183.6

92.2%

Scope 1+2

14.47 (14.4 + 0.073)

183.6

92.1%

Table 9.9: Summary of H21 NoE emissions levels, Scope 1+2
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Scope 3 Emissions associated
with production and transport
of natural gas to the
Hydrogen Production Facility
Low supply chain emissions are critical in achieving
an overall CO2 reduction comparable with alternative
low carbon solutions, e.g. renewables. The BEIS
2017 Government GHG conversion factors for
company reporting represent the current official
set of UK government emissions factors. These
factors are only for one year and will continue to
be reviewed and updated on an annual basis.
In the 2017 edition, a study by Exergia, EM Lab and
COWI for DG Ener3 has been used as the basis of the
UK government figures. For the UK natural gas mix
based on the BEIS DUKES data for import of natural
gas and indigenous production, (i.e. 52% UK production,
33% Norwegian, 2% Continental Europe and 13% LNG
import), the emission is given as 7.89 kg CO2e ÷ GJ
net CV (calorific value = Lower Heating Value (LHV))
which is approximately 26.4 g CO2e ÷ kWh HHV (7.89 kg
CO2/GJ x 3.6 MWh/GJ ÷ 1.08 (ratio between LHV and
HHV)/1,000 equal to 26.4 ÷ 0.747 (energy efficiency of
Hydrogen Production Facility) = 35.3 g CO2/kWhH2HHV.

In 2026, the main Norwegian sources for the UK will
be Troll and Ormen Lange gas fields. Gas from both
fields must be compressed for pipeline transport
to the UK. However, the power is delivered from the
Norwegian electrical grid which is based on hydro
electrical power and therefore emission free. The
expected emission from Troll will, in 2026 onwards, be
approximately 0.05–0.07 kg/boe or 0.02 g/kWhNGHHV.
As a conservative estimate 1.5 g/kWhNGHHV is used.
This will result in a Scope 3 CO2
footprint for the H21 NoE system
of 1.5 ÷ 0.747= 2.4 g/kWhH2HHV.
A summary of the Scope 1+2+3 emissions and
potential for reduction is given in the Table 9.10.
It should be noted that the Scope 1+2 emission
impacts the UK carbon budget directly.

SCOPE OF
EMISSIONS

H21 NOE SYSTEM
BASED ON 2018
UK MIX (G/KWH)

H21 NOE SYSTEM
BASED ON 2026
NORWEGIAN GAS
SOURCES

NATURAL
GAS
(G/KWH)

% REDUCTION
IN EMISSIONS
(CURRENT UK
GAS MIX)

% REDUCTION
IN
EMISSIONS
(LOW CARBON
UPSTREAM)

Scope 1

14.40

14.4

183.6

92.2%

92.2%

Scope 1+2

14.47 (14.4 + 0.073)

14.47

183.6

92.1%

92.1%

Scope 1+2+3

49.77 (14.47 + 35.3)

16.87 (14.47 + 2.4)

210.0

76.3%

93%

Table 9.10: Summary of H21 NoE emissions levels by scope
A comparison of CO2 footprint for the H21 NoE system
design based on 2018 UK mix, future Norwegian
gas import and H21 LCG is provided in Figure 9.13.
This shows a significant improvement in achieving
a low CO2 footprint compared to the H21 LCG. This
demonstrates how powerful the H21 NoE concept
is for deep decarbonisation of the heating sector.

The H21 NoE system is significantly improved
compared to H21 LCG because it entails a more energy
efficient hydrogen production concept with a high
rate of carbon capture (utilising proven referenced
technology). It also utilises internally generated
super low emission power via the hydrogen CCGT.

3 Study on Actual GHG Data for Diesel, Petrol, Kerosene and Natural Gas, July 2015
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Scope 2 Emissions include the
electrical consumption for
inter-seasonal hydrogen storage
Since the hydrogen facility is designed with internal
power production, these emissions are already
included in the Scope 1 emissions of 14.4 g/kWh. It
should be noted that if power was imported to the
facility, the emissions would increase by between
2.5 and 5 g/kWh based on a grid emission factor
of 50 g/kWh (UK 2050 target) and 100 g/kWh (UK
2030 target) respectively – see Section 3.8.2.
The annual power consumption for interseasonal hydrogen storage was estimated to
be 0.054 TWh for an average annual hydrogen
production of 74.45 TWh (see Section 8.2.3).

In the analysis of Scope 2 emissions, it is assumed that
the UK will meet the target set by BEIS of 100 g/kWh
in 2030 and 50 g/kWh in 2050. This results in a Scope
2 emission of 0.073 g/kWh (0.054 TWh x 100 g/kWh ÷
74.45 TWh) in 2030 dropping to 0.036 g/kWh in 2050.
The Scope 1+2 emission impacts the
UK carbon budget directly and these
are summarised in Table 9.9. Scope 3
emissions, covered in Table 9.10
are outside the UK carbon budget
and are subject to more debate and
conjecture than Scope 1+2 emissions.

Scope of emissions

H21 NoE system based
on 2018 UK mix (g/kWh)

Natural gas (g/kWh)

% Reduction in
emissions
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Scope 3 Emissions associated
with production and transport
of natural gas to the
Hydrogen Production Facility
Low supply chain emissions are critical in achieving
an overall CO2 reduction comparable with alternative
low carbon solutions, e.g. renewables. The BEIS
2017 Government GHG conversion factors for
company reporting represent the current official
set of UK government emissions factors. These
factors are only for one year and will continue to
be reviewed and updated on an annual basis.
In the 2017 edition, a study by Exergia, EM Lab and
COWI for DG Ener3 has been used as the basis of the
UK government figures. For the UK natural gas mix
based on the BEIS DUKES data for import of natural
gas and indigenous production, (i.e. 52% UK production,
33% Norwegian, 2% Continental Europe and 13% LNG
import), the emission is given as 7.89 kg CO2e ÷ GJ
net CV (calorific value = Lower Heating Value (LHV))
which is approximately 26.4 g CO2e ÷ kWh HHV (7.89 kg
CO2/GJ x 3.6 MWh/GJ ÷ 1.08 (ratio between LHV and
HHV)/1,000 equal to 26.4 ÷ 0.747 (energy efficiency of
Hydrogen Production Facility) = 35.3 g CO2/kWhH2HHV.

In 2026, the main Norwegian sources for the UK will
be Troll and Ormen Lange gas fields. Gas from both
fields must be compressed for pipeline transport
to the UK. However, the power is delivered from the
Norwegian electrical grid which is based on hydro
electrical power and therefore emission free. The
expected emission from Troll will, in 2026 onwards, be
approximately 0.05–0.07 kg/boe or 0.02 g/kWhNGHHV.
As a conservative estimate 1.5 g/kWhNGHHV is used.
This will result in a Scope 3 CO2
footprint for the H21 NoE system
of 1.5 ÷ 0.747= 2.4 g/kWhH2HHV.
A summary of the Scope 1+2+3 emissions and
potential for reduction is given in the Table 9.10.
It should be noted that the Scope 1+2 emission
impacts the UK carbon budget directly.

SCOPE OF
EMISSIONS

H21 NOE SYSTEM
BASED ON 2018
UK MIX (G/KWH)

H21 NOE SYSTEM
BASED ON 2026
NORWEGIAN GAS
SOURCES

NATURAL
GAS
(G/KWH)

% REDUCTION
IN EMISSIONS
(CURRENT UK
GAS MIX)

% REDUCTION
IN
EMISSIONS
(LOW CARBON
UPSTREAM)

Scope 1

14.40

14.4

183.6

92.2%

92.2%

Scope 1+2

14.47 (14.4 + 0.073)

14.47

183.6

92.1%

92.1%

Scope 1+2+3

49.77 (14.47 + 35.3)

16.87 (14.47 + 2.4)

210.0

76.3%

93%

Table 9.10: Summary of H21 NoE emissions levels by scope
A comparison of CO2 footprint for the H21 NoE system
design based on 2018 UK mix, future Norwegian
gas import and H21 LCG is provided in Figure 9.13.
This shows a significant improvement in achieving
a low CO2 footprint compared to the H21 LCG. This
demonstrates how powerful the H21 NoE concept
is for deep decarbonisation of the heating sector.

The H21 NoE system is significantly improved
compared to H21 LCG because it entails a more energy
efficient hydrogen production concept with a high
rate of carbon capture (utilising proven referenced
technology). It also utilises internally generated
super low emission power via the hydrogen CCGT.

3 Study on Actual GHG Data for Diesel, Petrol, Kerosene and Natural Gas, July 2015
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It should be the target for the UK to source low carbon
natural gas, i.e. with low upstream CO2 emissions.
For example, in LNG production a CCS solution and
use of renewable or low carbon electricity should be
adopted similar to the Equinor Snøhvit LNG facility
and the Chevron Gorgon LNG facility in Australia.

H21 NoE CO2 footprint (g/kWhH2HHV)
Upstream gas supply emissions

H2 storage compression

Power import to H2 plant

H2 plant emissions

SECTION 09
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Furthermore, in long distance pipeline gas transport,
re-compression could be done using renewable or
other low carbon power sources. In Figure 9.14 the
impact of these measures for Russian gas and LNG
import is shown resulting in potential CO2 reductions
of 82-87% compared to the UK 2018 natural gas mix.
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Figure 9.13: Comparison of H21 LCG, existing natural gas system and H21 NoE Scope
1+2+3 CO2 emissions based on Norwegian gas import and 2018 UK mix
Future UK gas supply will also include continental
European gas and LNG imports so it is important to
understand the supply chain emissions and potential
for reduction. The Exergia study estimated the CO2
footprint from current Russian, Dutch and LNG sources
supplied to UK (see Table 9.11). Both LNG and Russian
gas have a significant CO2 footprint due to energy
used in the LNG process and compression energy
(power) used to transport Russian gas in pipelines.

However, as the world continues to decarbonise
it seems reasonable to assume that the upstream
gas industry will also look to decarbonise. This
will be partly by default as electrical power across
the world becomes decarbonised and partly by
deliberate actions, similar to those being adopted
in Norway, to lower carbon footprints to respond
to domestic and international market demands.
Summarising the key findings from the Exergia study of
other contributors to UK gas supply is given in Table 9.11.

COUNTRY

Holland

CO2 EMISSION FOR NATURAL GAS SUPPLY
(G CO2EQUIVALENT/GJ NATURAL GAS LHV)
PRETREATMENT

PRODUCTION
AND
RECOVERY

TRANSPORT

TRANSMISSION,
STORAGE AND
DISTRIBUTION

TOTAL

CO2
EQUIVALENT/
KWHNGHHV)

1

1,300

684

1,108

3,093

10.31

Russia

3

3,815

20,214

1,129

25,161

83.87

LNG import
from Qatar

1,380

11,272

4,384

2,237

19,273

64.24

Table 9.11: CO2 emissions for natural gas supply to UK (EU North)
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Figure 9.14: H21 LCG and H21 NoE Scope 1+2+3 CO2 emissions
Figure 9.14 is a comparison of H21 LCG, existing
natural gas system and H21 NoE Scope 1+2+3
CO2 emissions including LNG import with CCS
and Russian gas using renewable power for recompression of pipeline gas transport.
In Section 7.0 the total amount of CO2 to be stored
by 2060 was estimated to be 516 Mtpa. Based on
the monthly injection volumes (see Section 7.4)
the total amount of CO2 avoided can be estimated.
CO2 avoided is the difference between the CO2 that
would have been emitted if no change was made
to current natural gas heating in the UK minus the
CO2 that is not captured by the H21 NoE system.
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It should be the target for the UK to source low carbon
natural gas, i.e. with low upstream CO2 emissions.
For example, in LNG production a CCS solution and
use of renewable or low carbon electricity should be
adopted similar to the Equinor Snøhvit LNG facility
and the Chevron Gorgon LNG facility in Australia.
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Furthermore, in long distance pipeline gas transport,
re-compression could be done using renewable or
other low carbon power sources. In Figure 9.14 the
impact of these measures for Russian gas and LNG
import is shown resulting in potential CO2 reductions
of 82-87% compared to the UK 2018 natural gas mix.
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Figure 9.13: Comparison of H21 LCG, existing natural gas system and H21 NoE Scope
1+2+3 CO2 emissions based on Norwegian gas import and 2018 UK mix
Future UK gas supply will also include continental
European gas and LNG imports so it is important to
understand the supply chain emissions and potential
for reduction. The Exergia study estimated the CO2
footprint from current Russian, Dutch and LNG sources
supplied to UK (see Table 9.11). Both LNG and Russian
gas have a significant CO2 footprint due to energy
used in the LNG process and compression energy
(power) used to transport Russian gas in pipelines.

However, as the world continues to decarbonise
it seems reasonable to assume that the upstream
gas industry will also look to decarbonise. This
will be partly by default as electrical power across
the world becomes decarbonised and partly by
deliberate actions, similar to those being adopted
in Norway, to lower carbon footprints to respond
to domestic and international market demands.
Summarising the key findings from the Exergia study of
other contributors to UK gas supply is given in Table 9.11.

COUNTRY

Holland

CO2 EMISSION FOR NATURAL GAS SUPPLY
(G CO2EQUIVALENT/GJ NATURAL GAS LHV)
PRETREATMENT

PRODUCTION
AND
RECOVERY

TRANSPORT

TRANSMISSION,
STORAGE AND
DISTRIBUTION

TOTAL

CO2
EQUIVALENT/
KWHNGHHV)

1

1,300

684

1,108

3,093

10.31

Russia

3

3,815

20,214

1,129

25,161

83.87

LNG import
from Qatar

1,380

11,272

4,384

2,237

19,273

64.24

Table 9.11: CO2 emissions for natural gas supply to UK (EU North)

0
Existing
natural gas
- UK mix

H21
LCG

H21 NoE
- UK mix

H21 NoE
- Norwegian
gas

LNG import
w CCS

Russian gas
with
transport
using
renewable
power

Figure 9.14: H21 LCG and H21 NoE Scope 1+2+3 CO2 emissions
Figure 9.14 is a comparison of H21 LCG, existing
natural gas system and H21 NoE Scope 1+2+3
CO2 emissions including LNG import with CCS
and Russian gas using renewable power for recompression of pipeline gas transport.
In Section 7.0 the total amount of CO2 to be stored
by 2060 was estimated to be 516 Mtpa. Based on
the monthly injection volumes (see Section 7.4)
the total amount of CO2 avoided can be estimated.
CO2 avoided is the difference between the CO2 that
would have been emitted if no change was made
to current natural gas heating in the UK minus the
CO2 that is not captured by the H21 NoE system.
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Conclusion
The H21 NoE project will provide an
estimated 374 Mt of CO2 avoided by 2060.
This is a significant contribution to
the carbon budget. The development of
CO2 avoided is shown in Figure 9.15.
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Figure 9.15: H21 NoE CO2 avoided (in
million tonnes) until 2060
Table 9.12 summarises the H21 NoE project annual
carbon volumes and the net balance in emissions.
Unit

UK emissions

Natural gas

g/kWh

183.6

North of England design

TWh/year

74.45

Emissions CO2

Million tonnes/year

13.7

H21 NoE CO2 avoided

Million tonnes/year

12.6

Conversion rate

%

74.7

Natural Gas to ATR

TWh/year

99.7

CO2 content in natural gas

TMillion tonnes/year

18.3

CO2 capture rate

%

94

CO2 to storage

Million tonnes/year

17.3

CO2 to atmosphere

Million tonnes/year

1.1

ATR

Table 9.12: H21 NoE – total annual CO2 volumes and balance

H21 NoE is a fully aligned major infrastructure
It is important not to think of
development with a long asset life time and a potential
different types of gas having different
monopoly position. Therefore, a finance model for
costs. The individual customers gas
the H21 NoE project has been established based on
bills are not based on gas type, they
the principles of regulatory financing. A simplified
are based on energy. As such, it is
finance model has been used to provide clarity and
the mechanisms to distribute the
transparency for the reader. This model has been
cost that are important not the type
benchmarked against NGN’s fully detailed regulatory
of gas the customer is using.
finance model to confirm it is directionally accurate. This
simplified finance model includes all the new hydrogen
The model has two key elements. Firstly to calculate
infrastructure including the Hydrogen Production Facility, the wholesale hydrogen unit cost using an NPV
inter-seasonal hydrogen storage, carbon transport and
model whereby the NPV is set to zero, depreciation
storage hydrogen transportation system, and appliances is set to 45 years (appliances 10 years) and the
are part of a new national ‘hydrogen regulated asset’.
WACC is seen as the internal rate of return of the
This is based on the factual and ethical assumptions
project. Secondly to translate the impact of this
established within this section, the key point being:
new hydrogen regulatory asset into an average
overall increase in UK gas customers gas bill.
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the carbon budget. The development of
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Table 9.12 summarises the H21 NoE project annual
carbon volumes and the net balance in emissions.
Unit

UK emissions

Natural gas

g/kWh

183.6

North of England design

TWh/year

74.45

Emissions CO2
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%
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Table 9.12: H21 NoE – total annual CO2 volumes and balance

H21 NoE is a fully aligned major infrastructure
It is important not to think of
development with a long asset life time and a potential
different types of gas having different
monopoly position. Therefore, a finance model for
costs. The individual customers gas
the H21 NoE project has been established based on
bills are not based on gas type, they
the principles of regulatory financing. A simplified
are based on energy. As such, it is
finance model has been used to provide clarity and
the mechanisms to distribute the
transparency for the reader. This model has been
cost that are important not the type
benchmarked against NGN’s fully detailed regulatory
of gas the customer is using.
finance model to confirm it is directionally accurate. This
simplified finance model includes all the new hydrogen
The model has two key elements. Firstly to calculate
infrastructure including the Hydrogen Production Facility, the wholesale hydrogen unit cost using an NPV
inter-seasonal hydrogen storage, carbon transport and
model whereby the NPV is set to zero, depreciation
storage hydrogen transportation system, and appliances is set to 45 years (appliances 10 years) and the
are part of a new national ‘hydrogen regulated asset’.
WACC is seen as the internal rate of return of the
This is based on the factual and ethical assumptions
project. Secondly to translate the impact of this
established within this section, the key point being:
new hydrogen regulatory asset into an average
overall increase in UK gas customers gas bill.
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9.7.1 Wholesale hydrogen unit
cost calculation

Hydrogen
price breakdown

Current UK gas customers bills are made
up of the following component parts.

2018 NATURAL GAS BILL
Wholesale costs

%

COST
(£)

COST
(£/MWH)

39.0%

292.61

20.61

Networks cost

25.4%

190.65

13.43

Environmental & social
obligation costs

1.4%

10.13

0.71

Other direct costs

1.2%

9.00

0.63

£50.69/MWh
1.29
2.31

CO₂ T&S
HTrS

4.07

Appliances

2.20

Inter-seasonal storage

10.02

7.80

£750pa

SECTION 09

Operating costs

19.6%

146.81

10.34

Supplier pre-tax margin

8.7%

65.10

4.58

VAT

4.8%

35.70

2.51

TOTAL

100%

750.00

52.80

23.00

Hydrogen
Production Facility

Additional
natural gas
consumption

Natural gas price

Figure 9.16: UK gas bill component parts
Based on a cost of capital (WACC) of 3.4%, a corporation
tax rate of 17% and a wholesale cost of gas utilising
the BEIS central scenario for 2035 (£23/MWh, the blue
in the pie chart) the wholesale cost of hydrogen is
£50.69/MWh (this is not what the customer pays). The
constituent parts of this cost are set out in Figure 9.17.

£/MWh H2

Figure 9.17: Hydrogen price breakdown
(wholesale cost)
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UK average domestic gas bill including H21 NoE costs

9.7.3

Based on a standard gas bill with
current consumption at 14,200 kWh per
year this translates to an additional
£53 pa with a total overall gas bill
increase 2034 (peak) from £780 pa
(using 2035 gas prices £23/MWh) to
£837/MWh, i.e. a circa 7% increase.

The additional cost for hydrogen across UK
customers gas bills is calculated as follows:
New wholesale gas price (100% customers)
= (H2 x 13.8%) + (CH4 x 86.2%)
New wholesale gas price (100% customers)
= (50.69 x 13.8%) + (23 x 86.2%)

This does not take account of any energy efficiency
savings in the home reducing overall gas consumption.
It also doesn’t take account of the end of the iron
mains replacement programme (REPEX) in the gas
distribution networks in 2032. This provides a circa
5% saving in overall gas bills by 2050. Figure 9.18
shows the impact on the gas bill over time when
considering the end of the REPEX programme and
depreciation of the hydrogen regulated asset when
compared against a business as usual gas bill profile

New wholesale gas price
(100% customers) = £26.8/MWh
Therefore:
Hydrogen costs (£/MWh) = New wholesale gas
price – natural gas wholesale gas price (£23/MWh)
Hydrogen costs (£/MWh) = 26.8-23.0
Hydrogen costs (£/MWh) = £3.8/MWh
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Other hydrogen rollout strategies and the gas bill impact

Section 11.0 sets out two different hydrogen
rollout scenarios; H21 XL (see also Section 6.7
and 8.7) and H21 Max. These two scenarios, if
adopted, can significantly reduce the impact of
a hydrogen conversion in the overall gas bill.
H21 XL is based on a larger Hydrogen Production Facility
and smaller inter-seasonal hydrogen storage with
hydrogen powered CCGT in operation during summer.
This would reduce the cost of the wholesale unit cost
of hydrogen from the £50.69/MWh to £45.30/MWh. The
associated decrease in the gas bill from the H21 NoE
(heat only) option from a peak of £837 pa to £825 pa,
i.e. a 1% saving on the H21 NoE heat only option.

The H21 Max option involves increasing hydrogen
capacity in the UK to a maximum in line with
historical hydrogen capacity build rates per annum
up to 2050. This hydrogen would be used for heat,
power and transport. In this technically deliverable
scenario as throughput increases with growing
customer base the impact of the ‘hydrogen regulated
asset’ element within individual customers gas
bills will decrease. This is because the cost would
be socialised over a much larger customer base.
Figure 9.19 summarises the overall impact in UK gas
customers bills for H21 NoE (heat only) when compared
with 2018 current gas bills and existing gas bills using
the BEIS’ wholesale price of gas projection for 2035.
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Figure 9.19: Impact of H21 NoE on total annual gas bills (peak in 2035)
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Carbon Footprint

The H21 NoE project has been analysed for Scope
1, 2 and 3 carbon emissions which are below.
Scope 1: Emissions associated with the production
of hydrogen and burning of the hydrogen
fuel will be 14.4 g/kWhH2HHV at the ATR.
Scope 2: Emissions include the electrical consumption
for inter-seasonal hydrogen storage as all power for
the ATR is generated internally. In the analysis of Scope
2 emissions, it is assumed that the UK will meet the
target set by BEIS of 100 g/kWh in 2030 and 50 g/kWh
in 2050. This results in a Scope 2 emission of 0.073 g/
kWh in 2030 dropping to 0.036 g/kWh in 2050.

The Scope 1+2 emissions impacts the
UK carbon budget directly and these
are summarised in Table 9.13. Scope
3 emissions, are covered in Table
9.14, are outside the UK carbon budget
and are subject to more debate and
conjecture than Scope 1+2 emissions.
H21 NoE has Scope 1+2 emissions
of 14.47 g/kWh. This is a 92%
reduction in emissions.

SCOPE OF
EMISSIONS

H21 NOE SYSTEM BASED ON
2018 UK MIX (G/KWH)

NATURAL GAS
(G/KWH)

% REDUCTION IN
EMISSIONS

Scope 1

14.40

183.6

92.2%

Scope 1+2

14.47 (14.4 + 0.073)

183.6

92.1%

Table 9.13: Summary of H21 NoE emissions levels, Scope 1+2
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Scope 3: Emissions are associated with production and
transport of natural gas to the hydrogen facility. For the
UK natural gas mix, based on the BEIS DUKES data for
import of natural gas and indigenous production, (i.e.
52% UK production, 33% Norwegian, 2% Continental
Europe and 13% LNG import), the emission is given as
7.89 kgCO2e /GJ net CV (calorific value = Lower heating
value LHV) which is approximately 26.4 g CO2e/kWhHHV
(7.89 kg CO2/GJ x 3.6 MWh/GJ / 1.08 (ratio between LHV
and HHV)/1000 equal to 26.4/0.747 (energy efficiency
of Hydrogen Production Facility) = 35.3 g CO2/kWhH2HHV

467

However, in 2026, the main Norwegian sources for
UK will be Troll and Ormen Lange gas fields. Gas
from both fields must be compressed for pipeline
transport to the UK. The power is delivered from the
Norwegian electrical grid which is based on hydro
electrical power and therefore emission free. The
expected emission from Troll will, in 2026 onwards, be
approximately 0.05-0.07 kg/boe or 0.02 g/kWhNGHHV. As
a conservative estimate 1.5 g/kWhNGHHV is used. This
will result in a scope three CO2 footprint for the H21
NoE system of 1.5 ÷ 0.747= 2.4 g/kWhH2HHV. Scope
1+2+3 emissions are summarised in Table 9.14.

SCOPE OF
EMISSIONS

H21 NOE SYSTEM
BASED ON 2018
UK MIX (G/KWH)

H21 NOE SYSTEM
BASED ON 2026
NORWEGIAN GAS
SOURCES

NATURAL % REDUCTION
GAS
IN EMISSIONS
(G/KWH) (CURRENT UK
GAS MIX)

% REDUCTION
IN EMISSIONS
(FUTURE
UPSTREAM)

Scope 1

14.4

183.6

92.2%

92.2%

92.2%

Scope 1+2

14.47 (14.4 + 0.073)

14.47

183.6

92.1%

92.1%

Scope 1+2+3

49.77 (14.47 + 35.3)

16.87 (14.47 + 2.4) 210.0

76.2%

93%

Table 9.14: Summary of H21 NoE emissions levels by scope
Future UK gas supply will also include continental
European gas and LNG imports so it is important to
understand the supply chain emissions and potential
for reduction. As the world continues to decarbonise
it seems reasonable to assume that the upstream
gas industry will also look to decarbonise. This
will be partly by default as electrical power across
the world becomes decarbonised and partly by
deliberate actions, similar to those being adopted
in Norway, to lower carbon footprints to respond
to domestic and international market demands.
As with future electrical emission
projections, the UK should look
to target and promote upstream gas
emissions to be comparable with those
of the Norwegian Troll field in 2026,
i.e. 2.4 g/kWhH2HHV. This is well within
the gas industries technical ability.
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Next Steps
(Front-End
Engineering Design,
FEED)
This section sets out the critical
next steps which are essential to
deliver large scale decarbonisation
of heat (or any other gigawatt
scale hydrogen project) via hydrogen
conversion of gas distribution
networks within timescales
commensurate with the UK’s climate
change obligations in 2050.
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10.1

Introduction
This section sets out the critical next
steps which are essential to deliver large
scale decarbonisation of heat (or any other
gigawatt scale hydrogen project) via hydrogen
conversion of gas distribution networks
within timescales commensurate with the
UK’s climate change obligations in 2050.

1
H21 LCG
(2014-16)

2

H21 NoE
(2017-18)

It should be emphasised that every activity within
this section is now on a ‘critical path’ with respect to
achieving the first significant conversion between
2028 and 2035 (H21 NoE). Any delay in progression
will have a direct impact on delivery. This delay
will likely become increasingly significant due
to the current workforce demographic and UK
expertise in many of these specialist areas.

3 H21 NoE

FEED
(2019-23)

4

H21 NoE
DELIVERY
(2023-35)

TYNESIDE
INDUSTRIAL
AREA

Figure 10.1: H21 timeline
Figure 10.1 shows the historical development of the
H21 concept and the next required step (phase 3,
FEED) and major milestones. Phase three is red as
it is currently not funded, phase 4 is amber as this
is deliverable subject to progression of phase 3 in
2019 and appropriate policy decisions in 2023.
Since inception in late 2014 the H21 project has
developed a strong technical strategy for delivery of
large scale (GW) decarbonisation of heat in the UK. This
strategy can be rolled out across the UK incrementally
(see Section 11.0, Vision) starting with this H21
NoE project. This will decarbonise heat to a scale
commensurate with UK climate change obligations
and, by default, develop a hydrogen and CCS system
to decarbonise industry, transport and electricity.
There is little merit in the UK producing another ‘desktop’
report. The technical evidence is compelling based on
established technology and existing supply chains.
The critical next step is to develop the H21 NoE project
into a front-end engineering design (FEED) phase.
This is a comparatively small cost when compared
to the net project investment, i.e. circa 1%.

It will ensure the UK is able to effectively and
efficiently rollout a hydrogen strategy should a
policy decision be made in the early 2020s, as
recommended by the Committee on Climate Change.

TEES VALLEY
INDUSTRIAL CORRIDOR

It is also worth noting that even if a policy for mandated
conversion to hydrogen of gas distribution networks
does not transpire the overall H21 NoE system is still
of immense benefit to the decarbonisation challenge.

WEST YORKSHIRE
INDUSTRIAL
CLUSTER

MANCHESTER
INDUSTRIAL
AREA

DRAX POWER STATION

Progression to FEED is a no regrets
position for the UK as it allows a
hydrogen and CCS system to be developed
which can still support decarbonisation
of industrial clusters, centralised
power generations (hydrogen CCGT’s)
and transport, see Figure 10.2.

FIDDLERS FERRY
POWER STATIONS

Figure 10.2: HTS route map showing
potential for supplying industry and
transport
EGGBOROUGH
POWER STATION

SALTEND
POWER STATION

MERSEYSIDE
INDUSTRIAL
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FERRYBRIDGE
POWER STATION

Legend

HUMBERSIDE INDUSTRIAL
CORRIDORS

Urban centres covered

NTS

• Bradford

• Manchester

Hydrogen transmission line

• Halifax

• Teesside (Middlesbrough)

Gas Terminal

• Huddersfield

• Tyneside (Newcastle/Gateshead)

• Hull

• Wakefield

• Leeds

• York

• Liverpool

H21 North of England

SECTION 10

470

H21 North of England

SECTION 10

471

10.1

Introduction
This section sets out the critical next
steps which are essential to deliver large
scale decarbonisation of heat (or any other
gigawatt scale hydrogen project) via hydrogen
conversion of gas distribution networks
within timescales commensurate with the
UK’s climate change obligations in 2050.

1
H21 LCG
(2014-16)

2

H21 NoE
(2017-18)

It should be emphasised that every activity within
this section is now on a ‘critical path’ with respect to
achieving the first significant conversion between
2028 and 2035 (H21 NoE). Any delay in progression
will have a direct impact on delivery. This delay
will likely become increasingly significant due
to the current workforce demographic and UK
expertise in many of these specialist areas.

3 H21 NoE

FEED
(2019-23)

4

H21 NoE
DELIVERY
(2023-35)

TYNESIDE
INDUSTRIAL
AREA

Figure 10.1: H21 timeline
Figure 10.1 shows the historical development of the
H21 concept and the next required step (phase 3,
FEED) and major milestones. Phase three is red as
it is currently not funded, phase 4 is amber as this
is deliverable subject to progression of phase 3 in
2019 and appropriate policy decisions in 2023.
Since inception in late 2014 the H21 project has
developed a strong technical strategy for delivery of
large scale (GW) decarbonisation of heat in the UK. This
strategy can be rolled out across the UK incrementally
(see Section 11.0, Vision) starting with this H21
NoE project. This will decarbonise heat to a scale
commensurate with UK climate change obligations
and, by default, develop a hydrogen and CCS system
to decarbonise industry, transport and electricity.
There is little merit in the UK producing another ‘desktop’
report. The technical evidence is compelling based on
established technology and existing supply chains.
The critical next step is to develop the H21 NoE project
into a front-end engineering design (FEED) phase.
This is a comparatively small cost when compared
to the net project investment, i.e. circa 1%.

It will ensure the UK is able to effectively and
efficiently rollout a hydrogen strategy should a
policy decision be made in the early 2020s, as
recommended by the Committee on Climate Change.

TEES VALLEY
INDUSTRIAL CORRIDOR

It is also worth noting that even if a policy for mandated
conversion to hydrogen of gas distribution networks
does not transpire the overall H21 NoE system is still
of immense benefit to the decarbonisation challenge.

WEST YORKSHIRE
INDUSTRIAL
CLUSTER

MANCHESTER
INDUSTRIAL
AREA

DRAX POWER STATION

Progression to FEED is a no regrets
position for the UK as it allows a
hydrogen and CCS system to be developed
which can still support decarbonisation
of industrial clusters, centralised
power generations (hydrogen CCGT’s)
and transport, see Figure 10.2.

FIDDLERS FERRY
POWER STATIONS

Figure 10.2: HTS route map showing
potential for supplying industry and
transport
EGGBOROUGH
POWER STATION

SALTEND
POWER STATION

MERSEYSIDE
INDUSTRIAL
CORRIDOR

FERRYBRIDGE
POWER STATION

Legend

HUMBERSIDE INDUSTRIAL
CORRIDORS

Urban centres covered

NTS

• Bradford

• Manchester

Hydrogen transmission line

• Halifax

• Teesside (Middlesbrough)

Gas Terminal

• Huddersfield

• Tyneside (Newcastle/Gateshead)

• Hull

• Wakefield

• Leeds

• York

• Liverpool

H21 North of England

SECTION 10

472

The FEED can be divided into separate packages
covering different portions of the project. The
whole FEED package is used as the basis for
bidding on the Execution Phase Contracts (EPC,
EPCI, etc.) and is used as the design basis.
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10.1.1 The urgency to progress

FEED definition

The FEED (Front-End Engineering Design)
is basic engineering which comes after
the Conceptual or Feasibility study
(this report). The FEED focuses on the
technical requirements as well as rough
investment costs for the project.

H21 North of England

A good FEED will reflect all the client’s project-specific
requirements and avoid significant changes during the
execution phase. It is estimated that the FEED contract
required for a project of this size and complexity
will take 3 to 4 years to complete. During the FEED
phase there is close communication between Project
Owners and Operators and the Engineering Contractor
to work up the project-specific requirements.
Front-End Engineering will focus on technical
requirements and identification of the main costs
for a proposed project. It is used to establish a
price for the execution phase of the project and
evaluate potential risks. It is typically followed
by Detail Design (or Detailed Engineering).

Currently the UK requires 2,300 to 2,500
terawatt hours (TWh) per year of energy
to support heat (including industry),
transport and electricity generation.
The Committee on Climate Change (CCC) have
advised the UK government that if a large scale,
deliverable, decarbonisation policy on heat is not
made in the early 2020s it will not be possible
for the UK to meet climate change targets.
Converting the UK gas networks to 100% hydrogen
would be a world first. The concept of a 100%
hydrogen conversion of the UK gas networks was
first robustly investigated in the H21 Leeds City Gate
report published in July 2016. Two key programmes,
the UK Governments Hy4Heat programme (£25m)
and the UK gas industries H21 NIC project (£10.3m),
are now underway and due to complete in 2020/21.
These projects will remove all remaining physical
obstacles to a hydrogen conversion by providing the
quantified safety case evidence to support conversion.

2019

2020

However, on completion of this evidence what will
an early 2020s government policy look like and what
will be the UK governments implementation strategy
be? The H21 North of England presents a ‘concept
design’ for converting the North of England to hydrogen
between 2028 and 2035 (3.7 million meter points,
circa 14% of UK domestic gas customers, 15-20 Mtpa
of CO2 emissions avoided). The basis of this project
could represent a credible ‘first policy’ option for UK
government. The H21 project team have classified
outstanding evidence to support a policy decision into
two areas. Firstly, Critical Evidence, which is considered
essential for policy decisions to progress. This is
predominantly in the form of the safety-based evidence
provided by the Hy4Heat and H21 NIC programmes.
Secondly, Strategic Evidence, which government
needs when (or potentially before for transport/power
generation) the critical evidence has been delivered.
The timescales for this evidence and subsequent next
steps are shown diagrammatically in Figure 10.3 :

2021

2022

2023

BEIS led: £25 m ‘Hy4Heat’

CRITICAL
SAFETY
EVIDENCE

GDN led: £10.3 m H21 NIC

GDN led: £5 m Field trial

LIVE
TRIAL

Live Trial (one winter)
(NOT YET FUNDED)

H21 NoE

STRATEGIC
EVIDENCE

H21 Strategic
modelling

H21 NoE: £250 m FEED Study (NOT YET FUNDED)

H21 Domestic and
commerical metering

Figure 10.3: Timelines to policy

Earliest
policy
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From Figure 10.3 the Critical Evidence should be
broadly complete by 2020/21. There is already lots
of anecdotal evidence to suggest the safety case will
be established. This includes the development of the
first 100% hydrogen boilers as evidenced in Section
8.0. Upon completion of this critical evidence, a live
trial(s) involving customers premises will most likely
be required to firm up the economics, provide public
confidence and provide end to end system validation.
These live trials should be delivered over a winter
period and therefore should be complete by 2023.
Running in parallel with this would be the H21
NoE FEED study. This would ensure that, on
completion of the critical evidence, the UK can
make a fully informed policy decision based on
robust engineering delivery and detailed cost
information provided by the H21 NoE FEED study.
It is considered that the conclusions
of the critical evidence coupled
with the H21 NoE FEED study would
allow Government to make an informed
deliverable policy decision on
decarbonising heat in 2023.
The H21 North of England FEED will cover
all areas of the clean hydrogen supply chain
comprising the following elements:
→→ Hydrogen Transportation System development
→→ Gas network conversion strategy
development (fuel switching strategy)
→→ Demand characteristics – measurement validation
→→ 12.15 GW hydrogen facility with CO2 capture
→→ 8,052 GWh of inter-seasonal hydrogen storage
→→ 2,830 t/hr CO2 transport and injection solution
with 17.3 million tonnes per year of CO2 stored
→→ CO2 storage sites for storing 567 million
tonnes of CO2 in the Southern North Sea
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The H21 North of England project will have a CAPEX
investment of the order of £15 bn (excluding appliance
conversion costs), £23 bn (including appliance
conversion costs). The project is categorised as a
mega scale project and significant resources must be
allocated to mature the project and reduce the risk in
all parts of the value chain. The FEED study will cost
an estimated £250 m. It would develop the project to
a clear, measurable deliverable ‘concept freeze’, i.e. a
point by which no changes to the technical design of
the system are anticipated. This level of development
would give the UK government a firm platform from
which to make a credible policy in the early 2020s.
To emphasise the urgency to embark on the FEED study
as soon as possible it is particularly pertinent to focus
on the requirements for developing the CO2 capture,
transport and storage concept. There is a potentially
lengthy and costly appraisal activity, (i.e. acquiring
3D seismic data and drilling of appraisal wells to
test/confirm the injection potential) prior to any final
investment decision. This is further complicated by the
lease license or agreement required before additional
data acquisition can be carried out in these areas.
The subsurface screening work managed by Equinor
and described in Section 7.0 of this report highlighted
some possible geological structures in the UK Southern
North Sea that could be suitable for storing large
volumes of CO2. Several studies have shown that
the UK has a huge potential for CO2 storage, but it
cannot be stressed enough that the timeline is on a
critical path considering the need to have a largescale storage solution ready by the late 2020s, as also
recommended by the Committee on Climate Change
(CCC) in their 2018 Progress Report to Parliament.
Before a Final Investment Decision (FID) can be
made for a future storage solution, there are both
commercial and regulatory hurdles that must be
overcome and that will require urgent attention.
The timescales for the NoE conversion
(and hence UK conversion) will not
be realised unless a FEED study is
commissioned as a matter of urgency
commencing in 2019. There is no leeway
in the programme and any delay in FEED
study commencement will have a direct
effect on subsequent activities.

Figure 10.4: Key 2018 CCUS reports
to UK government
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10.1.2 Positioning the UK as a
global leader

10.1.3 Building on industry
momentum

The development of the H21 North of England concept
into a FEED study would maintain the UK’s position as
a leader in large scale decarbonisation strategy. Global
interest in the H21 concept, i.e. gas network conversion
to 100% hydrogen, is growing and H21 based studies
and discussions are under development in Australia,
Canada, China, mainland Europe, Ireland, Japan, Hong
Kong, Scotland and New Zealand. Establishing the H21
FEED study in the UK would send a clear message to
the supply chain, and the world, that the UK is serious
about decarbonisation and the hydrogen economy.

There is a huge appetite in the UK for hydrogen and
the conversion of the UK gas distribution networks.
This has continued to grow across the supply
chain following the H21 Leeds City Gate report
release in 2016. Stakeholders already include:

In addition, it would maintain the strong and growing
local support across many of the Northern (and
wider) local authorities including West Yorkshire
(Leeds, Bradford, Wakefield, Huddersfield, Halifax),
Liverpool, Manchester, Teesside, Newcastle
and Hull. These local authorities recognise the
benefits to air quality (health), job creation and
climate change targets of the H21 concept.
The development of the FEED study would create
several hundred short term jobs over the next few
years but, more importantly, would establish the
basis by which to make a policy decision on gas grid
conversion to 100% hydrogen by the early 2020s.
Such a decision would establish a new hydrogen
industry in the UK developing the world’s first
‘large-scale’ hydrogen economy, i.e. providing bulk
availability of hydrogen through gas distribution
networks. This would establish new (and maintain
existing) jobs across the supply chain with the onset
of new hydrogen production and storage, hydrogen
transmission pipelines, and CCS infrastructure.
It would also establish the UK as the world leader
in hydrogen end use applications including heating
appliances, hydrogen vehicles (cars, buses, haulage etc.)
and both decentralised and centralised hydrogen-based
electricity generation methods. This strategy would
establish an entirely new industry in the UK and with it
would come the associated jobs and economic benefit.

→→ UK Government evidenced via their Clean Growth
Plan, £25m Hy4Heat Programme, and ‘Heat
and Strategic Options Review’ programmes
→→ All UK gas distribution networks operated by
Cadent, Northern Gas Networks, Scottish and
Southern Gas Networks and Wales and West
Utilities. Working collaboratively with their regulator
OFGEM. Evidenced via the £10.3m H21 NIC project.
→→ Upstream gas producers, for example
Equinor who are partners on this report
→→ Downstream, i.e. consumer products, including
fuel cell manufacturers, appliance manufacturers,
hydrogen vehicles, CCGT manufacturers
→→ Hydrogen production manufacturers including,
steam methane reformers, auto thermal
reformers, gasifiers and electrolysers
→→ Industry bodies including the Institute of Gas
Engineers and Managers (IGEM), The UK Hydrogen
and Fuel Cell Association (UKHFCA), The Scottish
Hydrogen and Fuel Cell Association (SCHFCA), the
Carbon Capture and Storage Association (CCSA)
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The H21 project has already developed strong academic
relationships supporting various papers from academia.
This includes the recent white paper from Imperial
College London’s Sustainable Gas Institute. Additionally,
through organisations such as the H2 Supergen, UKHFCA
and SCHFCA, the H21 project has strong links across
the academic world and has been openly sharing the
projects work and findings nationally and internationally.
A FEED study, by definition, would galvanise
industry around a common project outcome. In this
instance a FEED study would also allow academia
access to all aspects of the supply chain. The
FEED study would ensure a single focal point for
industry, academia and government strategy. An
investment in a H21 North of England FEED study
would set the correct political leadership required
to attract additional private sector funding.
There is a high level of confidence
that at least £100m of private
sector funding would be available
should the UK government match fund
and critical enabling policies
are in place or underway.
The remainder of this section sets out the
delivery programme for the FEED and the

→→ Political advisors and think tanks, for
example the Committee on Climate Change,
Carbon Connect, and the Green Alliance
→→ Local authorities including the 10 authorities of
West Yorkshire and 5 authorities in Teesside
→→ The international community evidenced by H21
based studies in operation across the globe
Across the supply chain, industry has a significant
appetite to progress the H21 concept. However, such
a visionary project needs government leadership to
galvanise industry and give confidence that such
a long-term opportunity, whilst not guaranteed,
is credible and therefore worth investment.
Funding to develop the FEED study for the H21 North
of England concept, which could form the basis of
a first policy decision on gas network conversion to
hydrogen, would provide this required leadership.
This would take advantage of current momentum
and attract private sector funding both in terms of
finance and, as importantly, benefit-in-kind support.
build-up of costs to undertake the work.
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10.2

Project execution plan
The programme below, Figure 10.5, sets
out the full schedule for delivery of the
H21 North of England project.

The project plan in Figure 10.5 is based on a detailed
engineering programme developed by the project team
for delivery up to and including the conversion. There is
ALL THE TIMELINES

2019

2020

2021

2022

2023

2024

2025

2026

2027

Key
Project
Milestones

2028

2029

2030

2031

2032

NOE FULLY
CONVERTED

DESIGN & ENGINEERING

HSE, EIA AND PERMITTING

BUILD UNITS 1&2 AND CCGT
POWER PLANT

PROCUREMENT

BUILD UNIT 3

BUILD UNIT 5 TO 9 INCLUSIVE & COMMISSION

BUILD UNIT 4 & COMMISSION

DESIGN BASIS
SCREENING
LOCATION HPF

2034

1ST COMMISSION
HTRS
COMMISSION
STORAGE SITE 2

Hydrogen
Production
Facilty
Development

2033

COMMISSION
UNIT 3

HYDROGEN
PRODUCTION UNITS
1&2 & CCGT
HYDROGEN STORAGE
SITE #1

FEASIBILITY
STUDY
HPF CONCEPT STUDY

10.2.1 Regulation

10.2.2 Logistics

The fundamental reason for carrying out a FEED study
for a project of this nature is to fully establish the
technical engineering ‘blueprint’ for the detail design
and procurement activities which must be carried
out subsequently. However, it is recognised that other
programme risks associated with project development
must be considered for management by the project team.

To fully appreciate the urgency for the FEED study
it is useful to work ‘backwards’ from the project
completion dates. To enable nationwide roll out
of the hydrogen economy and make a significant
contribution to the Government’s legal obligation to
meet the 2050 target, it will be necessary to complete
the H21 NoE conversion by 2034. This will then
be followed by conversion of other areas, some in
parallel and some in series, see Section 11.0 Vision.

The need to proceed with the FEED study
as early as possible in 2019 is driven by the
programme risk associated with the regulatory
planning and permitting required for the
proposed new infrastructure. These include:
→→ Agreements in principle for land
acquisition and pipeline wayleaves

CIVIL AND CONSTRUCTION
CONCEPT STUDY
3D CAD MODELLING

Inter-seasonal
Hydrogen Storage
Development

SCREENING
LOCATION

FEASIBILITY
STUDY

→→ Environmental Impact Assessments and Planning
Approvals in principle including consultation
with statutory and non-statutory bodies

DESIGN & ENGINEERING
BUILD STORAGE SITE #1

CONCEPT STUDY

BUILD STORAGE SITE #2
BUILD STORAGE SITE #3

HSE, EIA AND PERMITTING

BUILD STORAGE SITE 4 TO 8 INCLUSIVE & COMMISSION

NEGOTITATE AGREEMENT FOR RENTAL OF
SALT CAVERNS OR PURCHASE

CO2 Transport &
Storage Development

CO2 STORAGE
SCREENING

EPC
TENDER
EVENT DESIGN & ENGINEERING

CO2 STORAGE
FEASIBILITY
CO2 STORAGE SITES CONCEPTUAL
ANALYSIS

SITE 3 BUILD CO2 TRANSPORT & STORAGE

SITE 1 BUILD CO2 TRANSPORT & STORAGE

SITE 2 BUILD CO2 TRANSPORT & STORAGE

METOCEAN, GEOTECHNICAL
AND MAPPING
DRILLING AND WELL
CONCEPT STUDY
SUBSEA FACILITY
CONCEPT STUDY
PIPELINE CONCEPT STUDY

Hydrogen
Transportation
System
Development

PRELIMINARY WORKS

PRELIMINARY WORKS

HTS DETAIL
DESIGN
HTS CONSTRUCTION
LHTS DETAIL DESIGN

LHTS CONSTRUCTION

HIPS DETAIL DESIGN

HIPS CONSTRUCTION & EXISTING NETWORK MODIFICATIONS

FULLY COMMISSION HTRS

Gas Network Conversion
Strategy Developments

SECTOR DEFINITION

SECTORISATION
PLAN

CONVERSION STRATEGY

→→ Permitting and licencing for offshore CCS in
the North Sea and associated structures
→→ Permitting and licencing for onshore
inter-seasonal hydrogen storage and
associated land for the surface facility.

Based on the timescales to build hydrogen production
and storage, the number of meter points/customers to
be converted and logistical timescales for new pipeline
infrastructure, conversion of the North of England
can currently realistically commence in 2028 at the
earliest. To achieve the 2028 date for first conversion it is
necessary to install sufficient hydrogen infrastructure in
production, storage and transmission ahead of this date.
First hydrogen production is scheduled for 2026 and
ramped up, along with the other elements of the
infrastructure required, to provide the necessary
capacity to meet conversion requirements in
2028 ensuring safety and security of supply at
all times. The period between 2023 and 2026
involves key activities ahead of first hydrogen
production namely; detail design and construction
commencement of the hydrogen production,
storage, transmission and CCS infrastructure.
It is considered that the FEED study preceding
2023 will require 3 years minimum to complete
based on the size of the project. This is premised
on previous experience of Equinor with regard to
hydrogen production/storage and carbon transport
and storage and the onshore UK gas industry with
regard to the hydrogen transportation system.

EXISTING NETWORK MODIFICATIONS

Figure 10.5: Project execution plan
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no ‘float’ in the programme which means any delay to
any area of delivery will have a direct impact on the end
date. Some of the key items which are the most critical
in the programme are set out in the following section.

This means that the FEED study needs
to start early in 2019 if this H21
NoE proposal is to be presented as a
viable option (in 2022/23) for the UK
Government to make a policy decision
in line with its 2050 commitment.
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Project execution plan
The programme below, Figure 10.5, sets
out the full schedule for delivery of the
H21 North of England project.
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FEED content and costs
10.2.3 Skills availability
Although the pipeline expertise is still present
in the UK to carry out the design, build and
commissioning of the HTrS, there are still some
demographic factors to be considered:
→→ Since the fragmentation of the gas industry in the
UK there has been no ‘conveyor belt’ of pipeline
engineers/designers as was the case under the
integrated nationalised British Gas organisation.
This has reduced the pool of qualified and
experienced gas pipeline designers and engineers in
the UK. Many of these are nearing retirement age.
→→ There have been very few long-distance crosscountry pipelines built in the UK over the last
10 years due to the maturity of the network,
the declining gas demand (no reinforcement
required) and with few new gas fired power
stations (no network expansion). This too has
reduced the requirement for new entrants
in to the industry, i.e. able to rely on reduced
pool of ageing engineers and designers
→→ Many of the specialist manual skill sets such
as pipe fitters and coded welders have also
reached a mature age a) because of lack of
demand as referred to above and b) the source
of these highly trained skilled men from heavy
industry such as shipbuilding has diminished.
It is eminently feasible to resource the NoE conversion
project with the current UK pipeline expertise. However,
time is running out if the UK is to retain a viable
skill base to execute this project. It is considered
that any delay to the FEED study beyond 2019 will
delay the project on a pro-rata basis because of the
programme critical path. Also, it will result in almost
exponential decline in pipeline skill availability
as retirement looms for many of the skill pool.
It is imperative to commence the FEED
study as soon as possible to not
only utilise the dwindling pipeline
resource but also to enable the
recruitment and training of a new
generation of pipeline engineers
under the tutelage and guidance of
these experienced engineers who are
coming to the end of their careers.

10.2.4 Inter-seasonal
hydrogen storage
The project programme shows gas storage facilities
being installed in tandem with the hydrogen production.
This is demand led based on the NoE major urban centre
conversion programme. Without the ability to provide
sufficient inter-seasonal storage during all stages of
conversion security of supply cannot be guaranteed.
The programme of salt cavern formation is considered
highly aggressive but feasible with the correct support
and planning. However, there is no significant allowance
for overrun if the conversion programme is to be met. The
cavern leaching process (pumping in water to dissolve
the salt and pumping out brine) is a time-consuming
operation with a degree of risk in completion to schedule.
This process alone highlights the
need to commence the FEED study
in 2019 if the schedule for NoE
conversion is to be met.

10.2.5 CO2 storage
There is a potentially lengthy and costly appraisal
activity, (i.e. acquiring 3D seismic data and drilling
of appraisal wells to test/confirm the injection
potential) prior to any final investment decision.
This is further complicated by the lease license
or agreement required before additional data
acquisition can be carried out in these areas.

The costs associated with the FEED
study are around 1% of the total value
of the H21 North of England project.
Cost for each element of the FEED study
are set out in the following section.
The H21 North of England FEED will cover
all areas of the clean hydrogen supply chain
comprising the following elements:
→→ Hydrogen Transportation System
Development (HTrS)
→→ Gas Network conversion strategy
development (fuel switching strategy)
→→ Demand characteristics – measurement validation
→→ 12.15 GW Hydrogen Production
Facility (with CO2 capture)
→→ 8,052 GWh of inter-seasonal hydrogen storage
→→ 2,830 t/hr CO2 transport and injection
solution with 17.3 Mtpa of CO2 stored.
→→ CO2 storage sites for storing 567 million tonnes
of CO2 in the UK Southern North Sea
The following summary of components of the FEED
study can be stated in the following section.
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Figure 10.7: Inter-seasonal storage development timeline
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Figure 10.6: Hydrogen Production Facility (HPF) development timeline

HSE, permitting and EIA: £5.0m
Scope: Develop documentation for planning
and permitting requirements

Civil and Construction: £15.0m

Design basis: £2.0m

Scope: The design basis is the philosophy
developed to facilitate conceptual design and
will contain the design parameters required.

Scope: Progress and detail the site area for
planning approval purposes, prepare site plan
showing proposed infrastructure required, security,
temporary working areas. Establish site preparation
enabling works requirement and structural design
parameters. Describe construction strategy, e.g.
modular build, logistics, resources, programme.

Procurement: £4.0m

3D CAD modelling: £4.0m

Scope: Evaluation of local supplier market and
capabilities. Pre-qualification activities for EPC
and technology providers. Develop contract and
procurement strategy. Tender event for EPC contractor.

H2 plant Site/location: £5.0m

Scope: Evaluation of sites to establish suitability, e.g.
access, geology, public relations, constructability.

Feasibility and screening studies of
hydrogen plant: £20.0m
Scope: Assessment of options to determine
the optimised solution and develop the
specification and costs for the plant

Conceptual study: £40.0m

Scope: Develop design including, but not limited to:
equipment selection, material take off, process flow
diagrams, operational requirements, buildability
and commissioning and execution strategies.

Scope: Produce outline 3D model of the plant including
all the main structures, pipework and equipment.
Total cost: £95.0m

Location of salt caverns and
associated surface facility: £2.5m

Scope: Screening of existing natural gas caverns
and permits under development for potential
repurpose to hydrogen and analyse area of North
East England for new salt cavern hydrogen storage.

Screening and feasibility of salt
caverns, pipeline system/gathering
system and surface facility: £7.5m

Scope: Based on 4-5 potential locations several
studies will be conducted to establish minimum
and maximum operating pressures based on
thermodynamic modelling, rock mechanics
evaluation, leaching process and monitoring,
tightness study of salt cavern/cement/casing. From
this exercise a feasible design will be established.

Conceptual design of salt caverns,
pipeline/gathering system and surface
facilities: £22.0m
Scope: Develop design including, but not limited
to: surface equipment definition, pipeline routing,
equipment selection, material take off, process
flow diagrams, operational requirements, salt
cavern formation and operation, buildability and
commissioning and execution strategies,

HSE, permitting and EIA: £10.0m

Scope: Develop a full Environmental Impact Assessment
(EIA) report. Carry out safety and environmental risk
workshops at all stages and action mitigation through
design. Risk assessment of process and operation

Negotiate agreement for rental of
caverns or purchase: £1.0m

Scope: For those caverns confirmed to satisfy the
project requirements, negotiation of purchase
or rental in principle to be carried out.
TOTAL COST

£43m
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Figure 10.8: CO2 transport and storage development timeline

CO2 storage sites screening and
feasibility: £15.0m

Scope: Short list potential sites based on existing
and available data followed by engineering studies
to establish feasibility including geo-hazard studies,
seismic interpretation, dynamic modelling, etc.

CO2 storage sites conceptual analysis:
£30.0m
Scope: Engineering and permitting studies involving
well formation, flow rates and control, injection

Metocean, geotechnical and mapping:
£3.0m
Scope: Geodetic reference frame and geographical
information system plan. Mapping of restricted
areas, safety zones, etc. Meteorological
studies, water depth assessment, seismic
assessment, geohazard evaluation, etc.

Drilling and well: £14.0m

Scope: Obtain fundamental data for geomechanical
studies (formation strength, pore pressure, shmin, etc).
Determine well design and drilling methodologies.

Subsea facilities: £6.0m

Scope: Determine specification for
topside facilities, sub-structures, subsea
installations and pipelines & risers

Pipeline: £10.0m

Scope: Pipeline system layout. Pipeline
specifications (material, length, diameter,
thickness, coating). Pipeline routing (including
landfall). Pipeline installation evaluation. Pipeline
inspection, operational and repair philosophy
TOTAL COST

£78.0m

Figure 10.9: HTrS timeline

Preliminary Works (2019/20)
Land referencing (ownership): £0.5m

Scope: Team of Land Agents will be engaged to
determine all land owners and their representatives
affected by the works over the full pipeline route corridor

Confirmation of route corridor: £1.0m

Scope: Firming up the proposed pipeline route from a
desktop survey to a site survey. This will involve a team
of Engineers, Land Surveyors and CAD Operators

EIA/EIS scoping document: £1.0m

Scope: For projects that require Environmental Impact
Assessment (EIA), a scoping exercise is undertaken early
in the planning stages of the project. This enables the
project to be designed to avoid or minimise negative
environmental impacts and provides an opportunity
to incorporate positive environmental enhancements
into the project. Early consultation with all interested
parties, including the Environment Agency, is an
essential part of scoping. This will require involving
environmentalists, archaeologists and ecologists.

Initiate planning process: £0.75m

Scope: Under the Planning Act 2008 this Nationally
Significant Infrastructure Project (NSIP) would
require planning approval which would require
extensive consultation with statutory and nonstatutory consultees. This will require legal
professionals with engineering support.

Scoping FEED study and tender event
for the primary FEED study: £0.75m
Scope: Team of Engineers and commercial staff will
prepare the FEED scope and tender documentation
to facilitate and carry out a tender event with a
pipeline design company for the primary works.
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Scope: Under the Planning Act 2008 this Nationally
Significant Infrastructure Project (NSIP) would
require planning approval which would require
extensive consultation with statutory and nonstatutory consultees. This will require legal
professionals with engineering support.

Scoping FEED study and tender event
for the primary FEED study: £0.75m
Scope: Team of Engineers and commercial staff will
prepare the FEED scope and tender documentation
to facilitate and carry out a tender event with a
pipeline design company for the primary works.
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Primary Works (2021-22)
Easement/land acquisition agreements
in principle: £0.75m
Scope: Team of Land Agents supported by Engineers
and legal resource establish legal agreements
with landowners and their representatives.

HTrS conceptual design (mech/civil/
electrical/instrumentation/comms):
£9.5m

Scope: Teams of multi-disciplined Engineers, (circa
50) will provide sufficient definition to enable the
project to proceed in to detail design through an
EPC style contract. The pipeline route will be clearly
described, e.g. ground information, obstacle list,
crossing methodologies, etc. The Offtakes, PRSs
and DGs will be specified in terms of duty and
performance, e.g. data sheets, engineering line
diagrams, process and instrumentation diagrams, etc.

Material Take Off: £1.25m

Scope: Engineering team to develop procurement
schedules for the main items of equipment
and pipe and fittings for costing purposes and
procurement of long lead items early in the
subsequent detail design phase to mitigate risk.

Specifications: £0.75m

Scope: Team of Engineers will develop the
specifications for the pipeline systems across all
pressure tiers covering design, installation, quality
assurance, commissioning and maintenance.

EIA/EIS and planning applications:
£5.25m
Scope: Environmental and legal team will prepare
the formal planning applications supported by
the EIA and associated Environmental Statement.
This needs to be carried out at the FEED stage
to mitigate the risk of delayed planning approval
from the legal process and provide sufficient
time for 3rd party consultation/agreement.

Intrusive and non-intrusive surveys
- site investigation/archaeological/
ecological: £5.5m
Scope: This area of work will involve subconsultants to carry out extensive specialist
areas of survey to support the design and EIA.
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(fuel switching strategy): £4.0m
GAS NETWORK CONVERSION STRATEGY DEVELOPMENTS
2019
SECTOR DEFINITION

2020
SECTORISATION PLAN

Project Cost Forecasting and EPC
Tender: £1.25m

Scope: Commercial team will provide management
information for FEED cost control, prepare contract
strategy for EPC contracts and prepare tender
documentation and provide cost forecasting
for the full NoE conversion project.
TOTAL COST

£29m
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2022

2023

CONVERSION STRATEGY
EXISTING NETWORK MODIFICATIONS

Figure 10.10: Gas network conversion
strategy developments timeline

Project Plan and Risk management:
£0.75m

Scope: Planning support will be required to monitor and
report progress during the FEED study and provide &
iterate the proposed execution plan through to full NoE
conversion. Risk management process will commence
in this phase for programming and costing purposes.
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Scope: Formulate step-by-step conversion strategy
for the North of England and determine network
modifications required to implement. This may
seem a small cost but is a critical part of the overall
development of the commissioning schedule. This
is currently not being undertaken as business as
usual activities by any gas distribution network.
Total Cost

£4.0m

10.3.6 Demand characteristics measurement validation: £1.0m
DEMAND CHARACTERISTICS MEASUREMENT VALIDATION
2019
METER INSTALLATION PLANNING

2020
METER INSTALLATION

Figure 10.11: Demand characteristics
measurement validation timeline

2021

2022

2023

METERING

Scope: Installation of meters across the network:
Confirmation of design parameters and install up
to 50 meters at strategic points on the H21 NoE
network to provide robust demand data and profile
to enable the final design of the hydrogen production
and storage to be optimised. This may seem a small
cost but is a critical part of the overall development
of the hydrogen and CO2 capture system. This is
currently not being undertaken as business as
usual activities by any gas distribution network.
TOTAL COST

£1.0m
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Primary Works (2021-22)
Easement/land acquisition agreements
in principle: £0.75m
Scope: Team of Land Agents supported by Engineers
and legal resource establish legal agreements
with landowners and their representatives.

HTrS conceptual design (mech/civil/
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10.3.7 Overall FEED costs
Budget costs can be summarised as follows:
ITEM

COST

Hydrogen production facility
(including CO2 capture)

£95m

Inter-seasonal hydrogen storage

£43m

CO2 Transport and Storage

£78m

Hydrogen Transmission System

£29m

Gas network conversion
strategy (Fuel Switching)

£4m

Demand characteristics
measurement validation 2019/20

£1m

TOTAL COST FEED H21 NoE

£250m

Table 10.1: Overall FEED study costs
N.B. Project Management and support is
covered in individual activity totals

Spend profile table and graph
YEAR

HYDROGEN
PRODUCTION
FACILITY
(£M)

INTERSEASONAL
HYDROGEN
STORAGE
(£M)

CARBON
TRANSPORT
AND
STORAGE
(£M)

HTRS
(£M)

CONVERSION
STRATEGY
(£M)

DEMAND
VALIDATION
(£M)

TOTAL
(£M)

2019/20

18

10

15

5

2

0.5

50.5

2020/21

18

13

33

10

1

0.5

75.5

2021/22

59

20

30

14

1

0

124

Total

95

43

78

29

4

1

250

Table 10.2: Spend profile table

Figure 10.12: Spend profile
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10.4

10.5

FEED management
structure and location

Conclusions

The FEED study for H21 NoE is a significant
undertaking. It will require a consortium of companies
to provide the overall level of expertise against
all the elements of work. These companies and
experts would be brought together under a formal
contract arrangement recognised as a formalised
Joint Venture (JV). An indicative organisational
structure is provided below showing the five key work
streams reporting back to senior management

.

To deliver the H21 NoE project within the 2028 –
2035 timelines the FEED study should commence
without delay. Any delay will have a direct impact
on delivery timescales which will therefore have
a subsequent impact on the UK Government’s
ability to meet its climate change obligations.

2019
Hydrogen
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Development

PROJECT
MANAGER HSE
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SENIOR PROJECT
MANAGER

SENIOR PROJECT
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PROCUREMENT
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PROJECT
MANAGER

PROJECT MANAGER

2021

HSE, EIA AND PERMITTING

SCREENING LOCATION
FOR HPF

PROJECT
MANAGER

The H21 NoE project has been designed as a potential
first policy for UK government for deep decarbonisation
of heat through natural gas to hydrogen conversion of
the UK distribution networks. It can be executed within
the timescales recommended by the Committee on
Climate Change subject to development of the FEED.
The programme below gives an
overview of the FEED activities.

FEED
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Figure 10.13: Indicative management structure
At peak it is anticipated that the FEED study will
engage up to 250 staff centrally coordinated from
a North of England office, likely Leeds. Specialist
support will be based in various company offices. This
will generally be for hydrogen production/storage and
CO2 transport and storage work packages. Satellite
office may also be established in strategically
import locations in the North of England.

Furthermore, a large element of the FEED
activities, (circa £150m) will be for specialist
reports, engineering studies and targeted research.
These will be predominately sourced from UK
based companies and research institutes.
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The FEED work would provide another ‘building block’
in establishing the viability of hydrogen conversion
alongside other initiatives currently being embarked
upon in the UK. This would apply not only to heat but
also to the wider hydrogen economy research and
development in transport and power station conversion.
In addition, it would establish a credible large-scale
UK based carbon capture and storage project.

The major risks to the programme are the planning,
consents, permitting and licencing activities which
traditionally have created delays to major infrastructure
projects of this nature. However, none of these processes
can properly commence until the concept has been
adequately developed to a concept freeze position.
This is where the FEED work is vital in establishing
the basis for proceeding with these activities.

It will take the development of hydrogen for
heat from the academic, theoretical stage to a
new level. It will provide a ‘real’ engineered and
costed project for comparison with other heat
decarbonisation solutions to facilitate an informed
Government policy decision in 2022/23.

Budget costs for the FEED can be
summarised as follows:

As expounded in this report, the technical risks
are mitigated by the adoption of established
technologies, albeit at much larger scale. However,
the formation of underground hydrogen storage
facilities would pose the largest technical
programme risk due to the development processes
involved in forming the salt caverns required.
The FEED will deliver the critical next step in delivery
of a UK hydrogen conversion strategy. At a total cost
of £250m this is only 1% of the total project value.
It would develop the project to a clear, measurable
deliverable ‘concept freeze’, i.e. a point by which no
changes to the technical design of the system are
anticipated. This level of development would give the
UK government a firm platform from which to make a
credible policy decision in the early 2020s. The FEED
study is designed to be developed in line with the
outstanding safety-based evidence delivery timescales.
Progression to FEED is a no regrets position for the UK
as it allows a large scale (GW) hydrogen and CCS system
to be developed which can still support decarbonisation
of industrial clusters, centralised power generations
(hydrogen CCGT’s) and transport (see Figure 10.2)
irrespective of a final policy decision on heat.

ITEM

COST

Hydrogen production facility
(including CO2 capture)

£95m

Inter-seasonal hydrogen storage

£43m

CO2 Transport and Storage

£78m

Hydrogen Transmission System

£29m

Gas network conversion
strategy (Fuel Switching)

£4m

Demand characteristics
measurement validation 2019/20

£1m

TOTAL COST FEED H21 NoE

£250m

Table 10.3: FEED study cost summary
The FEED study requires government leadership to
provide capital stimulus, confidence across the supply
chain and galvanise industry. There is confidence that
a firm commitment from UK government based around
a 50/50 split with the private sector could provide the
funding required to progress the FEED. It is highly likely
that without significant government support a FEED
study will not be developed. The return on investment
has too great a risk for any individual company
especially noting the benefits from such an investment
are outside the individual companies control, i.e. they
are dependent upon a UK Government decision.
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11.0

The Vision
UK hydrogen
conversion strategy
As was the case with the original
H21 Leeds City Gate (LCG) report, a
‘vision’ section has been provided to
show how hydrogen conversion could
be rolled out across the UK. It is
based on the detailed analysis of
hydrogen production and storage
technologies presented in Section 3.0.
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11.1

11.2

Introduction

The journey to 2100 and achieving zero
emissions in line with the Paris agreement
The phasing of the rollout across the UK has considered
the geological and regional characteristics of each
area and the technology readiness level in terms of
time to deliver each scheme. Demand figures have
been extrapolated based on meter point numbers
in the urban areas covered by the specific phase.
These have been obtained from the Office of National
Statistics1 and then rounded for simplicity.
This section demonstrates the ‘art of the possible’
based on industry and international evidence
acquired over the last four years of the H21 project.
The H21 ambition is to enable the
conversion to a sustainable global
hydrogen economy based on utilising
the appropriate technologies to deliver
that transition over time up to 2100.
The remainder of this section will set out:
→→ The H21 Vision – the journey to 2100
→→

A phase-by-phase description of a hydrogen
rollout across the UK between 2019 and 2050

However, ultimately the H21 ambition is to facilitate
a realistic (in terms of technology, constructability
and timescales), longer-term transition to an entirely
green global hydrogen economy. This longer-term
vision would utilise hydrogen to balance global
renewable energy requirements. Countries with vast
renewable excess, for example Australia (a continent
with 24 million people), will trade green energy in
the form of hydrogen. This would be shipped as
ammonia to countries with renewable shortages, for
example the UK (population 66 million people).

The global community has the same
climate change commitments and a
growing recognition of the difficulty to
meet such an incredible challenge.
Terawatt hour problems need terawatt hour
solutions and the H21 concept has the potential
to be the single biggest contributor to meeting
global climate change obligations.
H21 is designed to allow the UK to meet
its 2050 climate change obligations
with scaleable technology. This is
available today for a system which
can guarantee carbon savings below
the 2050 target from day one.

D
C

E

H
I

Figure 11.1, which is entirely illustrative, has been
generated based on four years of study, experience
and international networking. The aim is to
demonstrate how a transition to sustainable energy
could occur up to 2100. It is based on credible
timescales and delivery of large-scale (TWh) in
the UK and other global hydrogen economies.

M

→→ The potential to scale Carbon Capture
and Storage (CCS) to a 50 times H21
Leeds City Gate (LCG) scenario
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Figure 11.1: H21 2100 Vision, the onset of the hydrogen economy (illustrative only)
1 https://www.gov.uk/government/statistical-data-sets/live-tables-on-dwelling-stock-includingvacants - Table 100: https://www.ons.gov.uk/peoplepopulationandcommunity/populationandmigration/
populationestimates/datasets/populationestimatesforukenglandandwalesscotlandandnorthernireland
https://www.ons.gov.uk/peoplepopulationandcommunity/housing/datasets/townsandcitiesanalysis
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However, ultimately the H21 ambition is to facilitate
a realistic (in terms of technology, constructability
and timescales), longer-term transition to an entirely
green global hydrogen economy. This longer-term
vision would utilise hydrogen to balance global
renewable energy requirements. Countries with vast
renewable excess, for example Australia (a continent
with 24 million people), will trade green energy in
the form of hydrogen. This would be shipped as
ammonia to countries with renewable shortages, for
example the UK (population 66 million people).

The global community has the same
climate change commitments and a
growing recognition of the difficulty to
meet such an incredible challenge.
Terawatt hour problems need terawatt hour
solutions and the H21 concept has the potential
to be the single biggest contributor to meeting
global climate change obligations.
H21 is designed to allow the UK to meet
its 2050 climate change obligations
with scaleable technology. This is
available today for a system which
can guarantee carbon savings below
the 2050 target from day one.
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Figure 11.1, which is entirely illustrative, has been
generated based on four years of study, experience
and international networking. The aim is to
demonstrate how a transition to sustainable energy
could occur up to 2100. It is based on credible
timescales and delivery of large-scale (TWh) in
the UK and other global hydrogen economies.
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Figure 11.1: H21 2100 Vision, the onset of the hydrogen economy (illustrative only)
1 https://www.gov.uk/government/statistical-data-sets/live-tables-on-dwelling-stock-includingvacants - Table 100: https://www.ons.gov.uk/peoplepopulationandcommunity/populationandmigration/
populationestimates/datasets/populationestimatesforukenglandandwalesscotlandandnorthernireland
https://www.ons.gov.uk/peoplepopulationandcommunity/housing/datasets/townsandcitiesanalysis
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A step-by-step explanation of Figure 11.1 is provided
below. 1% on this graph represents circa 17 TWh,
i.e. 1% of the 1,734 TWh of total end use energy
consumption used by the UK in 2017 (see Section 1.0).
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2028 to 2035

→→

G: Mega-scale hydrogen conversion programmes
are implemented. This represents the H21 NoE
project commissioning and conversion period.

→→

H: As well as decarbonising heat in the NoE, the
H21 NoE project allows generation of centralised
electricity through hydrogen CCGT (utilising the H21
XL Principle set out in Section 6.7) and decentralised
electricity through micro CHP in the home. Surplus
hydrogen from the H21 NoE system, as well as
localised hydrogen production from electrolysis
plants, is also provided for use in hydrogen vehicles.
Hinckley Point C comes on line in this period.

2017 to 2023

No major change is possible within this timescale
as large-scale energy projects take time to build.
Perhaps the biggest impact would be the displacement
of oil by the continued uptake of electric cars and
heavy haulage fuelled on methane (natural gas
or bio gas). A focused uptake of electric vehicles
would mean demand for electricity would outpace
build rates for renewables and therefore more ‘dirty
electric’ would be required over this period.

→→

→→

→→

→→

A: Currently natural gas usage for all heat
accounts for circa 40% of net UK energy
demand. This is a huge amount of energy split
between domestic, industrial and commercial
end users. It is unlikely that this will change
without some form of mandated government
intervention. It is impossible to meet climate
change obligations if this does not change.
B: Oil, almost entirely for transport, accounts for
circa 40% of net UK energy. It is a major contributor
to both climate change gas emissions and air
quality issues across UK and global cities.
C+D: UK electric consumption accounts
for circa 20% of net UK energy demand. Of
this, circa 50% comes from natural gas, 25%
nuclear/other and 25% renewables, the latter
representing 5% of net UK energy consumption.

2023 to 2028

The earliest time for a mandated conversion of heat
from natural gas to hydrogen (or anything else) is
2023 when all the evidence should be in place to
make informed decisions. Following such a decision,
no major change would be evident for around five
years as big energy projects take a considerable time
to deliver. The uptake of electric cars and natural
gas fuelled heavy haulage vehicles should have
started to significantly increase due to development
of the appropriate fuelling infrastructure, supply
chains and natural replacement of vehicles.

→→

E: Assumes a significant increase in build
rates of renewables where large renewables
projects are commissioned. At the end of this
period, circa 160 TWh of renewable capacity
would be available. This is around a 100%
increase from current level of circa 83 TWh.

→→

F: A period of expanding bio energy
as appropriate, the build period in
preparation for hydrogen conversion

I: Renewables have continued to grow capacity and
are now at circa 250 TWh of net annual energy. This
would be an unprecedented increase in renewable
deployment in the UK over this period. This
assumption is based on technology advancements
in scale and construction timescales. This increase
would require circa 90 TWh in 7 years, equivalent
to 3 GW per year offshore wind or 13 GW solar
per year. Currently the world’s largest offshore
windfarm near Cumbria has a capacity of 569 MW.
This rate of increase is equivalent to five wind
farms of this capacity per year over this period.

2035 to 2045

→→

J: The next mega-scale conversions to hydrogen
are implemented (see Section 11.4), decarbonising
huge amounts of heat and transport whist
providing energy for decentralised (micro CHP)
and centralised (hydrogen CCGT) electricity.

2045 to 2050

→→

K: Large amounts of green hydrogen start to
enter the global market from places like Australia,
Patagonia, Chile, etc. These are based on gigantic
amounts of surplus renewables and a recently
established large scale electrolyser supply chain.

→→

L: Vast amounts of intermittent renewable power
are now commissioned. The intermittency is
balanced by huge scale electrolysis into the gas
networks (see Figure 11.7). Flexible clean electrical
generation is provided by a combination of hydrogen
CCGTs (M) and some new nuclear (M). Additionally,
large amounts of decentralised electrical generation
will occur in the home with adoption of micro CHP
as the natural replacement for next generation of
boilers (M). Electrical peaking is still managed by
some traditional natural gas CCGTs power stations
(N) for peaking as required (see Section 6.7).
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2050 to 2075

→→

O: All coal and natural gas based electrical
generation is decommissioned as the flexibility to
balance renewables can be provided by hydrogen
CCGTs, new nuclear, micro CHP and system
coupling via electrolysis into the hydrogen gas
networks. Increasing levels of green hydrogen
are provided into the gas grid from UK based
renewables and international imports. This, by
default, generates progressively greener electricity
in the hydrogen CCGTs and micro CHPs in the home.

→→

P: All remaining small towns, villages, etc. still
burning natural gas for heat are converted to
hydrogen or alternative low carbon energy.

→→

Q: Global trade of entirely green hydrogen
continues to grow but, as all countries compete
for this green certified hydrogen, the growth
in each country is not prolific as the supply of
green hydrogen is unable to meet demand.
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2075 to 2100

→→

R: Global green hydrogen ramps up and hydrogen
production systems with associated carbon capture
and storage begin to be decommissioned at the end
of their asset lives. The transition occurs to entirely
renewable hydrogen supplied by a global renewable
hydrogen economy. Hydrogen is traded as ammonia
or transported through intercontinental pipelines.

→→

S: As the hydrogen gas networks become greener
the centralised and de-centralised electric
generation becomes greener by default.

→→

T: The UK has maximised its use of bio
feedstock (estimated to be circa 10% of total
energy requirements, i.e. 170 TWh) being
predominantly used for aviation along with some
bio-hydrogen or bio-electricity generation.

Figure 11.1 is illustrative and the timescales and
scale for each segment can and should be debated.
However, the scale of the challenge and the huge
opportunities hydrogen presents locally and globally
is crystal clear when set out in this context. A
combination of gas (hydrogen) and intermittent
renewable electric utilising our existing gas and
electric grids to displace oil is eminently sensible.
It is also clear from the graph that, when considering
the 2050/2100 target, a 100% hydrogen conversion does
not negate the need for other measures. This includes
energy efficiency improvements, increasing renewables,
some nuclear, some district heating and bio-energy,
etc. However, whilst there is a common ‘no silver bullet’
consensus, there is a need to be collectively realistic
and recognise different ‘bullets’ having very different
contribution capabilities to meet the 2050/2100
targets. Furthermore, 2050 is only 32 years away and
large energy infrastructure construction takes time.
Deployment timescales of these different ‘bullets’ are
often not realistically considered because economic
analysis is preferred over credible deliverable actions.
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A step-by-step explanation of Figure 11.1 is provided
below. 1% on this graph represents circa 17 TWh,
i.e. 1% of the 1,734 TWh of total end use energy
consumption used by the UK in 2017 (see Section 1.0).

498

2028 to 2035

→→

G: Mega-scale hydrogen conversion programmes
are implemented. This represents the H21 NoE
project commissioning and conversion period.

→→

H: As well as decarbonising heat in the NoE, the
H21 NoE project allows generation of centralised
electricity through hydrogen CCGT (utilising the H21
XL Principle set out in Section 6.7) and decentralised
electricity through micro CHP in the home. Surplus
hydrogen from the H21 NoE system, as well as
localised hydrogen production from electrolysis
plants, is also provided for use in hydrogen vehicles.
Hinckley Point C comes on line in this period.

2017 to 2023

No major change is possible within this timescale
as large-scale energy projects take time to build.
Perhaps the biggest impact would be the displacement
of oil by the continued uptake of electric cars and
heavy haulage fuelled on methane (natural gas
or bio gas). A focused uptake of electric vehicles
would mean demand for electricity would outpace
build rates for renewables and therefore more ‘dirty
electric’ would be required over this period.

→→

→→

→→

→→

A: Currently natural gas usage for all heat
accounts for circa 40% of net UK energy
demand. This is a huge amount of energy split
between domestic, industrial and commercial
end users. It is unlikely that this will change
without some form of mandated government
intervention. It is impossible to meet climate
change obligations if this does not change.
B: Oil, almost entirely for transport, accounts for
circa 40% of net UK energy. It is a major contributor
to both climate change gas emissions and air
quality issues across UK and global cities.
C+D: UK electric consumption accounts
for circa 20% of net UK energy demand. Of
this, circa 50% comes from natural gas, 25%
nuclear/other and 25% renewables, the latter
representing 5% of net UK energy consumption.

2023 to 2028

The earliest time for a mandated conversion of heat
from natural gas to hydrogen (or anything else) is
2023 when all the evidence should be in place to
make informed decisions. Following such a decision,
no major change would be evident for around five
years as big energy projects take a considerable time
to deliver. The uptake of electric cars and natural
gas fuelled heavy haulage vehicles should have
started to significantly increase due to development
of the appropriate fuelling infrastructure, supply
chains and natural replacement of vehicles.

→→

E: Assumes a significant increase in build
rates of renewables where large renewables
projects are commissioned. At the end of this
period, circa 160 TWh of renewable capacity
would be available. This is around a 100%
increase from current level of circa 83 TWh.

→→

F: A period of expanding bio energy
as appropriate, the build period in
preparation for hydrogen conversion

I: Renewables have continued to grow capacity and
are now at circa 250 TWh of net annual energy. This
would be an unprecedented increase in renewable
deployment in the UK over this period. This
assumption is based on technology advancements
in scale and construction timescales. This increase
would require circa 90 TWh in 7 years, equivalent
to 3 GW per year offshore wind or 13 GW solar
per year. Currently the world’s largest offshore
windfarm near Cumbria has a capacity of 569 MW.
This rate of increase is equivalent to five wind
farms of this capacity per year over this period.

2035 to 2045

→→

J: The next mega-scale conversions to hydrogen
are implemented (see Section 11.4), decarbonising
huge amounts of heat and transport whist
providing energy for decentralised (micro CHP)
and centralised (hydrogen CCGT) electricity.

2045 to 2050

→→

K: Large amounts of green hydrogen start to
enter the global market from places like Australia,
Patagonia, Chile, etc. These are based on gigantic
amounts of surplus renewables and a recently
established large scale electrolyser supply chain.

→→

L: Vast amounts of intermittent renewable power
are now commissioned. The intermittency is
balanced by huge scale electrolysis into the gas
networks (see Figure 11.7). Flexible clean electrical
generation is provided by a combination of hydrogen
CCGTs (M) and some new nuclear (M). Additionally,
large amounts of decentralised electrical generation
will occur in the home with adoption of micro CHP
as the natural replacement for next generation of
boilers (M). Electrical peaking is still managed by
some traditional natural gas CCGTs power stations
(N) for peaking as required (see Section 6.7).
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2050 to 2075

→→

O: All coal and natural gas based electrical
generation is decommissioned as the flexibility to
balance renewables can be provided by hydrogen
CCGTs, new nuclear, micro CHP and system
coupling via electrolysis into the hydrogen gas
networks. Increasing levels of green hydrogen
are provided into the gas grid from UK based
renewables and international imports. This, by
default, generates progressively greener electricity
in the hydrogen CCGTs and micro CHPs in the home.

→→

P: All remaining small towns, villages, etc. still
burning natural gas for heat are converted to
hydrogen or alternative low carbon energy.

→→

Q: Global trade of entirely green hydrogen
continues to grow but, as all countries compete
for this green certified hydrogen, the growth
in each country is not prolific as the supply of
green hydrogen is unable to meet demand.
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2075 to 2100

→→

R: Global green hydrogen ramps up and hydrogen
production systems with associated carbon capture
and storage begin to be decommissioned at the end
of their asset lives. The transition occurs to entirely
renewable hydrogen supplied by a global renewable
hydrogen economy. Hydrogen is traded as ammonia
or transported through intercontinental pipelines.

→→

S: As the hydrogen gas networks become greener
the centralised and de-centralised electric
generation becomes greener by default.

→→

T: The UK has maximised its use of bio
feedstock (estimated to be circa 10% of total
energy requirements, i.e. 170 TWh) being
predominantly used for aviation along with some
bio-hydrogen or bio-electricity generation.

Figure 11.1 is illustrative and the timescales and
scale for each segment can and should be debated.
However, the scale of the challenge and the huge
opportunities hydrogen presents locally and globally
is crystal clear when set out in this context. A
combination of gas (hydrogen) and intermittent
renewable electric utilising our existing gas and
electric grids to displace oil is eminently sensible.
It is also clear from the graph that, when considering
the 2050/2100 target, a 100% hydrogen conversion does
not negate the need for other measures. This includes
energy efficiency improvements, increasing renewables,
some nuclear, some district heating and bio-energy,
etc. However, whilst there is a common ‘no silver bullet’
consensus, there is a need to be collectively realistic
and recognise different ‘bullets’ having very different
contribution capabilities to meet the 2050/2100
targets. Furthermore, 2050 is only 32 years away and
large energy infrastructure construction takes time.
Deployment timescales of these different ‘bullets’ are
often not realistically considered because economic
analysis is preferred over credible deliverable actions.
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11.3

UK hydrogen conversion
2018 to early 2050s
This additional hydrogen can be used for any end use
purpose. It would be established on a base case for
decarbonising heat then combined with utilisation
in the power generation, high pressure industrial
clusters and transportation (road/rail) sectors.
A percentage impact on total UK heat and UK energy
for these three scenarios has then been calculated.
The figures used to calculate the percentages
are taken from The Digest of UK Energy Statics
(DUKES). These are presented in Table 11.1.

This section sets out a deliverable rollout
strategy for hydrogen conversion across the UK
to achieve deep decarbonisation of heat by 2050.
The rollout is based on hydrogen conversion of
below 7 bar gas networks utilising the appropriate
technology in achievable timescales.
According to the UK Climate Change Act 2008
it is the duty of the Secretary of State to ensure
that the net UK carbon account for all six
Kyoto greenhouse gases for the year 2050 is
at least 80% lower than the 1990 baseline.
In 1990 the UK greenhouse gases were
794.2 million tonnes (Mt) and with a
minimum 80% reduction the 2050 target
should be 158.9 Mt. By 2016 this was
reduced to 468 Mt so a further 309 Mt
of greenhouse gases must be avoided
to meet the Climate Change Act 2008.
In addition to the decarbonisation of heat, this
section covers the potential for scaling hydrogen
production capacity. This will achieve deep
decarbonisation of electrical generation, transport
and high pressure industrial clusters. These high
pressure industrial clusters are industrial areas
supplied with high pressure natural gas directly from
the Local or National Transmission System and, as
such, are not a consequential part of the conversion
strategy for domestic heat. Below 7 bar industrial
clusters are supplied from the gas distribution
networks and would be converted as a result of
the mandated conversion of these networks.

Below 7 bar industrial (and commercial)
clusters account for over six
times the energy of high pressure
industrial clusters across the UK
(229 TWh ÷ 40 TWh) see Table 11.1.
Increasing hydrogen capacity and its
associated impact on UK energy has been
modelled for three different scenarios:
→→

H21 (decarbonising domestic and non-domestic
heat only). This includes deep decarbonisation of
both domestic and non-domestic heat (below 7 bar).

→→

H21 XL (decarbonising heat and power). Extension
of the H21 NoE XL principle as set out in Section 8.7.
The H21 XL scenario uses a much larger capacity
Hydrogen Production Facility (for H21 NoE this
is from 12.15 GW to 16.99 GW) and therefore a
much smaller inter-seasonal hydrogen storage
capacity (for H21 NoE this is from 8,052 TWh
to 2,164 TWh). Considerably more hydrogen is
available on an annual basis from the larger
Hydrogen Production Facility. This additional
production would be used in hydrogen CCGTs for
centralised electricity generation (see Section 6.6).

→→

H21 Max (decarbonising heat then adding a realistic
capacity growth per annum). This includes:
•

•

Adding 1.35 GW capacity growth per annum at
the main ATR/CCS centres located at Easington
(Hull), Teesside, Liverpool and Aberdeen
Adding 1 GW per annum at the main
electrolyser location (East Anglia)

YEAR 2016

DUKES (GWH)

COMMENTS

LDZ
(predominantly distribution network)

540,000

Domestic heat at 311 TWh,
Non-domestic heat at 229 TWh

Industry
(major industrial clusters)

40,000

Iron and steel, non-ferrous,
mineral and chemicals

Power plant
(connected to the HTS)

271,000

Major power producers

TOTAL GAS CONSUMPTION

851,000

All energy 2017 UK
(end use)

1,734,000

See Section 1.0 (of which final
energy consumption of electricity
(including losses) is 330 TWh)

Table 11.1: UK natural gas consumption in 2016 (DUKES)
The proposed expansion of hydrogen across the
UK has been split into six separate phases. An
additional ‘Phase A’ (‘H21 East London’) based
on a standalone Hydrogen Production Facility for
East London of 3 GW has also been included.
This phased rollout programme is designed to be
delivered based on credible construction rates and
development of appropriate supply chains within
believable timescales. The phases are first shown
diagrammatically followed by overall summaries
of the time scales and net energy and then in a
series of tables thereafter (see Section 11.3.8).

To work out the energy parameters for each
of the given areas extrapolation methods
were undertaken, these included:
→→

Demand: Calculated through the extrapolation
of meter point data obtained from the Office
of National Statistics for the areas proposed to
convert within each phase. Meter point data has
been approximated to the number of domestic
houses in the regions. This is eminently sensible
for an ‘order of magnitude’ extrapolation.

→→

Hydrogen production and storage (ATR/CCS):
Based on extrapolation of the H21 NoE
figures as a ratio of demand parameters

→→

Hydrogen production and storage
(electrolysers/ammonia): Based on
extrapolation of the scenarios presented in
Section 3.0 and additional modelling as required

→→

Carbon capture and storage: Based on an
extrapolation of the H21 NoE figures

Sections 11.3.1 to 11.3.7 set out the
phases diagrammatically.
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11.3

UK hydrogen conversion
2018 to early 2050s
This additional hydrogen can be used for any end use
purpose. It would be established on a base case for
decarbonising heat then combined with utilisation
in the power generation, high pressure industrial
clusters and transportation (road/rail) sectors.
A percentage impact on total UK heat and UK energy
for these three scenarios has then been calculated.
The figures used to calculate the percentages
are taken from The Digest of UK Energy Statics
(DUKES). These are presented in Table 11.1.

This section sets out a deliverable rollout
strategy for hydrogen conversion across the UK
to achieve deep decarbonisation of heat by 2050.
The rollout is based on hydrogen conversion of
below 7 bar gas networks utilising the appropriate
technology in achievable timescales.
According to the UK Climate Change Act 2008
it is the duty of the Secretary of State to ensure
that the net UK carbon account for all six
Kyoto greenhouse gases for the year 2050 is
at least 80% lower than the 1990 baseline.
In 1990 the UK greenhouse gases were
794.2 million tonnes (Mt) and with a
minimum 80% reduction the 2050 target
should be 158.9 Mt. By 2016 this was
reduced to 468 Mt so a further 309 Mt
of greenhouse gases must be avoided
to meet the Climate Change Act 2008.
In addition to the decarbonisation of heat, this
section covers the potential for scaling hydrogen
production capacity. This will achieve deep
decarbonisation of electrical generation, transport
and high pressure industrial clusters. These high
pressure industrial clusters are industrial areas
supplied with high pressure natural gas directly from
the Local or National Transmission System and, as
such, are not a consequential part of the conversion
strategy for domestic heat. Below 7 bar industrial
clusters are supplied from the gas distribution
networks and would be converted as a result of
the mandated conversion of these networks.

Below 7 bar industrial (and commercial)
clusters account for over six
times the energy of high pressure
industrial clusters across the UK
(229 TWh ÷ 40 TWh) see Table 11.1.
Increasing hydrogen capacity and its
associated impact on UK energy has been
modelled for three different scenarios:
→→

H21 (decarbonising domestic and non-domestic
heat only). This includes deep decarbonisation of
both domestic and non-domestic heat (below 7 bar).

→→

H21 XL (decarbonising heat and power). Extension
of the H21 NoE XL principle as set out in Section 8.7.
The H21 XL scenario uses a much larger capacity
Hydrogen Production Facility (for H21 NoE this
is from 12.15 GW to 16.99 GW) and therefore a
much smaller inter-seasonal hydrogen storage
capacity (for H21 NoE this is from 8,052 TWh
to 2,164 TWh). Considerably more hydrogen is
available on an annual basis from the larger
Hydrogen Production Facility. This additional
production would be used in hydrogen CCGTs for
centralised electricity generation (see Section 6.6).

→→

H21 Max (decarbonising heat then adding a realistic
capacity growth per annum). This includes:
•

•

Adding 1.35 GW capacity growth per annum at
the main ATR/CCS centres located at Easington
(Hull), Teesside, Liverpool and Aberdeen
Adding 1 GW per annum at the main
electrolyser location (East Anglia)

YEAR 2016

DUKES (GWH)

COMMENTS

LDZ
(predominantly distribution network)

540,000

Domestic heat at 311 TWh,
Non-domestic heat at 229 TWh

Industry
(major industrial clusters)

40,000

Iron and steel, non-ferrous,
mineral and chemicals

Power plant
(connected to the HTS)

271,000

Major power producers

TOTAL GAS CONSUMPTION

851,000

All energy 2017 UK
(end use)

1,734,000

See Section 1.0 (of which final
energy consumption of electricity
(including losses) is 330 TWh)

Table 11.1: UK natural gas consumption in 2016 (DUKES)
The proposed expansion of hydrogen across the
UK has been split into six separate phases. An
additional ‘Phase A’ (‘H21 East London’) based
on a standalone Hydrogen Production Facility for
East London of 3 GW has also been included.
This phased rollout programme is designed to be
delivered based on credible construction rates and
development of appropriate supply chains within
believable timescales. The phases are first shown
diagrammatically followed by overall summaries
of the time scales and net energy and then in a
series of tables thereafter (see Section 11.3.8).

To work out the energy parameters for each
of the given areas extrapolation methods
were undertaken, these included:
→→

Demand: Calculated through the extrapolation
of meter point data obtained from the Office
of National Statistics for the areas proposed to
convert within each phase. Meter point data has
been approximated to the number of domestic
houses in the regions. This is eminently sensible
for an ‘order of magnitude’ extrapolation.

→→

Hydrogen production and storage (ATR/CCS):
Based on extrapolation of the H21 NoE
figures as a ratio of demand parameters

→→

Hydrogen production and storage
(electrolysers/ammonia): Based on
extrapolation of the scenarios presented in
Section 3.0 and additional modelling as required

→→

Carbon capture and storage: Based on an
extrapolation of the H21 NoE figures

Sections 11.3.1 to 11.3.7 set out the
phases diagrammatically.
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11.3.1 Phase 1:
H21 North of England
(2028 to 2034)
Phase 1 of a UK wide hydrogen conversion
should be based on the H21 NoE report.

Figure 11.2: Phase 1 system map

NETWORK

DOMESTIC METER POINTS

West Yorskhire

1,038,487

Hull

165,457

York

85,813

Tyneside

495,801

Teesside

246,000

Manchester

1,108,640

Liverpool

635,617

TOTAL

3,780,000

SECTION 11

503

CAPEX

£1,340M

OPEX

£24M

CARBON TRANSPORT
AND STORAGE
(2,830t/h)

APPLIANCE
CONVERSION

NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT

DOMESTIC
APPLIANCES

LEEDS

INTER-SEASONAL
STORAGE
(8,052 GWh)

CAPEX 11.3:
£8,520Mschematic£1,991M
£44M Phase 1 system
Figure

COMMERCIAL
HEAT

INTRADAY
STORAGE
(25 GWh)

£3,471M

£0

Phase 1 of the hydrogen rollout to the UK is
based
the hydrogen
£2.8M
£63M
£0
£0 NoE. The onset of£285M
OPEXon H21
economy needs to start in this area due to the
extensive salt geology available for inter-seasonal
hydrogen storage and access to the UK’s most
£580M HYDROGEN PRODUCTION & CARBON CAPTURE
extensive CO2 storage area in the North Sea.

£143M

£7,500M

£0

£0

H21 North of England

11.3.1 Phase 1:
H21 North of England
(2028 to 2034)
Phase 1 of a UK wide hydrogen conversion
should be based on the H21 NoE report.

Figure 11.2: Phase 1 system map

NETWORK

DOMESTIC METER POINTS

West Yorskhire

1,038,487

Hull

165,457

York

85,813

Tyneside

495,801

Teesside

246,000

Manchester

1,108,640

Liverpool

635,617

TOTAL

3,780,000

SECTION 11

503

CAPEX

£1,340M

OPEX

£24M

CARBON TRANSPORT
AND STORAGE
(2,830t/h)

APPLIANCE
CONVERSION

NATURAL GAS
CONNECTION
(CAPACITY 15 GW)

HYDROGEN PRODUCTION
FACILITY AND CARBON CAPTURE
(CAPACITY 12.15 GW)

HYDROGEN
TRANSMISSION SYSTEM
(CAPACITY 125 GW)

GAS DISTRIBUTION
NETWORK
(PEAK CAPACITY
42 GW)

INDUSTRIAL
HEAT

DOMESTIC
APPLIANCES

LEEDS

INTER-SEASONAL
STORAGE
(8,052 GWh)

CAPEX 11.3:
£8,520Mschematic£1,991M
£44M Phase 1 system
Figure

COMMERCIAL
HEAT

INTRADAY
STORAGE
(25 GWh)

£3,471M

£0

Phase 1 of the hydrogen rollout to the UK is
based
the hydrogen
£2.8M
£63M
£0
£0 NoE. The onset of£285M
OPEXon H21
economy needs to start in this area due to the
extensive salt geology available for inter-seasonal
hydrogen storage and access to the UK’s most
£580M HYDROGEN PRODUCTION & CARBON CAPTURE
extensive CO2 storage area in the North Sea.

£143M

£7,500M

£0

£0

H21 North of England

11.3.2 Phase 2:
H21 South Yorkshire and
East/West Midlands
(2033 to 2038)

Figure 11.4: Phase 2 system map
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Doncaster
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Nottinghamshire (part)
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Rotherham

115,510
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Stoke-on-Trent

114,630

West Midlands

1,157,500

TOTAL

3,200,000

SECTION 11

H21 South Yorkshire
and East/West Midlands
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125 GW

36 GW
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Inter-seasonal
hydrogen storage
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Intra-day
storage
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East Irish Sea
2,400 t/h

Figure 11.5: Phase 2 system schematic
Phase 2 includes converting areas north of Manchester,
South Yorkshire, East and West Midlands. Rollout is
based on additional Hydrogen Production Facilities
at Liverpool and Teesside (assuming one plant at
Easington for Phase 1, H21 NoE). The new hydrogen
transmission system required to link the urban
areas in this phase has been modelled using the
same methodology as outlined in Section 5.0.

The modelling showed that adopting
this strategy for additional Hydrogen
Production Facilities ensures the
additional HTS will still not require
any compression to meet peak heat
requirements. Additionally, as with
Phases 1-5, this new HTS would add
huge capacity, equivalent to the
H21 NoE (circa 125 GW and intraday
storage at circa 25 GWh minimum).
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Phase 2 includes converting areas north of Manchester,
South Yorkshire, East and West Midlands. Rollout is
based on additional Hydrogen Production Facilities
at Liverpool and Teesside (assuming one plant at
Easington for Phase 1, H21 NoE). The new hydrogen
transmission system required to link the urban
areas in this phase has been modelled using the
same methodology as outlined in Section 5.0.

The modelling showed that adopting
this strategy for additional Hydrogen
Production Facilities ensures the
additional HTS will still not require
any compression to meet peak heat
requirements. Additionally, as with
Phases 1-5, this new HTS would add
huge capacity, equivalent to the
H21 NoE (circa 125 GW and intraday
storage at circa 25 GWh minimum).
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11.3.3 Phase 3:
H21 Scotland
(2030 to 2032)
Figure 11.6: Phase 3 system map

CITY/TOWN
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Aberdeen

233,000

Edinburgh

285,000

Glasgow
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Dundee
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TOTAL

1,200,000
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899t/h
Northern North Sea
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Intra-day
storage
(min) 25 GW

Inter-seasonal
hydrogen storage
9 Tanks
3,247 GWh

EDINBURGH

Export
(Milford
Haven/
global)

Figure 11.7: Phase 3 system schematic
Phase 3 includes hydrogen conversion for the major
urban areas of Scotland and can be considered as an
independent phase. It can be delivered to timescales
independent of the England/Wales hydrogen conversion
strategy because it is not dependent on hydrogen
from England. As such, the only timescale constraint
for the H21 Scotland scheme is to learn best practice
and engineering detail from the H21 NoE FEED study.
The H21 Scotland system is based on the same
hydrogen production methodology as used in Phase 1
(H21 NoE) and Phase 2 (H21 SY-E/WM), i.e. modular
ATRs with carbon capture and storage. These would be
located in the Aberdeen area to take advantage of the
CCS availability in the Northern and/or Central North
Sea regions. The lack of available salt in Scotland to
provide inter-seasonal hydrogen storage would mean
an ammonia-based solution would be required.
This inter-seasonal hydrogen storage solution
would require a hydrogen to ammonia
production facility, ammonia storage tanks
and an ammonia to hydrogen cracker.

These would be located at Dundee towards the
southern end of the system to ensure the storage was
near the largest urban demand centres (Glasgow and
Edinburgh) and next to a port for potential export.
Note: The figures above are based on energy production
and usage for Scotland alone. However, based on
the comparatively low demand in Scotland, it would
be sensible to expand hydrogen production and
hydrogen storage (ammonia) to provide a credible,
low carbon hydrogen export capability for Scotland
and the UK. This ammonia could be exported around
the world in a similar way to the ambitions of the
CarbonNet project in Melbourne Australia.
Potentially this ammonia could be exported
to Milford Haven to support Phase 4 (H21
South Wales and South West) if no other
global low carbon ammonia is available.
Doubling the overall system capacity for
H21 Scotland (still only half the size
of the H21 NoE project) would represent
a viable way for Scotland and/or the
UK to offset its conversion costs.
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Phase 3 includes hydrogen conversion for the major
urban areas of Scotland and can be considered as an
independent phase. It can be delivered to timescales
independent of the England/Wales hydrogen conversion
strategy because it is not dependent on hydrogen
from England. As such, the only timescale constraint
for the H21 Scotland scheme is to learn best practice
and engineering detail from the H21 NoE FEED study.
The H21 Scotland system is based on the same
hydrogen production methodology as used in Phase 1
(H21 NoE) and Phase 2 (H21 SY-E/WM), i.e. modular
ATRs with carbon capture and storage. These would be
located in the Aberdeen area to take advantage of the
CCS availability in the Northern and/or Central North
Sea regions. The lack of available salt in Scotland to
provide inter-seasonal hydrogen storage would mean
an ammonia-based solution would be required.
This inter-seasonal hydrogen storage solution
would require a hydrogen to ammonia
production facility, ammonia storage tanks
and an ammonia to hydrogen cracker.

These would be located at Dundee towards the
southern end of the system to ensure the storage was
near the largest urban demand centres (Glasgow and
Edinburgh) and next to a port for potential export.
Note: The figures above are based on energy production
and usage for Scotland alone. However, based on
the comparatively low demand in Scotland, it would
be sensible to expand hydrogen production and
hydrogen storage (ammonia) to provide a credible,
low carbon hydrogen export capability for Scotland
and the UK. This ammonia could be exported around
the world in a similar way to the ambitions of the
CarbonNet project in Melbourne Australia.
Potentially this ammonia could be exported
to Milford Haven to support Phase 4 (H21
South Wales and South West) if no other
global low carbon ammonia is available.
Doubling the overall system capacity for
H21 Scotland (still only half the size
of the H21 NoE project) would represent
a viable way for Scotland and/or the
UK to offset its conversion costs.
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11.3.4 Phase 4:
H21 Wales/South West
(2036 to 2037)
Figure 11.8: Phase 4 system map
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Figure 11.9: Phase 4 system schematic

CARDIFF

Phase 4 includes the conversion of the South Wales
and South West major urban centres. It also has a
hydrogen transmission system which links into the
Phase 2 (H21 SY-E/WM) providing increased system
security and additional system intra-day hydrogen
storage. Unlike Phases 1 to 3 this phase is based on
low carbon ammonia imports, ideally from Phase 3
(H21-Scotland) system, but potentially from as
far as the CarbonNet project in South Australia.
This is a practical system for this region which has
a lack of salt for inter-seasonal hydrogen storage
and no easy access to major carbon capture and
storage areas. It is also important to establish an
ammonia import scheme for the UK which, over time,
can accept zero carbon ammonia entirely generated
via renewable resources from across the world.
Locating the ammonia near the existing LNG import
facilities at Milford Haven will take advantage of the
established docks and existing infrastructure.
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Phase 4 includes the conversion of the South Wales
and South West major urban centres. It also has a
hydrogen transmission system which links into the
Phase 2 (H21 SY-E/WM) providing increased system
security and additional system intra-day hydrogen
storage. Unlike Phases 1 to 3 this phase is based on
low carbon ammonia imports, ideally from Phase 3
(H21-Scotland) system, but potentially from as
far as the CarbonNet project in South Australia.
This is a practical system for this region which has
a lack of salt for inter-seasonal hydrogen storage
and no easy access to major carbon capture and
storage areas. It is also important to establish an
ammonia import scheme for the UK which, over time,
can accept zero carbon ammonia entirely generated
via renewable resources from across the world.
Locating the ammonia near the existing LNG import
facilities at Milford Haven will take advantage of the
established docks and existing infrastructure.
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11.3.5 Phase 5:
H21 East Anglia
and Home Counties
(2040 to 2045)

Figure 11.10: Phase 5 system map
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Tamworth
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Telford and Wrekin

74,360

Tewkesbury

40,340

Tunbridge Wells

50,340

West Sussex (part)

377,930
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2,500,000
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H21 East Anglia
and Home Counties
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25 GW
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Figure 11.11: Phase 5 system schematic
Phase 5 includes the conversion of East Anglia and
the Home Counties around London. Set to convert
in the early 2040s, this should be a UK aspiration
for a first UK based large-scale renewable hydrogen
scheme. The timings are appropriate, yet still aggressive,
for development of the electrolysis supply chain
(see Section 3.0) and renewable deployment. This
scheme would also require a significant increase in
the UK’s commitment to offshore wind capacity.
The new hydrogen transmission system would link
into the Phase 2 (H21 SY–E/WM) and Phase 4 (H21
SW-SW) hydrogen transmission systems. This would
be a critical step in preparation for the conversion of
London in Phase 6. Additionally, it would be important
to help alleviate any intermittency problems from
the renewable electricity generation system.

Inter-seasonal hydrogen storage would be
provided by additional salt caverns in the North
East and Humber region and with ammonia
storage in Milford Haven (Phase 4).
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Figure 11.11: Phase 5 system schematic
Phase 5 includes the conversion of East Anglia and
the Home Counties around London. Set to convert
in the early 2040s, this should be a UK aspiration
for a first UK based large-scale renewable hydrogen
scheme. The timings are appropriate, yet still aggressive,
for development of the electrolysis supply chain
(see Section 3.0) and renewable deployment. This
scheme would also require a significant increase in
the UK’s commitment to offshore wind capacity.
The new hydrogen transmission system would link
into the Phase 2 (H21 SY–E/WM) and Phase 4 (H21
SW-SW) hydrogen transmission systems. This would
be a critical step in preparation for the conversion of
London in Phase 6. Additionally, it would be important
to help alleviate any intermittency problems from
the renewable electricity generation system.

Inter-seasonal hydrogen storage would be
provided by additional salt caverns in the North
East and Humber region and with ammonia
storage in Milford Haven (Phase 4).
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11.3.6 Phase 6
H21 London
(2045 to 2050)
Figure 11.12: Phase 6 system map
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Figure 11.13: Phase 6 system schematic
Phase 6 is the conversion of London to
hydrogen. Hydrogen production for London is
provided by increasing capacity in the hydrogen
production and import facilities already
established in Phases 1, 2, 3, 4 and 5.
It is assumed, based on technology readiness in the
late 2040s, that 75% of the hydrogen is provided via the
ATR+CCS production facilities in the North (Easington,
Teesside, Liverpool). The remainder will be provided
by electrolysis in East Anglia, renewable ammonia
from Wales and imported from Scotland and the rest
of the world. The hydrogen will be transported to the
capital by the interconnected Hydrogen Transmission
System (HTS). Some local hydrogen transmission will
be required but pipeline infrastructure will be minimal.
The H21 East London scheme (Phase A, H21 East London,
see Section 11.3.7) would also be able to contribute
to the London demand directly at this point in time.
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Phase 6 is the conversion of London to
hydrogen. Hydrogen production for London is
provided by increasing capacity in the hydrogen
production and import facilities already
established in Phases 1, 2, 3, 4 and 5.
It is assumed, based on technology readiness in the
late 2040s, that 75% of the hydrogen is provided via the
ATR+CCS production facilities in the North (Easington,
Teesside, Liverpool). The remainder will be provided
by electrolysis in East Anglia, renewable ammonia
from Wales and imported from Scotland and the rest
of the world. The hydrogen will be transported to the
capital by the interconnected Hydrogen Transmission
System (HTS). Some local hydrogen transmission will
be required but pipeline infrastructure will be minimal.
The H21 East London scheme (Phase A, H21 East London,
see Section 11.3.7) would also be able to contribute
to the London demand directly at this point in time.
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11.3.7 Phase A
H21 East London
(2027 to 2028)
Figure 11.14: Phase A system map

Phase A: H21 East London (2027 to 2028)
Phase A, H21 East London, is based on providing a
large-scale hydrogen project for the capital prior to
large scale conversion at the end of the 2040s. The
scheme is based on hydrogen production using ATR+CCS
technology (at the Isle of Grain) with CO2 transport
and storage via ship to either the UK Southern North
Sea (H21 NoE) or the Norwegian CCS schemes.

H21 East London

The end use for the hydrogen produced by this
phase is based on the biggest immediate benefit for
London and technology readiness. Based on the land
requirement of the H21 NoE Hydrogen Production
Facility it is assumed that a hydrogen production
capacity of 3 GW (three 1 GW ATRs) would be possible
having an associated carbon storage requirement
circa 5 Mtpa. Figure 11.16 shows an example of
potential CO2 shipping facility (see Section 7.0).

H21-EL
To Southern
North Sea
Figure 11.16: Potential CO2 shipping facility at the Isle of Grain
The end use of the hydrogen could include:

3 GW (min)

Figure 11.15: Phase A system schematic

To Southern
Troll Area
5 Mtpa

→→

A strategic pipeline to high or low
pressure industrial clusters

→→

Power stations in the area which could be
converted to hydrogen CCGTs, for example
decarbonising the London Underground

→→

A network of hydrogen fuelling stations
for conversion of London’s garbage trucks
or other ‘back to depot’ large polluters

→→

Conversion of parts of the Cadent and SGN
gas distribution networks, (north and south
of the river Thames respectively) and the
associated decarbonisation of heat

→→

A combination of all of the above
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ummary of phase rollout
S
by scenario

2) H21
(SY-E/WM) (ATR + CCS)

3) H21 SCOTLAND
(ATR + CCS)

4) H21
(SW-SW) (AMMONIA +
H2 PRODUCTION)

5) H21 EAST ANGLIA AND
HOME COUNTIES (EA-HC)
(RENEWABLES PLUS
ELECTROLYSIS)

6) H21 LONDON
(COMBINATION OF PHASE
1-5 75% ATR+CCS)

TOTALS

H21 (decarbonising domestic
and industrial heat only)

→→

H21 XL (decarbonising domestic and
industrial heat and 50% of power)

→→

H21 Max (decarbonising heat then adding
a realistic capacity growth per annum)

11.3.9

Total energy heat (TWh)
UK total c.540,000 GWh

74

63

24

24

49

69

303

Cumulative total
energy (Twh)

74

137

161

185

234

303

Total meter points
(#, m)

3.8

3.2

1.2

1.2

2.5

3.5

Cumulative meter points
(#, m) UK total c.22m

3.8

7.0

8.2

9.4

11.9

15.4

Domestic heat
(at 64% annual) (TWh)

47

40

15

15

31

44

Cumulative domestic heat
(TWh) UK total 311,000 GWh

47

88

103

118

150

194

Non-domestic (at 36% annual
see Seciton 8.1.7) (TWh)

27

23

9

9

18

25

Cumulative non-domestic heat
(TWh) UK total 229,000 GWh

27

49

58

67

84

109

Years to convert

7

6

3

2

5

5

28

N/A

Hydrogen production
capacity (GW)

12.15 10.80

4.09

3.86

12.1

11.3

54

3.0

Total annual hydrogen
energy availability (TWh)

101

90

34

32

50

94

401

25

Inter-seasonal hydrogen
storage (salt caverns) (TWh)

8.1

6.8

0.0

0.0

12.8

7.5

35.2

0.0

Inter-seasonal ammonia
storage (TWh)

N/A

N/A

3.2

2.9

N/A

N/A

6.2

N/A

No of ammonia Tanks (@ 60,000 N/A
tonnes, 0.375 TWh each)

N/A

9

8

N/A

N/A

17

N/A

DECARBONISING HEAT ONLY

21 (decarbonisation of
H
heat only)

The results of the H21 heat only rollout are presented in
Table 11.2 and Table 11.3 and are summarised below.
By 2050 the H21 scenario would provide
deep decarbonisation (14.47 g/kWh) of UK
heat. Key points are summarised below:
→→

62% by energy and 70% by meter
points of domestic heat

→→

56% of all UK heat ((109,000 + 194,000) ÷ 540,000)

→→

A total CO2 reduction by 2050 of
50-75 Mtpa. This is one sixth of the required
reduction (circa 300 Mtpa) needed to meet
the target of Climate Change Act 2008

Remaining areas to covert would then be converted
to hydrogen throughout the 2050s and 2060s using
the strategically placed connections to the HTS.

HYDROGEN SUPPLY/STORAGE

→→ 109,000 GWh of hydrogen per annum
for non-domestic heat

CCS

48% of non-domestic heat across the below
7 bar gas distribution networks including all
industrial clusters and commercial users

DEMAND

→→ 194,000 GWh of hydrogen per
annum for domestic heat
→→

517

H21 PHASE

The net energy provided by each phase of the H21 UK
rollout has been summarised in the following tables.
This has been undertaken for each of the three scenarios:
→→

SECTION 11

H21 EAST LONDON
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1) H21 NOE (ATR +CCS)

11.3.8

SECTION 11

% OF TOTAL

H21 North of England

25

56%
15.4

N/A
N/A

70%
194

N/A
N/A

62%
109

N/A
N/A

48%

N/A

Total average CO2 to
storage per year

17.00 14.41

5.08

0.00

0

9

45

5

CO2 transport and
storage t/h (Peak)

2,830 2,398

899

0

0

1,967

8,095

56

Cumulative CO2 to
storage per year

17

36

36

36

45

31

Table 11.2: H21 Scenario – UK rollout summary
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H21 North of England

ummary of phase rollout
S
by scenario

2) H21
(SY-E/WM) (ATR + CCS)

3) H21 SCOTLAND
(ATR + CCS)

4) H21
(SW-SW) (AMMONIA +
H2 PRODUCTION)

5) H21 EAST ANGLIA AND
HOME COUNTIES (EA-HC)
(RENEWABLES PLUS
ELECTROLYSIS)

6) H21 LONDON
(COMBINATION OF PHASE
1-5 75% ATR+CCS)

TOTALS

H21 (decarbonising domestic
and industrial heat only)

→→

H21 XL (decarbonising domestic and
industrial heat and 50% of power)

→→

H21 Max (decarbonising heat then adding
a realistic capacity growth per annum)

11.3.9

Total energy heat (TWh)
UK total c.540,000 GWh

74

63

24

24

49

69

303

Cumulative total
energy (Twh)

74

137

161

185

234

303

Total meter points
(#, m)

3.8

3.2

1.2

1.2

2.5

3.5

Cumulative meter points
(#, m) UK total c.22m

3.8

7.0

8.2

9.4

11.9

15.4

Domestic heat
(at 64% annual) (TWh)

47

40

15

15

31

44

Cumulative domestic heat
(TWh) UK total 311,000 GWh

47

88

103

118

150

194

Non-domestic (at 36% annual
see Seciton 8.1.7) (TWh)

27

23

9

9

18

25

Cumulative non-domestic heat
(TWh) UK total 229,000 GWh

27

49

58

67

84

109

Years to convert

7

6

3

2

5

5

28

N/A

Hydrogen production
capacity (GW)

12.15 10.80

4.09

3.86

12.1

11.3

54

3.0

Total annual hydrogen
energy availability (TWh)

101

90

34

32

50

94

401

25

Inter-seasonal hydrogen
storage (salt caverns) (TWh)

8.1

6.8

0.0

0.0

12.8

7.5

35.2

0.0

Inter-seasonal ammonia
storage (TWh)

N/A

N/A

3.2

2.9

N/A

N/A

6.2

N/A

No of ammonia Tanks (@ 60,000 N/A
tonnes, 0.375 TWh each)

N/A

9

8

N/A

N/A

17

N/A

DECARBONISING HEAT ONLY

21 (decarbonisation of
H
heat only)

The results of the H21 heat only rollout are presented in
Table 11.2 and Table 11.3 and are summarised below.
By 2050 the H21 scenario would provide
deep decarbonisation (14.47 g/kWh) of UK
heat. Key points are summarised below:
→→

62% by energy and 70% by meter
points of domestic heat

→→

56% of all UK heat ((109,000 + 194,000) ÷ 540,000)

→→

A total CO2 reduction by 2050 of
50-75 Mtpa. This is one sixth of the required
reduction (circa 300 Mtpa) needed to meet
the target of Climate Change Act 2008

Remaining areas to covert would then be converted
to hydrogen throughout the 2050s and 2060s using
the strategically placed connections to the HTS.

HYDROGEN SUPPLY/STORAGE

→→ 109,000 GWh of hydrogen per annum
for non-domestic heat

CCS

48% of non-domestic heat across the below
7 bar gas distribution networks including all
industrial clusters and commercial users

DEMAND

→→ 194,000 GWh of hydrogen per
annum for domestic heat
→→

517

H21 PHASE

The net energy provided by each phase of the H21 UK
rollout has been summarised in the following tables.
This has been undertaken for each of the three scenarios:
→→

SECTION 11

H21 EAST LONDON
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1) H21 NOE (ATR +CCS)

11.3.8

SECTION 11

% OF TOTAL

H21 North of England

25

56%
15.4

N/A
N/A

70%
194

N/A
N/A

62%
109

N/A
N/A

48%

N/A

Total average CO2 to
storage per year

17.00 14.41

5.08

0.00

0

9

45

5

CO2 transport and
storage t/h (Peak)

2,830 2,398

899

0

0

1,967

8,095

56

Cumulative CO2 to
storage per year

17

36

36

36

45

31

Table 11.2: H21 Scenario – UK rollout summary
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H21 – rollout programme

A programme showing the timescales for rollout
is shown in Table 11.3. This is based on a FEED/
Engineering period followed by building and
commissioning in line with the conversion programme.

Note: The timescales indicated in Table 11.3
are the same for all phases and have been
established to take account of available workforce,
realistic levels of construction across the UK
and technology/supply chain readiness.
CAPACITY (GW)

PHASE

2019

P1: H21 NoE

FEED/EPC

ATR+CCS

Build/commission

2020

2021

2022

2023

2024

2025

2026

2027

2028

2029

2030

2031

2032

2033

2034

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

2035

2036

2037

2038

2039

2040

2041

2042

2043

2044

2045

2046

2047

2048

2049

2050

H21 NoE FEED
PHASE 1

Conversion
P2: H21 SY-E&WM

FEED/EPC

ATR+CCS

Build/commission

12.15
H21 SY-WM FEED
1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

PHASE 2

Conversion
P3: H21 Scotland

FEED/EPC

ATR+CCS

Build/commission

10.80
H21 Scotland FEED
1.35

1.35

1.35

PHASE 3

Conversion
P4: H21 SW-SW

FEED/EPC

Ammonia NH3-H2

Build/commission

4.05
H21 SW-SW FEED
1.29

1.29

1.29

PHASE 4

Conversion
P5: H21 EA-NC

FEED/EPC

Renewable +
Electrolysis

Build/commission

3.86
H21 EA & NLS FEED
1.51

1.51

1.51

1.51

1.51

1.51

1.51

1.51

PHASE 5

Conversion
P6: H21 London

Feed/EPC

Renewable +
Electrolysis

Build/commission

12.11
H21 London FEED
H2 from H21 NoE, H21 SY-WM, H21 SW-SW

1.61

1.61

1.61

1.61

1.61

1.61

1.61

Conversion
A H21 East London

FEED/EPC

ATR + CCS by ship

Build/commission

TOTAL
CAPACITY BY
H21 PHASE

PHASE 6
11.26

H21 East
London FEED
1

1

1

PHASE A

Conversion

3

UK annual hydrogen capacity (GW)

0.0

0.0

0.0

0.0

0.0

0.0

0.0

2.4

2.4

2.4

2.7

2.7

4.1

2.7

2.7

2.7

2.6

2.6

2.6

2.9

1.5

1.5

1.5

1.5

1.5

3.1

3.1

1.6

1.6

1.6

1.6

1.6

UK annual cumulative H2 capacity (GW)

0.0

0.0

0.0

0.0

0.0

0.0

0.0

2.4

4.7

7.1

9.8

12.5

16.5

19.2

21.9

24.6

27.2

29.9

32.5

35.4

36.9

38.4

39.9

41.4

42.9

46.1

49.2

50.8

52.4

54.0

55.6

57.2

TOTAL AVAILABLE ENERGY (95% CAPACITY)

0

0

0

0

0

0

0

20

39

59

81

104

137

160

182

205

227

249

271

294

307

320

332

345

357

383

409

423

436

450

463

476

Table 11.3: H21 rollout programme
Note: This strategy adds an average
of 2.3 GW hydrogen capacity per
annum. This is only one third of the
average annual global added hydrogen
capacity over the last 40 years (see
Section 3.0) and is well within
technical capability of the supply chain.
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H21 – rollout programme

A programme showing the timescales for rollout
is shown in Table 11.3. This is based on a FEED/
Engineering period followed by building and
commissioning in line with the conversion programme.

Note: The timescales indicated in Table 11.3
are the same for all phases and have been
established to take account of available workforce,
realistic levels of construction across the UK
and technology/supply chain readiness.
CAPACITY (GW)

PHASE

2019

P1: H21 NoE

FEED/EPC

ATR+CCS

Build/commission

2020

2021

2022

2023

2024

2025

2026

2027

2028

2029

2030

2031

2032

2033

2034

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

2035

2036

2037

2038

2039

2040

2041

2042

2043

2044

2045

2046

2047

2048

2049

2050

H21 NoE FEED
PHASE 1

Conversion
P2: H21 SY-E&WM

FEED/EPC

ATR+CCS

Build/commission

12.15
H21 SY-WM FEED
1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

PHASE 2

Conversion
P3: H21 Scotland

FEED/EPC

ATR+CCS

Build/commission

10.80
H21 Scotland FEED
1.35

1.35

1.35

PHASE 3

Conversion
P4: H21 SW-SW

FEED/EPC

Ammonia NH3-H2

Build/commission

4.05
H21 SW-SW FEED
1.29

1.29

1.29

PHASE 4

Conversion
P5: H21 EA-NC

FEED/EPC

Renewable +
Electrolysis

Build/commission

3.86
H21 EA & NLS FEED
1.51

1.51

1.51

1.51

1.51

1.51

1.51

1.51

PHASE 5

Conversion
P6: H21 London

Feed/EPC

Renewable +
Electrolysis

Build/commission

12.11
H21 London FEED
H2 from H21 NoE, H21 SY-WM, H21 SW-SW

1.61

1.61

1.61

1.61

1.61

1.61

1.61

Conversion
A H21 East London

FEED/EPC

ATR + CCS by ship

Build/commission

TOTAL
CAPACITY BY
H21 PHASE

PHASE 6
11.26

H21 East
London FEED
1

1

1

PHASE A

Conversion

3

UK annual hydrogen capacity (GW)

0.0

0.0

0.0

0.0

0.0

0.0

0.0

2.4

2.4

2.4

2.7

2.7

4.1

2.7

2.7

2.7

2.6

2.6

2.6

2.9

1.5

1.5

1.5

1.5

1.5

3.1

3.1

1.6

1.6

1.6

1.6

1.6

UK annual cumulative H2 capacity (GW)

0.0

0.0

0.0

0.0

0.0

0.0

0.0

2.4

4.7

7.1

9.8

12.5

16.5

19.2

21.9

24.6

27.2

29.9

32.5

35.4

36.9

38.4

39.9

41.4

42.9

46.1

49.2

50.8

52.4

54.0

55.6

57.2

TOTAL AVAILABLE ENERGY (95% CAPACITY)

0

0

0

0

0

0

0

20

39

59

81

104

137

160

182

205

227

249

271

294

307

320

332

345

357

383

409

423

436

450

463

476

Table 11.3: H21 rollout programme
Note: This strategy adds an average
of 2.3 GW hydrogen capacity per
annum. This is only one third of the
average annual global added hydrogen
capacity over the last 40 years (see
Section 3.0) and is well within
technical capability of the supply chain.

H21 North of England

11.3.11

SECTION 11

520

H21 North of England

Heat XL (decarbonising heat and power)

Heat XL (decarbonising heat and power) is based on
the H21 NoE XL principle as set out in Section 8.7.
The H21 XL scenario uses a much larger capacity
Hydrogen Production Facility (for H21 NoE this is
from 12.15 GW to 16.99 GW) and therefore a much
smaller inter-seasonal hydrogen storage capacity
(for H21 NoE this is from 8,052 TWh to 2,164 TWh).

By 2050 the H21 XL scenario would provide the
same levels of deep decarbonisation of heat
(<14.47 gm/kWh) plus deep decarbonisation (30 g/
kWh) of power. Key points are summarised below:

For such a strategy much more hydrogen is
available on an annual basis from the larger
Hydrogen Production Facility. This additional
production would be used in hydrogen CCGTs for
centralised power generation (see Section 6.6).

→→

H21 EAST LONDON

PERCENTAGE OF TOTAL

TOTALS

6) H21 LONDON

5) H21 EAST ANGLIA
AND HOME COUNTIES
(EA-HC) (RENEWABLES
PLUS ELECTROLYSIS)

4) H21 SOUTH WALES AND
SOUTH WEST (SW-SW)

3) H21 SCOTLAND

2) H21 SOUTH YORKSHIRE
AND EAST/WEST
MIDLANDS (SY-E/WM)

1) H21 NOE
CCS

56,948

15,694

Total power
production per annum
(50% efficiency) (GWh)

33,450

28,474

7,847

Cumulative power
production per
annum (GWh)

33,450

61,924

69,771

Hydrogen production
capacity (GW)

16.99

14.46

5.48

Cumulative
hydrogen production
capacity (GWh)

16.99

31.45

36.94

Inter-seasonal
hydrogen storage
(salt caverns) (GWh)

2,164

1,842

N/A

Inter-seasonal
ammonia storage (GWh)

N/A

N/A

877

No of ammonia tanks
(@ 60,000 tonnes,
0.375 TWh each)

N/A

N/A

3

Total annual
hydrogen energy
availability (GWh)

141,391

120,358

45,626

Carbon capture
(Mtpa average)

33

28

8

H21 -XL
only
relevant
to
ATR+CCS

H21 -XL
only
relevant
to
ATR+CCS

62,446

201,988

31,223

100,994

32,135

Table 11.4: H21 XL scenario – UK rollout summary

H21 XL ONLY RELEVANT TO ATR & CCS

100,994

49,860

15.86

31

48% of non-domestic heat across the below
7 bar gas distribution networks including
all industrial and commercial users

→→ 109,000 GWh of hydrogen per annum
for non-domestic heat
→→

56% of all UK heat

→→

31% of UK power

Replacement of 61% of UK natural gas
with hydrogen for use in heat and power
including high pressure industrial
clusters (521,000 ÷ 850,000)

→→

H21 XL ONLY RELEVANT TO ATR & CCS

HYDROGEN SUPPLY/STORAGE

ELECTRIC POWER,
HYDROGEN CCGT

DECARBONISING HEAT PLUS 50% POWER BASED ON THE PRINCIPLES OF H21 XL (SEE SECTION 6.6 AND 8.7)
66,900

62% by energy and 70% by meter
points of domestic heat

→→ 194,000 GWh of hydrogen per
annum for domestic heat
→→

Total hydrogen
energy produced for
power per annum (see
Section 6.6) (GWh)

SECTION 11

A total CO2 reduction by 2050 of 88 Mtpa or 28.5%
of the required 309 Mtpa reduction needed to
meet the target of Climate Change Act 2008

Remaining areas could then be converted to hydrogen
could then be done throughout the 2050s and 2060s
using the strategically placed connections to the HTS.

53

52.79

2,020

The H21 XL implementation
programme would be identical to
the H21 programme for heat.

6,026

877

131,978

521,348

23

92

61

24,966

521
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H21 North of England

Heat XL (decarbonising heat and power)

Heat XL (decarbonising heat and power) is based on
the H21 NoE XL principle as set out in Section 8.7.
The H21 XL scenario uses a much larger capacity
Hydrogen Production Facility (for H21 NoE this is
from 12.15 GW to 16.99 GW) and therefore a much
smaller inter-seasonal hydrogen storage capacity
(for H21 NoE this is from 8,052 TWh to 2,164 TWh).

By 2050 the H21 XL scenario would provide the
same levels of deep decarbonisation of heat
(<14.47 gm/kWh) plus deep decarbonisation (30 g/
kWh) of power. Key points are summarised below:

For such a strategy much more hydrogen is
available on an annual basis from the larger
Hydrogen Production Facility. This additional
production would be used in hydrogen CCGTs for
centralised power generation (see Section 6.6).

→→

H21 EAST LONDON

PERCENTAGE OF TOTAL

TOTALS

6) H21 LONDON

5) H21 EAST ANGLIA
AND HOME COUNTIES
(EA-HC) (RENEWABLES
PLUS ELECTROLYSIS)

4) H21 SOUTH WALES AND
SOUTH WEST (SW-SW)

3) H21 SCOTLAND

2) H21 SOUTH YORKSHIRE
AND EAST/WEST
MIDLANDS (SY-E/WM)

1) H21 NOE
CCS

56,948

15,694

Total power
production per annum
(50% efficiency) (GWh)

33,450

28,474

7,847

Cumulative power
production per
annum (GWh)

33,450

61,924

69,771

Hydrogen production
capacity (GW)

16.99

14.46

5.48

Cumulative
hydrogen production
capacity (GWh)

16.99

31.45

36.94

Inter-seasonal
hydrogen storage
(salt caverns) (GWh)

2,164

1,842

N/A

Inter-seasonal
ammonia storage (GWh)

N/A

N/A

877

No of ammonia tanks
(@ 60,000 tonnes,
0.375 TWh each)

N/A

N/A

3

Total annual
hydrogen energy
availability (GWh)

141,391

120,358

45,626

Carbon capture
(Mtpa average)

33

28

8

H21 -XL
only
relevant
to
ATR+CCS

H21 -XL
only
relevant
to
ATR+CCS

62,446

201,988

31,223

100,994

32,135

Table 11.4: H21 XL scenario – UK rollout summary

H21 XL ONLY RELEVANT TO ATR & CCS

100,994

49,860

15.86

31

48% of non-domestic heat across the below
7 bar gas distribution networks including
all industrial and commercial users

→→ 109,000 GWh of hydrogen per annum
for non-domestic heat
→→

56% of all UK heat

→→

31% of UK power

Replacement of 61% of UK natural gas
with hydrogen for use in heat and power
including high pressure industrial
clusters (521,000 ÷ 850,000)

→→

H21 XL ONLY RELEVANT TO ATR & CCS

HYDROGEN SUPPLY/STORAGE

ELECTRIC POWER,
HYDROGEN CCGT

DECARBONISING HEAT PLUS 50% POWER BASED ON THE PRINCIPLES OF H21 XL (SEE SECTION 6.6 AND 8.7)
66,900

62% by energy and 70% by meter
points of domestic heat

→→ 194,000 GWh of hydrogen per
annum for domestic heat
→→

Total hydrogen
energy produced for
power per annum (see
Section 6.6) (GWh)

SECTION 11

A total CO2 reduction by 2050 of 88 Mtpa or 28.5%
of the required 309 Mtpa reduction needed to
meet the target of Climate Change Act 2008

Remaining areas could then be converted to hydrogen
could then be done throughout the 2050s and 2060s
using the strategically placed connections to the HTS.

53

52.79

2,020

The H21 XL implementation
programme would be identical to
the H21 programme for heat.

6,026

877

131,978

521,348

23

92

61

24,966

521
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H21 Max – rollout programme

A programme showing the timescales for rollout is
shown in Table 11.5. The turquoise lines indicate the
added capacity for the H21 Max scenario. This includes
an additional 1.35 GW ATR in the vicinity of the Easington

SECTION 11
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The additional hydrogen available in this scenario can be
used for any end use purpose. It would be premised on a
base case for decarbonising heat then utilisation in the
power generation (H21 XL plus micro CHP), high pressure
industrial clusters and transportation (road/rail) sectors.

location (Phase 1, H21 NoE), (2 * 1.35 GW = 2.7 GW)
ATRs at the Liverpool and Teesside locations and 1 GW
(electrolysis) at the East Anglia location. N.B.: Phase 4
(H21 South Wales and South West) and Phase 6 (H21
London) utilise the capacity from the other H21 schemes.

This strategy adds an average of 5.4 GW
hydrogen capacity per annum. This is
at the lower end of average annual
global added hydrogen capacity over
the last 40 years (see Section 3.0).
Therefore, well within the technical
capability of the supply chain.

CAPACITY (GW)
PHASE

2019

P1: H21 NoE

FEED/EPC

ATR+CCS

Build/commission

2020

2021

2022

2023

2024

2025

2026

2027

2028

2029

2030

2031

2032

2033

2034

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

2035

2036

2037

2038

2039

2040

2041

2042

2043

2044

2045

2046

2047

2048

2049

2050

TOTAL
CAPACITY BY
H21 PHASE

H21 NoE FEED

Conversion

PHASE 1

Capacity growth
(1.35 GW per year)

33.75

P2: H21 SY-E&WM

FEED/EPC

ATR+CCS

Build/commission

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

H21 SY-WM FEED
1.35

1.35

1.35

1.35

Conversion

PHASE 2

Capacity growth
(1.35 GW * 2 per year)

43.2

P3: H21 Scotland

FEED/EPC

ATR+CCS

Build/commission

2.7

2.7

2.7

2.7

2.7

2.7

2.7

2.7

2.7

2.7

2.7

2.7

H21 Scotland FEED
1.35

1.35

1.35

Conversion

PHASE 3
For Use in Scotland
and H21 SW & SW

P4: H21 SW-SW

FEED/EPC

Ammonia NH3-H2

Build/commission

1.35

1.35

1.35

1.35

1.35

1.35

1.29

1.29

1.29

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

H21 SW-SW FEED
PHASE 4

Conversion

3.86

Capacity growth
(1.35 GW * 2 per year)
P5: H21 EA-NC

FEED/EPC

Renewable +
Electrolysis

Build/commission

29.7

Capacity Growth Covered
in H21 Scotland
H21 EA & NLS FEED
1.51

1.51

1.51

1.51

1.51

1.51

1.51

1.51

Conversion

PHASE 5

Capacity growth
(1.35 GW * 2 per year)

17.11

P6: H21 London

Feed/EPC

Renewable +
Electrolysis

Build/commission

1

1

1

1

1

H21 London FEED
PHASE 6

H2 from H21 NoE, H21 SYWM, H21 SW-SW

Conversion

A H21 East London

FEED/EPC

ATR + CCS
(By Ship)

Build/commission

COVERED IN
PHASE 1-6
H21 East
London FEED
1

1

PHASE A

1

Conversion

3

UK annual hydrogen capacity (GW)

0

0

0

0

0

0

0

2.4

2.4

2.4

2.7

2.7

4.1

4.1

4.1

4.1

5.3

5.3

5.3

5.6

6.9

6.9

6.9

6.9

6.9

6.9

6.9

6.4

6.4

6.4

6.4

6.4

UK annual cumulative H2 capacity (GW)

0

0

0

0

0

0

0

2.4

4.7

7.1

9.8

12.5

16.5

20.6

24.6

28.7

34.0

39.3

44.7

50.2

57.1

64.1

71.0

77.9

84.8

91.7

98.6

105.0

111.4

117.8

124.2

130.6

TOTAL AVAILABLE ENERGY (95% CAPACITY)

0

0

0

0

0

0

0

20

39

59

81

104

137

171

205

238

283

327

372

418

476

533

591

648

706

763

821

874

927

981

1,034

1,087

Table 11.5: H21 Max rollout programme
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H21 North of England

H21 Max – rollout programme

A programme showing the timescales for rollout is
shown in Table 11.5. The turquoise lines indicate the
added capacity for the H21 Max scenario. This includes
an additional 1.35 GW ATR in the vicinity of the Easington
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The additional hydrogen available in this scenario can be
used for any end use purpose. It would be premised on a
base case for decarbonising heat then utilisation in the
power generation (H21 XL plus micro CHP), high pressure
industrial clusters and transportation (road/rail) sectors.

location (Phase 1, H21 NoE), (2 * 1.35 GW = 2.7 GW)
ATRs at the Liverpool and Teesside locations and 1 GW
(electrolysis) at the East Anglia location. N.B.: Phase 4
(H21 South Wales and South West) and Phase 6 (H21
London) utilise the capacity from the other H21 schemes.

This strategy adds an average of 5.4 GW
hydrogen capacity per annum. This is
at the lower end of average annual
global added hydrogen capacity over
the last 40 years (see Section 3.0).
Therefore, well within the technical
capability of the supply chain.

CAPACITY (GW)
PHASE

2019

P1: H21 NoE

FEED/EPC

ATR+CCS

Build/commission

2020

2021

2022

2023

2024

2025
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2027

2028
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2030

2031

2032

2033

2034

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

1.35

2035

2036

2037

2038

2039

2040

2041

2042

2043

2044

2045

2046

2047

2048

2049

2050
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CAPACITY BY
H21 PHASE

H21 NoE FEED
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PHASE 1
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1.35

1.35
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1.35

1.35

1.35
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1.35

1.35

1.35
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2.7
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2.7

2.7

2.7

2.7

2.7

2.7

2.7

H21 Scotland FEED
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1.35
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1.35
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1.35
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1.35

1.35

1.35

1.35

1.35

1.35

1.35
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1

1
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1
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3
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6.9

6.9
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34.0
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57.1
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71.0
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TOTAL AVAILABLE ENERGY (95% CAPACITY)

0

0

0
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0

0

0

20

39

59

81

104

137

171

205

238

283

327

372

418

476

533

591

648

706

763

821
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Table 11.5: H21 Max rollout programme

H21 (HEAT ONLY)
HYDROGEN CAPACITY (GW)

12.15

10.80

4.05

3.86

12.11

46

3

HYDROGEN SUPPLY/STORAGE

Capacity
provided
by
Phases
1 to 5

ADDITIONAL HYDROGEN
PRODUCTION CAPACITY (GW)

22

32

26

0

5

0

85

0

TOTAL HYDROGEN PRODUCTION
CAPACITY (GW)

34

43

30

4

17

131

3

CUMULATIVE HYDROGEN
PRODUCTION CAPACITY (GW)

34

77

107

111

116

TOTAL ANNUAL HYDROGEN
ENERGY AVAILABILITY (GWH)

280,868

359,510

247,163

32,135

142,391

CCS

DECARBONISING HEAT THEN ADDING A REALISTIC CAPACITY GROWTH PER ANNUM THEREAFTER

CARBON CAPTURE
(MTPA AVERAGE)

47

58

37

3
1,087,033 63

24,966

147

5

In H21 Max scenario 1,087,063 GWh of hydrogen
is available. It is assumed this will replace all
current (2016) natural gas, i.e. 850,000 GWh
leaving 237,063 GWh for transport.

In 2016 consumption of diesel and petrol in
UK road transport amounted to 36.7 Mt or 466 TWh
(12.7 kWhHHV/kg) and a total CO2 emission
of 117.4 Mt (3.2 kg CO2/kg).
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Assuming a hydrogen fuel cell vehicle is twice as
efficient compared to a diesel/gasoline vehicle about
233 GWh of hydrogen will be needed for entire UK
road transport. Therefore H21 Max would also enable
a complete decarbonisation of UK road transport.
Total UK CO2 reduction would be:
Natural gas replacement
(851 TWh): 144 Mt
Hydrogen fuelled road
transport (233 TWh): 114 Mt
Total: 258 Mt or 83.5% of requirement
to meet the Climate Change Act 2008.
This strategy adds an average of
5.4 GW hydrogen capacity per annum.
This is at the lower end of average
annual global added hydrogen capacity
over the last 40 years (5.5-7 GW).
Figure 11.17 shows added hydrogen capacity up
to 2050 for the H21 and H21 Max scenarios.

Table 11.6: H21 Max scenario – UK rollout summary
As shown in Table 11.6 by 2050 the H21 Max scenario
would provide the same levels of deep decarbonisation
of heat (14.47 gms/kWh) and power (28.94 gms/kWh) but
would also facilitate significant deep decarbonisation of
transport (14.47 gms/kWh) via UK distributed hydrogen
fuelling stations as well as major industrial clusters.
(See Section 9.0 for carbon footprint of H21 system).
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H21 North of England
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6) H21 LONDON

5) H21 EAST ANGLIA
AND NORTHERN HOME
(EA-HC) (RENEWABLES
PLUS ELECTROLYSIS)

4) H21 SOUTH WALES
AND SOUTH WEST (SW-SW)
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3) H21 SCOTLAND

2) H21 SOUTH YORKSHIRE
AND EAST/WEST
MIDLANDS (SY-E/WM)
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1) H21 NOE

H21 North of England

Cumulative annual hydrogen capacity (GW)

Figure 11.17: H21 versus H21 Max – added hydrogen capacity to 2050
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In H21 Max scenario 1,087,063 GWh of hydrogen
is available. It is assumed this will replace all
current (2016) natural gas, i.e. 850,000 GWh
leaving 237,063 GWh for transport.

In 2016 consumption of diesel and petrol in
UK road transport amounted to 36.7 Mt or 466 TWh
(12.7 kWhHHV/kg) and a total CO2 emission
of 117.4 Mt (3.2 kg CO2/kg).
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Assuming a hydrogen fuel cell vehicle is twice as
efficient compared to a diesel/gasoline vehicle about
233 GWh of hydrogen will be needed for entire UK
road transport. Therefore H21 Max would also enable
a complete decarbonisation of UK road transport.
Total UK CO2 reduction would be:
Natural gas replacement
(851 TWh): 144 Mt
Hydrogen fuelled road
transport (233 TWh): 114 Mt
Total: 258 Mt or 83.5% of requirement
to meet the Climate Change Act 2008.
This strategy adds an average of
5.4 GW hydrogen capacity per annum.
This is at the lower end of average
annual global added hydrogen capacity
over the last 40 years (5.5-7 GW).
Figure 11.17 shows added hydrogen capacity up
to 2050 for the H21 and H21 Max scenarios.

Table 11.6: H21 Max scenario – UK rollout summary
As shown in Table 11.6 by 2050 the H21 Max scenario
would provide the same levels of deep decarbonisation
of heat (14.47 gms/kWh) and power (28.94 gms/kWh) but
would also facilitate significant deep decarbonisation of
transport (14.47 gms/kWh) via UK distributed hydrogen
fuelling stations as well as major industrial clusters.
(See Section 9.0 for carbon footprint of H21 system).
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Figure 11.17: H21 versus H21 Max – added hydrogen capacity to 2050

H21 North of England

SECTION 11

526

H21 North of England

SECTION 11

11.4

Scaling carbon capture and storage
The H21 NoE project requires carbon capture
and storage of 2,827 t/h at a maximum annual
requirement in a peak year of circa 20 Mt.
Phase 1, 2, 3, 5 (75%) and ‘A’ of the hydrogen
expansion phases set out in Section 11.3 are
dependent upon scaling hydrogen production
with ATR technology and, therefore, scaling
CO2 transport and storage capacity.
It is important to understand the capacity of the UK’s
Continental Shelf (UKCS) (and/or Norwegian continental
shelf) to support such an expansion. As part of the
H21 NoE project the scope included a scenario to meet
an equivalent of ‘50 times H21 LCG’. H21 LCG required
storage of 1 to 1.5 Mtpa, so a ’50 times H21 LCG’ scenario
is equivalent to a requirement to store 50 to 75 Mtpa of
CO2. This is approximately the CO2 storage requirements
of Phases 1, 2, 3, 5 and ‘A’ of the H21 heat alone scenario,
i.e. circa 50 Mtpa in an average year, see Table 11.2.
Combining the UK and Norwegian storage
described in this section shows
that it is technical achievable to
meet the CO2 storage requirement
for H21 Max of 147 Mtpa.

2

PBDE, Axis WT and Costain, 2016

11.4.1

CO2 storage

Expansion options UKCS,
Southern North Sea
In Section 7.0 a UKCS CCS scheme for H21 NoE was
identified in the Southern North Sea (SNS). The selected
sites included Bunter Closures BC3, BC40 and BC36.
These represented stores which could be matured in
the time frame available for this early scoping project to
serve as a proof of concept for the storage requirements.
For the ‘50 times H21 LCG’ scenario Equinor expanded
the work undertaken on H21 NoE focusing on the
same area of the SNS to meet the 50 to 75 Mtpa
requirement. Findings indicated that from a UKCS
perspective, the SNS has several build out (expansion)
options for future storage, both in the vicinity of the
Northern Group (Bunter Closure BC36 and BC40)
and Southern Group (Bunter Closure BC3 and Viking
A). The numbers presented give a clear indication
that the SNS has the potential storage capacity to
store 50 to 75 Mtpa CO2, but more work is needed
to further de-risk the different opportunities.
Northern Group: The map in Figure 11.8 is extracted
from the ETI SAP Addendum work2. It shows potential
build out options close to the BC36 and BC40, including
both Bunter Closure structures and deeper gas fields
in the area. An indicative pipeline route is shown in
white on the map. There are several gas fields in the
vicinity, such as: Schooner, Boulton, Hunter, Ann, Trent,
Cairster C and B and Murdoch. All are considered
unlikely to be suitable for large-scale CO2 storage
development due to their small size. The Bunter
Closures provide more suitable build out options.

Figure 11.18: Potential build up options
near the Northern Group
Southern Group: The map in Figure 11.18 (ETI SAP)
shows potential build out options close to Bunter
Closure BC3 and Viking A. There are several build out
options for future storage; Bunter Closure BC9 and the
Hewett field could be tied back to the injection site and
the Northern Structures could also be connected via
pipeline tee. Bunter Closure BC28 to the north of Viking
could represent an interesting target with a very large
storage capacity. However, this was de-prioritised due to
time and data constraints in this initial study. BC28 is
considered to have a high geo-risk resulting from
complex crestal faulting, with some faults which reach
the seabed, and further studies are recommended to
de-risk this potential storage site.
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The H21 NoE project requires carbon capture
and storage of 2,827 t/h at a maximum annual
requirement in a peak year of circa 20 Mt.
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CO2. This is approximately the CO2 storage requirements
of Phases 1, 2, 3, 5 and ‘A’ of the H21 heat alone scenario,
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described in this section shows
that it is technical achievable to
meet the CO2 storage requirement
for H21 Max of 147 Mtpa.
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identified in the Southern North Sea (SNS). The selected
sites included Bunter Closures BC3, BC40 and BC36.
These represented stores which could be matured in
the time frame available for this early scoping project to
serve as a proof of concept for the storage requirements.
For the ‘50 times H21 LCG’ scenario Equinor expanded
the work undertaken on H21 NoE focusing on the
same area of the SNS to meet the 50 to 75 Mtpa
requirement. Findings indicated that from a UKCS
perspective, the SNS has several build out (expansion)
options for future storage, both in the vicinity of the
Northern Group (Bunter Closure BC36 and BC40)
and Southern Group (Bunter Closure BC3 and Viking
A). The numbers presented give a clear indication
that the SNS has the potential storage capacity to
store 50 to 75 Mtpa CO2, but more work is needed
to further de-risk the different opportunities.
Northern Group: The map in Figure 11.8 is extracted
from the ETI SAP Addendum work2. It shows potential
build out options close to the BC36 and BC40, including
both Bunter Closure structures and deeper gas fields
in the area. An indicative pipeline route is shown in
white on the map. There are several gas fields in the
vicinity, such as: Schooner, Boulton, Hunter, Ann, Trent,
Cairster C and B and Murdoch. All are considered
unlikely to be suitable for large-scale CO2 storage
development due to their small size. The Bunter
Closures provide more suitable build out options.

Figure 11.18: Potential build up options
near the Northern Group
Southern Group: The map in Figure 11.18 (ETI SAP)
shows potential build out options close to Bunter
Closure BC3 and Viking A. There are several build out
options for future storage; Bunter Closure BC9 and the
Hewett field could be tied back to the injection site and
the Northern Structures could also be connected via
pipeline tee. Bunter Closure BC28 to the north of Viking
could represent an interesting target with a very large
storage capacity. However, this was de-prioritised due to
time and data constraints in this initial study. BC28 is
considered to have a high geo-risk resulting from
complex crestal faulting, with some faults which reach
the seabed, and further studies are recommended to
de-risk this potential storage site.
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A summary of nearby fields and Bunter Closures
and their distance to Bunter Closure BC36/40
and Bunter Closure BC3/Viking A for the Northern
and Southern Groups respectively is provided in
Table 11.7. Note that the P50 capacities here are
quoted from the CO2Stored database and have
not been further assessed in this project.
GROUP

Northern Group:
Expansion
options for
Bunter Closures
36 and 40

Southern Group:
Expansion options
for Bunter Closure
3 and Viking A

Figure 11.19: Bunter Closure BC3 and Viking A expansion options
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The work done in this appraisal project showed that
some of the CO2Stored numbers could be regarded as
too high whilst other structures could actually perform
better than indicated by the CO2Stored database. All
these estimates will require further assessment
and risking in future project development studies.

BUNTER
CLOSURE/FIELD

TIE-IN
DISTANCE (KM)

PIPELINE TEE/
FIELD TIE BACK

P50 CAPACITY (MT)
(CO2 STORED)

1

12

Tee

433

1

12

Tee

433

5

37

Tee

58

26

32

Tee

140

35 (5/42)

10

Tee

554

37

12

Tie-Back

224

38

20

Tee

37

39

6

Tee

230

9

45

Tie-Back

1,691

Hewett gas

65

Tie-Back

243

Hewett gas
(Bunter)

65

Tie-Back

205

36

32

Tee

232

28

<5

Tee

903

Viking gas field

<10

Tie-Back

271

Table 11.7: Expansion options for Northern and Southern Groups
To assess potential scale-up effects by moving from
an injection scenario (H21 NoE to 50 times H21 LCG –
increasing the CO2 storage volume from an average of
circa 17 Mtpa to between 50 and 75 Mtpa) a very rough
assumption was made. This assumption was that a
yearly injection of 75 Mtpa CO2 could be achieved by
utilising six Bunter structures in the Northern Group
area: BC35 (Endurance), BC36, BC37, BC39, BC40
and BC1, see Figure 11.18. It was estimated that a
large number of water producers would be needed to
balance the expected increase in reservoir pressure
from injection. A total of 50 wells would be needed
(injectors and brine producers) to meet the required
injection volumes. For simplicity, in the cost estimation,
only subsea solutions were used. It is recommended
that assessment of cost saving potential of using
some (unmanned) platform solutions is carried out. It
must be noted that the above assumptions are very
simplistic and based on the mapped storage volumes
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To assess potential scale-up effects by moving from
an injection scenario (H21 NoE to 50 times H21 LCG –
increasing the CO2 storage volume from an average of
circa 17 Mtpa to between 50 and 75 Mtpa) a very rough
assumption was made. This assumption was that a
yearly injection of 75 Mtpa CO2 could be achieved by
utilising six Bunter structures in the Northern Group
area: BC35 (Endurance), BC36, BC37, BC39, BC40
and BC1, see Figure 11.18. It was estimated that a
large number of water producers would be needed to
balance the expected increase in reservoir pressure
from injection. A total of 50 wells would be needed
(injectors and brine producers) to meet the required
injection volumes. For simplicity, in the cost estimation,
only subsea solutions were used. It is recommended
that assessment of cost saving potential of using
some (unmanned) platform solutions is carried out. It
must be noted that the above assumptions are very
simplistic and based on the mapped storage volumes
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from ETI SAP (see Table 11.7, Northern Group).

11.4.2

CO2 storage: expansion of the NCS

As explained in detail in Section 7.0 there is a large
storage potential on the Norwegian Continental
Shelf (NCS), including volumes in the 50 to 75 Mtpa
range. A storage project of this size would require
a total storage space of 1.5 to 2 thousand million
tonnes. The Hordaland Platform, in itself, has been
estimated to have a theoretical storage capacity of >
20 thousand million tonnes. Several of the potential
reservoir sands are expected to be in pressure
communication with the producing Troll field This
could eliminate the need for brine producers and
hence greatly reduce CAPEX/OPEX costs related to
well count and handling of in-situ reservoir fluids.

11.4.3

11.4.4

An injection of 50 to 75 Mtpa CO2 is likely to require
a development of multiple storage sites and several
injection wells, potentially sharing a CO2 transport
infrastructure. In the vicinity of the proposed storage
site in the Southern Troll area (see Section 7.0) there
are several build-out options, both in saline aquifer
structures and in some of the existing oil and gas
fields. In time, it might also be possible to re-use
some of the existing hydrocarbon infrastructure
in the area. As with the UKCS the NCS presents
viable options for a 50 times H21 LCG scenario.

CO2 transport

As in Section 7.0, storage options have been
considered in the UKCS and NCS. For the UKCS the
H21 NoE CO2 transportation system required a 215 km
long, 26 inch diameter carbon steel pipeline leading
to CO2 streams to three different Bunter Closure
storage structures. The 50 times H21 LCG scenario
will require a 235 km long, 42 inch diameter pipeline
to distribute the CO2 to six different structures
in the SNS as identified in Section 11.4.1.

The distance from the UK hydrogen plant to the NCS
storage area is almost 850 km. For the H21 NoE
project utilisation of the Southern Troll area
site will require a 845 km long, 32 inch diameter
pipeline. The 50 times H21 LCG scenario will
require a 890 km long, 52 diameter pipeline.
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Figure 11.20: UK-UKCS chain - simple plot – 50 times Leeds City Gate
Assumed layout:

→→

→→ 13 times 4-slot integrated template
systems (ITS) with manifolds

50 wells/ XMT’s used; 36 injectors,
14 water producers

→→

235 km pipeline total, carbon steel, 42 inch diameter

→→

→→

Standard umbilical with centre
line for MEG, 235 km total

4 of these manifolds are ‘standalone’ templates
for water production wells without any
connection to the pipeline. The water is
assumed to be discharged directly to sea

→→ 73 m water depth
→→

Umbilical rock dumped, pipeline
exposed due to large diameter

NCS – 50 times H21 LCG scenario (50-75 Mtpa)
KOLLSNES

Key data for the various pipeline
cases are given in Table 11.8.
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AVERAGE CO2 TOTAL PIPELINE LENGTH PIPELINE
RATE (MTPA) FROM UK PLANT TO
SIZE
STORAGE (KM)
(INCH)

WT
(MM)

UKCS H21 NoE

2,827

17.3

215

26

26.99

UKCS 50 times H21 LCG

11,665

50

235

42

41.28
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32

31.75

NCS 50 times H21 LCG
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55.56

Table 11.8: Key pipeline data for UKCS and NCS storage sites – H21 NoE and 50 times
H21 LCG scenario
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Figure 11.21: UK-NCS chain - simple plot – 50 times Leeds City Gate
Assumed layout:

NCS H21 NoE

25km

→→

8 times 4-slot Integrated Template
Systems (ITS) with manifolds

→→

20 wells/XMT’s used

→→

890 km pipeline, carbon steel, 52 inch diameter

→→

Standard umbilical with centre line for
MEG from Kollsnes, 100 km total

→→

300 m water depth

→→

Umbilical rock dumped, pipeline
exposed due to large diameter

→→

It is assumed that the umbilical will be
placed in an existing landfall at Kollsnes
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from ETI SAP (see Table 11.7, Northern Group).

11.4.2
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50 times H21 LCG project cost estimates

11.4.6

The costs associated with the scale up to a 50
times Leeds City Gate scenario are presented in
Table 11.9 to compare against the H21 NoE costs.
UKCS (£M)

NCS (£M)

H21 NOE

50 TIMES H21 LCG
(50-75 MTPA)

H21 NOE

50 TIMES H21 LCG
(50-75 MTPA)

Landfall and
onshore controls

14

14

14

14

Pipeline and umbilical

581

886

1,204

2,544

Subsea facilities

202

771

115

343

Wells/drilling

543

2,255

271

902

TOTAL

1,340

3,925

1,603

3,803
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Economies of scale
A carbon transport and storage scheme
for the UK should be based around
a project the scale of H21 NoE.
This takes maximum advantage of
economies of scale to ensure the
unit costs are as low as possible.

As with all large projects there are significant
financial benefits which can be realised with
scale. Figure 11.22 illustrates these scale effects
on the unit costs associated with CO2 transport
and storage. The most significant savings are
achieved between the original H21 LCG (one Leeds)
volumes of circa 1.5 Mtpa to the H21 NoE (13 times
Leeds City Gate) volumes of up to 20 Mtpa with an
average of circa 17 Mtpa. This suggests that:

Interestingly the UKCS demonstrates lower
unit costs than the NCS option for the H21 NoE
option, mainly driven by pipeline cost. However,
the UKCS and NCS costs get considerably
closer when CO2 volumes increase (based on
current scenario outlines and assumptions).

CAPEX (£M/YR)

Pipeline and umbilical

4

4

8

9

Subsea systems

3

11

2

5

Well/drilling

13

55

7

22

Personnel, overhead
and insurance

4

6

5

8

TOTAL

24

76

21

44

Table 11.9: UKCS and NCS T&S CAPEX and O&M breakdown (2018-prices), ‘50 times H21 LCG’
The 50 times H21 LCG scenario manages a 3.8 times
higher CO2 volume per year than H21 NoE and the
CAPEX is 2.9 and 2.3 times higher for the UKCS and NCS
respectively. Corresponding OPEX ratios are 2.4 and 2.1.

£/t CO2

OPEX (£M/YR)

H21 CO2 T&S unit costs (5% discount rate)
UKCS

NCS

25
20
15
10
5
0
1.5

15

19.5

75

Mtpa
Figure 11.22: Summary unit cost estimates per tonne CO2 – all UKCS and NCS cases

H21 North of England

11.4.5

SECTION 11

532

H21 North of England

50 times H21 LCG project cost estimates

11.4.6

The costs associated with the scale up to a 50
times Leeds City Gate scenario are presented in
Table 11.9 to compare against the H21 NoE costs.
UKCS (£M)

NCS (£M)

H21 NOE

50 TIMES H21 LCG
(50-75 MTPA)

H21 NOE

50 TIMES H21 LCG
(50-75 MTPA)

Landfall and
onshore controls

14

14

14

14

Pipeline and umbilical

581

886

1,204

2,544

Subsea facilities

202

771

115

343

Wells/drilling

543

2,255

271

902

TOTAL

1,340

3,925

1,603

3,803

SECTION 11

533
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11.5

11.6

The journey to sustainable 2100

Conclusions

As explained in Section 11.1, H21 is
designed to allow the UK to meet its 2050
climate change obligations with scalable
technology available today in a system
which can guarantee carbon savings
below the 2050 target from day one.
However, ultimately the H21 ambition is to facilitate
a realistic (in terms of technology, constructability
and timescales), longer-term transition to an entirely
green global hydrogen economy. This longer-term
vision would utilise hydrogen to balance global
renewable energy requirements. Countries with vast
potential for renewable excess, for example Australia
(a continent with 24 million people), will trade green
energy in the form of hydrogen. This would be shipped
as ammonia to countries with renewable shortages,
for example the UK (population 66 million people).
The transition to entirely green hydrogen for the
UK will require increasing domestic renewables
and electrolysis deployment into the latter part of
the century. Importantly, it will require increased
ammonia storage and ammonia cracker capacity
to allow the UK to accept green hydrogen as the
world trades renewable energy as ammonia.
As with any market, once a need is established, i.e. bulk
hydrogen as a fuel, a supply will begin to develop similar
to the liquid natural gas market of today. Countries
with opportunities for vast renewable resource will
be able to trade their zero-carbon hydrogen into this
market. Ongoing unilateral government commitment
to the Paris agreement, as well as the 40 to 60 year
asset life of many large industrial plants, will facilitate
an organic transition to this green hydrogen from
the incredibly low carbon hydrogen produced via
ATR+CCS (or coal gasification plus CCS in countries
like Australia). This strategy gives the electrolyser
technology and its supply chain time to develop
and also allows time to also allows time to deploy
renewables at a much larger scale than they are today.

In the journey to zero-carbon energy,
hydrogen should be considered the
worlds destination fuel. The carbon
capture and storage part of this
journey should be seen as the essential
transitional step to facilitate
this global hydrogen economy.

SECTION 11

The H21 ambition is to enable the
transition to a sustainable global
hydrogen economy based on utilising
the appropriate technologies to
deliver that transition up to 2100.
H21 is designed to allow the UK to meet its 2050
climate change obligations with scalable technology,
available today, in a system which can guarantee
carbon savings below the 2050 target from day one.
However, ultimately the H21 ambition is to facilitate
a realistic (in terms of technology, constructability
and timescales) and long-term transition to an
entirely green global hydrogen economy.
This long-term vision would utilise hydrogen to
balance global renewable energy requirements.
Countries with vast renewable excess, for example
Australia, a continent with 24 million people, will
trade green energy in the form of hydrogen shipped
as ammonia with countries with renewable shortages,
for example the UK with 66 million people.
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11.6.1 Hydrogen rollout
across the UK
A deliverable strategy to rollout a hydrogen conversion
across the UK achieving deep decarbonisation
of heat by 2050 has been set out. The rollout is
based on hydrogen conversion of below 7 bar gas
networks utilising the appropriate technology in
the required timescales. In addition, three different
scaling options for deployable increases in hydrogen
capacity have also been considered. These are:
→→

H21 (decarbonising domestic and
non-domestic heat only)

→→

H21 XL (decarbonising heat and power)

→→

H21 Max (decarbonising heat then adding a
realistic capacity growth per annum thereafter)

Adoption of these strategies can provide the UK with
the following levels of deep decarbonisation by 2050.
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asset life of many large industrial plants, will facilitate
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like Australia). This strategy gives the electrolyser
technology and its supply chain time to develop
and also allows time to also allows time to deploy
renewables at a much larger scale than they are today.

In the journey to zero-carbon energy,
hydrogen should be considered the
worlds destination fuel. The carbon
capture and storage part of this
journey should be seen as the essential
transitional step to facilitate
this global hydrogen economy.
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A deliverable strategy to rollout a hydrogen conversion
across the UK achieving deep decarbonisation
of heat by 2050 has been set out. The rollout is
based on hydrogen conversion of below 7 bar gas
networks utilising the appropriate technology in
the required timescales. In addition, three different
scaling options for deployable increases in hydrogen
capacity have also been considered. These are:
→→

H21 (decarbonising domestic and
non-domestic heat only)

→→

H21 XL (decarbonising heat and power)

→→

H21 Max (decarbonising heat then adding a
realistic capacity growth per annum thereafter)

Adoption of these strategies can provide the UK with
the following levels of deep decarbonisation by 2050.
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H21 (heat):

H21 XL (heat and power)

11.6.2

→→

→→

As above for H21 heat plus

→→

31% of UK power

Building on the H21 NoE work set out
in Section 7.0 Carbon transport and
storage for a 50 times H21 Leeds City
Gate scenario has been considered in
both the UK and Norwegian continental
shelves. This has shown that the
capacity for such a scheme exists.

62% by energy and 70% by meter
points of domestic heat

→→ 194,000 GWh of hydrogen per
annum for domestic heat
→→

→→ The H21 XL implementation programme would
be identical to the H21 programme for heat

48% of non-domestic heat across the below
7 bar gas distribution networks including all
industrial clusters and commercial users

→→ 109,000 GWh of hydrogen per annum
for non-domestic heat
→→

H21 Max (decarbonisation of all UK energy)
→→

Removal of 258 Mtpa of CO2, this is 83.5% of the
outstanding 309 Mtpa required to be removed
from the emissions to meet the 2050 target

56% of all UK heat
Figure 11.23 shows added hydrogen capacity up
to 2050 for the H21 and H21 Max scenarios.
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Figure 11.23: H21 versus H21 Max – added hydrogen capacity to 2050
These two rollout scenarios add an
average of 2.3 GW and 5.4 GW hydrogen
capacity per annum for the H21 and H21
Max scenario’s respectively. Both these
figures are less than the average annual
global added hydrogen capacity over
the last 40 years which is 5.5 to 7 GW.
Therefore, this is well within technical
capability of the existing supply chain.
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Carbon transport and storage

Importantly a carbon transport and storage scheme for
the UK should be based around a project the scale of
H21 NoE. This takes maximum advantage of economies
of scale to ensure the unit costs are as low as possible.

In the journey to zero-carbon energy
hydrogen should be considered the
worlds destination fuel. The carbon
capture and storage part of this
journey should be seen as the essential
transitional step to facilitate
this global hydrogen economy.
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Figure 11.23: H21 versus H21 Max – added hydrogen capacity to 2050
These two rollout scenarios add an
average of 2.3 GW and 5.4 GW hydrogen
capacity per annum for the H21 and H21
Max scenario’s respectively. Both these
figures are less than the average annual
global added hydrogen capacity over
the last 40 years which is 5.5 to 7 GW.
Therefore, this is well within technical
capability of the existing supply chain.
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Carbon transport and storage

Importantly a carbon transport and storage scheme for
the UK should be based around a project the scale of
H21 NoE. This takes maximum advantage of economies
of scale to ensure the unit costs are as low as possible.

In the journey to zero-carbon energy
hydrogen should be considered the
worlds destination fuel. The carbon
capture and storage part of this
journey should be seen as the essential
transitional step to facilitate
this global hydrogen economy.
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